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Abstract

Drastic measures are required in the transformation of the European economy towards
climate neutrality, and hydrogen is expected to play an integral part in the decarbonisation
process, with a political climate growing in favour towards the expansion of hydrogen-
based technologies.

This master’s thesis has the objective to analyse the influence of large-scale deployment
of hydrogen in a future European multi-energy carrier system. The analysis is conducted
with the use of a least-cost capacity investment model developed for this purpose, which
co-optimises investments in electricity generation and hydrogen production infrastructure.
The model is applied to a developed scenario in 2050, comprising of the North Sea coun-
tries aggregated into nodes.

The main findings are that hydrogen produced from electrolysis is the dominant production
pathway, with 65 % of the production share in the base scenario. The deployment of a CO2
price of 60 C/t, favours CCS-based H2 production from steam-methane reforming (SMR),
constituting the remaining share. Storage facilities see high utilisation, as 30 % of the
electrolytic hydrogen is transported via storage before consumption.

The combination of technology cost-reductions and hydrogen production integration ef-
fectuates deployment of large shares of onshore and offshore wind. The system flexibility
provided by the integration of hydrogen production and storage in the energy system is
found to increase the net share of renewable energy sources (RES) in the electricity mix
from 63.5 % to above 70.9 %, reducing CO2 emissions by 6 million tonnes.

Moreover, the CO2 price is found to be highly influential of the energy and hydrogen
production mix, as CCS-technology is introduced in power generation at 30 C/t CO2, and
in SMR between 30 and 60 C/t CO2.

The average hydrogen production price is estimated between 1.57 and 2.6 C/kg, with price
levels seen between 1 C/kg and 2.6 C/kg for varying future electrolyser and renewable
energy costs.

The system is also found to be significantly impacted by natural gas prices, with a 38 %
share of power generation from fossil fuels at a 50 % price reduction from the base case
natural gas price of 11.5 C/MMBtu, with no CO2 cost. The cost parity between electrolysis
and SMR with CCS is found at a price natural gas price around 8.1 C/MMBTU with a CO2
price of 60 C/t.

The study should be complemented with research of higher temporal and spatial resolu-
tion, considering additional hydrogen pathways, to provide more robust results.

i



Nonetheless, the findings indicate that integrating large-scale hydrogen production into
the energy system can facilitate renewable energy penetration and that the deployment of
a CO2 price is a pivotal measure towards decarbonisation.
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Sammendrag

Drastiske tiltak kreves for å transformere Europa mot klimanøytralitet, og hydrogen for-
ventes å spille en viktig rolle i avkarboniserings-prosessen, med et voksende politisk klima
i favør av hydrogenbaserte teknologier.

Denne masteroppgaven har som mål å analysere effekten av storskala integrering av hy-
drogen i et framtidig europeisk energisystem. Analysen er utført med hjelp av en invester-
ingsmodell som minimerer kostnader relatert til investering i elektrisk- og hydrogeninfras-
truktur. Modellen brukes på et utviklet scenario i 2050, bestående Nordsjølandene, som er
inndelt i noder.

Hovedfunnene i oppgaven er at hydrogen produsert fra elektrolyse er den dominerende
produksjonsmetoden, med en produksjonsandel på 65% i base case scenarioet. En CO2-
pris på 60 C /t favoriserer CCS-basert hydrogen fra naturgass (SMR), som utgjør den
resterende andelen av hydrogenproduksjonen. Resultatene viser også høy lagringsutnyt-
telse, ettersom 30 % av hydrogenet produsert på elektrolyse går via lager før bruk.

Kombinasjonen av kostnadsreduksjoner for teknologier og integrering av hydrogenpro-
duksjon bidrar til ekspansjon av onshore og offshore vind i systemet. Resultatene viser at
systemfleksibiliteten som er gitt ved integrering av hydrogenproduksjon og lagring i ener-
gisystemet, øker nettoandelen av fornybare energikilder i elektrisitetsmiksen fra 63,5 % til
over 70,9 %, noe som reduserer CO2 utslipp med 6 millioner tonn.

Videre viser resultatene at CO2-prisen er svært innflytelsesrik på energi og hydrogenpro-
duksjonsmiksen, ettersom CCS-teknologi blir introdusert i kraftproduksjon til 30 C /t CO2,
og i SMR mellom 30 og 60 C /t CO2.

Gjennomsnittlig produksjonspris for hydrogen er beregnet mellom 1.57 og 2.6 C /kg, med
produksjonskostnader observert mellom 1 C /kg og 2.6 C kg for ulike kostnadsnivåer til
fremtidige elektrolyse og fornybar energi teknologier.

Naturgassprisen er også funnet til å ha betydelig påvirkning på systemet, med 38 % andel
av kraftproduksjonen fra fossile brensler ved en 50 % prisreduksjon fra base case natur-
gasspris på 11.5 C / MMBtu, uten CO2 kostnad. Kostnadspariteten mellom elektrolyse og
SMR med CCS er funnet til en naturgasspris på rundt 8.1 C / MMBTU med en CO2-pris
på 60 C /t.

For å gi mer robuste resultater bør masteroppgaven kompletteres med studier med høyere
tidsmessig og detaljmessig oppløsning, og med ytterligere hydrogenproduksjonsmetoder.

Funnene indikerer imidlertid at integrering av storskala hydrogenproduksjon i energisys-
temet øker integreringen av fornybar energi og at bruken av en CO2-pris er et sentralt
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virkemiddel til avkarbonisering.
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“I have never tried that before, so I think I should definitely be able to do that.”
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Chapter 1
Introduction, motivation and
background

1.1 Introduction

At the end of 2019, the European Commission (EC) launched its European Green Deal
(EGD), meant to combat the challenges that are ahead in regards to environment and cli-
mate, and transform EU into a sustainable, resource-efficient and competitive economy.
Current policies and actions are projected to achieve reductions of greenhouse gas emis-
sions of around 45 % by 2030 and 60 % by 2050, which are insufficient to reach Paris
Agreement-targets. With the EGD, the EC sets the ambition with a long-term vision to
transform Europe into a climate-neutral economy by 2050, legislated by the first Euro-
pean "Climate Law" [1]. The EU is committed, in an Industrial Revolution-like manner,
to radically transform its entire economic system, in just a matter of decades. Increasing
the share of renewable energy in the power mix can contribute in the decarbonisation pro-
cess of Europe, but all sectors must be expecting to change. The EDG means that drastic
fundamental measures are required, and a paradigm shift in sectors such as agriculture,
transportation, industry, power and buildings is inevitable if the objective is to be met. For
example, transport accounts for a quarter of the EU’s greenhouse gas emissions, conse-
quently requiring a 90% reduction in transport emissions to achieve climate neutrality by
2050.

Employing an energy carrier whose characteristics enables use in a broad spectrum of
applications, and which can coexist and synergise with the electric economy [2], can help
accelerate the transition towards climate neutrality—namely hydrogen.
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Chapter 1. Introduction, motivation and background

1.2 Motivation

Hydrogen (H2) is the most abundant element in the entire universe and can be produced
from a variety of low-carbon sources [3]. It offers a versatile and flexible energy vector in
the transition towards climate neutrality, with no tailpipe emissions[4]. Utilising, for exam-
ple, water electrolysis powered by renewable electricity to produce hydrogen means that
the hydrogen can be close to emission-less over its entire life cycle [5]. Consequently, hy-
drogen can provide buildings, industries and the transportation with emission-free energy
and feedstock, coupling sectors with the power-producing sector. It can also be utilised
for long-term, large-scale storage, and provide flexibility and energy security to the energy
system.

As discussed by [4], EU policies up till now have not directly supported the development of
hydrogen. However, in March 2020, the European Commission launched its initiative, "A
EU hydrogen strategy", specifically aiming to explore how clean hydrogen can contribute
towards cost-effective climate gas emission mitigation and the objectives of the EGD, and
establishing a mission to facilitate the integration of hydrogen at large towards 2050 [6].

1.3 Objective

On the basis of a favourable political climate towards the integration of a hydrogen econ-
omy in the EU, involving large-scale deployment of hydrogen-based technologies in 2050,
this master’s thesis seeks to analyse a future European energy system comprising of both
electricity and hydrogen as energy carriers. The system constitutes of several European
countries in 2050, all assumed to have incorporated hydrogen into their economies, and
seeks to investigate:

• The development of a future power system integrated with hydrogen production

• The composition of production technologies for hydrogen

• The economics of producing hydrogen in an integrated system

• Implications of dynamic hydrogen production on renewable energy deployment

• Implications of exogenous factors, such as the price of carbon dioxide or natural
gas, on hydrogen- and electricity production

The study expands the previous research of dynamic hydrogen production and optimi-
sation, conducted in the project thesis leading up to this master’s thesis [7], to a larger
system, investigating hydrogen pathways from low-carbon energy sources in a greater
context. Several studies of a European energy system penetrated by hydrogen have pre-
viously been conducted [4, 8, 9]. While these studies deviate from this thesis in terms of
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1.3 Objective

methodology, input assumptions and resolution, they provide solid benchmarks of which
the results from this work will be compared.

The structure of this master’s thesis is as follows. Chapter 2 provides a brief overview of
the applications of hydrogen, and hydrogen produced from electrolysis and natural gas.
Chapter 3 describes the methodology used to build the capacity expansion optimisation
model utilised in this thesis. Chapter 4 describes the input and assumptions for the 2050
European multi-energy carrier scenario subject to analysis. Results from the optimisation
are provided and briefly commented in Chapter 5 before the findings are discussed in detail
in Chapter 6. Chapter 7 provides the conclusion and further work.
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Chapter 2
Hydrogen as an energy carrier

This section will briefly cover the use of hydrogen with an emphasise on the power sector,
and the different production pathways.

2.1 Use of hydrogen

Hydrogen is not a source of energy itself, but rather an energy carrier. It is also known as
an energy vector, as it can be used to convert, store and deliver energy. Hydrogen’s high
energy content and lightweight makes it applicable for various energy-intensive purposes,
and it does not emit greenhouse gases or common air contaminants like sulphur or nitrogen
oxides when used. Today, hydrogen is widely utilised in industrial processes such as oil
refining, and as a chemical feedstock in the production of for example ammonia. However,
it is expected to see more extensive use in various application and circumstances in the fu-
ture. As seen from Figure 2.1, The Fuel Cells and Hydrogen Joint Undertaking (FCH JU)
anticipate that hydrogen will play a role in power generation and buffering, transportation,
heating and power for buildings, and industry energy the next decades [10].

According to FCH JU estimates, hydrogen could have a share as high as 24 % of the final
energy demand, spread across the mentioned sectors in the EU by 2050, as the commit-
ment to achieve the 2-degree scenario stated in the Paris Agreement will require struc-
tural changes to industries in terms of energy sources and feed stock. In a less ambitious
"business as usual"-scenario, where no additional effort towards decarbonisation is made,
hydrogen still sees significant employment compared to current practises.

4



2.1 Use of hydrogen

Figure 2.1: Hydrogen share of final energy demand and demand by sector in 2050 [10]

2.1.1 Transportation

Fuel cell electric vehicles (FCEVs) running on hydrogen produced from low-carbon sources
provides a decarbonisation option for the mobility sector, as electricity, water and heat are
the only by-products of a fuel cell. In the personal car segment, hydrogen must compete
for market share with other low-carbon technologies like electricity or bio fuels, making
cost the influential factor for the future balance between them. However, FCEVs are re-
garded as complementary to battery electric vehicles, providing driving range and fuelling
time comparable to conventional vehicles. These characteristics, in addition to signifi-
cantly higher volumetric and gravimetric energy density compared to batteries [10], makes
hydrogen the superior option for heavy-duty transportation. Hydrogen can thus play an es-
sential role in the decarbonisation of larger passenger cars, trucks, buses, trains and even
maritime- and airborne transportation.

2.1.2 Industry

The industry sector accounts for most of the present hydrogen demand. It is widely utilised
as a chemical feedstock in ammonia and polymers production and refining for hydrocrack-
ing and hydrotreating. It is also used to some extent in heat treatment in steel and iron
production and other smaller areas of application such as semiconductors, cooling or as
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Chapter 2. Hydrogen as an energy carrier

rocket fuel. As the hydrogen used is almost exclusively based on fossil fuels, a switch
to low-carbon hydrogen in these CO2 emission-intensive processes can lead to significant
emission reductions. The Norwegian steel producer Celsa recently revealed plans to use
renewably produced H2 to power their furnaces, aiming to fully decarbonise the company’s
production line within 2050 [11]. Furthermore, combustion of hydrogen can generate the
high temperature heat required for gasification, melting or catalysation, thus replacing gas
or coal with a low-emission alternative for energy intensive industries like aluminum, steel
or cement. With significant potential quantities of hydrogen used as both industry feed-
stock and industry energy, the global industrial sectors could act as a strategic enabler for
an immature electrolytic hydrogen market. This could facilitate economic scaling effects
and following cost reductions, which could expedite further market growth and economics.

2.1.3 Buildings

Buildings account for about a third of the global energy consumption, where the major-
ity is used for heating and warm water supply. Heating is mostly generated from natural
gas, oil, coal or biomass, and buildings are consequently responsible for about 20 % of
the emissions in the world today [12]. Substituting these fossil-based fuels with hydro-
gen from low carbon sources can thus significantly reduce GHG emissions. Hydrogen
can be utilised both as fuel or as an energy converter in this context. Fuel cells can be
used as small combined heat- and power plants, delivering efficiency above 90 % for heat
and power [13]. Existing gas infrastructure can with only minor modifications and invest-
ments provide hydrogen-based fuel for combustion. This can fully or partially decarbonise
building heating, and can possibly provide a more cost-competitive solution to infrastruc-
ture upgrades required for electric heating.

2.1.4 Power

In the power sector, hydrogen can expedite the transition from fossil fuel-based electricity
to renewable. Hydrogen offers valuable advantages in this context, as it avoids CO2 and
particles emission, can be deployed at large scale , and can be made available everywhere.
Hydrogen has several attributes making it desirable for operation in combination with re-
newable energy sources, such as high dynamics and modularity of electrolysers and related
storage systems. It also provides a mechanism to flexibly transfer energy across sectors,
time, and place, so-called sector coupling [14]. Hydrogen is expected to play a vital part
in power system balancing, facilitating renewable energy integration and providing energy
security.

Buffering

Increasing the use of electricity and of sources of varying nature in the power sector can
put pressure on the power system, as large fluctuations in supply and demand can cause
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2.1 Use of hydrogen

system imbalances. [5] finds that the emergence of these situations are typical when vari-
able renewable energy (VRE) constitutes about 25-30 % of the annual electric energy mix
or above. In the power market, ancillary- or balancing services are applied to quickly
neutralise such an event, adjusting the balance in the power grid in the short-term. Power
producers can supply these services with options for swiftly regulating levels of genera-
tion or by large consumers with adjustable power consumption, for example, an aluminium
producer. An increase in renewable power generation causes an increase in the need for
flexible balancing power, which is more expensive than in the day-ahead markets due to
the cost-of-readiness [15]. A hydrogen system with fuel cells, electrolysers and built-in
storage capacity can be used as a buffer to meet the need for these services in a more
cost-efficient way. Hydrogen production, and hence the electricity consumed by the elec-
trolyser, can be adjusted quickly to provide balancing power to the system in real-time.
Power buffering services can thus provide an additional source of income for electrolysers
and as a consequence, lower the cost of hydrogen [16]. On the contrary, fuel cells can
use built-up hydrogen storage to supply balancing power quickly. Increasing the financial
competitiveness of electrolyser by exempting them from grid charges could be a tool to
encourage electrolyser deployment for ancillary services.

Energy security

Hydrogen can also be utilised as a more long-term medium for electric energy storage.
While batteries and demand-side measures, such as flexible electrolyser operation, can be
used for short-term buffering, these options inadequate to provide security of power supply
over longer time frames [10]. The long duration of hydrogen-based energy storage system
makes it a promising option for seasonal storage of electricity for countries with high
shares of VRE capacity [17, 18], accumulating energy to storage at periods of oversupply
with electrolysis, while providing energy at times of insufficient supply via fuel cells.
However, the conversion of electricity and reconversion of hydrogen results in a low round
trip electrical efficiency of about 40 % [5], and the value-added by this type of storage
system and its economic viability remains unclear at this stage [17].

Grid investments and renewable energy integration

Massive grid infrastructure investments and upgrades are required to accommodate in-
creasing shares of renewable power production. Replacing electricity with hydrogen as
the energy carrier can reduce the need for grid infrastructure investments, as hydrogen
enables long-distance transportation of energy with minimal losses. Renewably produced
hydrogen can be exported from site by ships, trucks, trains or in pipelines, providing a
lower-cost alternative to power grid transmission in some cases. For areas of particular ge-
ographical remoteness or technical conditions, hydrogen conversion, storage and transport
can enable and increase the exploitation of the energy source, and deliver cheap renewable
energy to regions with limited production or higher cost of power generation [19]. Us-
ing hydrogen for energy conversion and transportation can thus accelerate the deployment
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of renewable energy as the bottle-neck of constrained transmission is circumvented. The
operational flexibility provided by a H2 system can also make renewable energy integra-
tion more cost-effective, as it can be used to optimise power exchange between a variable
power source and the electricity grid, facilitating a more efficient penetration of power
generation technologies with congested power grids [20].

2.2 Hydrogen production

Figure 2.2 shows the different production pathways for hydrogen. The production methods
comprise of electrolysis, biochemical conversion of algae or biomass, and thermochemi-
cal conversion processes, such as steam methane reforming (SMR), partial oxidation and
autothermal reforming. Hydrogen produced by electrolysis or biomass is usually referred
to as green hydrogen, as long as the related emissions are lower than 8 kg CO2 e/kg H2
throughout its entire life cycle [5]. Grey hydrogen refers to hydrogen produced from fossil
sources like natural gas, oil or coal via thermochemical conversion. When adding carbon
capture and storage (CCS) to the production process from fossil sources, the output is
referred to as blue hydrogen. This section will focus on two prominent paths, hydrogen
produced from SMR of natural gas and electrolysis.

Figure 2.2: Processes for producing hydrogen [3]

8



2.2 Hydrogen production

2.2.1 Natural gas

Today, the most widespread hydrogen production pathway is by steam methane reforming
of natural gas, constituting approximately 75 % of the annual hydrogen production [14].
To produce hydrogen from SMR, natural gas and water is used as input, and the methane
(CH4) contained by natural gas is reacted with steam, as seen from Equation 2.1, at the
presence of a catalyst. The reaction is endothermic, requiring temperatures of 700-1000
°C, which is supplied by an integrated furnace driven by natural gas and tail gas from
the SMR process [21]. The steam reforming reaction produces carbon monoxide (CO),
in addition to H2, which is subsequently reacted with steam in what is called the water
gas shift reaction. The water-gas shift, seen in Equation 2.2, produces a synthetic gas
consisting of H2 and CO2. Small amounts of residual CH4 and CO are also present. A
process called pressure swing adsorption is then used to remove CO2 and other impurities
to deliver hydrogen at a purity of 99.9 +% [22].

CH4 +H2O ⇒CO+3H2 (2.1)
CO+H2O ⇒CO2 +H2 (2.2)

Today, this process occurs in large centralised plants, and produces the cheapest available
hydrogen in the market, at levels as low as 0.85 C/kg, depending on the geographical
location of production [14].

Low carbon hydrogen from SMR

The conversion of natural gas to hydrogen with SMR produces considerable amounts of
CO2 as a by-product, with today’s SMR technology releasing around 9–11 kg CO2 per kg
H2 [21]. Consequently, as most of the hydrogen produced today stems from fossil sources,
considerable emissions are produced. Carbon capture and storage can be utilised in 3
steps, as shown in Figure 2.3, to remove the substantial shares of CO2 from the production
process. This is found to reduce the CO2 emissions up to 90 % today, with capture rates
above this level expected in the future [14].
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Figure 2.3: The hydrogen production process from SMR with CCS [14]

2.2.2 Electrolysis

Electrolysis is an electrochemical process which uses electricity to convert water molecules
to hydrogen and oxygen. Figure 2.4 depicts the hydrogen production process in a proton-
exchange membrane (PEM) electrolyser.

Figure 2.4: PEM electrolysis [23]

It consists of two electrodes, an anode and a cathode which are separated by an electrolyte,
in this case, a proton-conducting membrane (also called polymer electrolyte membrane).
Water is supplied to the electrolyser anode, where it is split into hydrogen, oxygen and
electrons (e−) , as seen from Equation 2.3. The H+-protons move from the anode through
the membrane, while the electrons travel via an external power circuit connected to a direct
current source, to the cathode, recombining with H+ to produce H2, as shown in Equation
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2.4 [23].

H2O ⇒ 2H++1/2O2 +2e− (2.3)

2H++2e− ⇒ 2H2 (2.4)

There are various types of electrolysers in the market today, differentiated by their elec-
trolyte and operational temperature. However, this study focuses on PEM technology.
The PEM electrolyser has a compact and easily scalable system design, and high dynamic
operation with quick response, making it advantageous in a system with large shares of
VREs. It also has significant hydrogen production rate and can produce hydrogen with a
purity of 99.99 %, at energy efficiencies between 80-90 % [23].

Electrolysis only has a 0.1 % share of the dedicated hydrogen production globally today
[14]. However, this is expected to change. [24] highlight that PEM electrolysers can reach
costs below 400 C/kW by 2030, from above 1000 C/kW today, significantly lowering the
production cost of hydrogen from electrolysis. Moreover, [3] estimates that water electrol-
ysis can produce hydrogen with emissions of 13 g CO2 /MJ H2, or about 1.5 kg CO2/kg
H2, provided that the electrolyser is supplied with electricity stemming from renewable
energy sources (RES). As seen from Figure 2.5, this is about one-tenth of the emissions
from SMR. However, using the current EU electricity mix doubles the emissions from
electrolysis compared to SMR.

Figure 2.5: Emissions from hydrogen production [23]

The combination of cost reductions in electrolysers, and renewable energy generation tech-
nologies, and the low carbon footprint of the output hydrogen is expected substantially
elevate the share of electrolytic hydrogen in the future hydrogen production mix.
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Chapter 3
Method

This section will the describe capacity expansion modelling and the methodology used to
build the optimisation algorithm and model.

3.1 Modelling

Previous studies use classic methods such as levelised cost of electricity (LCOE) calcu-
lations to investigate the economics of large-scale hydrogen production using low carbon
energy [8, 25]. The previous research performed in the project thesis, providing some of
the basis for this master’s thesis, partly utilised an LCOE approach to evaluate hydrogen
production from local wind and solar resources in Norway and Germany [7]. The LCOE
approach can be used to compare costs of producing electricity from different technolo-
gies independently before the LCOE is then used to calculate hydrogen production costs
based on assumptions of, e.g. a constant electrolyser capacity factor. While this approach
can provide a basic overview and baseline for comparison of hydrogen production from
different sources, it fails to consider important factors that exist and interact within the
entire power generation system at large.

The varying nature of the electricity demand and integration of large shares of variable
renewable energy sources with fluctuating capacity factors are highly influential on the
electrolyser production rate. For example, [26] finds that dynamic use of energy stor-
age options lowers the production costs of hydrogen. The project thesis and [16] both
conclude that hydrogen produced flexibly using grid-electricity in combination with pro-
duction from VRE and storage utilisation reduces production costs. Applying a constant
electrolyser capacity factor and neglecting storage and power system dynamics can thus
lead to inaccurate results. This master thesis aims to provide more realistic results from
investigating large-scale hydrogen production by utilising optimisation modelling with a
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capacity expansion approach to directly model electric power system and electrolyser op-
eration.

3.1.1 Optimisation and linear programming

Optimisation modelling uses mathematical methods to find the best alternative in decision-
making situations. The objective for the model is to optimise a stated quantity, by either
minimising or maximising an objective function f(x) depending on various decision vari-
ables. This thesis formulates a cost-minimising problem as shown in Equation 3.1.

min f (x) (3.1)
s.t. gi(x)≤ bi ∀i ∈ I

The objective function f(x) is subject to constraints, where gi(x) are functions depending
on x, and bi are given parameters for all i in the set I [27]. In the context of energy
models, the objective can be to optimise the power flow between nodes or investments in
generation assets. These energy models are underlain an objective function seeking to,
for example, minimise investment cost or power losses, or maximise welfare or profits.
The objective function is subject to a set of constraints that reflect requirements to fulfil or
physical realities, such as an energy demand in a bus, energy balances or congested power
transmission lines.

This thesis utilises linear programming, a type of mathematical programming, to determine
the optimal solution subject to linear relationships. This require all functions f(x) and gi(x)
to be linear and that all variables x are continuous, and can be formulated as Equation 3.2.

min ∑
n∈N

cpxp (3.2)

s.t. ai j ≤ bi ∀i ∈ I∀ j ∈ J
x j ≥ 0 ∀ j ∈ J

After the optimisation problem is formulated, the model uses a solution algorithm to find
the optimal solution. Here, the simplex algorithm is applied to optimise a linear objective
function subject to a linear system of constraints. The flow-chart of the simplex algorithm
is depicted in Figure 3.1.
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Figure 3.1: Flow chart of the simplex algorithm [28]

The optimal solution is determined by first finding a feasible solution to the problem. This
solution is then iterating upon until the most favourable outcome is found [28].

Capacity expansion modelling

In this study, capacity expansion planning is used as the optimisation approach to evalu-
ate pathways for hydrogen from low-carbon sources. This approach determines the most
optimal mix of investments in energy-producing assets, subject to factors such as energy
demand, fuel prices, technology cost and performance. This type of modelling is used by
various professional entities, such as The National Renewable Energy Laboratory (NREL),
to, for example, forecast impacts of policies and regulations of the electricity system and
renewable energy expansion [29]. It has also been utilised in multiple previous stud-
ies involving assessment of low-carbon energy production and energy system planning
[4, 9, 16, 30, 31, 32].

Capacity expansion planning can be used to for example

• Quantify the influence of various policy implementations on the energy mix

• Determine cost implications of alternative pathways to a carbon-neutral society

• Impacts of future prices of fossil fuels on renewable energy expansion

14



3.2 Multi-energy carrier optimisation model

• Optimal grid infrastructure investments for integration of renewable technologies

In this case, the capacity expansion model will provide the optimal future investment struc-
ture in new power generating capacities to serve future electricity and hydrogen demand
at the lowest possible cost.

3.1.2 Energy transport modelling

Various approaches exist for modelling power infrastructure into optimisation planning
models, which can greatly impact model accuracy and computational time. In this thesis,
an energy transport model (ETM), which considers the location of production and con-
sumption of electricity, and power system dynamics, is used. This modelling approach is
used in other capacity expansion studies and assumes that electricity is exchanged between
the system nodes as an ordinary commodity [30]. The exchange of electricity is governed
by Kirchhoff’s current law, stating that the sum of electricity generation and import at
each node must equal the sum of electricity consumption and export. Transfer capacities
of the transmission grid regulate the maximum power flow between the nodes. Moreover,
line losses are not considered in this thesis, as the primary purpose is to investigate the
implications of hydrogen employment in the energy system rather than transmission loss
dynamics. Furthermore, while other approaches, for example, the DC power flow approx-
imation [33], allows for more realistic grid modelling, this increases both complexity and
computational time. ETM provides a simplified way of modelling the electricity grid,
while providing power system operation realistic enough for the purpose of this master’s
thesis, and is thus considered the best approach.

3.2 Multi-energy carrier optimisation model

The model implemented in this thesis is working on a multi-energy carrier system, with
hydrogen production, flow and consumption in addition to electricity. It optimises capacity
expansion planning of power generating assets and storage facilities, optimal generation
dispatch, storage utilisation, and optimal power flow between system nodes. The model is
created in cooperation with co-supervisor Espen Flo Bødal, and is based on previous works
and research concerning his doctoral degree [16, 34], which is tailored for the purpose
of this thesis. The optimisation algorithm is implemented in Python, an object-oriented
programming language [35], and utilises the Pyomo optimisation language as the Python
optimisation modelling tool [36, 37]. The Gurobi optimiser serves as the mathematical
optimisation solver in the model [38].

The following sub-sections will describe the mathematical formulation of the hydrogen
optimisation model created for this purpose. The model is formulated as a linear program-
ming (LP) problem, as stated in Equation 3.3 to 3.21. The Nomenclature containing the
relevant indices, parameters, sets and variables, is listed in the beginning.
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3.2.1 Objective

The overall objective of the capacity expansion model is to find the most cost-effective
composition of power- and hydrogen generating assets to meet future electricity and hy-
drogen demand in a bus. The objective function in Equation 3.3 minimises costs related
to investment, retirement, fixed and variable operational costs for all power plant types,
∀i ∈ P ,R , and storage units, ∀y ∈ S , for all nodes, ∀n ∈N , for all times , ∀t ∈ T . Conse-
quently, the sum of all individual investments in renewable and thermal power, electrolysis,
hydrogen or battery energy storage make up the total investment costs.

min ∑
n∈N

[
∑
i∈P

(Cinv
i xin +Cretxret

in +C f ix
i (X init

in + xin− xret
in ))+

∑
i∈S

(Cen
i scap

in +Cpow
i ecap

in )+

+ ∑
t∈T

[
∑
i∈P

(Cvar
i +Cemis

i )ptin + ∑
n∈N

(
(Csmr

n +Cemis)hsmr
tn

+(Csmr+ccs
n +Ce)hsmr+ccs

tn +Cratrtn

)]]
(3.3)

Investment and fixed costs, Cinv, C f ix, Cpow and Cen, constitute the capital expenditures
(CAPEX) associated with power generating assets, electrolysers and storage facilities.
Costs of retiring an asset Cret in the period is also included. The operational expendi-
tures Cvar comprise of variable operational costs stemming from variable O&M costs and
fuel costs. Furthermore, CO2-emission cost are considered for thermal power generation
at a price Cemis. Hydrogen that is not produced by electrolysis using electricity can be
supplied by steam methane reforming of natural gas at a given cost Csmr at each node with
a related CO2 emission. The emissions of hydrogen production from natural gas can be
reduced by adding CCS, which will increase the levelised hydrogen production cost from
SMR [14]. The cost of hydrogen from natural gas differs between the nodes in the sys-
tem, due to the added cost related to the transmission of hydrogen produced by natural gas
predetermined locations. Hence, hydrogen transport is indirectly modelled as opposed to
electricity transmission, which is directly modelled. Lastly, unserved electricity demand
is associated with a rationing penalty Crat .

The operation of the system is governed by equations 3.4-3.21 for all times, ∀t ∈ T , and
all nodes , ∀n ∈N .

3.2.2 Energy balances and storage modelling

A schematic illustration of the two different energy balances for an arbitrary bus in the
system is shown in 3.2.

A constant daily hydrogen demand in the node is supplied by hydrogen either produced
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Figure 3.2: Schematic illustration of the two different energy balances for a bus in the system

from SMR or electrolysis. The algorithm can choose to invest in storage, which will
allow for storage of hydrogen from the electrolyser, which can then be drawn upon to
serve the hydrogen load at a later time stage. The electrolyser uses electricity to produce
hydrogen. Each node also has a varying electricity demand which must be supplied. The
algorithm must thus serve two electricity demands, demand from the electrolyser and local
electricity demand. This electricity demand is either supplied from electricity production
from local resources or from electricity imported through the transmission grid. As for
hydrogen, there is an option to invest in storage, but in the form of batteries. Batteries
used as electricity storage opens up for more flexibility to serve the two loads, as power
produced can be stored for later use. In summary, the multi-energy carrier system thus
requires equations to govern production, demand, import, export and storage utilisation
for both carriers.

Electric energy balance

The electric energy balance at the buses are as stated in Equation 3.4, where injected
energy from production ptin or import pimp

tn is balanced against extracted energy to serve
electric load, export and hydrogen production. Energy can be stored and used to serve
energy loads at a later time-stage. Electric energy can be sent to, bout

tn ,- or withdrawn
from, bin

tn, battery storage, while hydrogen can be produced and sent via hydrogen tanks at
an efficiency γin. Electricity can be converted to hydrogen for serving the hydrogen load
directly, at a higher efficiency, avoiding storage pressure compression. Unserved electric
demand is represented by demand rationing rtn.
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∑
i∈P

ptin− pexp
tn + pimp

tn + rtn+

+bout
tn −bin

tn− γ
dirhdir

tn − γ
inhin

tn = DEl
tn (3.4)

Electric storage

The battery storage balance is governed by Equation 3.5, which state that the energy stored
in the batteries in a node n at time t, etn, is given by the sum of energy stored in the batteries
at the preceding time-stage e(t−1)n and the net energy input into the battery with efficiencies
ηin and ηout . The storage capacity at the node, ecap

n , governs the maximum allowed storage
level in Equation 3.6. The rate at which the battery can charge and discharge is given by
the power capacity of the battery in Equation 3.7 and 3.8.

etn = e(t−1)n +η
inbin

tn− (1/η
out)bout

tn (3.5)

etn ≤ ecap
n (3.6)

bout
tn ≤ bcap

n (3.7)

bin
tn ≤ bcap

n (3.8)

Hydrogen balance and storage

Similar to the load balance for electric power, we have a load balance for hydrogen, given
in Equation 3.9. The daily hydrogen demand at a system node, DH2

tn , is supplied directly
from electrolysis, hdir

tn , from storage hout or from natural gas hsmr
tn and hsmr+ccs. Hydrogen

produced from electrolysis can be stored locally in a hydrogen storage facility at each
node, where the storage level is governed by the hydrogen storage balance in Equation
3.10, in a similar fashion as the battery storage balance. Equation 3.11 makes sure that
the storage level etn does not exceed the maximum storage level. As hydrogen can be
produced sent to storage or directly to the load, Equation 3.12 makes sure the sum of the
electricity used for hydrogen production does not surpass the electrolyser capacity hcap

n .

hdir
tn +hout

tn +hsmr
tn +hsmr+ccs

tn = DH2
tn (3.9)

stn = s(t−1)n +hin
tn−hout

tn (3.10)

stn ≤ scap
n (3.11)

γ
dirhdir

tn + γ
inhin

tn ≤ hcap
n (3.12)
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3.2.3 Energy production modelling

Thermal power modelling

Equation 3.13 states that power plants available for operation must be less than or equal
to the sum initially installed power plants X init

in and capacity investments xin less retired
capacity xret

in . The minimum and maximum production limits Pmin
i and Pmax

i for thermal
power technologies i, are governed by Equation 3.14. Equation 3.15 describes how thermal
power plants are curbed by ramping constraints, restricting the rate at which production
can be ramped up or down, Rup

i and Rdown
i , between time periods t and t-1.

utin ≤ X init
in + xin− xret

in ∀i ∈ P (3.13)

Pmin
i utin ≤ ptin ≤ Pmax

i utin ∀i ∈ P (3.14)

−Rdown
i utin ≤ ptin− p(t−1)in ≤ Rup

i utin ∀i ∈ P (3.15)

Variable renewable energy modelling

Variable renewable energy production is governed by Equation 3.16. The production
equals the input hourly power profile Ptin, providing the energy produced per unit power,
for all renewable technologies ∀i ∈ R , for all times ∀t ∈ T , times the initial plants and
investments in new renewable production capacity, for all nodes ∀n ∈N . The left side of
the equation states that available renewable energy production is either used for producing
electricity or it is disposed through curtailment, and that energy production must equal the
sum of the two.

ptin + cti = Ptin(X init
in + xrenewable

i ) ∀i ∈ R (3.16)

Hydropower modelling

Due to its site-specific needs, the algorithm is prohibited from investing in new hydropower
capacity, governed by Equation 3.17. With no new capacities in hydropower, the existing
hydropower plants in each node are modelled as energy storage units, shown in Equation
3.18. The storage level ehydro

tn at each node is determined by regulated and inflows Freg
tn

and Funreg
tn , based on node-specific inflow data, less flow out, f out

tn . As unregulated inflows
are uncontrollable, Equation 3.19 states that the minimum production from a hydropower
plant at node n must be larger or equal to the unregulated inflow, at time t.
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Chapter 3. Method

xhydro
n = 0 (3.17)

ehydro
tn = ehydro

(t−1)n +Freg
tn +Funreg

tn − (1/η
hydro) ftn (3.18)

Funreg
tn ≤ ftn (3.19)

3.2.4 Transmission and power flow

Equation 3.20 governs power exchange between the system nodes. The power exported
from the bus, pexp

tn , less the power imported to the bus, pimp
tn , equals the sum of the power

flow on all transmission lines connected to the bus. Transmission losses are neglected, as
an energy transport model is applied for this thesis. Moreover, the model is prohibited from
expanding transmission capacity between nodes. Thus, the power flow on a transmission
line is bounded by the maximum possible transmission capacity, T max

nm , of the existing
lines, as seen in Equation 3.21.

pexp
tn − pimp

tn = ∑
m∈Cn

atnm (3.20)

atnm ≤ T max
nm ∀m ∈ Cn (3.21)
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Chapter 4
Case study and input assumptions

This section will present the data and input assumptions used to create the 2050 hydrogen
scenario base case simulated with the optimisation algorithm.

4.1 System

This master thesis investigates an integrated multi-energy carrier system constituted by
the countries shown in Figure 4.1. The system is comprised of the countries bordering the
North Sea; the Nordics, the UK, Ireland, Germany, the Netherlands and Belgium.

The countries subject to analysis are divided into bidding areas, where each bidding area
is regarded as one centralised node. The bidding areas are used to indicate transmission
system constraints, as the flow of power between different geographical location depends
on the available transmission capacity between them. Thus, different bidding areas make
sure that regional market conditions are reflected in the price of electricity, also referred
to as the area price [39]. In the Nordics, the division of these areas is decided by the
local transmission system operators (TSOs). Norway is divided into five bidding areas,
Sweden into four and Denmark into east and west, while Finland is regarded as one area.
The United Kingdom is assumed initially to be one price area. In this study, the UK is
split into a northern, middle and southern price area on the basis of research conducted
by Steve Voller, Associate Professor at the Department of Electric Power Engineering at
NTNU [40]. Northern Ireland, Belgium and the Netherlands are regarded as one node
each. Germany is also assumed as one single bus, as the entire country is subject to equal
power prices. However, it is debated whether Germany will be divided into two price areas
in the future. Production oversupply in the north and production scarcity in the south has
created an energy imbalance, as transfer capacity between them are insufficient. Transfer
capacity expansion is expected to be slow, and two bidding areas is argued to even out the
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Chapter 4. Case study and input assumptions

Figure 4.1: The areas investigated in the study

discrepancies between over- and undersupply between the regions [41]. However, such a
discussion is outside the scope of this project. Hence, Germany is regarded as one bidding
area for the sake of simplicity. The area division results in twenty nodes spread over ten
countries.

4.2 Power system evolution

Power generation to serve electricity and hydrogen demand in the model derive from the
input power production asset capacities expected in 2050 and capacity expansions by the
model. The model hence requires estimates on the expected power generation capacities
towards 2050 in the respective nodes. The data input used to predict power system evo-
lution and build a 2050 base case is provided by Steve Völler. The data sets serve as
the input for installed generation capacities, generated energy and consumption for each
node. These data sets have previously served as the basis for research involving elec-
trification of offshore oil and gas installations on the Norwegian continental shelf [40].
The data is sourced mainly from The “EU Reference Scenario 2016” (EUREF16) by the
European Commission [42], research that has provided the benchmark for various policy
implementations in the EU. The study provides a possible future energy scenario for the
European energy system, describing the development for each of the 28 EU member states
until 2050 in detail. Furthermore, as non-EU countries such as Norway are not included
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4.2 Power system evolution

in EUREF16, the remaining data are sourced from NTSO-E’s “Ten Year Network Devel-
opment Plan 2010” [43]. Both sources provide data on a country-level. Hence data are
distributed into the respective nodes for countries represented with multiple buses, based
on the approach used by [40].

The base case installations of each power generation technology regarded in this study, for
each bus in 2050, are summarised in Table 4.1. The main sources of power in the 2050 base
case are natural gas, onshore and offshore wind, solar PV, nuclear and hydropower. Lignite
is phased out, while coal is, to a large extent, phased out, leaving gas as the dominant fossil
fuel represented in the generation capacity mix. As seen in Figure 4.2, combined-cycle gas
is expected as the largest power sources in terms of installed capacity in 2050. Onshore
wind is expected to be the largest renewable source, slightly larger than offshore wind and
solar PV.

Figure 4.2: Total installed capacity for each power production technology in 2050

The input data involve several simplifications and assumption to reduce the number of in-
put parameters, hence complexity and computational time. Firstly, gas power plants are
represented by two types, combined-cycle gas (CC gas) and combustion turbine gas (CT
gas), as other types of gas power plants have relatively low shares of installation. CC gas
can be utilised to provide power for both base loads and perform decently at rapid fluctu-
ations in demand with today’s technology. Thus, open-cycle peaking plants are neglected
[44]. It operates at higher efficiencies compared to CT gas due to the utilisation of excess
heat from the gas turbine in a steam turbine, elevating the efficiency. Secondly, combined
heat- and power plants, which mainly produce heat as output, are excluded, as determining
their contribution to electric energy production in the system requires extensive research.
Previous studies also neglect these plants [9, 30]. Lastly, other energy sources, such as
coal with CCS or tidal power, are excluded from the scenario, due to minimal installation
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in 2050.

Table 4.1: Expected installation of generation capacities in each node in 2050, given in GW [40, 42]

Bus Bio
CC
Gas

Coal
CT
Gas

Nuc-
lear

CCS
Gas

Ons
Wind

Off
Wind

Solar Hydro

BE 1.0 14.8 0.7 9.5 4.9 5.7 0.2
DE 6.6 41.4 24.0 1.7 7.9 57.4 28.6 86.9 7.2
DK-E 1.3 1.3 0.1 0.2 2.6 2.4 0.4
DK-W 1.3 1.3 0.1 0.2 3.4 2.0 0.4
FI 3.1 4.1 0.3 0.2 5.0 2.6 2.6 3.8
IE 0.3 4.6 0.2 3.3 2.5 0.4
NI 1.4 0.1 0.7 0.7
NL 2.5 17.8 3.5 0.9 0.3 9.2 6.6 6.1
NO1 0.0 0.0 6.9
NO2 0.4 0.4 0.4 14.2
NO3 0.1 0.3 0.3 4.4
NO4 0.2 0.2 6.0
NO5 0.2 0.2 8.0
SE1 0.9 1.2 4.0
SE2 0.9 1.5 9.5
SE3 3.4 2.3 0.1 9.0 1.9 1.8 2.9
SE4 2.3 0.1 2.8 3.1 1.5
UK-N 0.9 1.1 0.1 0.0 1.4 9.2 7.1 1.8 0.7
UK-M 17.1 20.7 0.3 1.1 6.4 0.8 8.2 6.4 1.1
UK-S 25.3 1.2 9.6 6.6 5.1 9.3
Sum 37.6 138.8 28.3 6.7 31.3 9.8 120.4 77.6 110.6 70.7

4.3 Production and load data

4.3.1 Load and variable renewable energy production profiles

To realistically model a functioning European power system, hourly load profiles and pro-
duction profiles for renewable energies are employed for each system node. This allows
the model to account for the variability of intermittent renewable energy sources, provid-
ing realistic operation of these assets, and helps to distinguish climatic factors such as
wind speeds and solar radiation for geographical areas. The load and production profiles
are sourced from [40].

Moreover, all load profiles and production profiles for renewable sources stem from the
same meteorological year (2005) to account for the correlation between weather, produc-
tion and electricity demand. To illustrate, a cold winter will increase the demand for heat-
ing, and thus increase electricity demand in countries with large shares of electricity-based
heating. At the same time, conditions for electricity generation from, for example, wind
power might be relatively weak in the particular climate year, which will impact the energy
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4.3 Production and load data

mix and flow of electricity. Thus, applying the same year allows for implicit modelling of
electricity consumption and meteorological condition correlations.

Uncertainty is associated with employing load profiles from a given historical year when
modelling a system operating decades ahead. Relatively higher proportions of consump-
tion of electricity, building-mounted generation, local storage facilities, increased adoption
of electric vehicles, Smart Grids and smart metering are just a few factors which can in-
fluence the demand patterns of the future. Implications on consumption behaviour are
also expected when integrating hydrogen as an energy carrier in the European energy sys-
tem, coupling, for example, transportation and industries to the electricity sector. Future
electricity load patterns are, however, outside of the scope of this study but can be an
interesting topic to investigate in further works.

4.3.2 Hydropower data

In the model, all existing hydropower plants, reservoir capacities and inflow streams in
each bus are aggregated and represented as a single, equivalent plant. Inflows are divided
into regulated and unregulated. Models used for the Nordic power systems often empha-
sis stochastically modelled inflow into hydropower reservoirs [16, 40]. Modelling hy-
dropower at this level would require extensive data gathering, and the substantial increase
in complexity will highly impact the running time of the algorithm and is thus considered
beyond the scope of this master thesis. This approach to modelling hydropower is also
utilised in other studies [17, 45].

Hydropower production and inflow data are provided by [40]. A sample of the input data
for hydropower is shown in Table 4.2. As previously seen, most of the hydropower in-
stalled is in NO1-5, SE1, SE2, FI and DE, and these areas have the reservoir capacities of
significance, with NO2 as the area with by far the largest reservoir capacity. When looking
at the regulation factor, most nodes lie around 0.8, expressing a high degree of regulation.
With the regulation levels seen, most nodes have substantial ability for regulated produc-
tion, which should result in a lower production price of hydrogen compared to more rigid
production systems, as concluded in the project thesis [7]. Finland has a relatively low reg-
ulation factor meaning the FI node has substantially less room for producing hydropower
flexibly.

Table 4.2: Hydro power data for selected nodes the 2050 scenario [40]

Area
Reservoir capacity
[TWh]

Regulation factor
Regulated production
[TWh]

Unregulated production
[TWh]

NO2 33.37 0.82 39.30 8.77
NO4 19.62 0.88 19.36 2.66
NO5 13.75 0.84 21.35 3.93
SE1 11.90 0.81 13.70 3.27
SE2 17.36 0.75 29.95 10.00
FI 5.64 0.20 3.28 13.12
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Regulated and unregulated inflows are provided in 6-hour mean intervals in the data sets,
and are thus linearised to hourly values to fit with the rest of the model. Inflow over the
course of the chosen scenario year in NO2 is shown in Figure 4.3 below.

Figure 4.3: Regulated and unregulated inflow in NO2 for the scenario year [40]

As highlighted above, NO2 has considerable volumes of regulated inflow compared to
unregulated, which allows for significant degree of control over power generation. A large
share of the inflow occurs in the spring and summer months, as a result of snow melting.

4.4 Hydrogen demand

In this study, a hydrogen demand is assumed to be in place in each node in the system,
of which the model will try to satisfy in the most cost-effective pathway. The demand is
assumed flat on a day-to-day basis. The origin of the demand is not considered but could
be expected to influence demand variability as, for example, the seasonality of heating
or cooling demands will cause fluctuations in hydrogen consumption in a system where
hydrogen is utilised for these purposes.

[46] provides an overview of several studies that have been completed on the use of hydro-
gen in Europe, with varying degrees of adoption of hydrogen-based technologies. Figure
4.4 shows that hydrogen and synthetic fuels are expected to have a share ranging from
less than 1 % to 23 % of the final energy demand in EU. 8 out of 11 studies expect a
share equal or larger than 10 %. For these 8 studies, the expected consumption of H2 and
synfuels range from approximately 700 to 2300 TWh in 2050, highlighting a large spread
in expectations. The consensus among the scenarios is that the transportation sector will
have the greatest demand for hydrogen in 2050, as the majority expects hydrogen and other
synthetic fuels to serve 20 to 50% of the total energy demand in transportation.
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4.4 Hydrogen demand

Figure 4.4: Consumption of hydrogen and share in final energy in EU decarbonisation scenarios in
2050 [46]

The hydrogen demand in the base case scenario is set to 8.5 % of the final energy demand
in each node. It is set slightly below the shares depicted in Figure 4.4, as these shares
also account for other synfuels. Thus, demand for hydrogen is assumed to vary with the
final energy demand in each node. The final energy demand for each country in 2050,
given in TWh, is sourced from [42], and distributed among the system nodes on the basis
of research conducted in [40]. For use in the optimisation model, the energy demand is
calculated from TWh to kg using the lower heating value of hydrogen, 33.33 kWh per kg
hydrogen [47]. The final energy consumption and hydrogen demand, and the hydrogen
demand in tonnes per day are depicted in Figure 4.5 and Figure 4.6. The numerical values
are found in Table A.1.

Figure 4.5: Estimated final energy and hydrogen demand in 2050 for each bus
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Figure 4.6: Hydrogen demand per day for each bus

4.5 Techno-economic assumptions

The following sections will summarise the applied assumptions regarding the techno-
economic parameters of power generation, hydrogen production and storage technologies.
The parameters have a critical impact on the modelling results; all of them influence the
LCOE, which is calculated implicitly by the model.

4.5.1 Power generation technology costs

NREL’s "Annual Technology Baseline provides the techno-economic data used in the
model". NREL annually documents a realistic and timely set of technology development
assumptions and a wide range of potential futures to inform electric sector analysis in the
US. The baseline provides an assessment of current and projected technology cost and
performance for both renewable and conventional electricity generation technologies [48].

The model uses annualised costs to calculate the LCOE of each technology endogenously.
Equation A.2 is thus used to annualise investment, fixed and variable O&M costs. The
resulting annualised technology costs, start-up costs and asset lifetimes are given in Table
4.3. The currency exchange rate used to convert costs from USD to EUR is set to 0.909
EUR/USD [49], and the discount rate is assumed at 6.2%.
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Table 4.3: Annualised technology costs, start up costs and lifetime in 2050 [48]

Type
Inv.costs
[C/MW-year]

Fixed costs
[C/MW-year]

Variable O&M
[C/MWh]

Start up costs
[C/MW]

Lifetime
[years]

Onshore Wind 68209 30000 0.0 0 30
Solar 46082 7273 0.0 0 30
CT Gas 46800 10909 6.4 19 55
CC Gas 46800 10000 2.7 35 55
CCS Gas 100973 30909 6.4 35 55
Coal 207382 30000 4.5 29 75
CCS Coal 298400 72727 9.1 29 75
Nuclear 320364 91818 2.1 97 60
Biomass 210836 101818 5.1 0 45
Offshore Wind 111109 30909 0.0 0 30

The input fuel costs, CO2 price and energy coefficients in 2050 used in this thesis, are
sourced from [40, 48, 50], and summarised in Table 4.4.

Table 4.4: Fuel prices, CO2 price and energy coefficients [40, 48, 50]

Type Fuel costs Unit Energy coefficients Ec. unit
CC Gas 11.5 C/MMBtu 0.159 MWh /MMBtu
CT Gas 11.5 C/MMBtu 0.110 MWh /MMBtu
CCS Gas 11.5 C/MMBtu 0.133 MWh /MMBtu
Coal 72.1 C/tonne 7.90 MWh/t
Biomass 2.78 C/MMBtu 0.074 MWh /MMBtu
Nuclear 37.56 C/pound 22.68 MWh/pound
CO2 price 60 C/tonne

Other relevant input parameters used in the capacity expansion model are shown in Table
A.2 in the Appendix. It must be stated that long-term future technological developments
and fuel costs are highly uncertain, as there are many influential factors to future technol-
ogy and cost parameters. A rise in the costs of raw materials can offset the advances of
technological learning and lead to a net increase in specific costs per MW. Consequently,
all approaches to forecasting future parameters of generation technologies come with sub-
stantial error margin.

4.5.2 Hydrogen production and energy storage assumptions

The PEM electrolyser is chosen as electrolyser technology. The choice is made on the
basis of, as mentioned in Chapter 2, significant expected reductions in technology costs,
and its favourable characteristics in combination with VRE.

The total future investment costs and fixed costs of the PEM electrolyser amount to 18696
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C/(kg/h) and 1311 C/(kg/h) [51], which are annualised over the course of the electrolyser
lifetime with a discount rate of 8.3%. The main input parameters for PEM electrolysis is
shown in Table 4.5.

Table 4.5: Main input parameters for PEM electrolysis in 2050 [51]

Inv. costs C/(kg/h)-yr 1568
Fixed costs C/(kg/h)-yr 110
Variable costs C/kg 0
Fuel efficiency kWh/kg 51.3
Size kg H2/h 2080
Emissions kg CO2/kg H2 0
Lifetime years 40
Ramp rate %/h 1

Two different storage technologies have been identified as relevant, and is thus explic-
itly included in the model. Lithium ion batteries are utilised as the mean to store electric
energy, while hydrogen can be stored in pressurised tanks. The techno-economic assump-
tions for battery and hydrogen storage are sourced from [48] and [51] respectively. Neither
technology have associated variable costs.

Table 4.6: Main battery and hydrogen storage parameters in 2050 [48, 51]

Type Unit
Inv.costs
[C/unit-yr]

Fixed costs
[C/unit-yr]

Eff. In/out
[%]

Ramp rate
[%/h]

Lifetime
[years]

Battery
power

MW 16491 6205 95 % 100 % 15

Battery
energy

MWh 4918 1909

Hydrogen
storage

kg 27 2 100 % 100 % 40

4.6 Hydrogen import from natural gas

Each node has the possibility of importing hydrogen produced from natural gas to serve
its hydrogen demand. However, this thesis assumes that only a few nodes will have the
capabilities of producing hydrogen from SMR with and without CCS. These nodes have
the option to supply their hydrogen demand at a price equal to the SMR production cost,
or export to other nodes at the production price plus transportation costs.
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4.6.1 Exporting nodes

Most SMR plants today are located near the North Sea, as easy access to natural gas
and gas infrastructure is beneficial for low-cost production of grey hydrogen [13]. The
Netherlands and the UK are the two leading gas producers in the EU, having a share of
more than 60% of the total natural gas production in the EU in 2018. In the same year,
Norway supplied 30.2% of the natural gas imported to the EU [52].

An essential factor to consider for future large-scale production of specifically blue hydro-
gen, and power production with CCS for that matter, is access to CO2 transportation in-
frastructure and storage. A promising option is storing sequestered CO2 in saline aquifers,
which are porous and permeable rock reservoirs containing saline fluids, for example, de-
pleted oil and gas fields [53, 54, 55]. The Sleipner CO2 injection project, located in the
North Sea outside of NO5, was the first of its kind and has been both a technical and eco-
nomic success [56]. As the leading oil and gas producing nations in Europe, Norway, the
Netherlands and the UK have significant potential for CO2 sequestration and storage when
considering the possibility of utilising existing gas infrastructure and depleted oil and gas
fields.

Consequently, the UK, the Netherlands and Norway are chosen to serve as hubs for cen-
tralised hydrogen production from natural gas in the system in 2050. As the UK and
Norway consist of multiple nodes, UK-N and NO5 are chosen as the SMR nodes, due
to possessing substantial shares of the natural gas production in their respective countries
today.

4.6.2 Hydrogen production costs from SMR

To calculate the future production costs of H2 from SMR, a model for large-scale cen-
tralised production, with and without CCS, developed by NREL, is utilised. The main
input factors, summarised in Table 4.7, are also provided by NREL [57, 58]. The plant
output rate of 500 tonnes/day is insufficient to supply larger hydrogen demand nodes en-
tirely. Thus, it is assumed that the SMR exporting nodes have access to multiple pro-
duction plants of this scale, with production at the calculated price. The input fuel price
corresponds to the price of natural gas utilised in power production described in Section
4.5, equalling a price of 11.4 C/MMBtu [50].

Table 4.7: Main input factors for H2 from SMR and SMR + CCS cost calculations [50, 57, 58]

Input factors SMR SMR + CCS
Fuel price [C/MMBtu] 11.4 11.4
Fuel usage [MMBtu /kg H2] 0.156 0.156
Operating capacity factor 90.00 % 90.00 %
Plant output [kg/day] 500000 500000
Carbon Capture Efficiency 0.00 % 90.00 %
CO2 emissions [kg CO2/kg H2] 9.27 0.93
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The resulting production costs and cost distribution for SMR and SMR + CCS are shown
in Table 4.8 and 4.9.

Table 4.8: Total production costs and cost distribution of H2 produced from SMR

Cost Component Cost Contribution [C/kg] Percentage of H2 Cost
Capital Costs 0.13 6.1 %
Fixed O&M 0.05 2.6 %
Feedstock Costs 1.82 87.0 %
Other Raw Material Costs 0.00 0.0 %
Other Variable Costs 0.09 4.3 %
Total 2.09 100.0 %

Table 4.9: Total production costs and cost distribution of H2 produced from SMR with CCS

Cost Component Cost Contribution [C/kg] Percentage of H2 Cost
Capital Costs 0.31 12.9 %
Fixed O&M 0.08 3.4 %
Feedstock Costs 1.82 76.0 %
Other Raw Material Costs 0.00 0.0 %
Other Variable Costs 0.18 7.6 %
Total 2.39 100.0 %

The resulting nodal prices for hydrogen produced from SMR and SMR + CCS in 2050,
calculated to 2015 prices, are 2.09 C and 2.39 C respectively. Adding CCS to the produc-
tion plant increases capital costs, fixed costs and other variable costs by 50-140 %, The
nodal prices are the prices given in NI, UK-N and NO5.

4.6.3 Hydrogen transportation

To find the nodal prices in the non-producing nodes, the cost of transporting hydrogen is
calculated. Pipelines are used commercially today for large flows of hydrogen and are
generally regarded as the most cost-effective transport option [5], and is thus utilised as
the mean of transportation in this thesis. The cost of hydrogen pipeline delivery depends
on multiple factors, such as capital cost of the pipeline, transport distance and hydrogen
flow rate [59]. Comparable to this study, [60] investigates large-scale, and long-distance
pipeline transport of hydrogen between Africa and Europe in 2050, and calculations are
based on this resource. The main input factors are summarised in Table 4.10.

For simplicity, it is assumed that an import node is supplied from the closest SMR node,
and that transmission must occur on land. Thus, NO2 is assumed to supply nodes in
Sweden, Finland and the remaining nodes in Norway, UK-N is supplying the rest of Great
Britain and Ireland, and NL is supplying Denmark, Germany and Belgium. Transportation
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Table 4.10: Input factors for calculating levelised cost of transporting H2 [60]

Pipeline diameter inch 48
Number of pipelines 1
Pipeline capacity GW 10
Specific investment cost C/10GW/km 1000000
O&M cost %/yr 1
WACC % 7
Lifetime yr 40
Load factor pipeline hr/yr 4500

distances are estimated between the import nodes and supplier using [61], and the distance
is measured as the shortest path, adding an 5 % increase to allow for flexibility.

The pipeline capacity is assumed at 10 GW, which theoretically implies a possible flow of
3 million kg/day, using the stated load factor. This flow is substantial when compared to
daily hydrogen demand for some nodes, but opens up for increasing hydrogen consump-
tion and supplying consumption entirely from SMR. Equation A.2 determines the CRF,
which is used to calculate the annual investment costs (AIC) of the hydrogen pipelines
using Equation A.3. These values are subsequently used in Equation A.4 to calculate the
levelised cost of transport (LCOT) for each node. The resulting transport distances, LCOT
and total import costs of H2, produced from SMR and SMR with CCS, for each node are
summarised in Table 4.11.
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Table 4.11: Transportation distance, transportation costs and total import costs of H2 from SMR w,
w/o CCS for each node

Node Distance [km]
Transportation
costs [C/kg]

Import cost H2
SMR + CCS [C/kg]

Import cost H2
SMR [C/kg]

NL 0 0.00 2.48 2.09
DE 380 0.03 2.51 2.12
DK-E 790 0.06 2.54 2.15
DK-W 860 0.06 2.54 2.15
BE 160 0.01 2.49 2.10
NO2 0 0.00 2.48 2.09
FI 1400 0.10 2.58 2.19
NO1 360 0.03 2.51 2.12
NO3 620 0.05 2.53 2.14
NO4 1500 0.11 2.59 2.20
NO5 300 0.02 2.50 2.11
SE1 1300 0.10 2.58 2.19
SE2 840 0.06 2.54 2.15
SE3 525 0.04 2.52 2.13
SE4 890 0.07 2.55 2.16
UK-N 0 0.00 2.48 2.09
IE 630 0.05 2.53 2.14
NI 470 0.03 2.51 2.12
UK-M 470 0.03 2.51 2.12
UK-S 810 0.06 2.54 2.15

4.7 Transmission

In the system investigated in this master’s thesis, each node has the option for exchang-
ing power with the electricity grid. As previously discussed, transmission between system
nodes is only restricted by the capacity of the transmission lines. Moreover, the expan-
sion of new energy generation by the investment algorithm is assumed to occur in close
proximity to current production assets. Existing electricity grid, assumed to have sufficient
capacity, is thus utilised for transportation from production to the load centres. National
distribution grids are not modelled, except for countries represented by multiple nodes.

Future transmission connections and line capacities estimates were provided by Steve
Völler [40]. The transmission system utilised is depicted in Figure 4.7, showing the inter-
connections between nodes with their respective transmission capacities. Numeric values
are listed in Table A.3 in the Appendix.
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Figure 4.7: Interconnections and capacities between the system nodes in 2050

For simplicity, the nodes are assumed not to interact with areas outside the system. Al-
though this assumption is not entirely realistic due to the interconnectivity of the Euro-
pean power system, it allows for investigation of effects of hydrogen integration without
interference from power exchange with outside areas. Several previous studies involv-
ing a European power system have used this assumption to define the system boundaries
[62, 63].
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Chapter 5
Results

The subsequent chapter presents the results from the capacity expansion model in the
following structure.

• Base case scenario

• The base case run for no initial capacity installations, and variations in VRE and
electrolyser CAPEX, and hydrogen demand

• Sensitivity analysis on the price of CO2

• Sensitivity analysis on the cost of natural gas at different CO2 prices

Due to the vast quantity of results, the results are briefly commented in this section, before
they are subject to more thorough reflection in the discussion in Chapter 6.

5.1 System development in 2050 base scenario

5.1.1 Capacity expansion

Figure 5.1 depicts the capacity investments for each node in the base case scenario. In-
stalled capacities in hydrogen electrolysers and batteries are also included for each bus.

The results show that the investments in new capacity mainly occurs in onshore and off-
shore wind, with wind power investments in the 10-55 GW range. Most nodes also invest
in electrolyser capacity, which amount to approximately 40 GW for the system in total.
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Figure 5.1: New capacity (bigger than or equal to 0.3 GW) by bus and technology for the base case
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The production output capacities from electrolysis, as a result of electrolyser investments,
are depicted in Figure 5.2.

Figure 5.2: Hydrogen production capacity in each node

DE has the greatest output capabilities of the nodes, amounting to 330000 kg H2 per hour
from electrolysis. The UKs have capabilities of about 200000 kg/h, while smaller demand
nodes like the Nordics require capacities slightly below 100000 kg/h.

5.1.2 Power generation mix

Figure 5.3 depicts the electricity generation mix for the base case scenario.
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Figure 5.3: Amount of energy generated by type by the system in 2050

Onshore and offshore wind are the main electricity contributors. Nuclear, hydropower and
CC gas also supply a substantial share of energy.

The electricity generation mix for the system for the first ten days of March in 2050 is de-
picted by Figure 5.4. The figure shows how electricity production in the system fluctuate,
especially from VREs.

Figure 5.4: Electricity generation mix for the system in the first ten days of March
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Imports and exports of electricity for each node in the base case scenario in shown in
Figure 5.5.

Figure 5.5: Energy import and export by bus

5.1.3 Large scale hydrogen production

The distribution between the different origins for hydrogen in the system is given in Figure
5.6.

Figure 5.6: Hydrogen distribution by source in the base case
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The figure shows a gravitation towards electrolysis-based H2, as the greater share of pro-
duction stems from electrolysis supplying hydrogen directly to the hydrogen load or via
storage before consumption.

Furthermore, the distribution of the source of hydrogen vary between the system nodes, as
depicted by Figure 5.7.

Figure 5.7: Hydrogen distribution by source for each node in the base case

The results indicate that most nodes mainly favour hydrogen produced from electrolysis.
However, most nodes import hydrogen from natural gas with CCS to supply a significant
share of their hydrogen consumption, except for the NOs and SEs, where electrolysis
constitute the entire hydrogen production.

The average marginal cost of production per kg hydrogen in each node is depicted in Figure
5.8. The prices are calculated from the hydrogen price, using the dual variable of the
hydrogen balance in Equation 3.9, and accounting for each node’s production distribution
and the aggregated system production.
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Figure 5.8: Cost of hydrogen production for each node and average price

5.1.4 Storage investments and utilisation

Investments in hydrogen storage facilities and storage capacity in kg are shown in Figure
5.9.

Figure 5.9: Hydrogen energy storage installed in each node
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Storage capacities in DE are sized at 160 % of daily demand, while the UK nodes have
storage compared to daily demand in the 250-625 % range, covering several days. On
the contrary, almost no storage capabilities are introduced in the nodes in the Nordics,
excluding DK-E and DK-W.

The resulting storage utilisation for nodes with installed storage options for the first ten
days of March is shown in Figure 5.10.

Figure 5.10: Hydrogen energy storage level for each bus in March

5.2 Base case variations

This section will present results of effectuating the model for different variations of the
base case scenario.

5.2.1 Designing the optimal generation mix

To investigate the optimal capacity expansion and the mix of generation technologies for
the system without the expected installations from designing the scenario, the capacity
expansion model is run with no initial power generation capacities installed. Due to the
geographical restrictions of hydropower, hydropower capacities are set to the base case
levels. The resulting investments in generation capacities, electrolysers and storage for
each node are depicted in Figure 5.11

Investments in battery capacity are observed in some nodes, varying between 600 and 2100
MW, as shown in more detail in Figure 5.12.
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Figure 5.11: Expansions in capacity (bigger than or equal to 0.4 GW) by bus and technology without
initially installed capacities
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Figure 5.12: Battery capacity installation and transmission capacities in the optimal simulation

The resulting energy mix, shown in Figure 5.13, constitutes of large shares of electricity
coming from both wind assets, in addition to significant shares from CC gas, CCS gas and
hydropower.

Figure 5.13: Electric energy generation by type with optimal capacity investments

5.2.2 Effect of variable renewable energy and electrolyser CAPEX

To investigate the influence of the estimated future capital costs of wind, solar and elec-
trolyser technologies on the hydrogen production in the system, simulations with a 100 %
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increase and a 50 % reduction in capital expenditures are performed.

Sources of hydrogen

Hydrogen production in the system is entirely based on imports from SMR with CCS, as
consequence of doubling VRE and electrolyser CAPEX, shown in Figure 5.14.

Figure 5.14: Hydrogen distribution by source with a 100 % increase in VRE and electrolyser
CAPEX

On the contrary, when the capital expenditures are halved, Figure 5.15 show that SMR
with CCS only constitute about 10% of the hydrogen supply in the system. 40% of the
hydrogen produced from electrolysis is sent via storage.

Figure 5.15: Hydrogen distribution by source with a 50% reduction in VRE and electrolyser
CAPEX
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Cost of hydrogen

The cost of hydrogen production from doubling and halving the capital expenditures are
shown in Figure 5.16 and 5.15 respectively.

Figure 5.16: Cost of hydrogen for each node with a 100 % increase in VRE and electrolyser CAPEX

The cost of producing hydrogen at elevated CAPEX levels is more or less the same for all
nodes, stabilising around 2.6 C/kg H2. Lower CAPEX levels causes significant variation
in the production cost of hydrogen, from 0.85 C/kg in NO2 to 1.96 C/kg in BE.

Figure 5.17: Cost of hydrogen for each node with a 50 % reduction in VRE and electrolyser CAPEX
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5.2.3 Effect of hydrogen demand

As seen in the scenario building chapter, there are large deviations among studies on the
level of expected hydrogen demand in Europe in 2050. To study the effects of hydrogen
demand on the future European energy mix, the optimisation model is executed for sce-
narios with no hydrogen demand, and twice and quintuple the base case value set for each
node.

Changes in the energy mix for different levels of hydrogen demand for each node relative
to the base case level is shown in Figure 5.18 below.

Figure 5.18: Sum of energy by type for zero, two and five times the base case H2 demand

The system for all levels of demand receives the larger share of electricity from wind
power. At no hydrogen demand, CC gas, nuclear and hydropower constitute a large portion
of the energy produced. At twice and quintuple demands, the production levels from these
energy generation types remain constant, thus lowering their share of the total production.

The hydrogen production source distribution for 5 times the base case hydrogen demand
is depicted in Figure 5.19.

The figure shows that the system uses electrolysis to directly supply the hydrogen demand
in combination with SMR with CCS. Storage is utilised to a relatively small extent.

48



5.3 Sensitivity analysis of the CO2 price

Figure 5.19: Hydrogen production source distribution 5x H2 demand

5.3 Sensitivity analysis of the CO2 price

Several exogenous model inputs can influence system behaviour. In this section, the effect
of the CO2 price on the model outcomes is investigating with a sensitivity analysis The
model is executed for range of 0 to 270 C/tonne CO2, with increments of 30 C/tonne, to
investigate impacts of the CO2 price on the system.

5.3.1 Energy generation

The energy generation mix for increasing CO2 prices is depicted in Figure 5.20.

The results indicate that coal, CC gas and CCS gas are the main energy sources affected
by deviations in carbon dioxide pricing from the base case level. Offshore and onshore
wind production increase with rising CO2 prices until 90 C/t CO2.

The sum of energy produced by each asset type for an increasing cost of CO2 is depicted
in Figure 5.21. A reduction in electricity produced from CC gas from 290 TWh to 20
TWh is observed in the chosen price span. Production from CCS rise steadily from zero,
reaching peak production at 210 C/t CO2 of 150 TWh.
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Figure 5.20: Sum of energy by type for increasing CO2 prices

Figure 5.21: Sum of energy by type for increasing CO2 prices

The price of CO2 has significant effect on the total emissions of the system, shown in
Figure 5.22. The graph includes emissions related to hydrogen production from SMR
with and without CCS.
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Figure 5.22: Total CO2 emissions for the system for increasing CO2 prices

5.3.2 Hydrogen production

CO2 costs have been observed to be highly impactful on the energy generation mix. Car-
bon price levels also affect hydrogen production, as given by the distribution of hydrogen
production by source for increased prices of CO2 in Figure 5.23.

Figure 5.23: The source of hydrogen for increasing CO2 prices

51



Chapter 5. Results

The results show an initial large production of H2 from electrolysis, with relatively small
amounts channeled via storage, and about 12 % SMR-share. SMR then sees peak share
of 32 % of the hydrogen supply. Moving forward from 60 C/tonne CO2, the share of
electrolytic hydrogen increase steadily, both for direct use and stored hydrogen. Simulta-
neously, hydrogen from SMR with CCS decline with growing carbon costs, as the CCS-
technology fails to capture all emissions.

Production price variations for the system nodes as a result of changing CO2 prices are
shown in Figure 5.24.

Figure 5.24: Average price of hydrogen in each node for increasing CO2 prices

Steady prices between 1.6 and 1.75 C/kg H2 are observed for most nodes located in Nor-
way and Sweden. Nodes in the UK, DE and DK are subject to higher pricing, which
increase slightly with rising CO2 prices in the 1.8 to 2.1 C/kg H2 range. Costs of hydro-
gen in BE and FI jumps largely at a carbon dioxide cost of 60 C/t.

The cost of carbon dioxide also influence the average price of electricity seen by electrol-
ysis in each node, as depicted in Figure 5.25.
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Figure 5.25: Average price of electricity seen by electrolysis in each node for increasing CO2 prices

The price is calculated from dual variable of the electric energy balance, and describes the
market price seen in each node at increasing CO2 costs. The electricity price remains stable
around 30 C/MWh in the NOs and SEs, the nodes supplied mostly from hydropower. The
market price in DE, NL and UK experience an initial drop, before gradually increasing
with the price of CO2. Finland is subject to high pricing due to rationing costs.

5.4 Sensitivity analysis of the natural gas price

Natural gas price forecasts towards 2050 are influenced by various factors and subject to
notable uncertainty, thus representing significant unreliability in the system. To investigate
the effect of the price of natural gas in 2050, the model is effectuated for a range of price
levels, at two different CO2 price levels. The range spans from a 50 % decrease in the base
case price level of 39.06 C/MWh to a 50 % increase, with increments of 10 percentage-
points. The variation in natural gas price is represented as price scaling relative to the base
case price, which is equal to a scaling factor of 1.0.
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5.4.1 Energy generation

CO2 = 60 C/t

The electric energy generation mix for various price levels of natural gas at a CO2 price of
60 C/t is shown in Figure 5.26. CC and CCS gas produce about 500 TWh of the energy
with NG prices halved, before being replaced by biomass, coal and nuclear at higher price
levels.

Figure 5.26: Electrical energy production by production type for different prices of natural gas at
CO2 = 60 C/t

CO2 = 0 C/t

The electric energy generation mix for various price levels of natural gas with no carbon
dioxide cost is shown in Figure 5.27.

Combined-cycle gas represents the greatest share of generation at 50 % reduction in natural
gas prices. Coal also has a relatively large share, and is the preferred asset investment
with the price of CO2 at 0 C/tonne, in tandem with onshore wind, gradually taking over
production from gas at greater price levels as seen from Figure 5.28 below.
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Figure 5.27: Electrical energy production by production type and sum of production for different
prices of natural gas at no CO2 = 0 C/t

Figure 5.28: Electrical energy production by production type for different prices of natural gas at
no CO2 = 0 C/t

The generation from offshore wind, nuclear, solar and hydro power stays relatively flat for
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the entire price span.

At no cost of carbon dioxide, total system emissions vary in great magnitude with the price
of natural gas, as depicted in Figure 5.29.

Figure 5.29: CO2 emissions for different prices of natural gas at no CO2 = 0 C/t

A 50 % reduction in gas prices results in total system emissions of 370 million tonnes of
carbon dioxide. The lowest level of emissions are seen at a price reduction of 10 pp, with
emissions levels spiralling more than a 100 million tonnes with increasing prices.

5.4.2 Hydrogen production

CO2 = 60 C/t

Figure 5.30 and 5.31 depicts the source of hydrogen for increasing gas prices at a CO2
price of 60 C/t.
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Figure 5.30: The source of hydrogen for increasing gas prices at CO2 = 60 C/t

Hydrogen produced from SMR with CCS is the favoured production pathway at lower
natural gas price levels. Relatively small amounts of hydrogen sent via storage is seen for
low gas prices, as import from SMR reduces the need for storage flexibility. A rise in the
base case price further increases the electrolysis production share.

Figure 5.31: The source of hydrogen for increasing gas prices at CO2 = 60 C/t
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As seen from the slope of Figure 5.31, electrolysis via storage has a higher growth rate
compared to direct electrolysis for increasing prices of natural gas.

CO2 = 0 C/t

Figure 5.32 shows the source distribution of hydrogen for various NG prices with no car-
bon dioxide cost. Electrolysis is observed to have the greater share for most price levels,
with varying production from SMR and little storage utilisation.

Figure 5.32: The source of hydrogen for increasing gas prices at CO2 = 0 C/t

The distribution for each node at a 50 % reduction in price is depicted in Figure 5.33.
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Figure 5.33: Distribution of hydrogen sources for each node for at a 50% reduction in NG pricing
and CO2 = 0 C/t

5.4.3 Hydrogen production costs

The average hydrogen production cost for various natural gas price levels at no CO2 cost
is shown in Figure 5.34. Low prices of natural gas lowers the cost of hydrogen, gradually
rising with increasing NG prices.

Figure 5.34: Average hydrogen production cost for each node at different NG prices with no carbon
dioxide cost
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Chapter 6
Discussion

This chapter discusses the results from simulating the 2050 base scenario in terms of ca-
pacity expansion, energy generation mix, sources of hydrogen, hydrogen production costs
and electrolyser and storage utilisation. Elements from variations of the base case are used
for comparison. Implications of the CO2 and natural gas price on the energy mix, hydrogen
production and costs from the marginal analyses are also discussed. Lastly, methodology
and scenario shortcomings are discussed.

6.1 Capacity expansion

In the base case scenario, new electricity generation capacities are solely based on low
carbon sources, as depicted in Figure 5.1. The development in technology costs and a
carbon price of 60 C/tonne lays the ground for a healthy investment climate for large
scale expansion of low carbon energy sources. As a consequence, substantial growth in
wind generation capacity is observed in several nodes. Around 40 GW of offshore wind is
installed in Germany, in addition to about 7 GW in DK-W, while onshore wind is installed
at even greater levels and spread over multiple buses. A large share of the onshore wind
installed is concentrated in UK-S, with more than 50 GW developed, although NO5, SE2,
SE4, NL and IE (and to some extent BE, SE4 and FI) are also subject to heavy expansions
in the 10-15 GW range. One can question the viability of expanding wind power of this
magnitude in such geographical concentration and proximity to load centres. However,
this discussion is outside the scope of this thesis.

Further, solar PV sees no capacity expansion. The cause is most likely that the system
under investigation is located in Northern Europe where irradiation conditions are less
favourable to, for example, Southern Europe, consequently making wind power relatively
better off. This is in line with previous research on a decarbonised European power system
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in 2050, based on optimisation modelling, which finds moderate proportions of solar PV
installed [30]. Solar PV can also be affected by the input production profiles. A drawback
of this study is that production and load profiles are based on a single weather year, while
annual variations in output patterns must be expected, meaning that the chosen year can
be particularly disadvantageous for solar PV. Simulating the system for a series of weather
years to investigate for variations in RES capacity expansion is an interesting task for
further works. To summarise, the cost reductions seen by onshore and offshore wind
combined with significant expansion potentials and favourable wind conditions elevate
wind power as the generation asset of choice.

6.2 Energy generation mix

In terms of energy generation, electricity from onshore and offshore wind amounts to
26.5 and 22.0 % respectively of the total electricity produced in the base case system,
as indicated by Figure 5.3. Despite significant initial capacities installed in some nodes,
solar PV only supply about 5 % of the electricity. Nuclear power is the dominant non-
renewable energy source, with a share of 15.8 %, followed by 10.6 % from CC Gas. In
addition to CCS Gas, they make up the entire share of generation from conventional power
at approximately 30 %. Hydropower also supplies a substantial share of energy, adding up
to 15.1 % of the total supply. Of the total energy produced, the system hence comprises
of about 70 % of stemming from renewable sources, and can be characterised as largely
penetrated by RES.

Under circumstances of high RES shares, [30] finds that exploiting the full generation
potential of the installed capacity at a site is usually not economical. The infrastructure
necessary to make use of 100% of the energy produced is expensive due to low utilisa-
tion, despite the deployment of energy storage. Consequently, a portion of the electricity
generated is curtailed. When considering curtailment of 3.34% of the renewable energy
produced in the base case, the system consequently has a net renewable share of 67.06%,
calculated from Equation A.1 in the Appendix.

The high renewable share has noteworthy implications for the power system operation.
Figure 5.4 provides a snapshot of the electricity generation mix for a week in March for
the system as a whole. Hydropower and nuclear is producing steadily throughout the
period, providing baseload power in conjunction with both wind asset classes. Electricity
is also supplied by solar PV for a few hours during the day. The results highlight the
unreliability of RES, a key challenge to large-scale integration and decarbonisation of
the electric power system. From day four and onwards, significant fluctuations in wind
generation are observed. Energy output fluctuates between 150.000 and 50.000 MWh in
a matter of days. Even more extreme, from 150.000 to 50.000 MWh within day three to
four. As a consequence, the dispatchable capabilities of CC gas, CCS gas and biomass
are used a buffer to serve the remainder of the demand. This underlines the importance of
back-up power generation or other dispatchable sources for a system largely penetrated by
renewable energy sources.
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6.2.1 Comparison between base and optimum

When comparing the original system and the optimal system, where the model is allowed
to optimise the power system evolution in 2050 except for hydropower installations (Figure
5.11 and Figure 5.13), some deviations in the energy mix are observed , as summarised in
Table 6.1.

Table 6.1: Energy generation mix, curtailment and net RES share for the base- and zero case

Base case Optimum
Offshore Wind 22.00 % 23.97 %
Onshore Wind 26.50 % 31.97 %
Solar 5.20 % 1.23 %
Bio 2.10 % 0.00 %
Coal 0.00 % 0.00 %
CC Gas 10.60 % 8.60 %
CT Gas 0.00 % 0.00 %
CCS Gas 2.80 % 12.34 %
Nuclear 15.80 % 6.95 %
Hydro Power 15.10 % 14.94 %
Curtailment 3.34 % 3.90 %
Net RES share 70.90 % 72.11 %

The optimal case exchanges baseload generation from nuclear with a substantial increase
in production flexibility from CCS gas, allowing more onshore and offshore wind to pen-
etrate the system, consequently increasing the net renewable share slightly, with a small
increase in curtailment. RES-integration is also helped by battery installations, occurring
in most nodes without significant access to hydropower, seen from Figure 5.12. Although
battery usage only add up to 0.67 % of the total energy produced. The results seen for
solar PV are in line with the previous discussion, considering that solar constitutes only
1.23 % of the generation mix in the optimum case.

6.3 Hydrogen production distribution

In the future hydrogen-demand base scenario, hydrogen is produced with a mix of tech-
nologies, not limited to the one production method. Significant cost and performance
improvements make electrolysis emerge as the most attractive methods for hydrogen pro-
duction in the long term. About 2.8 million tonnes, or approximately 65.95% of the hydro-
gen consumed, is produced by electrolysis, with 30 % (19.5 % of the total production) sent
via the storage facilities prior to consumption. Moreover, hydrogen produced from natural
gas also plays a significant role in the base case, constituting 34.05 % of the total supply.
Production from SMR with CCS makes up the entire supply based on natural gas at 1.47
million tonnes. Interestingly, no import is seen from SMR without CCS, as the CO2-cost
tilt production in favour of SMR + CCS. As observed in Table 4.8 and 4.9, adding CCS
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to SMR production results in an increase of 14.4 % the cost of H2 per kg. Other studies
have found CCS to increase the present levelised cost of hydrogen with and 18-100 % by
adding CCS [22, 21]. An increase in cost estimates of CCS technology could potentially
shift hydrogen production from natural gas to SMR without CCS.

The results are in contrast to a previous cost-optimisation study of the EU energy system,
which finds that only when CO2 storage was not possible, limiting the possibility of pro-
duction from SMR with CCS, was electrolysis the main hydrogen production route [4].
Other studies find larger shares of electrolysis in 2050 [10], which highlight the difficulty
of analysing future energy systems based on highly uncertain exogenous input factors,
such as, fuel prices and cost of hydrogen production and renewable energy technologies.

Moving on, the distribution of the source of hydrogen vary between the system nodes, as
depicted by Figure 5.7. Large demand nodes such as DE, NL and the UKs are supplied
with hydrogen from both SMR and electrolysis, with the majority originating from the
latter. The similar distributions can be observed in DK-E, DK-W, FI, IE and NI. These
nodes also have significant portions of H2 supplied via storage. Contrasting, the hydrogen
production in the NO and SE nodes is sourced entirely from electrolysis with minimal
storage use, which are all nodes with a significant share of installed hydropower in their
capacity mix.

6.4 Hydrogen production cost

The optimisation returns a cost of hydrogen in the range of 1.57 - 2.6 C/kg depending on
the node, with an unweighted average of 1.9 C/kg, as seen from Figure 5.8. Hydrogen
produced at cost-levels in the lower part of the interval originates from the NO and SE
nodes, where NO2 has the lowest H2 price of the system at 1.57 C/kg. As found by
[16], access to cheap and flexible hydropower lowers the cost of hydrogen in a system
with larges shares of energy coming from VREs. A previous study, modelling hydrogen
production in the European energy system, finds that hydropower facilitates increased full
load hour operation of electrolysers, resulting in hydrogen costs around 2.0 C/tonne in
NO and SE. The study indicates production costs between 2.5-3.0 C/kg in the UK, DE
and NL, slightly above, but comparable to the results found [9]. As shown in Figure 5.7,
these nodes have significant shares of hydrogen coming from SMR + CCS, and substantial
investments in storage to compensate for a less flexible energy mix. BE imports about 85
% of the hydrogen demand from natural gas, effectively reaching the production cost of
SMR with CCS, accounted for the price of CO2. Interestingly, FI supply most of its
demand from electrolysis without storage, while importing large quantities of electricity
(mainly from SE1 and SE2), seen in Figure 5.5. As the model does not invest in storage
capacity, FI is effectively subject to rationing penalties due to unserved demand in times
of uneven electricity supply, heavily influencing the cost of hydrogen.

Other literature find systemic production costs in 2050 in ranges of 0.7-1.5 C/kg H2 [8]
to 2-5 C/kg [14], not considering price differences between different areas. These studies
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use different modelling techniques, data inputs and assumptions, once more underlining
the uncertainty associated with this type of analysis. Hydrogen production cost in a system
with high RES shares are, for example, significantly exposed to changes in expected future
CAPEX of the electrolyser and VRE technologies. Figure 5.16 and 5.17 shows the cost of
hydrogen for variations in the mentioned CAPEX values in 2050. With a 100 % increase
in CAPEX, 100 % of the hydrogen stems from SMR with CCS, as seen from Figure 5.14.
This causes nodal prices, and thus the average costs, to converge towards approximately
2.6 C/kg H2, which is the price of import from SMR with CCS. On the contrary, Figure
5.15 depicts that a 50 % CAPEX reduction amplifies electrolyser production and storage
utilisation, reducing the nodal hydrogen price to 1.0 C/kg and the average price to 1.25
C/kg.

This project examines only the cost of centralised hydrogen production at the nodes, with-
out considering transportation and other distribution-related costs. Several studies stress
that the transmission costs of hydrogen can have a considerable effect on consumer costs,
with variations between 0.1 - 3.5 C/kg depending on transportation method, distance and
flow [14] [59]. It is emphasised that future technology development estimates are subject
to a high degree of uncertainty, as hydrogen transmissions, as of today, is considered an
immature segment. Nonetheless, the cost of transportation is highly influential to the com-
petitiveness of hydrogen in the energy system. Hydrogen transmission can thus be worth
investigating in further work.

6.5 Electrolyser and storage utilisation

Finally, in a system highly penetrated by RES, hydrogen from electrolysis becomes rel-
evant to provide additional system flexibility to the energy system, acting as a flexible
load.

The results depicted in Figure 5.2 show the possible output of electrolytic hydrogen for
each node. Comparing these values to daily demand, the results clearly show that elec-
trolysers are over-sized in terms of maximum output. For instance, DE can theoretically
produce close to 8000 tonnes of H2 a day, twice the daily demand. These findings are ex-
pected, as electrolyser utilisation at a constant maximum cannot be expected for a system
largely penetrated by variable energy sources, leading to oversizing of production capacity.
This is combined with the hydrogen storage investments shown in Figure 5.9, to provide
hydrogen according to node requirements in a timely manner. As the hydrogen demand is
assumed flat on a day-to-day basis, the storage option is essential for electrolyser opera-
tion flexibility. Figure 5.10 show how hydrogen storage levels in the nodal storage facilities
fluctuate within the time span. Compared with the electricity generation mix in Figure 5.4,
the results show how storage is used flexibly to store energy and supply hydrogen at times
of high and low production from RES.

This flexibility, in addition to flexible import from SMR, results in a higher penetration
of RES when comparing the energy production mixes for different hydrogen demands
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seen in Figure 5.3 and 5.18. The development in emissions, net RES share and electricity
curtailment for different hydrogen demands are summarised in Table 6.2 below.

Table 6.2: CO2 emissions, net RES share and electricity curtailment for different hydrogen demands

H2 demand scaling from base 0 1 2 5
Net RES share 63.5 % 70.9 % 71.5 % 76.43 %
Curtailment 5.31 % 3.33 % 2.97 % 3.48 %
CO2 emissions [Million tonnes] 76.50 70.45 69.00 71.21

The system simulated without a hydrogen load has a net RES share of 63.5%, with cur-
tailment of 5.3 % of the energy produced from variable RES. The RES share jump by
more than 7 pp when the base hydrogen demand is introduced, further increasing with
demand before reaching saturation at fives times the initial demand. Simultaneously, cur-
tailment levels are reduced, indicating better utilisation of renewable assets in addition to
increased renewable energy integration. The results are in accordance with previous re-
search, which has found hydrogen penetration to effectuate integration and elevate RES
shares [19, 20, 64]. In addition, [65] finds that the integration of hydrogen in the energy
system also aids in reducing curtailment.

In addition, the results show that the larger penetration of renewable energy returns lower
systemic CO2 emissions, with levels decreasing from 76 million tonnes of CO2 to 69
million tonnes with rising hydrogen demands, despite significant emissions related to the
production of hydrogen from SMR with CCS. Although, emissions rise slightly at five
times the base hydrogen demand, as many RES installation potentials are met, and the
system must rely slightly more on SMR + CCS to supply the hydrogen load, as seen from
Figure 5.19.

6.6 Implications of the CO2 price

The cost of CO2 heavily influences, as one would expect, generation from fossil-based
power generation, seen in Figure 5.21. At zero carbon cost, coal and gas produce ap-
proximately 30 % of the energy. Coal has the largest emission-coefficient of the two,
experiencing a rapid decline in share with increasing prices, until the complete phase-out
at 60 C/t. CC gas sees a less steep decline, taking over from coal in this price area. This
is approximately the price range where coal-to-gas switching is occurring in Europe today
[64]. However, a switch from CC Gas to CCS Gas occurs at CO2 price-level of 30 C/t,
gradually increasing investments in CCS based generation and simultaneously decreasing
generation from more conventional gas. This is largely in line with previous research, sug-
gesting that CCS is introduced at substantial levels with prices in the 25–30 US$/t span,
in most energy and economic modelling done to date [66]. Thus CCS prolongs the life of
gas-based power production in a heavily carbon taxed system. Moreover, this thesis does
not investigate the availability of CO2 storage space, which is found by [4] be highly im-
pactful on the composition of energy sources and sources of hydrogen. Available storage
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space is assumed present but is however a restriction worth investigating in further work,
as it can make or break the feasibility of CCS in the system.

The share of energy from renewable sources increases from 57 to 69 % with rising carbon
costs. The market for generation based on renewable sources looks to be saturated in
the 90-120 C/tonne CO2-span, with the growth rate for wind power and solar converging
towards zero. Effectuating a CO2 price also has a significant effect on the CO2-emissions
from the electric power system and production of hydrogen. A substantial reduction is
seen in Figure 5.22 at price levels between 30 and 60 C/t. Applying a CO2 price of 60 C/t
leads to the substitution of fossil sources with emission-less offshore wind and nuclear,
consequently reducing CO2 emission by 76 % compared to levels seen at no CO2 costs.
To further halve emissions, a large price increase to around 200 C/t CO2 is required.

6.6.1 Hydrogen production and costs

The CO2 price affects the hydrogen production composition in two ways, directly by influ-
encing the emission-related costs of SMR and SMR with CCS, and indirectly by changing
the energy mix, which influences electrolyser operation. The results in Figure 5.23 indi-
cate that a carbon dioxide price in the 30-60 C/t-range is where hydrogen production from
SMR is losing its edge to SMR with CCS. Hence, the results show that CCS is introduced
in H2 production at slightly higher price-levels compared to energy production. The loss
of dispatchable power generation, and hence production flexibility, is compensated by a
substantial increase in import from SMR between 0-60 C/t, from about 0.55 to 1.35 billion
kgs of H2.

The leading role, however, is played by electrolysis, for all costs of CO2. Low prices
encourage direct electrolysis, utilising RES in tandem with gas and coal, as seen by the
spike in direct electrolysis production at no carbon dioxide cost in Figure 5.23. As a
consequence, total electric energy production increases in Figure 5.20, while little storage
is required. Higher levels of CO2 costs encourages electrolysis with increased storage
utilisation, rising to almost 30 pp of the H2 production, to compensate for more expensive
SMR imports and loss of dispatchable power generation.

Furthermore, the change in energy production and sources of hydrogen as a result of in-
creasing CO2 costs influence the cost of hydrogen produced in the system nodes. Overall,
hydrogen production cost increase by 0.1-0.2 C/kg H2 in the nodes depending on fossil
electricity production or imports from natural gas to serve the hydrogen load. The hy-
dropower nodes are mostly unaffected, as the average electricity price seen by electrolysis
in Figure 5.25 is steady around 30 C/MWh, a level comparable to the prices seen in Scan-
dinavia the past years [67], and with 100 % production based on electrolysis.

Nodes such as DE, IE, NI, NL, and the UKs experience a significant shift downwards from
initial electricity prices slightly below 30 C/MWh, gradually increasing with rising CO2
costs. The price of CO2 impacts these nodes by reducing the financial competitiveness
of fossil-based power generation, thus reducing its utilising in the energy mix, as seen in
Figure 5.20. However, the figure still indicates shares of fossil-based power generation,
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which produce at substantially elevated costs levels due to the price of carbon dioxide.
Hence there are two factors affecting the price of electricity in opposite directions. It must
be underlined that this price is not describing the levelised cost of electricity, but rather
the market price seen by each node, which is influenced by several other factors, such as
electricity exchange between nodes at different cost levels. Nonetheless, the sum of lower
levels of power generation from natural gas, and the lower levels of hydrogen import from
SMR with CCS seen in Figure 5.23, at a higher price, and increased investments in storage,
lead to a slight increase of 0.1 C/kg H2 for these nodes over the entire CO2 price span.

To summarise, the cost of hydrogen production does not see detrimental effects of applying
a price of CO2, and remain at competitive levels when compared to previous discussions.

In conclusion, the CO2 price is found to have a significant impact on the results, influ-
encing the composition of energy-producing assets and sources of hydrogen in the system,
largely in line with previous research on the matter [4, 65]. The hydrogen production price,
however, is affected to a lesser extent. Moreover, the large share of electrolysis, even at
low levels of CO2 costs, suggest that other factors are more influential in determining the
economic parity between electrolytic and SMR based H2. Overall, policymakers aiming
to decarbonise the European economy should adopt stringent CO2 tax levels, both to in-
crease the share of energy production from - and to provide hydrogen based on low-carbon
sources.

6.7 Implications of the price of natural gas

6.7.1 Energy generation

The results indicate that the price of natural gas is highly influential on the energy genera-
tion mix, observed in Figure 5.26 and 5.28. The relative change in the financial viability of
power generation from natural gas caused by the change in the fuel price leads to a large
span in the level of CC gas deployment, regardless of CO2 price level. The cost parity
between natural gas and coal seems to lie around the base case natural gas price with no
CO2 price, with generation from coal expanding heavily beyond this point in Figure 5.28.
A CO2 price of 60 C/tonne makes coal completely uneconomical until gas prices rise by
30 % from base, when it is used to compensate for the loss of dispatchable gas generation
in tandem with nuclear and biomass. As discussed, CCS is utilised at a CO2 cost above
30 C/t. CCS is not economically viable, and obviously unnecessary from an economic
stand-point, with costs at 0 C/t, and as a result not deployed regardless of the price of
natural gas. However, at a CO2 price of 60 C/t and reducing natural gas prices, CCS gas
deployment increase to a share of approximately 10 % of the total energy produced.
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6.7.2 Influence on the hydrogen production mix

The deployment of hydrogen production from SMR is, as could be expected, heavily de-
pendant on the gas price, as it constitutes the significant portion of the production costs.
Figure 5.30 shows that supply from SMR with CCS decreases linearly with the natural gas
price, substituted by electrolysis and storage. The storage growth rate is more substantial
compared to electrolysis, as seen by the slope in Figure 5.31, suggesting loss off dispatch-
able generation and the flexibility of SMR import is balanced with hydrogen storage, and
that flexibility and dispatch capabilities are necessary for large-scale hydrogen production
from renewable sources. The results also indicate that electrolytic- and SMR with CCS-
based hydrogen are of an approximately equal share in the hydrogen production mix at
a 30 % reduction in natural gas prices, suggesting price parity between the two at these
levels for the given CO2 price. Further declines expand SMR utilisation to approximately
60 % of the total hydrogen produced. Several studies have found SMR-based hydrogen to
be the favourable production method [4, 14, 68], and the results showcase the influence of
which fuel and CO2 has on its deployment in a future low-carbon power system.

Moreover, interesting results are observed from Figure 5.32 when running the simulation
for varying natural gas prices at no CO2 cost. When prices are halved, 65 % of the hy-
drogen production stem from electrolysis, contrasting previous results where the larger
portion came from hydrogen sourced from SMR with CCS at 60C/tonne of CO2. From
Figure 5.33 it can be observed that DE, DK-E, DK-W, FI, IE, NI, UK-S, and even NL, one
of the three SMR hubs with no hydrogen transportation costs, produce 100 % of the hydro-
gen by electrolysis. What these nodes have in common are large shares of CC gas capacity
initially installed, which experiences a substantial rise in utilisation and share of the total
energy produced, seen in Figure 5.28, for declining gas prices. The only investments are
in electrolyser capacity for the mentioned nodes. This indicates that electrolysis powered
by CC gas is, in fact, more economical than producing H2 via SMR at low gas prices and
no CO2 cost. On the contrary, the hydropower nodes import their entire hydrogen demand
from SMR at low gas prices, before switching to electrolysis between a price scaling of
0.7 and 0.8.

For increasing natural gas prices at no CO2 cost, a significant increase in H2 imported
from SMR is observed initially in 5.32, before gradually declining with rising prices. In
this interval, power generation from natural gas is approximately halved, without a simi-
lar growth in other energy sources. Coal is expanding massively from 1.1 and on-wards,
providing more dispatchable generation, but still at insufficient levels to equalise the loss
of generation from CC gas. Consequently, storage capabilities are slightly strengthened
and H2 from natural gas imports sees an upsurge. While natural gas pricing influences
both the cost of power generation and hydrogen production from natural gas, the variable
costs related to power generation are almost exclusively attributable to feedstock pricing.
Differences in efficiencies, fuel usage, and cost compositions seem to make power produc-
tion from NG more exposed to fluctuations price compared to SMR. Consequently, SMR
is relatively cheaper to power generation at increased price levels and vice versa at low
prices. This can also be a result of the indirect modelling of production from SMR, as
costs are scaled without considering the size and output of the plant. Direct modelling of
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SMR would allow for a more dynamic response to changing market conditions and provide
more realistic results. Such a modelling task is, however, out of the scope and time-limit
of this thesis. Nonetheless, the results given are expected to be of sufficient precision for
this purpose.

Furthermore, Figure 5.29 shows the importance of balance in pricing in the commodities
market for the future system from an emissions-perspective. As previously discussed, low
prices encourage import of hydrogen from SMR without CCS and electrolysis powered by
gas. On the contrary, natural gas prices at too high levels facilitate the use of coal to make
up for lost production flexibility. The environmental optimum seems to lie in the middle
of the two.

In terms of hydrogen costs, the results in Figure 5.34 indicate that the future competitive-
ness of low-carbon hydrogen is highly dependent on gas prices. At low NG price levels,
all nodes experience a hydrogen price around 1.3 C/kg, comparable to the hydrogen costs
from SMR expected in Europe today at 1.5 C/kg [14]. The cost of hydrogen grows lin-
early with the NG price, until the NO and SE nodes switch to hydropower, consequently
decoupling H2 production costs from the price of natural gas. Costs continue to rise in the
remaining nodes, as some hydrogen from SMR is imported regardless of NG price level.
This shows that nodes without sufficient alternatives to flexible power- and hydrogen pro-
duction are unable to decouple entirely from fossil sources, despite significant storage
installation.

In conclusion, natural gas prices are a decisive factor when considering the future hydrogen
production mix and emissions, as it heavily influences both hydrogen directly produced
from SMR, with and without CCS, and gas-powered electricity generation and thus the
future energy mix. The results indicate that hydrogen from steam methane forming of
natural gas has a role, to some extent, in a future decarbonised energy system regardless
of fuel prices and CO2 costs, where it can provide hydrogen when production conditions
for low carbon sources are unfavourable.

6.8 Method and scenario shortcomings

There are several shortcomings with the modelling approach, input data and assumptions
used to create the optimisation model and base scenario for this master’s thesis.

Firstly, the use of linear programming with continuous decision variables allows the ca-
pacity expansion decisions to be continuous. This opens up for the decision variables to
be fractional, meaning, for example, the model can invest in half a power plant, scaling
the size of an asset linearly without restriction. This can be a valid assumption in many
cases, such as producing one-third of a kilo hydrogen, not restricted to increments of a
whole kilo. On the contrary, investing in half a gas power plant with CCS is more ques-
tionable, as this expansion is realistically binary, and one either invest or not. Moreover,
CAPEX and fixed costs of such an investment do not necessarily follow capacity increases
linearly, as expanding a thermal power plant might require investments in a new turbine
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or upgrades of a transformer, which are usually upgraded in bulks, not linearly with each
MW expanded. Applying a integer programming model, on the other hand, would accom-
modate this problem, only allowing for variables of integer quantities. This would likely
increase the total costs of the system, as the model would be required to invest in, for exam-
ple, 50 MW of coal at minimum, while only 30 MW is needed to fulfil load requirements.
On the contrary, such investments would allow for considerations of economies of scale,
lowering the annual costs. However, employing non-linear programming can significantly
increase computational time [69], and require data processing capacity outside of what is
at the disposal of this work. Consequentially, a smaller system and more approximations
might be required, and it is uncertain whether strict integer commitments would generate
significantly better results.

Secondly, way of modelling thermal power plant ramping, as seen in Equation 3.15, lin-
earises the operation of the power plants. This opens up to power plants altering their
production at a rate exceeding what is technically possible, and the capabilities of, for ex-
ample, CC gas, to provide power system flexibility may be overestimated, thus affecting
expansion and utilisation of storage and electrolysers. Nonetheless, the model outcome is
not significantly influenced by this detail, given the production level- and ramping restric-
tions.

Lastly, there are other notable shortcomings related to the model input and assumptions,
not discussed in previous sections. The low geographical resolution applied in the sys-
tem investigated entails aggregation of data sets for entire countries into single or a few
system nodes. The production profiles used to describe VRE operation are aggregated
over large geographical areas into, for example, a single node in Germany. As parts of
DE can experience significant wind while other parts may be windless, aggregating the
input profiles into one node will smooth production variability, resulting in less realistic
VRE asset operation, as highlighted by [63]. This aggregation also means that transmis-
sion congestions within a large area are neglected, which could significantly influence the
flow of power and other model output. Moreover, data sets for only one specific climatic
year is applied, meaning that variability in various conditions between years is neglected,
making the temporal resolution of this study somewhat inadequate. Furthermore, the hy-
drogen demand is modelled as constant on a day-to-day basis in each node. At the same
time, consumption patterns may be influenced by, for example, weather, cost of substitutes
and other macroeconomic factors. However, due to the present absence of a widespread
and large-scale market for hydrogen and lack of actual hydrogen load data sets, this ap-
proximation is assumed sufficient for the purpose of this work. In addition, this thesis only
considers battery storage and hydrogen storage in tanks. Including more storage options in
the analysis, such as hydrogen storage in salt caverns or saline aquifers, pumped hydro or
compressed-air storage would provide even more flexibility options to the system, which
could further elevate the share of RES in the energy mix. This could also potentially result
in reduced utilisation of electrolysers and hydrogen storage to provide system flexibility.
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7.1 Conclusion

This master’s thesis investigates a system of selected of countries in North-Western Eu-
rope, divided into system nodes in 2050, utilising a state-of-the-art capacity expansion
optimisation model based on linear programming, to analyse the effects of large-scale in-
tegration of hydrogen into an interconnected multiple energy-carrier energy system. The
model optimises investments in power generation capacities, electrolysers, hydrogen im-
port from natural gas reforming coupled with pipeline transport and the option for CCS,
electric and hydrogen energy storage, and electricity exchange between nodes, to find the
best pathways of producing hydrogen and supplying nodal electricity and hydrogen con-
sumption at least cost.

The results show that hydrogen produced from electrolysis is the main production pathway,
providing 65 % of the hydrogen consumed in the base case scenario. High storage utilisa-
tion is found, as 30 % of the electrolytic hydrogen is transported via storage prior to con-
sumption, except for nodes with large hydropower capacities, which utilise hydropower
flexibility to produce hydrogen from electrolysis directly. The remaining share of H2 is
supplied by SMR with CCS, as the price of carbon dioxide favours this pathway over SMR
without CCS.

Moreover, the results show that the onshore and offshore wind power is the most signifi-
cant contributors to the electricity production mix in the system in 2050, based on expected
future technology cost reductions. In accordance with similar studies, the flexibility pro-
vided by the integration of hydrogen production and storage into the energy system in-
creases power system penetration of variable renewable energy. The base case simulated
without hydrogen production integrated has a net renewable share of the 63.5 %, increas-
ing to 70.9 % with the deployment of hydrogen production, further rising to 76.43 % at
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greater hydrogen load levels.

Furthermore, the optimisation model calculates a marginal price of hydrogen in the span
of 1.57 to 2.6 C/kg for the system nodes. It is found that future VRE and electrolyser tech-
nology CAPEX estimates are highly influential on the cost of hydrogen and composition
of H2 sources, reducing the price as low as 1.0 C/kg and elevating electrolysis utilisation
for a 50 % CAPEX reduction. On the contrary, SMR with CCS supplies the entire hydro-
gen load at an average price of 2.6 C/kg, when CAPEX estimates are increased by 100 %
.

Among the other insights developed from the results is that the deployment of a carbon
dioxide price has a considerable effect on the future energy system. A price of 30 C/t CO2
is found to both effectuate coal phase-out and introduce CCS based power generation,
which lead to substantial system emission reductions, while not affecting the hydrogen
production cost more than 0.1-0.2 C/kg. Increasing prices beyond 90-120 C/t CO2 does
not lead to increased RES in the energy mix. The 30-60 C/t CO2 price span also triggers
a switch from grey to blue hydrogen. However, electrolysis is the dominant production
technology for all price ranges.

Natural gas prices are also found to highly influential of the future electricity and hydrogen
production mix. The cost parity between coal and combined-cycle gas is found at the base
case natural gas price of 11.5 MMBtu, neglecting CO2 prices. A decrease in the price
of 50 % results in fossil energy share of 38 %, and 22 % at 60 C/t CO2. Electrolysis is
the favoured production pathway, despite the change in prices of natural gas from these
levels, as low gas prices facilitate electrolysis powered by natural gas generation. A 30
% reduction in the base case natural gas price, with a CO2 price of 60 C/t, is found as
the price parity level between hydrogen produced from electrolysis and SMR with CCS,
with further reductions leading the latter hydrogen pathway to dominate. Additionally, the
cost of hydrogen increase from a united system price 1.2 C/kg to a price span of 1.55-2.2
C/kg H2 with gas price variations of -+ 50 %, and it is highlighted that some natural gas
is utilised in the system regardless of natural gas price levels.

It is highlighted that input data and method can significantly impact model output. The ca-
pacity expansion is conducted with VRE profiles based on single-year data, and the areas
subject to analysis are aggregated into single or few nodes, neglecting variations in pro-
duction conditions between years and local power system dynamics. In further works, this
study should be complemented with research of higher spatial and temporal resolution to
increase result robustness. Moreover, additional hydrogen production and storage methods
should be added to give a broader assessment of pathways for hydrogen from low carbon
sources. Lastly, the model is implemented as a linear programming optimisation model,
which allows for somewhat unrealistic continuous investment decisions in power genera-
tion capacities. Other programming approaches should thus be investigated to assess the
impact on the results.
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7.2 Further work

Objectives of further work can be:

• Run the system for multiple climatic years to identify the impact of the production
profile inputs

• Investigate a more complete system, considering costs and losses related to electric-
ity transfer and storage in-between production and transportation, to provide more
realistic results.

• Investigate other transportation methods, such as, natural gas, ammonia and methanol.

• Run the model for a system based entirely on low carbon sources to investigate
implications of a zero-emission energy system

• Expand the optimisation model to include a larger European energy system

• Investigate distribution from the hub to the end user in order to calculate the nozzle
price of hydrogen.

• Expand the system to include other energy storage and hydrogen production path-
ways

• Add the option to supply the system with power from fuel cells and hydrogen storage
to investigate buffer capabilities
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Appendix

A.1

Net RES share =
Generation f rom RES − total curtailment

Total amount o f electricity generated
(A.1)

CRF =
i · (1+ i)n

(1+ i)n −1
(A.2)

AIC [EUR] = (PC [GW ] · L [km] · InvCost [EUR/GW/km] ) (A.3)
·CRF +O&M[EUR/yr]

LCOT [EUR/kg] =
AIC [EUR]

PC [GW ] · LF [hr/yr] · HHV [GWh/kg
(A.4)
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Chapter A. Appendix

Table A.1: Final energy demand and hydrogen demand for each node in 2050

Bus
Final energy demand
[TWh]

Hydrogen demand
[TWh]

Hydrogen demand
[Tonnes/day]

BE 108 9.2 839
DE 580 49.3 4323
DK-E 18 1.5 139
DK-W 27 2.3 207
FI 96 8.2 746
IE 34 2.9 263
NI 10 0.8 74
NL 133 11.3 1031
NO1 41 3.5 320
NO2 25 2.1 194
NO3 24 2.0 185
NO4 20 1.7 152
NO5 20 1.7 152
SE1 10 0.8 75
SE2 22 1.9 170
SE3 103 8.7 798
SE4 31 2.7 244
UK-N 44 3.7 340
UK-M 175 14.9 1360
UK-S 219 18.6 1700

Table A.2: Various technology input parameters for 2050 [48]

Type
CO2 emission
[kg/MWh]

Min. generation
limit [MW]

Ramp rate
[%/h]

Retirement costs
[C/MW]

Onshore Wind 0 0 100 %
Solar 0 0 100 %
CT Gas 481.6 0 100 % 16993
CC Gas 333 0 25 % 12064
CCS Gas 39.8 0 25 % 31116
Coal 834.7 260 16 % 61025
CCS Coal 88.4 325 16 % 61025
Nuclear 0 2200 16 % 76440
Biomass 0 34 32 % 56987
Offshore Wind 0 0 100 %
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A.1

Table A.3: Transmission line capacities and connections between the system nodes in 2050 [40]

From To Capacity [MW]
NO1 NO2 1450
NO1 NO5 4100
NO1 NO3 1000
NO1 SE3 2920
NO2 UK-M 1400
NO2 NO5 2100
NO2 NL 700
NO2 DE 3500
NO2 DK-W 1640
NO3 NO5 1000
NO3 NO4 3000
NO3 SE2 1000
NO4 FI 50
NO4 SE1 650
NO4 SE2 275
NO4 UK-N 2000
SE1 FI 1150
SE1 SE3 3750
SE2 SE3 7650
SE3 SE4 5575
SE3 FI 1850
SE3 DK-W 710
SE4 DK-E 1500
SE4 DE 965
DK-W DE 3000
DK-W DK-E 1200
DK-W NL 700
DK-W UK-S 1400
DK-E DE 1600
DE NL 5000
DE BE 1000
NL UK-S 1000
BE UK-S 1000
UK-N NI 1000
UK-N UK-M 7000
UK-M IE 4400
UK-M UK-S 15000
IE NI 1100
BE NL 2400
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