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Abstract Chemistry of the injected water has been in-
vestigated as an important parameter to improve/enhance
oil recovery (IOR/EOR). Numerous extensive experiments
have observed that water chemistry, such as ionic com-
position and salinity, can be modified for IOR/EOR pur-
poses. However, the possible oil displacement mechanism
remains debatable. Nanoparticle recently becomes more
popular that have shown a great potential for IOR/EOR
purposes in lab-scale, where in most experiments, water-
based fluid were used as dispersed fluid. As yet, there has
been no discussion in the literature on the study of water
chemistry on enhanced oil recovery using silica-based
nanoparticles. A broad range of laboratory studies involv-
ing rock, nanoparticles and fluid characterization; fluid—
fluid and fluid-rock interactions; surface conductivity
measurement; coreflood experiment; injection strategy
formulation; filtration mechanism and contact angle mea-
surement are conducted to investigate the impact of water
chemistry, such as water salinity and ionic composition
including hardness cations, on the performance of silica-
based nanoparticles in IOR/EOR process and reveal pos-
sible displacement mechanism. The experimental results
demonstrated that water salinity and ionic composition
significantly impacted oil recovery using hydrophilic
silica-based nanoparticles and that the oil recovery in-
creased with the salinity. The primary findings from this
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study are that the water salinity, the ionic composition and
the injection strategy are important parameters to be con-
sidered in Nano-EOR.

Keywords Enhanced oil recovery - Nanoparticles -
Salinity - Ionic composition - Wettability alteration

Abbreviations

BET Brunauer-Emmett-Teller

COBR Crude oil/brine/rock

EDX Energy-dispersive X-ray

EOR Enhanced oil recovery

IFT Interfacial tension

I, Wettability index

Nano-EOR Nanofluid as an enhanced oil recovery/
tertiary process

NF Nanoflooding as a tertiary process

NPs Nanoparticles

OOIP Original oil in place

PV Pore volume

ppm Parts per million

ROS Residual oil saturation

RRF Residual retention factor

SARA Saturates, aromates, resins and asphalthens

SEM Scanning electron microscope

SSW Synthetic sea water

SWwW Strongly water-wet

Swi Initial water saturation

TDS Total dissolved solids

XRD X-ray diffraction

WF Waterflooding as a secondary flooding
process

wC Water cut

wt% Weight percentage

Disase cllod dyao .
KACST a,51é1)lg roglel @ Springer


http://crossmark.crossref.org/dialog/?doi=10.1007/s13204-015-0411-0&amp;domain=pdf
http://crossmark.crossref.org/dialog/?doi=10.1007/s13204-015-0411-0&amp;domain=pdf

Appl Nanosci (2016) 6:83-95

84

g Interfacial tension of the liquid phase

g Interfacial tension of the solid phase

Ol Interfacial tension between the liquid and the
solid phases

0 Contact angle

Introduction

Worden et al. (1999) defined formation water as the water
that occurs naturally within the pores of sedimentary rock
and is free to move under appropriate hydrodynamic con-
ditions. During hydrocarbon production, formation water
may be produced along with hydrocarbons and is measured
as the water cut (WC). In typical oilfield practice, this
water that is produced from a petroleum reservoir may be
re-injected (after surface treatment) to maintain the pres-
sure in the reservoir or for water flooding as a secondary
recovery process (Anderson 1987). Formation water may
exhibit significant variations and unique physical and
chemical properties (e.g., salinity, composition, etc.) be-
cause of the various thermodynamic processes in the sub-
surface (Houston 2007). However, the most important
processes are the depositional environment (e.g., the cli-
mate, the sedimentation state, the location and the source
of sedimentation), evaporation and the dissolution of eva-
porates (Houston 2007). Recent studies have shown that oil
production from waterflooding can be enhanced by con-
trolling the salinity and ionic composition of the water
(Jadhunandan and Morrow 1995; Yildiz et al. 1999; Webb
et al. 2004; and Lager et al. 2006). Numerous laboratory
experiments were subsequently performed, showing that
low salinity (i.e., in the 1,000-2,000 ppm range) can im-
prove oil recovery (Tang and Morrow 1997; Morrow et al.
1998; Tang and Morrow 1999a, b; Zhang et al. 2007,
Buckley and Morrow 2010; Kumar et al. 2010; Loahardjo
et al. 2010; Morrow and Buckley 2011; and Hadia et al.
2013). However, the primary oil displacement mechanism
remains controversial. Skauge (2013) identified critical
parameters to describe low salinity mechanisms in sand-
stone such as multi-component ionic exchange, fines mi-
gration, wettability alteration, electrical double layer
effects, microscopically diverted flow and pH-driven wet-
tability alteration. Dang et al. (2013) considered that the
most reliable mechanism among these proposed mechan-
isms is the wettability modification toward a more water-
wetting state, as observed by Jadhunandan and Morrow
(1995); Tang and Morrow 1999a; Drummond and Israe-
lachvili (2002, 2004); Vledder et al. (2010); and Zekri et al.
(2011). In addition, ionic exchange among the injected
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water, the formation water and mineral dissolution/pre-
cipitation products in low salinity water can lead to the
adsorption of divalent ions and promote mineral dissolu-
tion, thereby altering the wettability. Consequently, ionic
exchange affects features of the relative permeability
curves such as the shape of the curve and the end points
corresponding to high oil relative permeability and low
water relative permeability (Webb et al. 2004; Rivet 2009;
and Fjelde et al. 2012).

As yet, there has been no discussion in the literature on
the effects of water salinity and ionic composition on novel
enhanced oil recovery using nanofluids. Nanofluids are a
new class of engineering fluids that represent a new in-
terdisciplinary area of considerable importance where
nanoscience, nanotechnology and thermal engineering
converge (Yu and Xie 2012). A nanofluid consists of
nanoparticles (NPs) with average sizes below 100 nm that
are suspended in a traditional heat transfer fluid such as
water, oil or ethylene glycol (Das et al. 2008). A nanofluid
is a two-phase systems consisting of a solid and a liquid
(Yu and Xie 2012), i.e., the NPs solid phase is usually
dispersed in a liquid. The water salinity is a critical factor
in polymer flooding. The degree of shear degradation and
retention increases with the water salinity, which in turn
decreases the ability of polymer to enhance the mobility of
the molecules.

Therefore, the objective of this study was to evaluate the
effects of water salinity and ionic composition on oil re-
covery using nanofluids flooding with hard water. Syn-
thetic sea water (SSW) of varying compositions was
prepared using sodium chloride, potassium chloride and
hard water at water salinities ranging from 3,000 to
100,000 ppm. The base SSW consisted of 3 wt% sodium
chloride (NaCl with 30,000 ppm TDS). The Berea sand-
stone cores used in this study were strongly water-wet
(SWW) with an Amott-Harvey wettability index (I,) be-
tween +0.7 and +0.9. Characterization processes were
conducted on the cores, crude oil and NPs. A two-phase
displacement test was carried out by injecting a silica-
based nanofluid as a tertiary process (Nano-EOR) through
Berea sandstone cores using various nanofluids at room
conditions. Room temperature was selected as a starting
point of study to figure out the fundamental behavior be-
fore going further to more complicated condition such as
reservoir condition. An injection cycle scheme was de-
veloped to demonstrate the potential of using a silica-based
nanofluid in a novel enhanced oil recovery (EOR) process.
The oil displacement mechanism was identified by deter-
mining the crude oil/brine/rock (COBR) interactions by
measuring the contact angle of a water-wet system (using
quartz plates as the solid phase), particle retention and
performing an effluent analysis.
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Materials and experimental method
Core preparation and characterization

In this study, several outcrop cores were used as repre-
sentative reservoir rock that was cut from a huge block of
Berea sandstone. Potts and Kuehne (1988) identified Berea
sandstone core for use in laboratory coreflooding ex-
periments because of uniform rock properties, commercial
availability and low cost. Berea sandstone also exhibits a
wide range of porosities and permeabilities. Figure 1
shows that the cores had an average diameter and length of
3.8 and 4.0 cm, respectively. The measured helium por-
osity ranged from 15 to 17 %. The pore volume (PV) of the
cores ranged between 7 and 8 cm’. The permeability to
liquid (SSW) ranged from 100 to 600 mD. Selected cores
were used for characterization purposes. A microscopic
characterization was conducted using a scanning electron
microscope (SEM). Energy-dispersive X-ray (EDX) spec-
trometry and X-ray diffraction (XRD) have been performed
for mineralogy identification. Hendraningrat and Torsaeter
(2014) used EDX and XRD to show that the selected cores
were dominated by quartz (83-93 %) and minor minerals,
such as alkali feldspar (max. 8 wt%) and pyroxene
(<1 wt%) and that the pore throat size was in the micron
range. Therefore, these results for the mineralogy and the
pore-throat size were assumed to be representative of all of
the core plugs investigated in this study. Wu and Firooz-
abadi (2010) conducted coreflood experiments showing
that Berea sandstone is similar to sandstones obtained from
reservoir cores.

Nanoparticles

Fumed hydrophilic silica (SiO,) NPs from Evonik Degussa
were used in this study. The NPs had the appearance of a
soft white powder and an average primary particle size of
7 nm. The NPs were characterized using a scanning elec-
tron microscope (SEM, Zeiss Supra 55VP), as shown in
Fig. 2. NPs look much bigger than their primary particle

Fig. 1 A core sample with its dimensions
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Fig. 2 Morphology and elemental analysis of SiO, NPs under SEM
(magnification 30 k times)

Table 1 Nanoparticles properties

Properties Unit Value
Average primary particle size nm 7
Specific surface area BET (m%g) 300 £ 30
Bulk density g/L 50

pH (4-5 % in dispersion) Unit 3.7-4.7
Si0, wt% 99.8
Al,O4 wt% <0.05
TiO, wt% <0.03
HCl1 wt% <0.025
Fe, 05 wt% <0.003

size because they were on a secondary form (aggregation).
Most NPs easily aggregated because they have large sur-
face-to-volume ratio due to the small particle size. Mate-
rials with high surface-to-volume ratios react at much
faster rates because additional surfaces are available to
react. The properties of the NPs are summarized in
Table 1.

Synthetic sea water

Various synthetic sea water (SSW) were prepared to serve
as representative reservoir formation water: the fluid
properties of these SSW are shown in Table 2. Salinity is a
measure of the total dissolved salts in solution; however,
the term “salinity” is often used interchangeably with the
term “total dissolved solids (TDS)”, which is defined as
the total amount of the inorganic and organic non-par-
ticulate material in a sample (Houston 2007). Using
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Table 2 Synthetic sea water properties at room condition

SSW type Composition TDS, ppm Density Viscosity pH Surface conductivity
(g/em’) (cP) (mV)

A NaCl 3.0 (wt%) 30,000 1.0220 1.001 6.76 142

B NaCl 0.3 (wt%) 3,000 1.0004 1.003 5.94 442

C NaCl 10 (wt%) 100,000 1.0733 1.059 6.90 14

D KCl 3.0 (wt%) 30,000 1.0171 1.063 5.601 63

E NaCl (2.7 %) + CaCl,.2H,0 (0.57 wt%) 30,000 1.0215 1.047 6.029 38

F NaCl (2.7 %) + MgCl,.6H,0 (1.01 wt%) 30,000 1.0196 1.047 6.002 38.9

representative sea water composition analyses by Houston
(2007) for sedimentary basins around the world, the major
salt components were considered to be Na*, K*, Ca®",
Mg?*, CI7, HCO;~ and SO4*~, with pH values ranging
from 5.73 to 6.70 and TDS values ranging between hun-
dreds of ppm and 300,000 ppm. In this study, a mixture of
3.0 wt% sodium chloride (NaCl; TDS approx. 30,000 ppm)
and de-ionized water was used as the base SSW. Other
SSW of various compositions and salinities ranging from
3,000 to 100,000 ppm were mixed with NPs and used in a
tertiary flooding process (Nano-EOR). The divalent salt
jons, Ca®* and Mg?>", were used to investigate the effect
of hardness on the behavior and performance of the
nanoparticles. The density and viscosity were measured
using a pycnometer and a Brookfield rotating viscometer
(model LVDV-II + P), respectively. The pH and the sur-
face conductivity were measured using a digital pH meter
Metrohm (serial 827).

Nano fluid preparation

The NPs were synthesized using various SSW at a weight
concentration of 0.05 wt%. This concentration was se-
lected based on our previous study to determine the opti-
mum concentration of silica NPs (Hendraningrat et al.
2013a). The nanofluids were synthesized using various
types of SSW using high-speed magnetic stirring and
agitated by ultra-sonication at amplitude of 60—100 % (for
an output power of 90-100 Watts). The nanofluid proper-
ties are presented in Table 3. The NPs significantly af-
fected the nanofluid properties by lowering in the pH and
increasing the surface conductivity.

Crude oil characterization

In this study, a degassed light crude oil from a field in the
North Sea was used as the oleic phase. This crude oil was
characterized by performing a saturates, aromates, resins
and asphalthenes (SARA) analysis in which the numbers of
acids and bases were measured. Table 4 shows the crude
oil properties.
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Table 3 Nanofluid properties at room condition

Surface
conductivity (mV)

Nanofluid Density (g/cm®) Viscosity (cP) pH

A 1.0150 1.0100 6.16 50.6
B 1.0040 0.9567 524 821
C 1.0653 1.1067 557 572
D 1.0167 0.8970 4.87 103.5
E 1.0163 1.0333 539 699
F 1.0128 0.9867 5.66 56.5

Table 4 Crude oil properties

Properties Unit Value Temperature (°C)
Saturates wt% 75.12 22

Aromates wt% 22.59 22

Resins wt% 1.88 22

Asphalthens wt% 0.41 22

Acid # mg KOH/g oil <0.1 22

Base # mg KOH/g oil 0.35-0.46 22

Density g/em® 0.83774 15.5

Density g/em’® 0.8260 22

Viscosity cP 5.1 22

Quartz plate preparation

In this study, a series of rectangular transparent quartz plates
were used as solid substrates to determine the wettability
behavior of the silica-based nanofluid. The quartz plate was
selected based on a core mineralogy and elemental analysis
using XRD and EDX (the plate was predominantly quartz at
a composition of 83-93 %). On average, each quartz plate
was 2.8 cm long, 1.5 cm wide and 0.19 cm high. Hendran-
ingrat et al. (2013Db) first classified the wettability of a quartz
plate as being strongly water-wet (SWW).

Measurement of charge stabilization of nanofluids

The stability of the nanofluids was determined by mea-
suring the surface conductivity using digital Metrohm
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(serial 827), which is an important parameter in evaluating
fluid stability. In this study, surface conductivity was used
to measure the particle charge, which arises from the ion-
ization of surface groups that are affected by the solution
pH ISO 14887:2000(E) (2000). This instrument is com-
pleted for water analysis and will show the fluid properties
such as pH, surface conductivity and temperature at the
same time. The surface conductivity is closely related to
the surface charge (Rao 2010). Colloids with a sufficiently
high surface charge will remain as discrete particles, re-
sulting in a suspension with good stability. Decreasing the
surface charge of the colloids has the opposite effect.

Contact angle measurement

The contact angle of the COBR system was measured di-
rectly on transparent quartz plates using a Goniometry
KSV CAM instrument at room conditions for 3 h. The
system consisted of a quartz plate for the solid substrate, a
crude oil for the oleic-phase and a nanofluid for the
aqueous phase. The duration of the measurement was se-
lected based on the typical injection time for each se-
quence. The measured drop shape was fitted by the Young—
Laplace formula as follows:

0s = Gg + 61¢0s 0, (1)

where o denotes the interfacial tension of the components of
the system, and the indices s and 1 denote the solid and liquid
phases, respectively, o4 denotes the interfacial tension be-
tween the two phases and 0 is the contact angle, which cor-
responds to the angle between the vectors ¢; and oy.

Treiber et al. (1971) developed the following classifi-
cation for the contact angle in a 3-phase system (water, oil
and a rock surface): water-wet corresponds to the 0° to 75°
range, intermediate/neutral-wet corresponds to the 75°—
105° range and oil-wet corresponds to the 105°-180°
range. A zero contact angle shows that the denser fluid
completely wets the solid.

Coreflood procedure

All of the cores were fully saturated with the SSW in a
vacuum container for several days to allow equilibration
with rock constituents at room temperature and a low
pressure of 100 mbar (Yildiz et al. 1999). The drainage
process was initiated by injection of a crude oil at an
elevated rate between 1 and 40 cm*/min for 810 PV until
SSW production stopped, thereby establishing the initial
water saturation (Sy;). The two-phase oil-water system
coreflooding instrument was configured as shown in Fig. 3.
The sleeve pressure and injection rate were set to constant
values of 20 bar and 0.2 cm*/min, respectively, during the
displacement processes. The injection rate was selected to

approximate typical reservoir velocities. The displacement
tests were performed using sequential flooding. In the first
cycle of the forced imbibition process, the base SSW
(3 wt% NaCl), which is denoted by WF1, in the 5-10 PV
range was injected into the core plugs until oil production
stopped or a 100 % water cut (WC) was reached. Thus,
residual oil saturation (ROS) occurred because of water-
flooding (WF1). In the next cycle, the silica-based
nanofluid in the range of 5-7 PV was injected as a tertiary
recovery process (which is denoted as NF). In the post-
nanoflooding cycle, the (secondary) base SSW (which is
denoted as WF2) in the 5-7 PV range was then re-injected
into selected cores. The expelled oil from a core was
recorded and measured in a two-phase glass separator
during the displacement processes. The effluent water was
collected in a water accumulator. A camera was installed to
record the oil recovery during the displacement processes.
A differential pressure transmitter in the 0-30 bar range
was connected to the inlet and outlet ends of the core cell to
measure and record the pressure drop across the core
during the flooding processes. The effluents were collected
in the water accumulator. For each sequential flooding
process, the effluent was taken at the final PV value, and
the pH and the surface conductivity alteration of the ef-
fluent were measured. The procedure was performed in this
way to avoid contamination from the previous sequence.

Results and discussion
Evaluation of charge stabilization of nanofluids

Rao (2010) reported that the particle surface charge can be
controlled by modifying the suspension liquid, i.e.,
changing the pH, shifting the ionic environment or adding
a stabilizer. In this study, the effect of ionic exchange and
the salinity of the dispersed fluid were evaluated for silica-
based NPs because the stability of the nanofluid has been
observed to be a significant issue in enhanced oil recovery
(Yu and Xie 2012; Hendraningrat et al. 2013c). Table 4
shows that different nanofluid salinities and ionic compo-
sitions corresponded to different surface conductivities.
The surface conductivity decreased as the salinity was
decreased from 100,000 to 3,000 ppm. The ionic compo-
sition also affected the surface conductivity. The potassium
ion (K™) has a much higher surface conductivity than the
sodium ion (Na™), because potassium has a larger atomic
radius and, therefore, a higher reactivity than sodium.
Therefore, the single valence electron of the alkali metals is
located farther away from nucleus (Wikianswers 2014).
Calcium has a larger atomic radius than magnesium, which
makes calcium more reactive than magnesium. However,
among the ions considered in this study, potassium is the
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Fig. 3 Experimental setup schematic / pump fluid (Exxol D60), 2
injection pipe (ID 1.5 mm) 3 Pump, 4 valve, 5 pump fluid in vessel-A,
6 piston plate, 7 SSW in vessel-A, 8 nanofluid in vessel-B, 9 crude oil
in vessel-C, /0 SSW pipeline, /7 nanofluid pipeline, /2 oil pipe, 13
water-phase pipeline, /4 inlet pipeline, /5 bypass valve, /6 Hassler

most reactive and exhibits the highest surface conductivity.
Hendraningrat and Torsaeter (2014) observed that the
higher the surface conductivity of a nanofluid, the higher
its stability. The surface conductivity is inversely related to
the pH. This result can be explained in terms of the balance
between two opposing forces, i.e., attractive and repulsive
potentials. The balance between the van der Waals (VDW)
attraction and the electrostatic repulsion can be used to
explain why certain colloidal systems agglomerate whereas
other systems remain as dispersed particles. The VDW
attraction results from the forces between the individual
molecules in each colloid. Electrostatic repulsion becomes
significant when two colloids approach each other because
of charge interactions, and their double layers begin to
interfere. Energy is required to minimize this repulsion by
creating an aggregate form. Increasing the particle surface
charge particles increases the repulsive forces between
particles, thereby increasing the stability of the suspension,
because discrete particles are maintained and prevented
from aggregating into larger particles via the process
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core cell inside oven, /7 core plug inside cell, /8 sleeve pressure /9
pressure transmitter, 20 Connection cable to PC, 2/ camera recorder,
22 oil-water separator, 23 water accumulator, 24 computer/PC as
controller and data acquisition

known as agglomeration, which has been observed to im-
pair rock properties (Hendraningrat et al. 2013c).

Displacement tests and mechanism

The coreflood results for the water-wet Berea cores are
summarized in Table 5. In the first waterflooding sequence
(WF1), sodium chloride (30,000 ppm) was injected until
100 % water cut (WC) was achieved through the Berea
sandstone in all of the cases studied. This composition was
similar to the initial water saturation (Sy;) composition. Our
measurements showed that the Sy; ranged from 24 to 39 %
PV. Craig (1971) reported that the characteristics of strongly
water-wet (SWW) cores are typically greater than 20-25 %
PV because water fills the small pores and forms a thin water
film over the rock surfaces in a water-wet system. Conse-
quently, the S,; for water-wet systems is relatively high.
Several representative sister cores were taken from a previ-
ous study (Hendraningrat et al. 2013d) and a solution of NaCl
3.0 wt% with NPs 0.05 wt% is used as a base case.



Appl Nanosci (2016) 6:83-95

89

Table 5 Summary of displacement experiment

Core # Initial water Oil recovery (% OOIP) Residual oil saturation (% PV) Total recovery, Injected
saturation (% PV) (% OOIP) nanofluid
WF1 NF WE2 WF1 NF WE2
H-2 24.2 61.70 5.32 - 29.00 24.90 24.90 67.02 A
S-1 36.55 54.65 0.00 1.98 28.77 28.77 27.51 56.63 B
S-2 32.54 67.24 15.52 0.86 22.10 11.63 11.05 83.62 C
S-3 31.25 54.17 3.13 — 31.51 29.36 29.36 57.29 D
S-4 27.12 54.31 345 2.59 33.30 30.79 28.90 60.34 E
S-5 39.86 53.70 13.89 4.63 27.84 19.49 16.71 72.22 F
Oil Recovery Performance, Differential Pressure vs. Injected PV Oil Recovery Performance, Differential Pressure vs. Injected PV
of Core H-2 (Nanofluid-A) of Core S-1 (Nanofluid-B)
100% 100 100% 750
== \WF1
00% 4 . L o0 90% L 675
a 80% A ——Series1 L 80 o 80% | ——Diff. Pressure r 600
o " o
8 7o 61.70% - F7o 9 O 70%1 %% 2
o = 54.65% .63% =
0\2 60% L 60 ; ;; 60% 54.65% 56-63% | 450 ;
= 50% Lso @ 2 50% 4 I 375 g
g £ ¢ =
2 4ot Lao @& g 0% 1 300 3
1% —_— —_—
o] Q509 L
& s L 30 g_ : 3 f 225 ?',—
S am Lo = O 20% F1so
10% L 10 10% | L 7s
% ’ o 0% 1 0
o 1 2 3 a 5 6 7 0 1 2 3 4 5 6 7 8 9 10 11 12 13 14 15
PV Iniected, fraction PV Injected, fraction
Oil Recovery Performance, Differential Pressure vs. Injected PV Oil Recovery Performance, Differential Pressure vs. Injected PV
of Core S-2 (Nanofluid-C) of Core S-3 (Nanofluid-D)
100% 750 100% 500
== WF1 =r—NF
90% 4| ==—NF 9 % I 675 90% || ——WF2 t 450
—O—WF2 82.76% 83.02.% ——WF1
o 80% -| ——nDiff. Pressure 600 o 80% [ _——Diff. Pressure r 400
o o
O 70% - 67.24% Fs2s © O 70% F 350 :U.-,
G | | R 5 54.17% 57.29% L R
o 60% 450 T o 60% 300 ©
E 3 > o
= 50% o L3rs @ = t2s0 @
Q c [ =4
3 40% - L300 & 3 F200 @
1 ER )
@ 30% - L 225 S 2 1 Z
S 20% t1so = O F100 =
10% 75 t 50
0% o - . - - : . - - - - - - 0 - 0
0 1 2 3 4 5 6 7 8 9 10 11 12 13 0.0001.002.006.00@.006.006.000.008.008.0000.004.00Q.003.00@.006.006.000.00@.000
PV Injected, fraction PV Injected, fraction
Oil Recovery Performance, Differential Pressure vs. Injected PV Oil Recovery Performance, Differential Pressure vs. Injected PV
of Core S-4 (Nanofluid-E) of Core S-5 (Nanofluid-F)
100% —— 1200 100% e 1200
90% ——NF 90% 1 _Pwn
—O—WF2 L -t + 1000
o 80% —— Diff. Pressure 1000 o 80% SRR 72.22%
8 70% A =4 8 70% A 9
o 800 = o Feoo =
O 6o% =0 eon 53.70% =
3 6 I e : 67.59% =
= 50% - 57.76% 6034% Lgoo & = sow leoo @
9] 54.31% S o =
3 40% o 3 40% o
o L e o L _
& 30% 4 400 3 & s0% 400 3
] 2 0 2
20% - 200 = 20% F200
10% 4 10%
0% 0 0% e S S S S S R T T °
0 1 2 3 4 5 6 7 8 9 10 11 12 13 14 15 o 1 2 3 4 5 6 7 8 9 10 11 12 13
PV Injected, fraction PV Injected, fraction
Fig. 4 Oil recovery profile, differential pressure vs. injected PV of water-wet cores
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Figure 4 shows the oil recovery performances for each
sequence (WFI1, NF and WF2) and the corresponding
pressure drop profiles. The oil recoveries after WF1 ranged
from 53 to 67 % OOIP, and the ROS ranged from 22 to
34 % PV. Oil recovery variations typically result from
complex COBR interactions, such as the complexity of the
pore structure and the distribution of the fluid in the pore
spaces (Morrow 1990).

Injecting a nanofluid with a low salinity of approx.
3,000 ppm (Core S-1) did not affect the oil recovery. The
incremental oil recovery usually increases when the water
salinity is increased from 30,000 to 100,000 ppm. The re-
sults showed that nanofluid flooding is more likely using
higher salinities (Core S-3). This result is significant be-
cause an incremental oil recovery of 15 % points of OOIP
was obtained using nanofluid-C (Core S-3). This pre-
liminary study shows that nanofluid flooding is sensitive to
the water salinity (i.e., the sodium chloride composition)
and that increasing the water salinity results in a much
higher incremental oil recovery that agrees with wettability
alteration toward a more water-wet system, as shown in
Fig. 5. Figure 6 shows the changes of the shape of a crude
oil droplet on a quartz plate for nanofluids with different

Fig. 5 Contact angle
measurement to evaluate the 80

salinities over 3 h. Thus, different water salinities inter-
acted differently with the quartz surface and altered the
surface property toward a more water-wet system.

The magnitude of the changes in the oil recovery in the
presence of monovalent cations (Na* and K*) showed a
similar potential for nanofluid flooding, and both cations
modified the rock wettability in agreement with the incre-
mental oil recovery results, as shown in Fig. 7. The presence
of the divalent cations (Ca** and Mg ") in the surrounding
nanofluid had a considerable effect on the rock wettability
alteration and the incremental oil recovery, as shown in
Fig. 8. The recoveries obtained for different ionic compo-
sitions were very close and remained in the middle range of
the base case using sodium chloride at a similar salinity.
Unexpected results were obtained using a nanofluid con-
taining Mg " cations (Core S-5), which produced the highest
incremental oil recovery of almost 14 % points of OOIP for
all of the cases studied. Although both types E and F of the
SSWs had similar salinities of 30,000 ppm, the weight
concentration of the Mg”" cation was almost double that of
the Ca®" cation. The contact angle measurements showed
that these divalent cations produced the greatest increase in
the water-wetness of the system. These observations were
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Fig. 7 Contact angle
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similar to those reported by Jabbar et al. (2013), where sea-
water ions, such as Ca>*, Mg” and SO427, changed the rock
surface, altered the rock wettability and improved the oil
recovery. However, using a quartz plate restricts the repre-
sentation of the rock surface to that of a single mineral
(quartz), as reported by Morrow (1990).

Unlike the nanofluid containing Ca®* cations, for which a
steady contact angle was obtained, the nanofluid containing
Mg*" decreased the aqueous contact angle, as shown in
Fig. 9. However, the complexity of the COBR interactions
should be examined further by performing more displace-
ment tests to validate the results. The presence of NPs, var-
ious water salinities and ionic compositions changed the rock
surface charge, altered the rock wettability and eventually
mobilized the residual oil in the cores. Another interesting

4000 6000 8000 10000

Time, second

12000

result was observed when sodium chloride was re-injected
after the NF sequence achieved a 100 % WC. In most cases,
additional oil was recovered during the WF2 Sequence. The
highest oil recovery of almost 5 % points of OOIP was ob-
tained using the nanofluid containing Mg®". Even in the low
salinity case (Core S-1 with nanofluid-B), the oil recovery
was almost 2 % points of OOIP. The nanofluid containing
K™ cations did not perform well because of a pump mal-
function in the WF2 sequence. Therefore, the injection
strategy associated with the incremental oil recovery could
also depend on the composition and the water salinity.
However, further investigation is needed to validate these
results.

Figure 10 shows the filtration mechanism of NPs in
Berea sandstone from observations of the inlet point of
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Fig. 9 Contact angle images of various synthetic sea water and nanofluid with different ionic compositions after 3 h at room condition

nanofluids

I

cores after the displacement tests. The formation of sur-
face nano-cakes could not be clearly observed for all of
the tested cores. Therefore, another evaluation was con-
ducted by calculating the residual retention factor (RRF),
as described by Skauge et al. (2010). The RRF is defined
as the ratio between the differential pressure after and
before NF. The RRF was calculated using the following
formula:

RRF — APaflerNF (2)

AP, before NF

Tables 5 and 6 show that higher RRF values
corresponded to higher incremental oil recoveries after

Diellase ¢Llodl aly R
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Fig. 10 Surface nano-cake N =
observations at inlet point after ' s Nanoﬂui(N
injections of different '

Nanofluid BJ‘! moﬂ“

the NF and WF2 sequences. Increasing the RRF value
increases the tendency of a particle to be adsorbed by the

rock grain surface, resulting in aggregation. This
aggregation was observed by increasing the pressure drop
during the NF and WF1 sequences. This result also
indicated that the NPs altered the surface rock wettability
toward more water-wetness during adsorption and
mobilized the residual oil in the cores. Zhang et al.
(2013) reported that NP adsorption during transport in a
porous medium involves physicochemical interactions
between the NPs and the grain surfaces. This observation
supports the results of wettability modifications from
contact angle measurements.
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Table 6 Residual retention factor calculation

Core # Average RRF Injected nanofluid
H-2 n.a A
S-1 0.96 B
S-2 1.19 C
S-3 n.a D
S-4 1.05 E
S-5 1.90 F

Table 7 The pH and surface conductivity alteration

Core # pH Surface conductivity (mV)
WF1 NF WF2  WF1 NF WE2
H-2 n.a n.a n.a n.a n.a n.a
S-1 4450 4276 5619 1245 133.6 85.9
S-2 4452 4391 4.607 124.1 126.7 115.5
S-3 5934 5890 na 45.3 47.4 n.a
S-4 5736  5.616 5401 499 56.1 67.1
S-5 5.193 5075 5784 86 92.5 53.5

The measured pH and surface conductivity of the effluent
are summarized in Table 7. The pH and the surface con-
ductivity of the injected SSW changed for all of the cores
before and after the NF injection. These changes may have
occurred because of the physicochemical adsorption of NPs
during transport through the porous medium, resulting in
wettability alteration, as previously observed from the
contact angle and RRF measurements. Austad (2013) re-
ported that active divalent ions, such as Ca**, Mg?" and
SO,*~, can decrease the charge density. These divalent ions
can contact the grain surface and alter the wettability.

However, the presence of clay in sandstone was neces-
sary in Austad’s study, unlike the Berea sandstones used in
this study. The effluent observations showed that the sur-
face conductivity decreased before and after NF process,
except when the nanofluid containing Ca”*" cations was
used. Thus, it is not obvious as to how to determine the
relationship between the wettability alteration and the
change in the pH/surface conductivity in the Berea sand-
stone rock in this study. Further investigation is needed to
evaluate this issue.

Concluding remarks and further works

Different nanofluid salinities and ionic compositions af-
fected the surface conductivity of the nanofluids. The
surface conductivity decreased as the salinity decreased,
which was associated with a decrease in the nanofluid
stability. In addition, different ionic compositions had
different effects on the surface conductivity. Nanofluid

flooding is sensitive to the water salinity (i.e., the sodium
chloride content). Increasing the water resulted in a much
higher incremental oil recovery which agreed with the
wettability alteration toward a more water-wet system. The
presence of monovalent cations (Na* and K™) in the sur-
rounding nanofluid exhibited similar potentials for
nanofluid flooding and affected the rock wettability alter-
ation: the cation concentrations were proportional to the
incremental oil recovery. The presence of divalent cations
(Ca*" and Mg”") in the surrounding nanofluid consider-
ably affected the rock wettability alteration and the incre-
mental oil recovery. Additional oil was recovered when
30,000 ppm of sodium chloride was re-injected after the
NF sequence achieved a 100 % WC. This injection strategy
affected the incremental oil recovery and may also have
depended on the composition and the water salinity of the
nanofluid. The results showed that varying the water sali-
nity and ionic composition of the nanofluid significantly
affected the wettability alteration toward a more water-
wetting state. These wettability modifications were in
agreement with the incremental oil recovery results in most
of the case studies. The incremental oil recovery increased
with the RRF value. Further studies, such as a thermal
stability analysis of various water salinities and ionic
compositions at higher temperatures, should be conducted
to have better understanding of phase behavior at reservoir
temperatures, including at higher degrees of water salinity
and more complex salt compositions and/or real formation
water.
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SI metric conversion factors

mD x 9.869233 E—04 = pm?

cP x 1.000000 E+00 = mPa.s
dyn/cm x 1.000000 E4-00 = mN/m
bar x 1.000000 E—02 = kPa
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