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Abstract

Water flooding additives can increase oil production from existing reservoirs, helping to meet
the world’s growing energy demand. Hydrophilic silica nanoparticles are promising additives
due to their large surface area and small size. Experimental methods are used to evaluate
nanofluid stability, determine oil production via core flooding and investigate the enhanced oil
recovery (EOR) mechanisms.

Nanofluids are created by dispersing nanoparticles in synthetic sea water (SSW). The
nanofluids are injected through Berea sandstone cores filled with crude oil to determine how
they react in a typical petroleum reservoir. Twenty-seven unique core flooding configurations
are evaluated. Interfacial tension experiments, contact angle measurements and glass
micromodel flooding tests are used to investigate the nanoparticles’ EOR mechanisms.

Nanofluid stability is defined here as a nanofluid dispersion having a nanoparticle size
distribution curve that maintains its original unimodal form and mean nanoparticle size from
the initial measurement at time = 0. The six commercially available silica nanoparticles tested
in this thesis are unstable in SSW but increased oil production by 2% to 12% of the original oil
in place (OOIP). This finding prompted Evonik Industries, the nanoparticle supplier, to develop
patent-pending nanoparticle surface treatments. The three most promising unmodified
nanoparticles are modified by silanization. They are stable in SSW at 20°C but not at the
reservoir temperature (60°C). Two further surface modifications are created for the nanoparticle
with the largest surface area. This resulted in SSW stability at 60°C. However, the surface-
modified nanoparticles do not produce significant amounts of oil (< 4% OOIP) during the first
five pore volumes of nanofluid flooding.

The driving EOR mechanism from the unmodified nanoparticle flooding appears to be
microscopic flow diversion because of nanoparticle agglomeration and retention. The silanized
nanoparticles have delayed oil production, and the mechanism is likely in-situ generation of
oil-in-water emulsions. Interfacial tension reduction is likely not a dominating EOR mechanism
for any of the nanoparticles. Wettability alteration could be affecting some systems with aged
cores, but not to the extent needed to produce significant oil. Over 95% of the unmodified
nanoparticles are retained in the core plugs, but it appears that most of the surface-modified
nanoparticles can propagate through the core plugs. Future research should focus on the
nanoparticle surface chemistry and its effect on EOR mechanisms and hence oil production.
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Abbreviations and nomenclature

Description Units
A Cross-sectional area of the core plug cm?
AERODISP® Aqueous dispersions of hydrophilic fumed silica
(AEROSIL®) produced by Evonik Industries
AEROSIL® Hydrophilic fumed silica produced by Evonik Industries
°API American Petroleum Institute gravity
ASP Alkaline surfactant polymer
atm atmospheres
BET Brunauer-Emmett-Teller theory
Cnp Colloidal nanoparticle
Cnp 1 Colloidal nanoparticle with a surface area of 65 m%/g
Cnp_2 Colloidal nanoparticle with a surface area of 150 m%*/g
Cnp 3 Colloidal nanoparticle with a surface area of 350 m?/g
cP Centipoise
Cryo-SEM Cryogenic scanning electron microscope
CT Computed tomography
Dave Average particle diameter (z-average from cumulants nm
analysis)
DLS Dynamic light scattering
DLVO Derjaguin-Landau-Verwey-Overbeak theory
dp Differential pressure across the core plug (see also AP) bar, atm
dPayg Average differential pressure bar
dPmax Maximum differential pressure bar
Ep Microscopic displacement efficiency
EDL Electrical double layer
EOR Enhanced oil recovery
Ev Macroscopic displacement efficiency
HMDS Hexamethyldisilazane
Ian Amott-Harvey wettability index
ICP-EOS Inductively coupled plasma optical emission
spectrometry
IFT Interfacial tension (see also ©) mN/m
I Wettablity index to oil
Iw Wettability index to water
k Permeability mD
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Nanofluid
Nanofluid flooding

Ne

NCS
NIBS
NF
NF-Qhign
NF-Qiow
Nsp
Nsp_la

Nsp_1b
Nsp 2a

Nsp 2b
Nsp 3a

Nsp_3b
Nsp_3c

Nsp_3d

XX

Description Units

Absolute permeability mD
Effective permeability mD
Effective permeability for the oil phase mD
Effective permeability for the water phase mD

Relative permeability

Reference permeability

Relative permeability for the oil phase
Relative permeability for the water phase
Length of the core plug cm
Mobility ratio

MilliDarcy

Molecular dynamics simulations
Millivolts

Number of measurements or tests
Nanoparticles dispersed in a fluid

Flooding with a nanofluid; also referred to as nano
flooding
Capillary number

Norwegian Continental Shelf

Non-invasive backscatter

Nanofluid flooding

Nanofluid flooding at an injection rate of 3.0 ml/min
Nanofluid flooding at an injection rate of 0.3 ml/min
Nano-structured particles

Unmodified nano-structured particle with a surface area
of 130 m%g
Silanized nano-structured particle based on Nsp la

Unmodified nano-structured particle with a surface area
0f 200 m%/g
Silanized nano-structured particle based on Nsp 2a

Unmodified nano-structured particle with a surface area
of 300 m%/g
Silanized nano-structured particle based on Nsp_3a

PEG-modified nano-structured particle based on
Nsp 3a

Epoxy-modified nano-structured particle based on
Nsp 3a
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OOIP
o/'w

P.

PdI
PEG

ppm
PSD
PTFE

Description Units
Norwegian University of Science and Technology

Original oil in place (see also % OOIP) ml
Oil-in-water emulsion

Capillary pressure bar, atm
Polydispersity index

Polyethylene glycol (refers to the nanoparticle surface
modification by polyethylene terminated silane groups)
Parts per million

Particle size distribution nm

Polytetrafluoroethylene

Pore volume ml
Polyvinylpurrolidone

Volumetric flow rate ml/min
Volumetric flow rate ml/min
Injection rate ml/min
Radius cm
Recovery factor % OOIP

Rotations per minute

Crude oil analysis determining the composition of
saturates, aromatics, resins and asphaltenes
Scanning electron microscope

Gas saturation

Oil saturation

Initial oil saturation

Residual oil saturation

Society of Petroleum Engineers
Synthetic sea water

Initial water saturation
Irreducible water saturation
Start time

Total acid number

Total base number

Total dissolved solids
Temperature °C

U.S. Bureau of Mines

xx1



Introduction

WPF-Qnign
WEF-Qiow
WI

wt%

w/o

XDLVO

L

Description
Velocity

van der Waals attractive force

Bulk volume

Volume of gas

Volume of oil

Total volume of oil produced

Electrostatic repulsion

Net inter-particle interaction energy

Volume of water

Water flooding

Water flooding at an injection rate of 3.0 ml/min
Water flooding at an injection rate of 0.3 ml/min
Wettability index

Weight percent

Water-in-oil emulsion

Extended DLVO theory

X-ray diffraction

Distance from a particle

Differential pressure over the core plug (see also dP)
Thickness of the electrical double layer
Contact angle

Contact angle between the oil and water phase
Debye screening length

Fluid viscosity (dynamic viscosity)

Oil viscosity (dynamic viscosity)

Water viscosity (dynamic viscosity)

Density

Interfacial tension (see also IFT)

Interfacial tension between oil and water
Interfacial tension between a solid and oil
Interfacial tension between a solid and water
Effective porosity

The percentage of the oil in place that has been
produced

Units
cm/sec; m/day

joules
ml; cm?
ml

ml

ml
joules
joules

ml

nm
bar; atm
nm; m
degrees
degrees
nm; m
cP

cP

cP
g/em?
mN/m
mN/m
mN/m
mN/m

%
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1 Introduction

1.1 Motivation

The U.S. Energy Information Administration (2016) estimates that worldwide consumption of
petroleum and other liquid fuels will increase from 90 million barrels per day in 2012 to 121
million barrels per day by 2040 due to population growth and industrialization. The increased
petroleum demand must be met by finding new oilfields and/or extending the life of existing
oilfields. New oilfields are becoming increasingly difficult to find. The consensus in the
petroleum industry is that most of the large, easily harvestable reservoirs have been discovered.
The remaining undiscovered reserves are either in harsh environments (i.e. the Arctic) or are
energy-intensive to extract (i.e. tar sands) (Muggeridge et al., 2014). The petroleum industry is

therefore interested in new methods that extract more oil from existing reservoirs.

An estimated 65% of oil cannot be extracted from reservoirs currently in production (Thomas,
2013). This is because the technology to extract the remaining oil does not exist or is
uneconomical with the current oil price. If the worldwide ultimate recovery is increased from
35% to 45%, an estimated one trillion barrels of oil can be produced from existing fields
(Thomas, 2013). That would be enough oil to supply the entire world for over 30 years assuming

the worldwide consumption of 90 million barrels per day (consumption estimate for 2012).

The Norwegian Petroleum Directorate (2014a) estimates that 50% of the oil on the Norwegian
Continental Shelf (NCS) will remain in the reservoirs at field end-of-life according to current
production plans. Many of the reservoirs on the NCS already employ water flooding (the
process of injecting water into the reservoir to displace oil) to maintain the reservoir pressure
(Norwegian Petroleum Directorate, 2014b). This traditional water flooding can be chemically
altered to perform a more efficient oil displacement, thereby extending the production life of
existing reservoirs. Employing an enhanced oil recovery (EOR) production method would

increase oil recovery using mechanisms other than pressure maintenance.

This thesis investigates the potential of adding silica nanoparticles to traditional water flooding
operations to harvest more of the oil trapped inside existing reservoirs. The technique

investigated in this thesis can therefore be labeled as nanoparticle-enhanced water flooding or

1
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nanoparticle-EOR. One of the goals was to develop a method that uses existing water flooding
injection procedures and infrastructure so that the threshold for adopting the technology is
minimized. Three main arguments for using nanoparticles as water flooding EOR additives are

synthesized from Sun et al. (2017) and papers referenced therein:

1. Nanoparticles have a large surface area to volume ratio and therefore a large chemical
reactivity. This means that a smaller concentration can be used to induce enhanced oil
recovery. This translates into lower costs and better logistics, as a smaller volume is

needed for transport and platform storage compared to other additives.

2. Nanoparticles are small enough to pass through the reservoir’s pore network. They

might even be able to penetrate nanoscale pores that other additives cannot access.

3. Many nanoparticles have passed ecotoxicity tests, rendering them more likely to be
approved for field applications. This is a challenge with chemical flooding techniques
on the NCS. Certain titanium dioxide and silica nanoparticles are already used as food
additives (E171 and E551, respectively), although there is ongoing research as to how
injection affects the gastrointestinal system (Peters et al., 2012; Weir et al., 2012). Silica
nanoparticles specifically are often heralded as the “environmentally-friendly” EOR
additive (Sun et al., 2017), although any surface modified nanoparticle would need to

undergo new ecotoxicity tests.

1.2 Problem formulation

This study experimentally investigates the conditions needed for silica nanoparticles to enhance
oil recovery to determine what further information needs to be gathered before they can be
applied commercially. Because the most feasible situation under which this technology would
be applied is after water-flooded reservoirs have reached maturity, the nanoparticle flooding

investigated here is conducted as post- water flooding (tertiary) recovery.
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The three research objectives are therefore:

O1: Identify or develop a nanoparticle that can be dispersed in sea water and therefore

applied in offshore oilfields.

02: Investigate the potential of nanoparticles as a tertiary EOR agent added to water
flooding.

03: Determine how the nanoparticles affect the oil production.

Nanoparticles are viable EOR candidates if they meet the following criteria:

1.

The nanoparticles are stable in sea water at a temperature of at least 60°C for at
least four months. Sea water is the most common injection liquid for offshore fields.
Oil is formed when kerogen temperature reaches 60° to 120°C (Norwegian Petroleum
Directorate, 2014a). Most petroleum reservoirs on the Norwegian Continental Shelf are
hotter than 60°C, but nanoparticle stability at 60°C would be applicable for some of the
shallower reservoirs. Nanofluid stability is defined here as a nanofluid dispersion having
a nanoparticle size distribution curve that maintains its original unimodal form and
mean nanoparticle size from the initial measurement at time = 0. This is investigated by

evaluating the nanofluids’ particle size distribution curves.

During core flooding tests, oil should be produced from the core outlet within the
first 0.6 pore volumes (PV) of nanoparticle flooding or the oil recovery should be
at least 5% of the original oil in place (OOIP) after 1 PV of nanoparticle flooding
(Hamon, 2015). Oil production needs to occur as quickly as possible after EOR
implementation to produce the most economical results. The main questions posed here
are how much oil can be recovered and when. This is addressed by analyzing oil curves

recovery produced from core flooding tests.

The EOR mechanisms are understood and related to relevant reservoir properties.
Because each petroleum reservoir has unique characteristics, it is important to know
why oil is produced (or not produced) from a core flooding test. By knowing how the

EOR fluid interacts with various reservoir parameters, an evaluation framework can be
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established whereby the most effective EOR technique can be chosen for each field. The
main question posed here is how or why is the oil produced. This is investigated by
comparing data to conceptual models of EOR mechanisms like wettability alteration

and interfacial tension reduction.

1.3 Research rationale

Previous studies at the Norwegian University of Science and Technology (NTNU) have shown
that commercially available hydrophilic silica nanoparticles can increase the recovery factor by
up to 15% of the original oil in place (Hendraningrat et al., 2013b, 2013c¢, 2013d, Hendraningrat
and Torsater, 2014a, 2015a, 2016, Li et al., 2013, 2015). They tested nanoparticle
concentrations ranging from 0.01 to 0.1 wt%. Most experiments were conducted at 0.05 wt%
because this concentration yielded the highest tertiary recovery factor (Hendraningrat et al.,
2013c). Not all experiments were published with differential pressure profiles, and those
experiments that did include the profiles showed an increase in differential pressure throughout
the tertiary nanoparticle flooding (Hendraningrat et al., 2013b; Hendraningrat and Torsater,
2014a, 2015a, 2016; Li et al., 2015). This was attributed to nanoparticle adsorption to the rock
surface and/or nanoparticle agglomeration, both of which would result in subsequent
permeability impairment. Wettability alteration and occasionally interfacial tension reduction
are put forth as the EOR mechanisms for all core flooding tests (Hendraningrat et al., 2013c;
Hendraningrat and Torsaeter, 2014a, 2014b; Li et al., 2015; Li and Torsater, 2015). Only Li et
al. (2015) acknowledged that the increase in differential pressure throughout the nanoparticle

flooding could be an EOR mechanism, albeit an uncontrollable one.

Previous NTNU studies did not investigate nanoparticles dispersed in synthetic sea water. All
experiments used 3 wt% NaCl as the dispersing fluid with the exception of Hendraningrat and
Torsater (2016). That study investigated the effect of the dispersing fluid’s water chemistry on
the tertiary recovery factor and contact angle for nanoparticles dispersed at 0.05 wt%. The
following dispersing solutions with divalent cations (Ca?>" and Mg?") were among those tested:
2.7 wt% NaCl + 0.57 wt% CaCl>-2H20 and 2.7 wt% NaCl + 1.01 wt% MgClz-6H20. This
preliminary study showed that water chemistry affects the recovery factor and wettability, but

the results are inconsistent. The Mg>" solution, when combined with the silica nanoparticles,
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produced a significant amount of oil in the tertiary phase (13%), but there was no effect on
wettability. This scenario had the greatest increase in differential pressure throughout the
nanoparticle flooding. Conversely, the Ca?* nanofluid produced the same amount of oil during
the nanoparticle flooding as the 3 wt% NaCl nanofluid (3%) even though it had the greatest

reduction in contact angle (-10°).

These previous studies produced the following motivations for embarking upon the initial
experiments: The nanoparticles must be dispersed in synthetic sea water to assess their
performance in a real-world application. There is an increase in differential pressure throughout
most of the aforementioned nanoparticle flooding cases (Hendraningrat et al., 2013a, 2013b,
Hendraningrat and Torsater, 2014a, 2015a, 2015a; Li et al., 2015; Li and Torseter, 2014,
2015). This could be the primary reason why EOR takes place. Therefore, various nanoparticle
surface areas (and hence various chemical reactivity strengths) are tested and compared. The
reasoning behind the proposed nanoparticle EOR mechanisms is unclear because experiments
produce conflicting results. For example, the nanoparticle types and concentrations having the
largest decrease in contact angle and/or the largest increase in the wettability index do not
correspond to the largest tertiary recovery factors (Hendraningrat et al., 2013c; Hendraningrat
and Torsater, 2016). Additionally, the interfacial tension reduction is not of orders of
magnitude, which is the conventional benchmark by which to assess if it is a primary EOR
mechanism (Hamon, 2015; Hendraningrat et al., 2013b; Hendraningrat and Torsater, 2015a).

Therefore, additional contact angle and interfacial tension experiments are conducted.

Subsequent investigations focusing on nanoparticles modified for improved stability are
conducted in a similar manner, with the same rationale for determining whether the
nanoparticles are viable EOR candidates. The EOR mechanism(s) dominating each core

flooding system are proposed.

The research questions are therefore:
RQ1: Are the nanoparticles stable in synthetic sea water?
RQ2: Do the nanoparticles increase the oil recovery?

RQ3: What are the EOR mechanisms contributing to nanoparticle-induced oil recovery?
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1.4 Contributions and scope
The primary contributions are as follows:

C1: The commercially available silica nanoparticles from Evonik Industries are
unstable in synthetic sea water. This finding prompted the company to develop new
nanoparticle surface treatments that were subsequently tested in this thesis. Stable

products are identified.

C2: To determine if nanoparticles increased oil recovery, 27 unique core flooding
configurations were conducted. Seven of the test configurations were repeated, resulting
in 35 total core flooding tests for evaluating the tertiary flooding potential of

nanoparticles.

C3: Interfacial tension experiments, contact angle measurements and glass micromodel

flooding tests are used to explore the nanoparticles” EOR mechanisms.

C4: Additional analysis of the core flooding tests provides information about the EOR
mechanisms and nanoparticle transport through the core plug. This analysis varied per
the core flooding configuration. Investigated factors include relative permeability
estimation, differential pressure changes throughout the core flooding and nanoparticle

concentration and particle size distribution in the nanofluid effluent.

The scope of the thesis is summarized in Table 1.1.
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Table 1.1. Thesis scope.

Research

Objective . Contribution Experimental method
question
01 RQl1 Cl Nanoparticle size distribution
02 RQ2 C2 Core flooding tests
03 RQ3 C3 e Interfacial tension tests
o Contact angle measurements
& e Micromodel flooding
C4 From core flooding tests:

o Differential pressure patterns

o Visual observation of effluent

¢ Effluent nanoparticle concentration

o Effluent nanoparticle size
distribution

e Relative permeability

1.5 Thesis structure
The structure of the thesis is as follows:

Chapter 1: The motivation for studying the potential of nanoparticles as EOR agents is given.

The problem statement and research rationale are presented together with the thesis structure.

Chapter 2: An overview of EOR theory and methods is provided for context. This is followed
by a discussion specifically about nanoparticles for EOR in four sections: terminology,
nanofluid stability, oil production and EOR mechanisms. The nanoparticle terminology is
introduced to provide consistency. The nanofluid stability, oil production and EOR mechanisms
are each presented with the following sections: general theory and rationale behind each
criterion, appropriate laboratory methods used for evaluation and previous experimental results
from literature. Focus is placed on studies that have investigated pure silica nanoparticles
without additional additives. The EOR mechanisms section is subdivided into fluid-fluid

interactions, fluid-rock interactions and mechanical displacement.
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Chapter 3: The experimental materials and their properties are defined. Five fluids (crude oil,
n-decane, formation water, synthetic sea water (SSW) and nanofluids) are described. The core

plugs and micromodel porous media are described.

Chapter 4: The experimental methods are described. The methods are presented in order of the
results: nanofluid stability, interfacial tension, contact angle, core flooding and micromodel

flooding.

Chapter 5: The results from the experimental investigation are presented including objectives
for the experiments, detailed procedures where appropriate and a summary of the results. The
four parts used to evaluate the core flooding were decided chronologically based upon

nanoparticle surface development.

Chapter 6: The discussion follows the order of the research questions. First, the nanofluid
stability is discussed. This is followed by analysis of the core flooding tests and their subsequent
oil production. The potential EOR mechanisms are then discussed based on the following
classifications: fluid-fluid interactions (primarily interfacial tension reduction and in-situ
emulsion generation), fluid-rock interactions (primarily wettability alteration) and mechanical

displacement (flow diversion).

Chapter 7: The conclusions from the experiments are provided, followed by recommendations

for future work and nanoparticle development.
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2 Enhanced oil recovery (EOR) fundamentals

The purpose of Chapter 2 is to provide background information about nanoparticle-EOR so the
reader can readily evaluate the thesis results. Typical petroleum production methods are
presented to describe what has happened in a mature reservoir prior to potential nanoparticle-
EOR implementation. This is followed by fundamental topics associated with the thesis

research questions as shown in Table 2.1.

Table 2.1. Chapter 2 topic outline.

Research question Topic (section location)
e Two-phase flow in porous media (2.1.1)
Enhanced oil recovery (EOR) e Reservoir history (2.1.2)
background e Reservoir production methods (2.1.3)
e EOR methods (2.2.1)
RQ1: Are the nanoparticles stable | e Terminology (2.3.1)
in synthetic sea water? e Fluid stability (2.3.2)

RQ2: Do the nanoparticles EOR assessment by core flooding (2.2.2)

increase the oil recovery? e Oil production (2.3.3)
RQ3: What are the EOR e Fluid-fluid interactions (2.3.4.1)
mechanisms contributing to e Fluid-rock interactions (2.3.4.2)

nanoparticle-induced oil recovery? | e Mechanical displacement (2.3.4.3)

2.1 Reservoir background

Petroleum fluids reside in the pore space in reservoir rocks. The volume of the connected pore
space is called the pore volume (PV). It is a product of the total reservoir (bulk) volume (Vp)
and the effective porosity of the rock (®c). The ratio between the volume of oil (V,), gas (Vg)
or water (Vy) and the pore volume is called the oil saturation (So), gas saturation (Sg) or water
saturation (Svw), respectively (Eq. 2.1):

o Vg

Vw
v 9 =P Sw=4, (Eq. 2.1)

S = =
o PV

The sum of the saturations should be unity if the pore space is completely filled with fluid.

Because gas production was not a focus of this research and gas saturation was therefore not
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included in the experiments, the remainder of the thesis will consider that only oil and water

are present in the pore space as immiscible fluids.

2.1.1 Two-phase flow in porous media

The oil must be able to flow through the reservoir rock. The ability of a reservoir to transmit
fluids is defined as its permeability. Permeability can be mathematically expressed by the

generalized equation of Darcy’s Law (Eq. 2.2):

kAP

el (Eq.2.2)
u L

RS

This relationship describes the movement of a single fluid through a porous medium, where q
is the volumetric flow rate (cm*/sec), A is the cross-sectional area of the porous medium (cm?),
k is the absolute permeability (Darcy), AP is the pressure drop per unit length (atm), p is the
fluid viscosity (cP) and L is the unit length (cm). The permeability of a reservoir is typically

expressed in millidarcy (mD) because the permeability values are so small (Dandekar, 2013).

Henry Darcy first developed a form of Eq. 2.2 based upon experiments conducted in sand packs
that were 100% saturated with water. It was later discovered that his work could be extrapolated
to other fluids by incorporating the fluid’s viscosity as seen above. It is important to note that

Darcy’s equation is valid under the following assumptions (Dandekar, 2013):

e The flow is horizontal, steady state and laminar.

e The porous medium is 100% saturated with the flowing fluid (single-phase flow).

e The flowing fluid is incompressible and unreactive with the porous medium.

e The measurement is conducted under isothermal conditions (changes in temperature

causes changes in viscosity).

As previously mentioned, the reservoir rocks are saturated with at least two fluids. This already
invalidates an assumption behind Darcy’s Law. Nevertheless, the concept of relative
permeability has been developed to attempt to account for having more than one fluid in the

pore space. Relative permeability (k;) is defined as the ratio of effective permeability (ke) to a

10
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reference permeability (kwer) as shown in Eq. 2.3 for oil and water (subscripts o, and w,

respectively) (Dandekar, 2013):

keo k@W

kyo = A (Eq. 2.3)

kref kref

The effective permeability is measured using Darcy’s Law much like absolute permeability.
The effective permeability of a fluid will increase as its saturation in the porous medium

increases. Therefore, relative permeability changes as a function of fluid saturation.

In addition to fluid saturation, effective permeability is a function of the following: pore size,
pore size distribution, wettability and the porous medium’s saturation history (Standing, 1975).
One way to measure effective permeability is to apply Darcy’s Law for a given fluid when its
saturation in the porous medium is stable and known. For example, the effective permeability
of water at the residual oil saturation (Sor) can be measured from the flow rate and pressure drop
across the core. This is because the fluid saturations are stable at Sy, and the recorded data is

only a function of water flux.

The reference permeability is a base value by which the effective permeability is normalized.
The two most common values are absolute permeability (Kaps) and effective oil (hydrocarbon)
permeability at irreducible water saturation (Swir) (Standing, 1975). The absolute permeability

will be used at the reference permeability throughout this thesis.

When a fluid is injected into a porous medium, the main forces at the pore scale are viscous
(driving) and capillary (resistant) forces, both of which are dependent upon the pore radius. The
viscous forces are the product of the liquid’s dynamic viscosity (i) and its velocity (v). The

capillary forces can be described by capillary pressure (Pc) in Eq. 2.4 (Lake, 1989):

20 cosf
Po="— (Eq. 2.4)

The capillary forces are therefore a function of the interfacial tension between the fluids (o),
the wettability of the rock (expressed by the contact angle, ©) and the pore diameter (r). The
interfacial tension and wettability are described in more detail in sections 2.3.4.1 and 2.3.4.2,

respectively.

11
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The ratio of viscous to capillary forces is described by the capillary number (N¢) in Eq. 2.5
(Lake, 1989):

(Eq. 2.5)

Flow in a porous medium is dominated by capillary forces if the capillary number is low and is
dominated by viscous forces if the capillary number is high. Increasing the capillary number
results in oil mobilization and production. This can be achieved by increasing the viscosity of
the aqueous phase or the velocity of the oleic phase or by decreasing the interfacial tension.
According to Lake (1989), the capillary number for waterflooding in sandstones is typically
between 107 and 107. The critical capillary number, whereby residual oil saturation begins to

decrease, varies from 10 to 104

2.1.2 Reservoir history

The pore space in a reservoir was initially saturated with water. As kerogen in underlying source
rocks was heated, it produced hydrocarbons that migrated upwards until trapped in a reservoir.
The initial saturation distribution of the oil, gas, and water in the reservoir pore space is due to
a balance between gravitational forces and capillary forces (Dandekar, 2013). The gravity
segregation in the reservoir is due to differences in fluid density. The capillary forces prevent a
displacement of indigenous reservoir water. This is why reservoirs include initial water
saturation (Swi), which is the ratio of the volume of water initially in the reservoir to the pore
volume (Dandekar, 2013). This naturally occurring water is often called formation or connate

water.

2.1.3 Reservoir production methods

When a production well is drilled, the resulting pressure gradient in the reservoir allows oil to
be produced. This is called primary production. The pressure in the pore space decreases as oil
is removed from the reservoir (Muggeridge et al., 2014). Therefore, water (or sometimes gas)

is often injected into the reservoir through injection wells to maintain the pressure gradient.
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This injection of water or gas for pressure maintenance is called secondary recovery. It works
by physically displacing the oil and filling the pore space that would be otherwise empty
(Muggeridge et al., 2014). The water and gas injection processes are referred to as water

flooding and gas flooding respectively.

The effectiveness of water and gas flooding is affected by the physical spacing between the
injection and production wells and is termed macroscopic displacement efficiency. The oil that
is left behind is called mobile oil because it can theoretically be produced by adding additional
wells or by increasing the duration of water or gas injection (Norwegian Petroleum Directorate,

2014b).

The effectiveness of water and gas flooding is also affected by the physical and chemical
properties of the reservoir rock and fluids with which it has already come into contact. This is
described by its microscopic sweep efficiency. This residual oil that is left behind is called
immobile oil because it cannot be mobilized despite additional injection of water or gas

(Norwegian Petroleum Directorate, 2014b).

Water or gas flooding can be used to increase oil production by exploiting mechanisms other
than pressure maintenance (Lake, 1989). This approach is called enhanced oil recovery (EOR)
and also includes any modification of water or gas flooding (like adding chemicals to the water).
EOR methods can be implemented from the beginning of field production or employed after
water or gas flooding has already taken place. Therefore, EOR is often referred to as tertiary
recovery (Taber et al., 1997). In this thesis, tertiary recovery refers only to oil produced by EOR

techniques employed affer water flooding.

2.2 EOR theory

The goal of EOR is to achieve a high ultimate recovery factor, thereby decreasing the saturation
of the oil remaining in the reservoir. The recovery factor (RF) is a product of the volumetric

sweep efficiency (Ev) and the displacement efficiency (Ep) as shown in Eq. 2.6 (Lake, 1989).

13



Enhanced oil recovery (EOR) fundamentals

E. is a ratio of the volume of oil contacted by the injection fluid to the volume of oil originally
in the reservoir. It is a function of injection duration, fluid viscosities, well arrangements,
reservoir heterogeneity, and gravity and capillary forces (Lake, 1989). Ey is a product of the
areal and vertical sweep efficiency (Lake, 1989). For example, water flooding will not be
efficiently sweeping through zones of ultra-low permeability (poor vertical displacement) or

where injection wells are not present (poor areal displacement) (Smalley et al., 2009).

Ep is the ratio of the volume of oil displaced or produced to the volume of oil contacted with
the injection fluid. It is a function of injection time, fluid viscosity, relative permeability and
capillary pressure (Lake, 1989). Ep can vary from < 20% for primary recovery methods to 50
to 80% for high-quality water flooding (Smalley et al., 2009). Ep is also inversely proportional
to the mobility ratio (M) between the injected fluid and the oil in the reservoir. The mobility
ratio can be decreased, and hence the displacement efficiency increased, by increasing the

viscosity of the injected water or decreasing the oil viscosity as shown in Eq. 2.7 (Dake, 1998):

k
_ mobility of the displacing fluid ( rw/uw)
" mobility of the displaced fluid ~— (km//l )
0

(Eq.2.7)

Based on the definitions of volumetric sweep efficiency and displacement efficiency, the
recovery factor can also be defined as the ratio of the volume of oil produced (3 Vo) to the

volume of oil originally in place (OOIP) as shown in Eq. 2.8:

RF

— ZVD — ((Soi - Sor))
00IP Sy;

(Eq. 2.8)

Oil production can also be described by the change in oil saturation (Morrow, 1990) as shown
in Eq. 2.8 where S is the initial oil saturation in the reservoir and S is the residual (remaining)
oil saturation in the reservoir. These are the common definitions for oil recovery reported from
core flooding tests. The oil recovery is commonly expressed as a percentage instead of a

fraction, with 100% meaning that all the oil has been produced from the reservoir.
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The ultimate goal is to continue economical production until a recovery factor of 100% is
obtained. Based on the discussion presented in Muggeridge et al. (2014), this is theoretically
possible but practically unattainable. In addition to the physical challenges associated with
achieving complete oil recovery, there is an economic factor to consider. Smalley et al. (2009)
introduced an economic efficiency or cut-off efficiency, Ec, as an additional factor to Eq. 2.6.
Ecis the fraction of oil that can be produced before the water-to-oil production ratio is too high
to be economical. This is because oil production tends to “tail off”’, where small volumes of oil
can continue to be produced but only with large volumes of water injection and concurrent
water production (Smalley et al., 2009). Oil production is therefore stopped before the ultimate
oil recovery is reached. Although EOR methods primarily focus on increasing Ev and Ep, they

must also take into account Ec (Muggeridge et al., 2014).

2.2.1 EOR methods

Lake (1989) divides EOR methods into three groups: thermal, chemical, and solvent. Their
applicability to a reservoir is primarily based upon the crude oil’s density represented by the
°API index, where a large API represents dense (heavy) oil (Figure 2-1). Thermal methods
include in-situ combustion and steam injection to decrease the viscosity of the heavy crude oil
(Taber et al., 1997). Chemical methods encompass any technique whereby additives are added
to water flooding to increase oil production. This includes but is not limited to the following
techniques: polymer flooding, alkaline surfactant polymer (ASP) flooding, low-salinity water
injection, smart water injection, and nanoparticle flooding. The application of chemical EOR
methods is highly dependent upon the oil price and, to a lesser extent, the cost of the chemical
being used (Alvarado and Manrique, 2010). Solvent methods include CO> or hydrocarbon gas
injection to approach miscibility with the crude oil (Taber et al., 1997).
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Figure 2-1. Optimal oil gravity (expressed in °API) for application of EOR techniques.
Figure modified from Taber et al. (1997).

The implementation of EOR techniques for producing immobile oil is hindered by not only
economics but also by infeasibility and knowledge gaps. In reservoirs where heavy oil is not
present, energy-intensive thermal methods are typically not appropriate. If a large quantity of
gas is not easily available, solvent methods are not feasible. For chemical flooding techniques,
the concentration of the chemical needed to produce economic recovery can be so great that it
is not feasible to transport and store such a large volume, especially for offshore platforms.
Additionally, many of the chemical flooding mechanisms are either not well known or debated.
Chemical flooding is the least applied of the three EOR types (Alvarado and Manrique, 2010),
but that is where the majority of the research activity is happening. This is because of the

potential of using chemical flooding for a large variety of reservoir conditions.

According to an interpretation of Taber et al. (1997), the following questions should be
addressed when selecting an EOR method: 1) What method is most appropriate for the oil
properties and reservoir characteristics for the oilfield in question? 2) How does the method

compare with traditional water flooding? and 3) Is it economical?
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To answer the first question, the reader is directed to literature reviews such as Table 3 in Taber
et al. (1997). Although the article is 20 years old and does not include some of the newer EOR
methods, they provide an excellent framework for screening criteria. This includes investigation
of oil properties such as density, viscosity and composition and reservoir characteristics such
as oil saturation, formation type, permeability and temperature. By relating a new EOR method
to these parameters, appropriate oilfields can be identified for applying the technology. An
understanding of EOR mechanisms leading to incremental oil production and how they are

affected by changing these parameters

Comparison with traditional water flooding helps to assess at what point it is appropriate to
apply the EOR method. Some EOR techniques, such as steam or polymer flooding, produce
highest ultimate recovery rates when employed from the very beginning of field production
(Taber et al., 1997). Otherwise, most EOR techniques are applied in mature, water flooded
fields. The reader is directed to Muggeridge et al. (2014) for a comparison of the most common
EOR methods to water flooding on both a microscopic and macroscopic scale. They also

present limitations of these EOR methods.

Finally, an economic assessment needs to be conducted, where the profit from the produced oil
is compared to the expenditure of implementing EOR (Muggeridge et al., 2014; Taber et al.,
1997). Because the volumes and thereby amount of money involved is so large, field
investigations are typically not conducted until positive results have been replicated and

understood in a laboratory setting.

2.2.2 EOR assessment by core flooding

Chemical EOR methods are screened by injecting the EOR fluid through a cylindrical rock core
saturated with reservoir fluids. The oil production is then plotted over time. This procedure is
referred to as core flooding. Because each core has different physical properties leading to
variations in pore volume, the duration of fluid injection is normalized as pore volumes (PV)
flooded to better compare different core tests. Upscaling core flooding results for application in
reservoir simulations introduces several errors. This is beyond the scope of this thesis and is not

discussed here.
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EOR methods are typically tested via tertiary flooding. The goals for this are twofold. 1)
Mature, water flooded fields are the typical targets for EOR; 2) If secondary flooding is used
for the comparison, two nearly identical cores must be used to compare water flooding results
to the EOR results (Hamon, 2015). No two cores have the exact same geometry and
mineralogical distribution, introducing additional unknowns to the system. The original core
can typically not be re-used, especially if crude oil is being used, because of the difficulty of
removing all the oil components from the core without harming the original state. Additionally,
cores are rarely re-used for EOR tests because the EOR method could alter the physical and/or

chemical state of the original core.

If tertiary flooding is used, care must be taken that the ultimate recovery factor has indeed been
reached with water flooding prior to initiation of tertiary EOR flooding. This means a criterion
should be established such that EOR injection begins only after water flooding has not produced
oil for a certain amount of pore volumes. Then it can be reasonably assumed that any additional
oil produced when EOR flooding is initiated is a result of the EOR technique itself and not just

an artifact of additional flooding time.

The goal with employing EOR is to produce as much oil as possible as quickly as possible. In
technical terms, this means the goal is as large a recovery factor (RF) as possible within as few
pore volumes (PV) of injection as possible. Hamon (2015) presented sensible criteria for
evaluating whether tertiary flooding in the laboratory provides “realistic, positive results” for
the EOR method. These criteria are that the initial oil bank should appear after the EOR fluid
has been injected for 0.5 to 0.6 PV or that an oil recovery of at least 5% OOIP is achieved

within the first pore volume of injection. These are used as criteria throughout this thesis.

A sample oil recovery curve from a core flood with a successful tertiary EOR flood is shown
in Figure 2-2. Water flooding fails to produce more oil after prolonged injection. If the EOR
fluid is injected after the water flooding fails to produce additional oil for 1 PV, the ultimate
recovery factor increases. This additional oil produced from the EOR flood is called
incremental oil. 1t is defined as the difference between the amount of oil recovered with the
EOR flood and the amount of oil that would have been recovered if the EOR flood was not
applied (Lake, 1989). There should also be a slight delay in the oil production as the EOR fluid

mobilizes the oil in the core.
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Figure 2-2. Oil recovery curve showing a positive response from tertiary EOR flooding
in a core flooding test. Figure modified from Prats (1982).

2.3 Nanoparticles for EOR

It appears that the first published study specifically investigating the potential of hydrophilic
nanoparticles as an EOR agent was conducted by Ju et al. in 2006. This computer simulation
was spurred by their previous experimental work that concluded hydrophobic nanoscale
polysilicon materials could change the wettability of porous surfaces (Ju et al., 2002). These

early studies drew from reservoir fines migration concepts.

The number of studies on the application of nanotechnology in the petroleum sector has greatly
increased since 2010 according to Bera and Belhaj (2016). The majority of the research is
experimental (Bera and Belhaj, 2016). However, studies have investigated the potential of
nanoparticle-EOR using molecular dynamic (MD) simulations (Miranda et al., 2012; Wu et al.,
2012) or core-scale effects (Ju et al., 2006).

Papers by Fletcher and Davis (2010) and Bennetzen and Mogensen (2014) provide general

frameworks exhibiting how nanoparticles can be applied to EOR. Recent review papers take
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different approaches. Negin et al. (2016) presents background on silica nanoparticles for EOR.
Bera and Belhaj (2016) and Sun et al. (2017) provide comprehensive discussions and

comparisons of experimental nanoparticle research and proposed EOR mechanisms.

It appears that silica nanoparticles are the most commonly researched nanoparticle type for
EOR applications according to the literature cited in Bera and Belhaj (2016) and Sun et al.
(2017). This could be because the initial focus on silica nanoparticles led to positive results,
leading to further excitement on the topic. Metal oxides such as titanium dioxide, aluminum
dioxide and iron oxide have also been presented in literature (Alomair et al., 2014;
Hendraningrat and Torseter, 2015b; Ogolo et al., 2012; Ragab et al., 2015) but will not be
discussed. Although hydrophobic or partially hydrophobic nanoparticles have also been
investigated for EOR (Ogolo et al., 2012; Roustaei et al., 2013), focus in this thesis is given to
hydrophilic silica nanoparticles which can therefore be dispersed in traditional water flooding

fluids.

Silica nanoparticles can also be added to polymer flooding (typically polyacrylamide:
Cheraghian, 2016; Maghzi et al., 2013; Yousefvand and Jafari, 2015) or surfactant flooding
(typically sodium dodecyl sulfate: Rahimi and Adibifard, 2015; Zargartalebi et al., 2015). This
can be termed nanoparticle-assisted flooding. The following literature review focuses on
studies that have investigated the use of silica nanoparticles as stand-alone EOR additives to

provide context for the silica nanoparticles investigated in this thesis.

2.3.1 Terminology

A particle is considered in the nano domain when it is smaller than 100 nm (1x107 meters) in
at least one dimension (Arce, 2010). Nanoparticles can consist of the following components:
primary particles, aggregates and agglomerates (Figure 2-3). Primary particles are the smallest
individual components of the nanoparticle mixture. The primary particles’ attraction to each
other causes aggregates to form. This constitutes the true structure of the nanoparticles. The
term aggregate is therefore used in this thesis to describe binding of the primary particles to
form nano-structures. The term agglomerate is used in this thesis to describe an assemblage of

nanoparticles or aggregates (as proposed by Nichols et al., 2002).
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Figure 2-3. Illustration of the terms primary particle, aggregate and agglomerate used

throughout this thesis.
The primary particles are often identified as “hypothetical particles” with the assumption that
they are spherical particles making up the aggregate shape (Evonik Industries, 2015). This is
exemplified in Figure 2-4, where an image of an aggregate structure has been taken with a
scanning electron microscope (SEM). The aggregates can join to form agglomerates. The
aggregates are not fused together but are rather held together by weak interactions such as van
der Waals forces or hydrogen bonds (Evonik, 2015). Examples of the agglomerates (Figure
2-4A) and an aggregate (Figure 2-4B) are shown for Evonik Industry’s AEROSIL® 200 silica

nanoparticle product used in this thesis (“200” means it has a specific surface area of 200 m?/g).

Figure 2-4. SEM images for AEROSIL® 200 (Nsp 2a) used with permission from
Evonik Industries (2015). A) Agglomerates of the silica particles. B) A nano-structured
particle (aggregate). Primary particles are clearly visible but are fused together and
cannot be separated.
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Silica nanoparticles can be produced via a wet-chemical process or a fumed/thermal process.
Colloidal silica nanoparticles (Cnp) used in this thesis were produced by the wet-chemical
method, while fumed silica nano-structured particles (Nsp) were created via flame hydrolysis.
The reader is directed to the technical report by Evonik Industries (Evonik Industries, 2015) for

details about the manufacturing processes and their effects on the nanoparticle products.

Although some of the nano-structured particles have aggregate sizes larger than the defined
range for the nanoscale, both Nsp and Cnp are collectively referred to as simply nanoparticles

or by their abbreviations Cnp and Nsp throughout this thesis.

The term nanofluid refers to a solution where nanoparticles are suspended at a specific
concentration in a dispersing fluid. The dispersing fluid is typically a saline aqueous solution
for enhanced oil recovery purposes. This is practical, as the nanoparticles need a medium by
which to be injected and transported through the reservoir. An aqueous solution is cheap and,

in the case of reservoirs already employing water flooding, already available and in use.

2.3.2 Nanofluid stability

The nanoparticles in the dispersing fluid need to be resistant to agglomeration. Otherwise, they
can begin to form larger structures which then negate their advantageous properties such as
nanoscale-size and large surface reactivity. In extreme cases, the agglomerates can become so
large that they begin to block pore throats, decreasing reservoir permeability. Nanoparticle

agglomeration is undesirable because it limits nanoparticle propagation in the reservoir.

2.3.2.1 Nanofluid stability criteria

The nanoparticles intended for EOR use must be dispersed in a complex saline solution to work
properly in a petroleum reservoir, as sea water and recycled formation water are the most
common injection fluids offshore. As will be discussed in stabilization theory below,
nanoparticle agglomeration increases with increasing ionic strength (Hotze et al., 2010; Metin

et al., 2010). The challenge associated with preventing nanoparticle agglomeration in sea water
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could be why most silica nanoparticle EOR research continues to use fresh water or a simple

saltwater with Na™ as the only cation in solution as is described in Section 2.3.3.

The nanofluid stability must withstand the reservoir’s increased temperature and pressure
throughout the reservoir travel time. The rate of particle agglomeration increases as temperature
is increased (Ghosh et al., 2006; Metin et al., 2010). Agglomeration also increases as pressure
is increased (Ghosh et al., 2006). Reservoir temperature is at least 60°C on the NCS (Norwegian

Petroleum Directorate, 2014a).

The reservoir travel time is a function of the distance between the injection and production
wells and the injection velocity. Typical field injection velocities range from 1 ft/day (= 0.30
m/day) (McPhee and Arthur, 1994) to 3 ft/day (=0.91 m/day) (Zhang and Morrow, 2006). This
means that the water and oil move through the reservoir at a rate of at least 110 m/year. Given
a distance of 100 to 300 m between the injection and production wells offshore (Han et al.,

1999), reservoir travel time can be one to three years.

The effect of ionic strength, temperature and pressure on nanofluid stabilization can be
measured by analyzing the particle size distribution (PSD) in the fluid. The PSD should be
measured over time to determine the nanofluid’s durability. The most reliable methods for
detecting particle agglomeration are light scattering techniques, which non-invasively measure

the PSD in a fluid (Moore et al., 2015).

2.3.2.2 Particle stabilization theory

Nanoparticle stability in an aqueous solution is dependent upon the balance between inter-
particle attractive and repulsive forces. Derjaguin-Landau-Verwey-Overbeak (DLVO) theory
(Derjaguin and Landau, 1941; Verwey et al., 1948) describes the short-range thermodynamic
interactions that dictate whether colliding particles are attached to or repelled from each other
(Hotze et al., 2010). DLVO theory states that only two forces determine the interaction between
two particles: the attractive van der Waals force (Va) and the electrostatic repulsion (Vr) (Hotze

et al., 2010). The net interaction energy (Vr) between two particles is a sum of Va and V. This
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potential energy, or interaction potential, between two particles is a function of their distance

from each other.

The van der Waals dispersion force arises from the interactions between permanent,
instantaneous or induced dipoles (Moore et al., 2015). These interactions are typically attractive
for particles in aqueous environments and are unaffected by changes in solution chemistry
(Chen et al., 2010). The van der Waals forces are primarily active from a distance of 10 nm and

less (Sparreboom et al., 2009).

The electrostatic repulsion force is a function of the nanoparticles’ surface charge and the ionic
strength of the surrounding fluid (Hotze et al., 2010). It is in effect about as far as the particle’s
electrical double layer (EDL) extends, which is typically from 1 to 100 nm (Eijkel and Berg,
2005). Because the EDL, and hence Vg, is strongly affected by solution chemistry, it is

explained in more detail below:

The silica nanoparticles used in this thesis have a negatively charged surface. The positively
charged ions in the dispersing solution are then called counter-ions, while the negatively
charged ions in the dispersing solution are called simil-ions. Each nanoparticle will have a dense
layer of counter-ions on its surface due to its counter-charge attraction. This dense layer of
counter-ions is called the Stern layer as depicted in Figure 2-5 (Moore et al., 2015). The Stern
layer would be a thicker layer of counter-ions if not for Brownian motion, which partially
overcomes the electrostatic attractions and causes the formation of a diffuse layer of counter-
ions. The counter-ions therefore decrease in occurrence as a function of increased distance from
the nanoparticle. This outer cloud of ions, where the counter-ions still outnumber the simil-
ions, is called the Gouy-Chapman layer (or simply the diffuse layer). It extends to some finite
distance where electro-neutrality is reached (Faust and Aly, 1998). The potential gradient over
the diffuse layer is called the zeta potential. The EDL describes both the Stern layer and the
electrically-charged diffuse layer.

24



Enhanced oil recovery (EOR) fundamentals

Electrical double layer (EDL)

A
4 N

Stern Diffuse layer
layer A
Yo ~

©

lons in equilibrium
with solution

© O

® Op 06
Y50 ®

®® 0O

Negatively
charged
particle

....

Potential

\/

(0,0) Distance from particle surface

Figure 2-5. Illustration of the electrical double layer (EDL). Figure modified from
Malvern Instruments (2017).

The larger the EDL, the larger the “buffer” zone by which the nanoparticles maintain a distance
from each other. The EDL can be modeled as a function of distance from the nanoparticle
(Figure 2-6). For spherical nanoparticles in an aqueous solution, the EDL thickness (5) can be

calculated by the derivation of the Poisson-Boltzmann equation (refer to Faust and Aly, 1998).

The EDL can be compressed, or shortened, by increasing the ionic strength of the solution
(Figure 2-6). This is done by increasing the concentration of ions in the solution or by adding
ions with higher valence numbers, such as divalent and trivalent ions, to the solution. The
potential in the EDL decreases as a function of exp(-y/A), where y is the distance from the
particle and A is the Debye screening length. The Debye screening length is inversely
proportional to the square root of the ionic strength (Sparreboom et al., 2009). Therefore, an
increase in the ionic concentration of the solution will result in a higher propensity of

nanoparticle agglomeration (Cebrian et al., 2011).
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Figure 2-6. The variation of ion density in the diffuse layer (outer part of the EDL).
When more ions are in the solution, the point of ionic equilibrium is reached as a shorter
distance from the particle surface. The shaded area represents the net charge density of
the diffuse layer. Figure modified from Ravina and Moramarco (1993).

Returning to DLVO theory, the net interaction energy between two particles can be plotted as
the sum of the van der Waals attraction and electrostatic repulsion (Figure 2-7). The positive
area under the curve is the energy barrier that the particles need to overcome in order to
agglomerate. If their net attraction manages to overcome the energy barrier, it enters the energy
trap where the particles are then agglomerated. The higher the energy barrier, the more resistant
the particles are to agglomeration. This is because more energy is needed for the particles to
physically approach each other and enter the energy trap. If the EDL is compressed, Vr
decreases, causing a decrease in the energy barrier. Therefore, increasing the ionic strength
leads to increased nanoparticle agglomeration. This has been confirmed experimentally by
Metin et al. (2010), who concluded that amongst Na*, Ca*", Ba*" and Mg?" cations, the sodium
had a much smaller destabilizing effect for silica nanoparticles than the divalent cations. They
also concluded that ionic strength affects silica nanoparticle stability more than changes in pH
(Metin et al., 2010).
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Figure 2-7. Depiction of DLVO theory. A) The net interaction (V) of two particles is
a sum of the van der Waals attraction (Va) and the electrostatic repulsion (Vg). B)
Compression of the EDL decreases Vr and lowers the energy barrier. This results in a
lower threshold for agglomeration. Figure modified from Ravina and Moramarco
(1993) and Hotze et al. (2010).

Because there are many more inter-particle forces than van der Waals and electrostatic
repulsion, additions to the DLVO theory have been made based upon the types of particles
considered. These additional force interactions include magnetic attraction, polar interactions,
osmotic repulsion, elastic-steric repulsion and bridging attraction (see Hotze et al., 2010, for an
overview). When one or more of these forces is considered with the classic DLVO theory, it is
called the extended DLVO theory or XDLVO (Hotze et al., 2010). The polar force of

hydrophobic attraction would be of most interest for this thesis, as it has an interaction range of
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up to 100 nm and is much stronger than van der Waals attraction at short distances (Sparreboom

et al., 2009).

In addition to not considering all relevant inter-particle forces, the nanoparticle dispersions in
this thesis violate some assumptions upon which the DLVO theory is based. The DLVO theory
was developed for larger colloidal particles with easily defined geometries (spheres). At very
small diameters, spherical nanoparticles have curvature that is too great to assume that a flat
surface tangential to the sphere covers a substantial area of the particle (Hotze et al., 2010).
Anisometric geometries, such as those exhibited by the dendritic nano-structured particles,
bring about complexities in modeling intermolecular forces. The orientation of the particle and
distance to protruding limbs will render the linear force calculation between two distinct
particles incomplete and thus invalid. The reader is directed to the article by Hotze et al. (2010)
for a detailed review of nanoparticle aggregation and conflicts with DLVO theory. Additionally,
Wang et al. (2012) show how DLVO calculations fail to adequately predict and describe

experimentally-observed retention of 8 nm silica nanoparticles in porous media.

2.3.2.3 Improving nanofluid stability

The simplest way to improve nanoparticle stability is to decrease the ionic strength of the
aqueous solution. However, because an objective of this thesis is to disperse the nanoparticles
in sea water, stabilization efforts must focus on the nanoparticles themselves if unstable

nanofluids are identified.

Steric stabilization is the most common approach for improving particle stability in suspension
(Moore et al., 2015). It occurs when hydrophilic macromolecules coat the nanoparticles,
shielding the nanoparticles from interaction (Cebrian et al., 2011; Moore et al., 2015). Thus,
applying a neutral polymer, such as polyethylene glycol (PEG) or polyvinylpurrolidone (PVP),
or a non-ionic surfactant has been shown to improve particle stability (see the review by Moore

etal., 2015).
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2.3.3 Qil production

It is difficult to determine how effective silica nanoparticles are for enhancing oil recovery due
to the variability of core flooding results reported in the literature. That is why it is a focus in
this thesis. In some studies, little to no oil is produced within the first pore volume of nanofluid
flooding as tertiary flooding (Alomair et al., 2014; Hendraningrat et al., 2013b, 2013d; Youssif
et al., 2017). Skauge et al. (2010) showed that their nano-sized silica particles propagated
through water-wet Berea sandstone cores but did not mobilize oil. Conversely, some studies
have produced an oil recovery of greater than 10% OOIP (Roustaei and Bagherzadeh, 2015),
with El-Diasty (2015) even reporting an oil recovery of greater than 30% OOIP for one of their

silica nanoparticle systems.

The challenge with comparing the experimental studies that have investigated the potential of
silica nanoparticles for EOR is that no two research groups use the same materials. The same
nanoparticles are rarely used, and many have their own in-house blend (Ragab et al., 2015;
Tarek and El-Banbi, 2015). The large variation in the fluid composition used for nanoparticle
dispersion further complicates comparisons. The dispersing fluid composition ranges from
distilled water (Ogolo et al., 2012) to 5 wt% NaCl (Roustaei and Bagherzadeh, 2015) to filtered
formation water (Alomair et al., 2014). Stabilizers such as PVP have also been added to the

nanofluid (Hendraningrat and Zhang, 2015).

The nanoparticle concentration is often a varied parameter within the study itself and varies
from 0.01 wt% to at least 3 wt% (El-Diasty, 2015). Nanoparticle concentration tests produce
different results depending on the silica nanoparticle in use. For example, Youssif et al. (2017)
concluded that 0.1 wt% was the optimum concentration for EOR when compared with 0.01,
0.05, 0.2 and 0.5 wt%. Conversely, Hendraningrat et al. (2013c) concluded that 0.05 wt% was
the optimum concentration for EOR when compared with a range of concentrations from 0.01
to 0.10 wt%. Both studies used 3 wt% NaCl as the dispersing fluid, sandstone cores for the

porous media, and a light crude oil.

The oil used for the experiments also varies — anything from an unspecified mineral oil (El-
Diasty, 2015; Tarek and El-Banbi, 2015) to a heavy crude oil (Alomair et al., 2014; Cheraghian,
2016) has been used. The composition of the oil will affect how the nanofluid reacts with the

residual oil.
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The type of porous media varies not just in mineralogy but also in physical properties such as
size, porosity and permeability. Tests conducted with sandstone cores are the focus of this
thesis, but nanofluid flooding in carbonate cores has been shown to produce immediate and
significant (> 9 % OOIP) oil recovery using silica nanoparticles (Roustaei and Bagherzadeh,

2015).

The core flooding injection scheme itself varies in injection rate, volume of fluids flooded and
water flooding procedure. Many studies conduct nanofluid flooding without prior water
flooding (a process that will be called secondary flooding throughout this thesis). Most of these
studies using secondary nanofluid flooding schemes compare the total nanofluid flooding oil
recovery to only one water flooding test (Alomair et al., 2014; El-Diasty, 2015; Ogolo et al.,
2012; Ragab et al., 2015). Those studies cannot be directly compared to the results from core
flooding tests where nanofluid flooding has been conducted after water flooding (a process

called tertiary flooding throughout this thesis).

As can be seen, the large variation in many variables makes it nearly impossible to directly
compare core flooding results from different research groups. In addition, most of these studies
are published in Society of Petroleum Engineers (SPE) conference papers, where typically only
the abstract is reviewed and approved. This is why many of the studies have missing
information that is critical for comparison such as the composition of the dispersing fluid (El-
Diasty, 2015), graphs of the oil recovery curves (Ogolo et al., 2012) or injection rate (Ragab
and Hannora, 2015; Ragab et al., 2015).

The core flooding tests that have specifically used silica nanoparticles without any additives
have been gathered from literature. Literature selection criteria also included using sandstone
(sst) or sand as the porous medium and an aqueous fluid as the nanofluid dispersing phase.
Detailed information and references for the core flooding tests can be found in Appendix A.
The results are divided into those that investigated nanofluid flooding as a secondary injection
scheme (Figure 2-8) and those that used a tertiary flooding scheme (Figure 2-9). The oil
recovery (calculated as % OOIP) is compared to the nanoparticle size and concentration. A
negative oil recovery for some secondary core flooding tests is a result of the nanofluid flooding
producing a smaller total oil recovery that the water flooding test with which it is compared.

Some tests, such as those from El-Diasty (2015) and Ragab and Hannora (2015), display a
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correlation between nanoparticle size and secondary oil recovery, where smaller nanoparticles
produce more oil (Figure 2-8A). There is otherwise no clear correlation between oil recovery
and nanoparticle size or oil recovery and nanoparticle concentration when comparing literature
studies without considering other variables such as flooding scheme and oil type. For example,
Hendraningrat et al. (2013c) observed a correlation between nanoparticle concentration and oil
recovery that is not visible in Figure 2-9B. Additional tests by Skauge et al. (2010) showed that
no oil was produced when silica nanoparticles dispersed in 0.5 wt% NaCl were flooded through

Berea sandstone cores as a tertiary process.
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Figure 2-8. Comparison of secondary nanofluid flooding tests from literature. A) Oil
recovery vs. nanoparticle diameter. B) Oil recovery vs. nanoparticle concentration in
the nanofluid.
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Figure 2-9. Comparison of tertiary nanofluid flooding tests from literature. A) Oil
recovery vs. nanoparticle diameter. B) Oil recovery vs. nanoparticle concentration in
the nanofluid.

2.3.4 EOR mechanisms

The goal of nanoparticle EOR is primarily focused on producing immobile oil from the
reservoir. This is done by mobilizing and coalescing oil ganglia. The EOR mechanisms
contributing to the success of chemical EOR flooding can be divided into the following
classifications: fluid-fluid interactions (interfacial tension reduction and in-situ emulsification),
fluid-rock interactions (wettability alteration) and mechanical displacement (improved sweep

efficiency). These mechanisms are summarized in Table 2.2.

32



Enhanced oil recovery (EOR) fundamentals

Table 2.2. Summary of EOR mechanisms.

EOR mechanism How it improves oil recovery
A reduction in IFT reduces capillary trapping,
Interfacial tension (IFT) allowing the oil to flow through the reservoir more
easily. It needs to be in the order of 10° mN/m to
significantly contribute to EOR (Sheng, 2015).

Emulsification leads to an increase in viscosity for
the displacing phase (oil-in-water emulsion) or a
decrease in viscosity for the displaced phase (water-
In-situ emulsification in-oil emulsion). Both scenarios decrease the
mobility ratio, which means that the injected water is
displacing the oil in the reservoir more efficiently.

Wettability alteration towards a water-wet state
Wettability alteration causes oil droplets to be released from the rock
surface.

When highly permeable pore channels are blocked by
particles or gels, microscopic flow diversion occurs,
displacing oil from channels not previously
penetrated by water flooding.

Mechanical displacement

In addition to EOR mechanisms, it is important to investigate nanoparticle transport. The
adsorptive behavior of the nanoparticles is important to determine the necessary injection
concentration to ensure that enough particles propagate throughout the flooding section (T.
Zhang et al., 2014). Increasing the nanoparticle concentration or decreasing the injection rate

leads to more nanoparticle adsorption in porous media (T. Zhang et al., 2014).

2.3.4.1 Fluid - fluid interactions

The primary fluid-fluid interaction leading to increased oil recovery is interfacial tension
reduction. Spontaneous, in-situ emulsion generation is a rarer phenomenon that also exploits

fluid-fluid interaction for EOR.

Theory. Interfacial tension (IFT or o) is the boundary force between two immiscible fluids,
such as water and oil (Dandekar, 2013). IFT is defined as energy per unit area (J/m?), but it is

most commonly expressed as force per unit length (N/m). At the small interfacial tension values
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measured in oil-water systems, interfacial tension is measured as mN/m, which is equivalent to

dynes/cm (Dandekar, 2013).

Interfacial tension for traditional crude oil / sea water systems is typically between 20 to 30
mN/m (Dandekar, 2013; Sheng, 2015). If the interfacial tension is decreased to the order of 10
3 mN/m, the capillary number can be increased by 1000 times (Sheng, 2015). Oil droplets can
then flow through the pore network easier because of the reduction in capillary trapping (Sheng,
2015). A reduction in interfacial tension also allows the droplets to deform more readily,
allowing them to be pushed through narrow pore throats. However, this typically must be

accompanied with an increase in the viscosity of the displacing fluid for production to occur.

Interfacial tension can be decreased by adding molecules such as surfactants to the aqueous
phase. Surfactants have a hydrophilic “head” and a hydrophobic “tail” (Frijters et al., 2012).
This causes them to be attracted to the water-oil interface and exist in both phases
simultaneously (Figure 2-10). This accumulation at the interface lowers interfacial tension by
decreasing the force imbalance at the interface (Frijters et al., 2012). If nanoparticles are
constructed as Janus particles with shells that are half hydrophilic and half hydrophobic, then

they also can decrease the interfacial tension (Binks and Fletcher, 2001).

Hydrophobic
tail

L LELLE Llem

Hydrophilic
head

Emulsified
oil droplet
Additional surfactants
in the aqueous phase
(micelle)

Figure 2-10. Surfactants straddle the oil-water interface, thereby reducing interfacial
tension. Additional surfactant micelles are in the aqueous phase and can help stablize
emulsified oil droplets. Illustration modified from Eykens et al. (2017).
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The wettability or hydrophilicity of silica nanoparticles is dependent upon the amount of silanol
(SiOH) groups at the surface (Binks and Lumsdon, 2000). If the number of surface silanol
groups are reduced, the surface becomes less hydrophilic. The particle surface is important
because particles with intermediate hydrophobicity stabilize emulsions, while particles with
strong hydrophilicity or hydrophilicity result in unstable emulsions which coalesce (Binks and
Lumsdon, 2000). Specifically in crude oil systems, particles can react with asphaltenes in the
oil phase, thereby stabilizing oil-in-water emulsions (Sullivan and Kilpatrick, 2002). Hannisdal
et al. (2006) showed that asphaltenes, and to a lesser extent resins, in the crude oil contribute to
particle stabilization of oil in water emulsions due to their reactivity with the particles at the
interface. Emulsion stability has been shown to increase with increasing particle concentration
and increasing asphaltene-particle interaction (Sullivan and Kilpatrick, 2002). The droplet size

decreases with increasing nanoparticle concentration (Zhang et al., 2010).

IFT measurements. The pendant drop method is the most common way to measure interfacial
tension in the petroleum industry (McPhee et al., 2015). It evaluates the drop shape using the
Young-Laplace equation and then incorporates the density of the phases to calculate the IFT
(McPhee et al., 2015). The spinning-drop tensiometer is another drop shape analysis method
that has recently gained popularity due to its ability to measure ultra-low IFT values. However,
if particles are in the solution, as is the case with nanofluids, the rotational speeds could
centrifuge out the particles. This means they would not be allowed to interact with the oil
interface. Additional IFT methods employing force tensiometry include the Du Noiiy ring and
Wilhelmy plate (McPhee et al., 2015, presents the advantages and disadvantages of using these
methods).

IFT literature results. The interfacial tension experiments in literature can be summarized thus:
there is a reduction in interfacial tension when nanoparticles are added to the solution (Alomair
et al., 2014; Ragab et al., 2015; Roustaei and Bagherzadeh, 2015), but the reduction is not on
the order of magnitude at which surfactants alter the system (10~ mN/m) (Sheng, 2015).
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Three of the nanoparticles investigated in this thesis were previously tested for IFT at NTNU
as nanofluids produced with 3 wt% NaCl as the dispersing fluid instead of SSW. These three
nanoparticles are two nano-structured particles (Nsp la and Nsp 3a) and one colloidal
nanoparticle (Cnp_1). All experiments in the literature were conducted at ambient conditions
unless otherwise specified (Table 2.3). Three different oils were tested: an unspecified synthetic
oil and two light crude oils from the North Sea with different compositions (crude oil 1 and 2).
These are different from the medium crude oil tested in this thesis. The base system values refer
to the interfacial tension between the oil phase and the 3 wt% NaCl without nanoparticles. Note
that none of the articles replicated the IFT tests, so there are no error margins available. The
tests conducted with the pendant drop method have IFT values that are significantly greater
than the tests conducted with the spinning drop method. No explanation was given in the articles

for this.
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Table 2.3. Summary of interfacial tension experiments conducted at NTNU with silica
nanoparticles dispersed in 3 wt% NaCl. IFT tests conducted without nanoparticles in

the aqueous phase (base system) are highlighted in blue.

Nanoparticle . Temp. Nanoparticle IFT
type b Il e °C) concentration (wt%) (mN/m)
0 65.41
Pendent Synthetic 0.1 51.68
1
Nsp_la drop ol 22 0.5 31.03
1.0 27.67
. . 0 14.7
Nsp_3a2 Sp&‘rlgll)ng Syn(:lille“c 2 0.01 9.3
0.05 5.2
Soinmi 0 19.2
Nsp_3a’ pé‘rlé‘mg Crude oil 1 2 0.01 10.9
P 0.05 7.9°
0 19.2
2 0.05 16.9°
Spinning . 0 12.57
4
Nsp 3a drop Crude oil 1 35 0.05 15.60
0 12.14
30 0.05 12.80
Soinni 0+ PVP! 15.67
Nsp_3a + PVPS pé‘rmmg Crude oil 1 22 0.05 + PVP! 14.57
P 0.1+ PVP! 157
Spinnin L 201
Nsp_3a’ P 0 € | Crudeoil2 | 22 0.05 12
P 0.1 107
Soinni 0.05 45"
Cnp 3 PINIME | Crydeoil2 | 22 0.1 37
drop 0.5 i

"These two tests use the same materials and methods but produced different results. An explanation

was not provided in the literature.

fActual values not presented in literature. Values displayed here are interpretations from graphs.
EPVP (polyvinylpurrolidone) was added to the nanofluid as a stabilizer.

! Hendraningrat et al. (2012b)
2 Hendraningrat et al. (2012a)
3 Hendraningrat et al. (2013¢)

4 Hendraningrat and Torsater (2014a)
5 Hendraningrat and Torsater (2014b)

¢ Li and Torsater (2014)

All the systems except the ones with PVP as a stabilizer show that IFT decreases with increasing

nanoparticle concentration at ambient temperature. IFT was shown to decrease with increasing

temperature (Hendraningrat and Torseter, 2014a). The composition of the oil phase affects the
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IFT results. The colloidal nanoparticle (Cnp_1) lowers IFT more than the nano-structured
particles (Nsp_la and Nsp 3a) and is thus the most promising for EOR. However, the IFT

values from the colloidal nanoparticle tests are not in the 10~ mN/m range.

Emulsion theory. In-situ emulsification decreases the viscosity of the oil phase for water-in-oil
(w/o) emulsions or increases the viscosity of the aqueous phase for oil-in-water (o/w)
emulsions. Either of these emulsion conditions leads to a more favorable mobility ratio.
Emulsions can be induced via chemical components such as certain surfactants or nanoparticles.
Emulsification is dependent upon the shear rate. Droplets in the emulsion coalesce if they are
not thermodynamically stable. Emulsions generated in-situ must be able to be easily separated
in production facilities. If emulsification is occurring within the core, large emulsion droplets
can block pore throats, resulting in entrainment and differential pressure increase (Rezaei and

Firoozabadi, 2014).

In-situ emulsion generation can be evaluated by a qualitative analysis of the core flooding
effluent. There should also be an associated increase in differential pressure compared to a
system without emulsion generation because of the viscosity increase and effective
permeability decrease of the aqueous phase. Micromodel tests can also provide visual evidence

for in-situ emulsion generation.

Methods for testing emulsions. Micromodels are used to better understand the flow paths and
oil saturation changes from the injection of nanofluids. Micromodel and emulsion studies can

be conducted to answer the following questions:

e Where does the oil saturation change during nanofluid flooding? (quantify and
define)

e How and where does emulsion generation begin to form?

Other groups have investigated the chemical properties of nanoparticles and their effect on
emulsion generation and stabilization. In porous media, micro-emulsions form at the oil/water

interface, while macro-emulsions form by snap-off or coalescence of micro-emulsions (Rezaei
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and Firoozabadi, 2014). The intensity of oil and water mixing in the core is higher at higher
injection rates, potentially creating more opportunities for emulsions to occur (Rezaei and

Firoozabadi, 2014).

Emulsion literature results. Yuan et al. (2015) conducted experiments in a high temperature
and high saline system that showed a positive correlation between surfactant concentration and
emulsification strength. They concluded that a balance between interfacial tension reduction

and  emulsification strength is important for sustainable oil production.

Wasan et al. (1978) conducted core flooding tests to investigate the recovery factor of emulsion
systems. The highest tertiary recovery was achieved for emulsion systems having the fastest
coalescence rates (in other words, the least stable emulsions). They concluded that systems with

relatively stable emulsions have poor coalescence rates and thus poor oil recovery.

In-situ emulsion generation has been shown with micromodel experiments conducted at NTNU.
Li et al. (2013) tested Nsp_3a in water-wet glass micromodels at 0.01, 0.5 and 0.1 wt% with
crude oil 2. The procedure was to water flood at 0.1 ml/min until no oil was produced, then
increase the injection rate to 0.2 ml/min until no additional oil was produced. This was followed
by nanofluid flooding at 0.1 ml/min until no oil was produced followed by injection at 0.2
ml/min until Sor was reached. Flooding took place as long as there was no visible change in oil
saturation. They concluded that at the low nanoparticle concentration (0.01 wt%), the injection
rate was the primary factor affecting the recovery factor. The differential pressure across the
micromodel increased during the nanoparticle injection for all three concentrations. The rate of
increase and final differential pressure was positively correlated with the nanoparticle
concentration. They did not calculate the final saturation distributions, but they did present
pictures of “selected areas of interest” to show how the oil droplets moved over time. The 0.1
wt% nanofluid caused the oil to break into smaller, rounded droplets. This was interpreted as
o/w emulsion generation. This is shown in Figure 2-11, but note that no physical scale was

given in the article and the sample picture location on the micromodel was not identified.
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Figure 2-11. Light crude oil (darker droplets) in 0.1 wt% Nsp_3a nanofluid in a water-
wet, glass micromodel. These images were interpreted as oil-in-water (o/w) emulsions
generated during nanofluid flooding. Figure from Li et al. (2013).

Li and Torszter (2014) investigated Nsp_3a at 0.05 and 0.1 wt% and a colloidal nanoparticle
at 0.05, 0.1 and 0.5 wt% dispersed in 3 wt% NaCl brine. Crude oil 2 was used. Water flooding
was conducted at 0.02 ml/min and then 0.04 ml/min until no more oil was produced.
Nanofluid flooding was conducted using the same procedure. They did not quantify the volume
of oil produced. Their conclusions were that all scenarios increase oil recovery. They
conjectured that IFT reduction and emulsification generation were the EOR mechanisms for all
systems. The Nsp 3a emulsions were o/w while the colloidal nanoparticle emulsions were w/o.
They concluded that for both types of nanoparticles, the emulsions were formed in the 0.5 wt%
concentrations at the 0.4 ml/min flow rate. However, there was no 0.5 wt% case for Nsp 3a.
Additionally, two of the pictures they present to back-up the o/w emulsions for Nsp_3a appear
to be the same pictures as presented in Li et al. (2013) for a 0.1 wt% system flooded at 0.1 and

0.2 ml/min.

2.3.4.2 Fluid - rock interactions

The primary fluid-rock interaction leading to increased oil recovery is wettability alteration,
whose goal is typically to change the rock surface from an oil-wet state towards a neutral or
water-wet state. It is also dependent upon the fluid-fluid interactions such as interfacial tension

as shown below.
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Wettability theory. Alteration towards the water-wet condition releases oil droplets and oil films
from the rock surface. This leads to reduction in residual oil saturation (Sheng, 2015).
Wettability alteration is typically targeted towards carbonate reservoirs, which are generally

more oil-wet than siliceous reservoirs.

Wettability describes the forces that are active at the interface between the fluids and the rock
surface. Wettability is the relative ability of a fluid to spread on a solid surface in the presence
of another fluid (Dandekar, 2013). It affects the capillary pressure and relative permeability of
the fluids in the reservoir. Young’s equation (Eq. 2.9) describes the relationship between
interfacial tensions and a contact angle resulting from mechanical equilibrium, where Oow is the
oil-water contact angle measured in the aqueous phase, osois the interfacial tension at the solid-
oil interface, osw is the interfacial tension at the solid-water interface and cow is the interfacial

tension at the oil-water interface (Figure 2-12):

cosf,, = USOG_A (Eq. 2.9)
ow
ch
oll water / aqueous phase
ecw
O € > .
S S S
solid

Figure 2-12. Relationship between the three interfacial tension forces. This results in
the contact angle that described the wettability of the system. Illustration modified from
Benner et al. (1938)
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Wettability in a petroleum reservoir is an equilibrium condition between the water, oil and rock
surface. Therefore, the water chemistry, oil composition and mineralogy need to be considered
to understand the natural wettability condition. Buckley et al. (1998) concluded that there are
four main categories of crude oil / brine / rock interactions. They are polar interactions, surface
precipitation, acid/base interactions and ion-binding. The mineralogy of the reservoir affects
the wettability. The quartz in sandstone is preferentially water-wet because it is negatively
charged, while limestone has a net positive charge and is preferentially oil-wet (Kanicky et al.,

2001).

The two wettability end-points are oil-wet and water-wet systems. In between is the mixed-wet
condition and occurs when some rock surfaces are water-wet while the other rock surfaces are
oil-wet. This arises when the mineralogy is diverse i.e. a sandstone containing water-wet quartz
grains and oil-wet clay particles. Neutral wet minerals and systems are those that have no

preference to water or oil coatings.

The wettability concept affects the saturation distribution in the reservoir. It also affects how
water will displace oil during water flooding (Figure 2-13). Strongly water-wet reservoirs leave
behind oil ganglia in pore spaces, while strongly oil-wet reservoirs leave behind oil films on

the rock grains.
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a) Oil-wet

Mixed-wet

b) Water-wet

Figure 2-13. Illustration of wetting regimes in the reservoir. Water displacing oil from
a pore throat during water flooding for a) a strongly oil-wet reservoir and b) a strongly
water-wet reservoir. Figure modified from Abdallah et al. (2007) and Raza et al. (1968).

Wettability alteration can be performed by adding components to the aqueous phase that
preferentially coat the rock surfaces. This allows the oil droplets to be released from the rock.
If the adsorption is not easily reversible, the chemical forms a coating that prevents additional
oil droplets from adhering to the rock. If the released oil droplets constantly adhere to fresh oil-
wet surfaces downstream, a lot of energy would be required to continuously dislodge the droplet

all the way to the production well.
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Contact angle measurements. Wettability can quickly be determined for a solid plate using the
contact angle method. This is done by placing a droplet of one type of immiscible liquid
(typically oil) on a polished rock surface immersed in the other immiscible liquid (typically the
aqueous fluid). The contact angle is always measured in the aqueous phase Figure 2-14. A
contact angle of 0° means that the system is completely water-wet. A contact angle of 180°
means that the system is completely oil-wet. All systems fall between these two endpoints. If
the contact angle is around 90°, the system is described as neutral-wet, meaning it has no
preference as to whether it is coated with the oil or the aqueous phase. The contact angle can

be measured over time to see how the EOR fluid reacts with the solid.

Water-wet Intermediate-wet Qil-wet

solid o

Figure 2-14. Wettability conditions and their associated contact angle value. Figure
modified from Abdallah et al. (2007).

Wettability can be measured with an entire core plug by employing the Amott wettability test
(Amott, 1959) or the U.S. Bureau of Mines (USBM) method (Donaldson et al., 1969). A
petroleum system is typically described according to the wettability index (WI). For the Amott-
Harvey index, Ian, this is calculated as the difference between the wettability index to water,
Iw, and the wettability index to oil, I,. The water and oil wettability indexes are the ratios of the
saturation changes during spontaneous imbibition or drainage to the total saturation change
during both forced and spontaneous imbibition or drainage (Morrow, 1990). As shown in Table
2.4, Cuiec (1984) created a classification to describe the wettability of a system based on the

wettability index.
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Table 2.4. Wettability descriptions and their accompanying experimental values.

Intermediate wet

Wettability

iz Water-wet Slightly Neutral Slightly Oil-wet

water-wet oil-wet

0° to 60° 60° to 75° 75°to 105°  105°to 120°  120° to 180°

Contact angle
values!
Wettability

Index +03to+1.0 +0.1to+0.3  -0.1to+0.1 -0.1t0-0.3 -0.3to-1.0

"Values interpreted from Anderson (1987); >Values from Cuiec (1984)

Craig (1971) developed widely accepted general relationships between wettability and selected

reservoir properties:

e [Initial water saturation (Swi) is typically greater than 20 to 25% for water-wet
reservoirs and generally less than 15% (and frequently less than 10%) for oil-wet
reservoirs.

e Oil and water relative permeabilities (ko and k) are equal when the water
saturation is greater than 50% for water-wet reservoirs or when the water saturation
is less than 50% for oil-wet reservoirs.

e Relative permeability to water (k) at maximum water saturation (equivalent to 1 -
Sor) is typically less than 30% for water-wet reservoirs and greater than 50% for oil-
wet reservoirs.

A trend has developed in the literature where the highest water flooding recovery factors occur
at intermediate-wet and mixed-wet conditions (Morrow, 1990). Rao et al. (1992) investigated
this relationship with a series of core flooding tests. The recovery factors decrease at the two

extremes of the wettability index.

The relative permeability of a core can be determined and then correlated to its corresponding

wettability following Craig's (1971) recommendations posed above.

Initial wettability of core plugs depends upon the saturation and distribution of the oil and brine
phases during aging (Tang and Morrow, 1997). For systems with crude oil, wetting alteration
factors including the temperature and duration of aging, brine, oil and rock compositions and
initial water saturation (Buckley, 1995; Jadhunandan and Morrow, 1995; Tang and Morrow,
1997; Zhou et al., 1996).
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Altering original core wettability by “aging”. Crude oils can alter strongly water-wet core
plugs, such as Berea sandstone, towards weakly water-wet or neutral wettability (Jia et al.,
1991). To alter this initial wettability, the cores are saturated with crude oil and placed in an
oven for a specified length of time to allow crude oil components to react with the mineral
surface. This process is called “aging”. Polar compounds adsorb unto the rock, exposing their
hydrocarbon tail and therefore rendering the surface oil-wet (Anderson, 1986). The polar
compounds and organic matter in the crude oil can alter wettability by adsorption and
deposition, respectively (Anderson, 1986). Silica, the main component in the Berea sandstone
core plugs, normally has a surface that is negatively charged and weakly acidic in water at a
neutral pH (Anderson, 1986). Therefore, sandstone wettability will typically be more affected
by organic bases (Anderson, 1986).

Aging for about six weeks at reservoir temperature is the most common method, as that is the
length of time for wetting equilibrium to take place, although many tests have restored the
wettability within one week of aging (see discussion by Anderson (1986)). Saturating the core
directly with crude oil (no initial water saturation) can speed up the wettability equilibrium time
because there are no water films that the polar components must diffuse across to reach the rock
surface (Cuiec, 1977), although this approach is typically advised against because it is not
representative of the fluid distribution in a reservoir (Anderson, 1986). However, having no
initial water saturation in the core prior to aging ensures a consistent starting point when
comparing different core flooding tests and was therefore used for all aged cores in this thesis.
Relatively consistent initial water saturations can also be established by slowly controlling
drainage with the porous plate method, but this takes many weeks or months and the equipment

was not available for this thesis.

Literature results. The contact angle experiments from NTNU can be summarized thus: the
addition of nanoparticles to the aqueous solution decreased the contact angle, rendering the
solid more water-wet. This happened no matter the initial wettability or material of the solid,

type of oil, type of base fluid, nanoparticle type or concentration or equilibrium time.

Hendraningrat et al., 2013e) measured the contact angle of Nsp 3aat 0.01, 0.05 and 0.1 wt%

concentrations against a droplet of crude oil. A polished synthetic silica surface was used for
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the solid. The base value was 54°. The contact angle decreased as nanoparticle concentration
increased. The contact angle was 22° for the highest nanoparticle concentration of 0.1 wt%.
Hendraningrat et al. (2013c) measured Nsp 3a at the remaining concentrations between 0.01
and 0.1 wt% at 0.01 increments. The results followed the trend where contact angle decreased
with increased nanoparticle concentration. This suggests that the nanoparticles render the silica
surface more water-wet. Hendraningrat et al. (2013d) tested Nsp_1a at 0.05 wt% and obtained
a contact angle of 31.18°. This is similar to the contact angle for Nsp_3a at 0.05 wt%, which
was 31°. Hendraningrat and Torseter (2014a) measured the contact angle of Nsp 3a at 0.05
wt% in crude oil on both a water-wet and an oil-wet quartz plate. The nanoparticles decreased
the contact angle for both scenarios. The water-wet case was decreased from 39° to 26°, and

the oil-wet case was decreased from 131° to 112°.

(Li and Torsater, 2015) conducted Amott tests using Nsp _3a and Cnp_3 in concentrations of
0.05 wt%, 0.2 wt% and 0.5 wt% in 3 wt% NaCl. The initial core plug condition was
intermediate-wet (aged) Berea sandstone. They concluded that all nanofluids altered the

wettability towards water-wet.

Contact angle measurements for carbonate systems show the nanofluid altering the system from
strongly oil-wet to water-wet (Roustaei and Bagherzadeh, 2015). The greatest change in contact
angle occurred with the highest concentration of nanoparticle tested (about 50° for 0.6 wt%).
Roustaei and Bagherzadeh (2015) attribute this to adsorption of the hydrophilic nanoparticles

on the carbonate surface.

Structural disjoining pressure. The structural disjoining pressure model presented by Wasan
and Nikolov (2003) and further investigated by Chengara et al. (2004) has been cited as the
primary recovery mechanism in many core flooding studies (see Bera and Belhaj, 2016;
Hendraningrat et al., 2013d; McElfresh et al., 2012; Sun et al., 2017). It is presented here to
explain the EOR mechanism of wettability alteration, especially towards the water-wet
endpoint. However, this model has a major pitfall, which is discussed after the theoretical

background.
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The structural disjoining pressure theory results in oil production by improving the removal of
discontinuous phases, such as crude oil, from the mineral surface. This is essentially an
alteration of wettability. The triangular area where the aqueous solution is present in the three-
phase contact zone is called the “wedge film”. Nanoparticles diffuse into the wedge film and
self-assemble (Wasan and Nikolov, 2003). Additional nanoparticles dispersed in the bulk
aqueous solution will exert pressure on the wedge film due to electrostatic repulsion and
Brownian motion (McElfresh et al., 2012). This causes an increase in the structural disjoining
pressure that moves the oil-water interface in towards the center of the droplet, effectively

“scraping” the oil from the substrate as shown in Figure 2-15 (Wasan and Nikolov, 2003).

solid (rock)

t>0 structural disjoining pressure

Figure 2-15. Illustration showing how disjoining pressure causes removal of the oil
droplet in a three-phase contact region due to self-assembly of miscelles (nanoparticles)
in the wedge film. Illustration modified from Wasan and Nikolov (2003).
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Wasan and Nikolov (2003) conducted the experiments used to establish the application of
structural disjoining pressure for the removal of oil droplets from a substrate. This was
demonstrated experimentally with crude oil, Berea sandstone and two types of nanofluids by
H. Zhang et al. (2014). Smaller particles will produce greater structural disjoining pressure
than larger counterparts because of their ability to form ordered structures in the wedge film
(Kondiparty et al., 2011). This is especially true at large contact angles (measured in the
aqueous phase), where confinement size is too large for the particles to form ordered structures
(Kondiparty et al., 2011). Spreading of the nanofluid film on a more oil-wet surface can be
increased by decreasing particle size and increasing particle concentration (Kondiparty et al.,
2011). With an increase in salt and subsequent shrinkage of the EDL, the magnitude of the
structural disjoining pressure decreases (Kondiparty et al., 2011; Wasan and Nikolov, 2003).
The structural disjoining pressure also decreases with an increase in nanoparticle polydispersity

(Kondiparty et al., 2011).

What the petroleum literature fails to note is that the original proponents’ use of the term
“aqueous nanofluids” primarily refers to “micellar solution” as specifically noted in Chengara
etal. (2004). To emphasize that the original structural disjoining pressure papers do not actually
refer to solid nanoparticles, the following sentence from the conclusion by Chengara et al.
(2004) is repeated here (emphasis added): “The disjoining pressure arises from the fact that

surfactant used in the detergent formulation aggregate into micelles which then arrange

themselves in well-ordered layers in the wedge between the oil drop and the [sic] surface.”
Additionally, the original experiments by Wasan and Nikolov (2003) were conducted with
sodium lauryl sulphate, an anionic surfactant, in the aqueous phase. One experiment did not
have surfactants in the aqueous phase but instead used charged latex spheres that were 1.01 pm
in diameter, which is still much larger than the nanoparticles used in the core flooding literature.
Additionally, this surfactant-free experiment was conducted for observing the structural
disjoining pressure detachment of an air droplet, not an oil droplet, from a glass surface. Is it
appropriate to extrapolate this theory for solid silica nanoparticles without surfactant additives?
This is a question that is not thoroughly addressed in core flooding literature, and the effect of
surface charges on the development of the structural disjoining pressure needs to be included

in the discussion.
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2.3.4.3 Mechanical displacement

The final mechanism discussed here is a more efficient mechanical displacement of the oil.
Most of the petroleum literature on this topic focuses on polymer flooding, which increases the
viscosity of the injection fluid, thereby creating a more favorable mobility ratio (Muggeridge
et al., 2014). Polymer flooding does not necessarily lower the residual oil saturation when
compared to traditional water flooding, but is instead used to improve macroscopic sweep

efficiency and displace oil in low permeability zones (Huh and Pope, 2008).

Spildo et al. (2009) proposed that microscopic flow diversion can occur based on their
experiments with colloidal dispersion gels. Microscopic flow diversion can be accomplished
by physically rerouting the injection fluid into previously un-swept pore channels at the
microscopic level. For water flooding additives that do not have the same shear-thinning
properties of polymers and therefore do not significantly increase the injection fluid viscosity
with increased shear rate, retention of the particles is what leads to blocking and subsequent
rerouting. Retention occurs by either adsorption of the particles to the rock surface or particle
entrapment (Huh et al., 1990). This microscopic diversion by retention will likely produce the
most incremental oil from porous media with the most heterogencous pore size distribution
(Spildo et al., 2009). This is because the narrow throats can be plugged and then the injection

fluid can be more easily rerouted through the larger channels outside the main flow path.

Particle entrapment occurs by straining if the particle diameter is larger than the pore diameter
or by log-jamming if the particle diameter is smaller than the pore diameter (Bolandtaba et al.,
2009). Straining therefore causes nanoparticles to physically plug the previously swept
channels. Because nanoparticles, by definition, are less than 100 nm in diameter, and pore
channels are typically at the micrometer range, this mechanism should not be contributing to

EOR oil production except for very low permeability cores with especially narrow pore throats.

Log-jamming occurs when particles that would typically flow through a pore throat on their
own accumulate at a pore throat entrance, thereby blocking the channel and forcing the injection
fluid to find a new path. This occurs when nanoparticles agglomerate in-situ and therefore
become larger than the pore itself. This can also occur because pore channel constriction will

cause an increase in fluid velocity, whereby the water molecules could flow faster than the
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nanoparticles in solution, resulting in an accumulation of the nanoparticles at the channel

entrance (Sun et al., 2017). The log-jamming process is illustrated in Figure 2-16.

Microscopic
diversion
of fluid flow

Nanoparticles
(not to scale)

Log-jamming

A) B)

Figure 2-16. An interpretation of the log-jamming mechanical mechanism leading to
microscopic diversion of the fluid flow and subsequent additional oil recovery. A) The
nanofluid initially flows along the path of least resistance. Oil in untouched pores
provides resistance to brine and nanofluid sweeps because of its higher fluid viscosity.
B) Eventually, the silica particles may block a previously available pore throat. This is
especially likely if there is a constriction in the pore diameter, causing the particles to
crowd together as they attempt to squeeze through the opening. This could lead to
nanoparticles creating a relatively impassable wall via a process called “log-jamming”.
This would cause the injected fluid to be diverted to the other pore throats. The increase
in pressure as a result of decreased permeability would allow the fluid to overcome the
force needed to mobilize the viscous oil. [llustration inspired by work from Spildo et al.
(2009).

This mechanical displacement mechanism can be indirectly evaluated by assessing core
flooding data. If the differential pressure (dP) across the core plug is increasing throughout the
EOR flooding, that insinuates blockage and rerouting in the pore network. This proposed

conceptual model is an expansion on the dP discussion by Spildo et al. (2009):

The dP across a core plug is a function of the components in Darcy’s Law such as injection
rate, phase viscosities and permeability in an unsteady-state core flooding test, where one fluid
is injected at a time. Residual oil saturation, which affects the relative permeabilities, and
particle retention will also influence the dP. When water flooding is initiated, dP will increase
until the water (injected phase) breaks through at the outlet (Spildo et al., 2009). After water

breakthrough, dP will decrease as oil continues to be produced and the relative permeability to
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water increases (Spildo et al., 2009). The dP will stabilize, or plateau, after oil production ceases
and residual oil saturation is reached (Spildo et al., 2009). When the injection rate is increased,
the dP will also increase. If additional oil is mobilized during the injection rate bump, the dP
will exhibit a similar trend, where it decreases to a stabile value after oil production ceases. Oil
production during EOR flooding (assuming no polymer flooding = no injection phase viscosity
increase) displays a similar trend, with the dP curve plateauing after residual oil saturation is
reached. If no more oil is produced during the EOR flooding and subsequent chase water

flooding, the dP curves should be stable Figure 2-17.
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Figure 2-17. Differential pressure, dP, of an unsteady-state core flooding test with oil
production during water flooding and the beginning of the EOR flooding at the low
injection rate. No oil production occurs after EOR flooding at the low rate and all
injected EOR additives propogate through the core plug (no retention = no dP increase).
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If retention is occurring during the EOR flooding, the dP will increase as the permeability
decreases. If the maximum dP value from the EOR flooding is greater than the maximum dP
value from water flooding and is continually increasing, then incremental oil could be a result
of more pressure added to the system as a whole, not just pressure redistribution in the core.
Additionally, pore throat blockage forces the injection phase to take a more tortuous path,

delaying breakthrough time (Rezaei and Firoozabadi, 2014).

A dP increase from particle retention will also be observed at the higher injection rate for the
EOR flooding, although some of the pore throats could be reopened if the shear rate is great
enough to overcome the particles’ barriers. If particle retention is reversible, then the dP should
decrease during the chase water flooding assuming that no oil production is taking place (Figure
2-18). This is because general fluctuations in dP can be explained by pore blockage and pore

opening (Rezaei and Firoozabadi, 2014).
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Figure 2-18. Differential pressure, dP, of an unsteady-state core flooding test with oil
production during water flooding and extensive particle retention during EOR flooding.
The chase water flooding is extracting retained particles if the dP is decreasing,
assuming no oil production is taking place after EOR flooding.
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A mass balance of the EOR additive from injection through a core can confirm whether
retention is occurring without considering the oil phase. Computer tomography (CT) scans of
the core can display saturation distribution and therefore identify which channels have flow

diversion.

Studies that have microscopic displacement for nanoparticles are often employing nanoparticles
in combination with polymers or using nanoparticles that have viscoelastic properties
themselves. For example, nano polymer microspheres have produced positive results in a
heterogeneous reservoir, where hydration and associated swelling from 70 nm to 10 pm after
20 days resulted in a water cut decrease and hence oil production increase (Tian et al., 2012).
A number of experimental tests by Spildo et al. (2009) and Skauge et al. (2010) indicate that

colloidal dispersion gels increase oil recovery due to microscopic diversion.

For silica nanoparticles used without viscoelastic materials, little research has been done on
microscopic flow diversion. Also, there is a general problem with core flooding studies not
reporting dP curves with the oil recovery curves. For example, out of all of the studies cited in
the oil production section, only Hendraningrat et al. (2013b) and Skauge et al. (2010) provide
dP curves. Youssif et al. (2017) showed that all their silica nanofluids resulted in permeability
impairment in the sandstone cores, with a positive correlation between permeability impairment
and nanoparticle concentration. They also determined that the 0.1 wt% nanofluid flooding
delayed water breakthrough by almost one pore volume when compared with traditional water
flooding, both at an injection rate of 0.5 ml/min. They concluded that this means a more
favorable sweep efficiency is taking place with nanofluid flooding than water flooding. Skauge
et al. (2010) concluded that log-jamming could be the only possible mechanical displacement
mechanism for their tests due to the difference between the nanoparticle size and pore throat
size. Because no oil was produced during their tests, they concluded that log-jamming alone is
not sufficient for oil production. Additional tests on core flooding with various wettability by
Hendraningrat and Torsater (2014a) report dP increase throughout the entirety of nanofluid
flooding for all tests. The nanoparticles visibly agglomerated at the core inlet, creating a “nano
cake” that was likely the primary contributor to the dP increase. Therefore, a nanofluid stability
analysis could give an indication of the dP curve prior to core flooding, because an unstable

nanofluid will cause pore blockage.
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3 Experimental materials and characterization

Five fluid types and two porous media types were used in this thesis and are related to the

experimental methods in Table 3.1.

Table 3.1. Overview of materials.

Experimental Nanofluid Interfacial Contact Core flooding Micromodel
method —

Material | stability tension angle Paril 2 3 flooding

Crude oil X X X X X X X
n-Decane X X
Synthetic
formation
water
(3 wt% NaCl)
Synthetic
sea water X X X X X X X
(SSW)
Nanofluids X X X X X X X X
Berea
sandstone X X X X
core plugs
Soda glass
micromodels

-

Five fluids types were used: two oils (a crude and n-decane), synthetic formation water,
synthetic sea water (SSW) and nanofluids. The primary oleic phase was a light crude oil. Two
core flooding tests and 19 contact angle experiments were conducted using n-decane, a model
oil. The n-decane had a density of 0.73 g/cm® and a viscosity of 0.9 cP at 20°C. Most of the
core flooding experiments has a synthetic formation water to establish initial water saturation
(Swi). The synthetic formation water was made with 3 wt% (3,000 ppm) NaCl dissolved in
distilled water. Water flooding was conducted with a SSW resembling the composition of the

North Sea. The SSW was also used as the base fluid for nanoparticle dispersions, or nanofluids.

The crude oil, SSW and nanofluid properties are described below. Density was measured with
an Anton Paar density meter (DMA 4500M). Three consecutive measurements were taken for
each value reported. Viscosity was measured with an Anton Paar modular compact rheometer

(MCR 302) using a cone-in-cup configuration, and the viscosity was measured at a shear rate
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of 50 sec’!. Three tests were conducted for each value except for the SSW, where one

measurement was taken for each value.

The two types of porous media used were Berea sandstone core plugs and soda glass

micromodels.

3.1 Crude oil

The crude oil was taken from the Norwegian Continental Shelf. It was double-filtered at 5 pm.
It had a density of 0.88 g/cm? (29.3 APIP), classifying it as a light-medium oil. Its viscosity was
19 cP measured with the Anton Paar and 3.59 cP when measured with a capillary type
viscometer at 20°C. The density and viscosity values for a range of temperatures are reported

in Table 3.2.

Table 3.2. Density and viscosity measured for the crude oil.

Temperature (°C)  Density (g/cm®)  Viscosity (cP)
20 0.876 19.1
40 0.862 7.1
60 0.848 4.7
80 not tested 3.5

A SARA analysis on a crude oil sample taken from the same reservoir yielded a composition
of 61.2 wt% saturates, 32.4 wt% aromatics, 4.9 wt% resins and 1.5 wt% asphaltenes
(Tichelkamp et al., 2014). The total acid number (TAN) and total base number (TBN) were
1.08 (no error available) and 1.16 = 0.35 mg KOH/g, respectively (Tichelkamp et al., 2014).

These values were from unfiltered samples.
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3.2 Synthetic sea water (SSW)

Synthetic sea water resembling the composition of the North Sea was used for water flooding
and as the base liquid for the nanofluids. The composition of the salts in one liter of sea water
is presented in Table 3.3. The total dissolved solid (TDS) content was 35,000 ppm. The

components were dissolved in distilled water.

Table 3.3. Composition of salt components in one liter of synthetic sea water (SSW).

Salt component Chemical formula Amount (g)
Sodium chloride NaCl 28.500
Sodium sulfate Na,SO4 4.066
Magnesium chloride hexahydrate MgCl, x 6 H,O 3.162
Calcium chloride dihydrate CaCl; x 2 H,O 1.625
Potassium chloride KCl 0.721
Sodium hydrogren carbonate NaHCO; 0.220
Strontium chloride hexahydrate SrCl; x 6 H,O 0.024

The SSW had a density of 1.024 g/cm® and viscosity of 1.2 cP at 20°C. The density and viscosity

values for a range of temperatures are reported in Table 3.4.

Table 3.4. Density and viscosity measured for the synthetic sea water.

Temperature (°C)  Density (g/cm®)  Viscosity (cP)
20 1.024 1.2
40 1.016 0.8
60 1.002 0.6
80 not tested 0.5

57



Experimental materials and characterization

3.3 Nanofluids

3.3.1 Nanoparticles

Eleven types of amorphous silica nanoparticles were tested. The three colloidal nanoparticles
have a spherical structure. The eight nano-structured particles have a dendritic form and no
mesoporous structure. Their surface area is a result of having many primary particles, not from
pores within the primary particles themselves (Evonik Industries, 2015). Five of the nano-
structured particles had a surface modification. The colloidal nanoparticles and three of the

nano-structured particles were unmodified.

The unmodified nano-structured particles are the AEROSIL® product from Evonik Industries
(received as AERODISP®, which is AEROSIL® particles in liquid solution). The particles are
hydrophilic because they have freely accessible silanol groups (Si — OH) on the surface. They
can be modified by reacting hydrophilic silanol groups with other organic compounds as shown
in Figure 3-1 (Evonik Industries, 2015). These attachments are formed via covalent bonds,

making for a very stable shell around the nano-structure.

Unmodified Surface-treated
nanoparticle nanoparticle
\, _®
<\
OH O \
OH 0 —?u—®
OH O
~N U
OH sjlanol 0 Si
groups \ T ®
si”
—
\ organic

® rest

Figure 3-1. Illustration of how the AEROSIL® particle can undergo surface
modification. Figure modified from Evonik (2015).
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The particle size, particle size distribution, specific surface area and surface properties of the
nano-structured particles are determined during pyrolysis. These variables are managed by the
reactant concentration, the flame temperature and the length of time the gas resides in the
combustion chamber (Evonik Industries, 2015). Silicas with large primary particles (and
thereby low specific surface areas) are created at higher temperatures. Conversely, silicas with
small primary particles (and thereby high specific surface areas) are created at lower flame
temperatures. This is because when a hot flame is present, the particles have a longer zone of
coalescence (during cooling), resulting in larger particles at the outlet stream (Evonik
Industries, 2015). This concept can be explained by Evonik's (2015) droplet model. Nuclides
of SiO; are created at the base of the flame, where the reaction begins. The nuclides collide and
merge with each other in a random fashion. The SiOz droplet size continues to increase, while
the number of droplets decreases, until the flame is no longer hot enough to keep the droplets
in a liquid state (Evonik Industries, 2015). These droplets become the primary particles as they
cool down to a solid state. The droplets continue colliding as they are partially solidified,
resulting in the formation of the aggregate structure. This aggregate structure becomes
solidified in the cooler temperature zones. As the aggregates continue colliding with each other
in a solid state, they form agglomerates that are loosely held together by weak interactions such

as van der Waals forces, hydrogen bonds and capillary forces (Evonik Industries, 2015).

The material properties for the 11 hydrophilic silica nanoparticles used in this thesis are
presented in Table 3.5. The primary particle diameter and nano-aggregate diameter in DI water
for the nano-structured particles were supplied by Evonik Industries and were measured by a
Horiba Laser Scattering Particle Size Distribution Analyzer LA-950. The average particle
diameter in SSW at 0.05 wt% is from nanofluid stability tests in this thesis as described in
subsequent chapters. Evonik Industries supplied information about the surface area for the
unmodified nanoparticles, which was measured using a surface analyzer and calculated with
Brunauer-Emmett-Teller (BET) theory. The surface area was not tested for the surface modified

nanoparticles.
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Table 3.5. Nanoparticle material properties at ambient conditions.

Average Average
primary aggregate Aver.age Surface
Nanoparticle Sl{rface. partlcle dl:ﬁlmeter .partlcle. area
modification diameter in DI diameter in 2
(o) water  SSW(am)f (™78
(nm)
Previously Cnp 1 - 75 - 81 65
commercially Cnp 2 - 18 - 39 150
available Cnp 3 - 8 - 18 350
Commercially Nsp la - 16 106 144 130 £ 25
available as Nsp 2a - 10 81 96 200 +25
AERODISP® Nsp 3a - 7 86 133 300 +30
Nsp_1b Silanization 16" 128 - -
Produced Nsp_2b Silanization 10" 72 100 -
exclusively Nsp 3b Silanization 7 112 109 -
for this thesis Nsp_3c PEG# 7 111 104 -
Nsp 3d Epoxy 7 - 16 -

" The same as its corresponding base particle prior to surface modification.
T Measured within 30 min of dispersion (t = 0).

¥ Modified by polyethylene terminated silane groups.

- Not measured / not applicable.

Six commercially available, unmodified nanoparticles (Cnp_1, 2 and 3 and Nsp_1a, 2a and 3a)
were initially tested in Part 1 (screening of unmodified nanoparticles). From there, the most
viable three candidates (Nsp_1a, 2a and 3a) were modified by a silanization process by Evonik
Industries to meet specific reservoir criteria defined in this thesis. Those three modified
nanoparticles (Nsp_1b, 2b and 3b) were tested in Part 2 (screening of silanized nanoparticles).
The nanoparticle with the largest surface area was further modified by polyethylene terminated
silane groups (hereafter referred to as PEG) on the nanoparticle surface (Nsp_3c) and by epoxy-
terminated groups (hereafter referred to simply as epoxy) (Nsp_3d) to increase the stability at
higher temperatures. Nsp 3c and 3d were tested in Part 3 (evaluation of surface-modified
Nsp_3a) at ambient conditions and in Part 4 (testing with aged cores and elevated temperature)
at 60°C. These eleven nanoparticles, their naming conventions and their respective core

flooding evaluation parts are presented in Figure 3-2.
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Part 1: Screening of unmodified nanoparticles
Ambient conditions (20°C)

r-H—-m——""""-""""-"""-"""""-"-"-"-"""-"""-""-"-""-""-"-"=-"=-"=-"=-—-"=-—-"=—-—-"=-=-= A
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| |
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Part 2: Screening of silanized nanoparticles ™ a
Ambient conditions (20°C) | modified modified modified |
| by silanization by silanization by silanization |

| Nsp_ib Nsp_2b Nsp_3b | (60°C)
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Figure 3-2. Overview of the nanoparticles evaluated in the thesis and their respective
core flooding assemblage.
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3.3.2 Nanofluid preparation and properties

All nanoparticles were received as suspended concentrate in aqueous solutions from Evonik
Industries. The particles were suspended in distilled water at 20 wt%. Minor amounts (<5 wt%)
of stabilizers such as sodium hydroxide, potassium hydroxide or methanol were present in the
concentrated mixture to aid stabilization. When these concentrated mixtures were diluted to

0.05 wt%, the stabilizer concentration was subsequently diluted to < 0.0125 wt%.

For the unmodified nanoparticles, the concentrated solutions were first diluted to 2 wt% with
distilled water because they instantly agglomerated when added directly to the SSW. The 2 wt%
nanoparticle solution was further diluted to 0.05 wt% with SSW. The fluids were hand-shaken
for a few seconds to ensure mixing. All experiments used nanofluids that were mixed within

the previous 24 hours.

For the modified nanoparticles, the concentrated solution was added to a flask and directly
diluted to 0.05 wt% with the SSW. This resulted in the final nanofluid. Batches were made in

1 liter quantities within 24 hours prior to the start of the experiment.

The surface areas for the unmodified nanoparticles are reported in Table 3.6. The density and
viscosity were measured for nanoparticles dispersed in the SSW at 0.05 wt% at the range of
temperatures at which the nanoparticles were tested (Table 3.6). Density ranged from 1.023 to
1.025 g/em?® and viscosity ranged from 1.1 to 1.2 cP at 20°C.

Table 3.6. Nanofluid properties for nanoparticles dispersed in SSW at 0.05 wt%.

. Density (g/cm® Viscosity (cP
Nanoparticle oc A%C% 6)0°C 20°C 40%( %0°c
. Cnp_1 1.023 - - 1.2 - -
Colloidal Cnp 2 1.024 - - 1.2 - -
nanoparticles Cnp 3 1.024 ) ) 11 ) i
Nsp la 1.024 - - 1.2 - -
Nan}‘)’;:imclcetsured Nsp_2a 1.024 - - 12 - -
Nsp_3a 1.024 - : 1.2 : -
Nsp_lb 1024 - 3 12 08 06
Silanized Nsp_2b 1.025 - - 1.2 0.8 0.6
Nsp_3b 1.024 - ; 12 08 06
PEG modified Nsp_3c 1.024 1.018 1.008 1.2 0.8 0.6
Epoxy modified | Nsp 3d 1025 1018 1007 12 08 06

- Not measured / not applicable
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3.4 Core plug properties

The Berea sandstone core plugs, hereafter referred to simply as “cores”, were used for all core
flooding experiments. Each core plug was only used once. This is because the possibility of
irreversible nanoparticle adsorption to the rock during core flooding could affect the recovery
factor for subsequent experiments. Additionally, reuse of core plugs with crude oil could result
in variations in the wettability and therefore recovery factor, as it is difficult to remove all of

the adsorption components from the crude oil (Anderson, 1986).

Berea sandstone is the most common sandstone used in core flooding research (Churcher et al.,
1991). Berea sandstone core blocks were obtained from a quarry in Ohio, USA. The blocks
were about 35 x 35 x 35 cm. Cylindrical core plugs were drilled from three different blocks
which were numbered #8, #9 and #16 for internal use at NTNU. The core plugs used for the
first six tests are from block #9. Most of the cores are from block #8 because block #9 was
consumed, but the final few cores tested are from block #16 because block #8 was consumed.
All core plugs had a standard diameter of 1.5 inches (3.8 cm) and were either 13 cm, 10 cm or

4.5 cm in length.

Berea sandstone is an early Mississipian age channel sandstone (Pepper et al., 1954). The blocks
used in this study were taken from the Upper Berea unit, which is characterized by medium- to
fine-sized grains held together by silica cement (Churcher et al., 1991). The sandstone has few
laminations and is quite homogenous. Cylindrical core plugs with visible laminations were not

used in the study.

The bulk mineral composition was measured using X-ray diffraction (XRD). Five samples from
blocks 8 and 9 were analyzed (Table 3.7). The two blocks had a similar mineralogical
composition. All samples were composed of more than 90 vol% quartz. This coincides with
other XRD results, which obtain quartz values of at least 85 vol% (Churcher et al., 1991). Lai
et al. (2015) used X-ray computed tomography (CT) to compare the bulk mineral composition
to the mineral composition on the surface of the pores. In their four Berea samples, the bulk
(volumetric) clay content was less than 5%, but the surface area coverage of clay was 5.5 to 8
times that (up to 37.5% clay). This confirms that the bulk composition of the core plug does not

necessarily represent the surface mineralogy upon which the chemical EOR method is reacting.
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Brunauer-Emmett-Teller (BET) surface area measurements for Berea sandstone are within the

range of 0.6 to 1.4 mz/g (Churcher et al., 1991; Lai et al., 2015; Sen et al., 1990).

Table 3.7. XRD analysis for Berea core plugs.

Sample #
Block # 1 ) 3 4 5 Average
Quartz 92.73 92.74 93.84 9225 92.78  92.87
Microcline
8 (Alkali feldspar) 598 6.08 505 643 5095 5.90
Diopside .30 1.18 1.11 132 127 1.24
Quartz 9459 93.1 9299 9484 93.06 93.70
Microcline
9 (Alkali feldspar) 394 567 565 407 562 5.00
Diopside 147 123 136 1.09 132 1.30

The mineral grains in Berea sandstone tend to be well-rounded and well-sorted (Churcher et

al., 1991). Churcher et al. (1991) averaged 10 sets of thin section measurements each to

determine grain size and pore body sizes for four Berea sandstone samples. Grain size ranged

from 70 to 310 um, with average grain size ranging from 99 to 214 um. The pore body size

ranged from 35 to 180 um, with average pore body size ranging from 79 to 114 pum. The pore

shape was round to oval, and the aspect ratio of pore bodies to pore throats ranged from 5 to

11. A thin section from Berea block 8 was analyzed specifically for this study (Figure 3-3). The

larger grains were up to 372 um in diameter (measurement 3), while the smaller grains are

around 95 pum in diameter (measurement 4). The smallest pore throats range from 15 pm to 36

pm (measurements 6 and 1, respectively).
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Figure 3-3. Thin section from Berea block 8.

Effective porosity was measured with a helium porosimeter (Core Laboratories, Inc.,
porosimeter model O.S.) or with the saturation method. Permeability was measured with a
constant head permeameter using air as the through-fluid and a sleeve pressure of 20 bar. The
Klinkenberg correction (Klinkenberg, 1941) was used to adjust the permeability measurements
to reflect liquid permeability through the core. This is the permeability reported for each

experiment.

Core data is summarized in Table 3.8. Cores 1 to 21 and 24 to 25 were unaged and therefore
water-wet. Cores 22 to 23 and 26 to 35 were aged and therefore intermediate- to oil-wet. Core
preparation is described in section 4.4.1: Core preparation (page 74). Average porosity was
17.6% and ranged from 13.8% to 20.8%. Average permeability was 357 mD and ranged from

224 mD to 632 mD. Porosity and permeability measurements are compared in Figure 3-4.
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Table 3.8. Core data. All cores were quartz-rich Berea sandstone and were 1.5 inches
(3.8 cm) in diameter.

Test# Block # L(ecnngl;h Porosity Perl(nnii‘)l;lhty Pore(;:(;)l ume (zgf)l) Swi
1 9 13.0 20.8 285 24.8 18.3 0.26
2 9 13.0 18.5 363 24.8 14.9 0.40
3 9 13.0 18.4 438 26.1 18.7 0.28
4 9 13.0 17.8 337 24.7 17.3 0.30
5 9 13.0 18.1 394 232 17.0 0.27
6 9 13.0 18.2 358 254 18.3 0.28
7 8 13.0 15.1° 327 22.8 17.3 0.24
8 8 13.0 16.3 276 24.6 15.5 0.37
9 8 13.0 15.6° 394 235 12.8 0.46
10 8 13.0 15.5% 224 23.7 16.8 0.29
11 8 13.0 15.5" 363 23.5 16.8 0.29
12 8 13.0 16.3 453 24.7 16.7 0.32
13 8 13.0 15.7" 332 23.7 16.6 0.33
14 8 10.0 16.9 320 19.4 12.3 0.37
15 8 10.0 17.7* 396 20.1 12.8 0.37
16 8 4.5 17.8 322 8.7 59 0.33
17 8 4.5 17.5° 300 9.0 5.8 0.36
18 8 4.5 17.2 264 8.5 5.6 0.34
19 8 4.5 17.3 364 8.9 5.5 0.38
20 8 4.5 17.7 304 9.0 5.3 0.41
21 8 4.5 17.3 353 8.5 5.6 0.35
22 8 10.0 13.8 382 15.7 15.7 0
23 8 10.0 14.9 357 17.0 17.0 0
24 8 10.0 17.7 339 20.2 10.6 0.47
25 8 10.0 17.2 632 20.2 13.0 0.36
26 8 10.0 19.3 393 223 223 0
27 16 10.0 20.7 389 22.6 22.6 0
28 16 10.0 20.6 319 22.6 22.6 0
29 8 10.0 18.0 279 20.6 20.6 0
30 16 10.0 20.2 301 22.1 22.1 0
31 8 10.0 19.2 328 22.0 22.0 0
32 8 10.0 18.1 379 20.9 20.9 0
33 16 10.0 20.8 466 22.5 22.5 0
34 8 10.0 18.2 270 20.9 20.9 0
35 8 10.0 15.9 489 18.2 18.2 0

" These porosity measurements were conducted using the saturation method. The other porosity measurements
were taken with a helium porosimeter.

Single test
Duplicate test
Triplicate test
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Figure 3-4. Permeability vs. porosity for the cores used in this thesis. There is no
correlation between the porosity and permeability values.

3.5 Micromodels

Two regular-pattern soda-glass micromodels were used to visualize flow through porous media.
One model was naturally water-wet, while the other model was treated with
hexamethyldisilazane (HMDS) to render it oil-wet. To produce the oil-wet state, the
micromodel was first cleaned and then saturated with HMDS and placed in an oven set to 90°C
for 20 hours. HMDS was then removed by vacuum suction and the micromodel was rinsed first
with hexane, then 2-propanol and finally distilled water. This oil-wetting process was conducted
according to the procedure described in Sandengen et al. (2016), which was a modification of

the procedure presented in Grate et al. (2013).

The dimensions of the models were 6.0 cm x 4.0 cm. The micromodels were assumed to have
a pore volume of 0.06 cm® as described in Sandengen et al. (2016). Both models were labeled
as having an aspect ratio of 5 (pore to pore throat ratio), but an analysis of the micromodel
dimensions shows that the aspect ratio was closer to 4 or 4.5 as exhibited in Figure 3-5 (water-

wet) and Figure 3-6 (oil-wet).
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Table 3.9. Micromodel physical properties.

. . water-wet oil-wet
Micromodel properties ¢ o 436 and37)  (test #38)
Length (cm)* 6.0 6.0
Width (cm)* 4.0 4.0
Porosity (%) 38.31 38.31
Pore volume (ml)* 0.06 0.06
Avg. pore throat diameter (um) 128 104

* Assumed the same as values given in Sandengen et al. (2016) because the same models were
used. Channel depth, permeability and avg. pore body volume were not measured.

U v  694.1 um
465.6 um

/

707.7 ym

Figure 3-5. Micromodel dimensions for the water-wet model (AR 5 No. 4). Photo by
Espen Kowalewski / Statoil AS.
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Figure 3-6. Micromodel dimensions for the oil-wet model (AR 5 No. 2). Photo by
Espen Kowalewski / Statoil AS.
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4 Experimental methods

This chapter presents a general overview of the experimental methods. Where applicable,
detailed procedures are described before their respective results in Chapter 5. The experimental

methods are related to the research questions they address in Table 4.1.

Table 4.1. Overview of experimental methods.

Section Sub-section Research question
Nanofluid stability (4.1) RQI
Interfacial tension (4.2) RQ3
Contact angle (4.3) RQ3

1. Core preparation
2. Rig design

Core flooding (4.4) 3. Flooding procedure RQ2+3
4. Effluent sampling
Micromodels (4.5) 1. Experimental set-up RQ2+3

2. Image processing

4.1 Nanofluid stability

The stability analysis was conducted by measuring and comparing the nanoparticles’ particle
size distribution (PSD) over time using dynamic light scattering (DLS) measured with a
Malvern Zetasizer Nano series model ZEN 3600. As a laser shines through a nanofluid sample
in a cuvette, the Brownian motion of the nanoparticles causes the light to be scattered at various
intensities. An analysis of the light intensity fluctuations is a function of the Brownian motion
velocity, which can be converted to particle size using the Stokes-Einstein relationship
(Malvern Instruments, 2017). DLS measures particle mobility, which is converted to particle
size by applying a cumulants analysis to the raw data. Frisken (2001) presents a good overview

of the method of cumulants for dynamic light-scattering data analysis.

The cumulant mean hydrodynamic particle size (also known as the z-average) and the
polydispersity index (PdI) describe the overall form of the size distribution. This is different
than the peak size as calculated by the size distribution by intensity, which can be used to
describe individual peaks in a distribution that is not unimodal. The z-average is the intensity-

based overall mean size of the particles, and the calculation of the z-average is described in ISO
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22412:2017. The z-average is referred to as Dayg throughout this thesis. The PdI reflects the
monodispersity; smaller values (< 0.05) reflect a highly monodisperse sample, while values
greater than 0.7 reflect a broad size distribution that is not applicable for dynamic light

scattering techniques.

The following nanoparticle material properties were set based on communication with the
nanoparticle supplier (Evonik Industries). The nanoparticle material properties were set as
refractive index = 1.460 and absorption = 0. The dispersant viscosity was used as the nanofluid
viscosity. The dispersant was always set to distilled water due to a lack of data for SSW at the
start of the stability tests. Even though selecting distilled water properties for the instrument
does not perfectly reflect the reality of the saltwater dispersant, the goal of the stability tests
was to compare samples over time. Therefore, it was more important to maintain consistency
for the input parameters by using distilled water settings. It did not seem to affect the tests based

upon the data for stable nanoparticles measured in both distilled water and SSW.

The temperature was set to 20°C with an equilibration time of 120 seconds. Disposable cuvettes
(DTS0012) were used. Three measurements were taken for each sample, and the average of
these measurements is reported. The measurement duration was automatically determined by
the instrument (typically 11 to 15 runs per measurement). The angle of detection was set to the
non-invasive backscatter (NIBS) default of 173° backscatter. The measurement duration was
not extended for large particles. The positioning method was allowed to seek for the optimum

location, and automatic attenuation selection was allowed.

Measurements taken with the nanoparticles dispersed in distilled water at 0.05 wt% were
considered to provide an optimal (stable) distribution. This was compared to the values obtained
with the nanoparticles dispersed in the SSW at 0.05 wt%. The nanofluid was considered stable
if it met two criteria: it maintained its unimodal distribution and Dayg did not increase by more

than 50 nm from the original measurement in DI water at t = 0.

It was assumed that the unmodified nanoparticles would not be stable for very long based on
visual observations in the lab. The first measurement was taken within 30 minutes after

nanofluid mixing (t = 0). Additional measurements were taken 8 and 24 hours after mixing.
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For the modified nanoparticles, after nanofluid mixing, samples were either left in ambient
conditions (20°C) or placed in an oven set at 40°C or 60°C. Samples were taken from their
respective holding places directly prior to the stability measurement. The temperature was set
to 20°C, 40°C or 60°C with an equilibration time of 120 seconds. Each sample was measured

three times, and the average of these measurements is reported.

The first measurement was taken within 30 minutes after nanofluid mixing (t = 0). Additional
measurements were taken at 1, 4, 8, 12 and 16 weeks after mixing. Nsp_3c was also tested at

concentrations of 0.1 wt% and 0.5 wt% in addition to 0.05 wt%.

4.2 Interfacial tension and capillary number

The pendent drop method was used to determine interfacial tension. The spinning drop method
was also used to compare the interfacial tension of the unmodified nanoparticles to the pendant
drop results. The interfacial tension values were used to calculate the capillary numbers for core

flooding tests conducted at 20°C.

For the pendant drop analysis, a Kriiss drop shape analyzer (DSA) 100 was used with a J-shape
syringe needle having an inner diameter of 1.0047 mm. Crude oil droplets were dosed at a rate
of 2.67 pl/s. Droplet size varied from 13.6 to 20.6 pl. The surrounding fluid (sea water or
nanofluid) was between 20.0 and 22.7°C. The interfacial tension was calculated using the

Young Laplace fitting method. Seven tests were conducted for each fluid system.

For the spinning drop method, a SVT20 spinning drop video tensiometer was used with a
rotation of 4000 to 6000 rpm. Temperature was held constant at 22.8°C. The experiment was
run for 45 minutes to 2 hours or until the interfacial tension was stable for at least 15 minutes.

The stable interfacial tension at the end of the experiment is reported.
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4.3 Contact angle

Contact angle measurements were performed using a KSV CAM 200 goniometer at ambient
conditions (20°C) or at 60°C. The inverted sessile drop method (also known as the captive
bubble technique) was used for all experiments. Because quartz is the dominant mineral for the
Berea core plugs, a silica substrate was selected to best represent the wettability conditions for
the unaged core flooding tests. A glass plate was therefore used as the substrate for the contact
angle tests. Cleaning between tests was conducted by rinsing thoroughly with distilled water.
A polished quartz crystal was available as the substrate for experiments conducted with Nsp_3c.
It was cleaned by first being rinsed thoroughly with distilled water and then being placed in an
ultrasonic bath for five minutes filled with distilled water. Neither the glass plate nor the quartz
crystal could be modified to alter the initial wettability due to chemical lab restrictions, although
the base values for the quartz crystal suggest that it had already been altered towards a more

intermediate-wet state with a surface coating.

The contact angle was measured every 10 minutes for 8, 10 or 24 hours to see if there was an
interaction between the nanofluid and the oil droplet. The first six measurements of the contact
angle values (the first hour) were averaged to determine the starting contact angle. The last six

contact angle measurements were averaged to determine the final contact angle.

4.4 Core flooding

The components of core flooding are the following: core plug preparation, rig design, flooding
procedures and effluent analysis. The core flooding procedures are explained in more detail in

Chapter 5.

4.4.1 Core preparation

Core plugs were drilled from their respective Berea sandstone blocks as described in Chapter
3. The Berea sandstone blocks were initially dry/ unsaturated. The core plugs were rinsed in a
soxhlet apparatus with methanol for six to eight hours to be cleaned and flush out fine sand

particles. The core plugs were then dried in an oven at 60°C for at least three days or until the
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core weight was stable (= 0.05 g) for at least two days. The 60°C oven temperature was chosen
to preserve the cores’ clay framework as demonstrated in Byrne and Patey (2004), where illite
clay fibers maintained their structure at that temperature. Porosity and permeability were

measured.

For core plugs using initial water saturation (no aging), the following procedure was followed:
After cleaning and drying, the core plugs were saturated with reservoir brine using a vacuum
pump with a chamber pressure set at 100 mbar for two hours. The core plugs were kept in a
covered glass beaker filled with reservoir brine until the oil flooding portion of the core flooding

began. Beaker residence time ranged from three days to 2 months.

For core plugs that underwent aging (no initial water saturation), the following procedure was
followed: After cleaning and drying, the cores were saturated with crude oil using a vacuum
pump with chamber pressure less than 1 mbar. They were held in the chamber for at least two
hours under vacuum pressure. After saturation, they were placed in individual, sealed metal
containers called aging cells. The aging cells were filled with additional crude oil and placed in
an oven at 60°C for the duration of the aging process. Core flooding was performed immediately
after the aging process was completed. Cores flooded at 20°C were cooled in the aging cell at
ambient conditions for a few hours before the test began. All cores in Part 4 were prepared
using this method and were aged in the oven for four weeks. The other two cores that were aged

were in Part 3, with aging conducted for 11.5 weeks (test #22) and 10.5 weeks (test #23).

Each saturated core was weighed before being placed in the core holder for the core flooding
experiment. Effective porosity was calculated from the unsaturated and saturated core weights
and density of the reservoir brine. The effective porosity value that resulted in a grain density
closest to 2.6 g/cm® was used. This value was selected based on Berea sandstone grain density
measurements from Churcher et al. (1991). The pore volume was calculated from the bulk

volume multiplied by the selected effective porosity.

For Part 2 core flooding tests, the post- core flooding porosity and permeability was evaluated.
Therefore, after core flooding, the core plugs were rinsed in the soxhlet with toluene for 1 to 2
days followed by one day with methanol. The core plugs were then dried in an oven at 60°C for

at least two days or until the core weight was stable (£ 0.05 g) for at least four hours. Post-
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flooding porosity and permeability were determined using the helium porosimeter and the

constant head permeameter. These results were compared to pre-core flooding values.

4.4.2 Rig design

The core flooding rigs were custom-built by the author and are shown in Figure 4-1 and Figure
4-2. The core plug was mounted in a Hassler type core holder with a Viton® sleeve. The core
holder was mounted horizontally. Sleeve pressure was maintained between 16 and 22 bars using
nitrogen gas and was constantly monitored with a Keller Leo3 pressure transmitter (0 — 30 bar;
+ 0.1%). Polytetrafluoroethylene (PFTE) tubing with an inner diameter of 1/16 in. (= 1.59 mm)
was used to convey all liquids. Swagelok® tube fittings and valves were used to direct fluid
flow. The inlet tubing was saturated with the first injection fluid all the way to the inlet core
face to ensure that no air was injected into the system. During fluid switches, the tubing was

flushed to as close to the core inlet as possible to reduce the inlet dead volume.

}% l Sleeve
pressure
Differential
pressure
] - % (dP) gauge
SZE = —_—
S o= \
= E -g T )X
23
Pumping fluid |
(Exxsol™ D60) Injection |
pump
Bypass Hassler type core
Svg?vigw —‘ valve holder cell

Effluent
collection

Figure 4-1. Experimental set-up for core flooding at ambient conditions designed and
built by author.
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Figure 4-2. Experimental setup for core flooding experiments at elevated temperatures
designed and built by author. A) Core flooding rig in the laboratory and B) experimental
design.
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A Pharmacia Biotech Pump P-500 (0.017 — 8.317 ml/min; £+ 1.5%) was used with Exxsol™
D60 as the pumping fluid. The pumping fluid was routed to a cylindrical chamber, where it
displaced the liquid designated for core. A piston was placed in the chamber to separate the
liquids if crude oil or nanofluids were being injected. A piston was not used for the water
flooding chamber because saltwater is immiscible and nonreactive with Exxsol™ D60. A
Keller PD 33X pressure transmitter (0 — 30 bar; + 0.05%) was used for measuring the
differential pressure across the core holder. The inlet sensor was connected close to the core
holder inlet. The outlet sensor was kept open, reflecting the ambient conditions experienced at
the core holder outlet. This setup made effluent collection easier. Back pressure was not used.

Effluent was collected in test tubes with a 0.1 ml gradation (accuracy & 0.05 ml).

For Part 2 core flooding tests, the only difference was that a more accurate Quizix QX 6000
pump (0.001 — 50 ml/min; + 0.1%) was used with Exxsol™ D60 as the pumping fluid instead
of the Pharmacia pump, as it was then available. Both pumps were used for Part 3 tests, along
with a Teledyne ISCO 260D continuous flow dual pump (0.001 — 70 ml/min; + 0.5%). A
Teledyne ISCO 100DX continuous flow dual pump (0.00001 — 32 ml/min; + 0.3%) was also
used for some of the Part 4 tests when the Teledyne ISCO 260D pump was unavailable. Part 4
tests were conducted in an oven set at 60°C. The core holder was also oriented vertically, with

flow from the bottom to the top. Back pressure was set at around 4.5 bar.

For Part 1 tests, all effluent was collected in test tubes with a 0.1 ml gradation (accuracy = 0.05
ml). For Part 2 tests, effluent was collected in test tubes with a 0.1 ml gradation (accuracy +
0.05 ml). At the end of a flooding series when the displaced fluid was not being produced, a
larger tube with a 0.2 ml gradation (accuracy = 0.1 ml) or 0.5 ml gradation (accuracy + 0.25
ml) was used to collect the displacing fluid. For Parts 3 and 4, effluent was combined in a

continuous sampler with gradation 0.1 ml (accuracy £ 0.05 ml).

A camera with automated capturing was installed to record the oil production for experiments
running overnight. The pictures were then analyzed to determine the oil production over time.

These values were compared to the final oil production volume read the following day.

Differential pressure was continuously recorded during the experiments (values captured every
15 or 30 seconds). The Control Center Series 30 program was used for pressure data acquisition.

The Hassler core holder cells did not have the capability for intermediate pressure taps. Pressure
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lines were filled with a liquid (Exxsol™ D60 or distilled water) to prevent air compressibility

that would cause the injected fluid to flow into the pressure lines.

4.4.3 Flooding procedure

All core flooding tests were conducted using the unsteady state core flooding procedure, where
one fluid is injected at a time. Nanofluid flooding was always conducted as tertiary flooding
after water flooding with SSW. Detailed procedures were different for each of the core flooding

parts and are therefore presented prior to the results for easier comparison.

4.4.4 Effluent sampling

4.4.41 Part 1: Screening of unmodified nanoparticles

Nanoparticle concentration analysis was conducted for the nano-structured particle tests (#4 to
#06). Because at least 10 ml were needed for each sample, the effluent test tubes were emptied
into 15 ml plastic vials. Three samples at the end of nanofluid flooding were taken for analysis.
The concentration was measured by Evonik Industries using ICP-OES (inductively coupled
plasma optical emission spectrometry). Silicon content was determined as elemental
concentration and then calculated to oxide (SiO2). Two measurements were taken for each
reported value. The average with an estimated measurement uncertainty was used for the
concentration calculations. Because the method measures silica content and does not
differentiate between silica nanoparticles and silica fines produced from the core plug, an
effluent sample at the end of water flooding was taken to establish background silica
concentration. This value was subtracted from the measured influent nanoparticle concentration
to establish the “true” nanoparticle concentration that should be found in the effluent if all
nanoparticle are passing through the core plug. The dimensionless effluent nanoparticle
concentration was calculated by dividing the measured effluent nanoparticle concentration by
the “true” nanoparticle concentration and multiplying by 100. A value of 100 would mean that

all of the nanoparticles are passing through the core plug. As the value approaches 0,
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nanoparticles are being retained inside the core plug. This method does not differentiate

between retention and adsorption of the nanoparticles.

Silica content in the influent and effluent crude oil was also determined by Evonik Industries
using ICP-OES by first rinsing the tubes with hexane to extract the small sample amount. Next,
the sample mass was determined with difference-weighting. The samples were then baked at
450°C, the residues were melted in NaOH and the melt was dissolved in water for the test. Two
measurements were conducted for the influent crude oil and effluent crude oil produced from
water flooding. Only one measurement was conducted for the crude oil produced from
nanofluid flooding because the volume was too small to allow for duplicate measurements. The

effluent crude oil samples were compared to the influent crude oil samples.

4.4.4.2 Part 2: Screening of silanized nanoparticles

Effluent pH and nanoparticle concentration were measured for all experiments. The pH
measurements were conducted with a pH meter (VWR pHenomenal® 1000L) at the very end
of water flooding (WF-Qnign), the very end of nanofluid flooding (NF-Qnign), and at the
beginning of both chase water flooding stages (Flush-Qiow and Flush-Qnign). Samples for
nanoparticle concentration analysis were collected between 0.6 and 1.4 PV after NF-Quignh began
for the nanofluid flooding value. The chase water flooding samples were taken every Y2 PV
starting after 2 PV of Flush-Quw and after 2 PV Flush-Qnigh. Refer to Figure 4-3 for an
illustration of effluent sample collection times. The nanofluid flooding influent was also
measured. Effluent samples were collected directly into 15 ml plastic vials that were sent to
Evonik Industries for analysis using ICP-OES. Because of limited resources, not all samples

were analyzed. The following is an overview of analyzed samples:

Exp. #7: nanofluid influent and two measurements during NF-Qnigh (NF1a and NFv)
Exp. #8: nanofluid influent, NF; and Flush;
Exp. #10: nanofluid influent, end of WF-Quign, NF1 and Flushi, Flusha, Flushs and Flushs

Exp. #11: nanofluid influent, NF; and Flush;
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nano flooding water flush water flush
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Figure 4-3. Illustration of effluent sample collection points for the Part 2 core flooding
tests. There was some variance as to when the nanofluid flooding samples were
collected because sampling was based on time and not pore volumes flooded. Water
flush refers to chase water flooding.
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4.5 Micromodels

4.5.1 Experimental set-up

The micromodel was secured horizontally on an Olympus SZX16 microscope with a
Marzhéduser Scan 130x85-4mm motorized stage. Images were taken with an Olympus UC 90
camera attached to a SDF PLAPO 1XPF objective lens. Image post-processing was conducted
in Adobe Illustrator. A KD Scientific Legato 100 syringe pump was connected to the
micromodel via polytetrafluoroethylene (PTFE) tubing having an inner diameter of 1/16 in. (=
1.59 mm). Glass syringes with 1 ml capacity were used for fluid injection. A Druck PTX610
pressure gauge recording at 0.1 bar intervals was placed between the syringe pump and the
micromodel inlet. Back pressure was not applied. The experimental set-up is shown in Figure

4-4,

pressure
gauge

syringe pump

O==N ™

to waste
container

to waste

container
(flushing line)
micromodel
mounted on
microscope

Figure 4-4. Experimental set-up for the micromodel tests.

Three tests were conducted. The first two tests used a water-wet micromodel. The second test
was identical to the first, but blue dye was added to the nanofluid phase to better visualize the
flow path of the nanofluid. The third test used an oil-wet micromodel. The flooding procedure
was similar for all tests in that the micromodel was first saturated with 3% NaCl followed by
injection of crude oil. Water flooding with SSW was then conducted followed by nanofluid

flooding with 0.05 wt% Nsp_3c in SSW. Additional flooding details are provided in Chapter 5.
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4.5.2 Micromodel flooding procedure

An overview of the micromodel flooding procedure for each test is given in Table 4.2 Details

are given before the results in Chapter 5.

Table 4.2. Overview of micromodel flooding procedures.

Test # 36 37 38
Type of micromodel Water-wet Water-wet (HM]:())Sﬂt-r\ZZEmen 0
None prior to use: 167 PV toluene 84 PV toluene
Cleaning procedure assumed clean ’ 167 PV methanol 84 PV methanol
167 PV DI water 84 PV DI water
42 PV isopropanol to | 67 PV isopropanol | 67 PV isopropanol
100% Sw procedure | wet the model then then then
167 PV 3wt% NaCl | 167 PV 3wt% NaCl | 84 PV 3wt% NaCl
Oil flooding 3PV 3PV 3PV
Water flooding 6.5 PV 8.5 PV 7.5 PV
Nanofluid flooding 3PV+1PV 4PV +6PV 4.5PV

4.5.3 Image processing

All photos are presented with flow from left to right. The pictures were processed in Adobe
Photoshop CS6. Pre- and post-processing photos for the determination of porosity and Sy for
test #36 are shown in Figure 4-5 and Figure 4-6, respectively. The procedure to prepare each

the photos for tests #36 and #37 was as follows:

1. Crop the photo down to the area of interest. This is defined as the micromodel pore
area between the channel dead volume zones.

2. Apply Image - Auto Tone, Image - Auto Contrast and Image - Auto Color

3. Apply Image > Adjustments = Black and White; accept automatic settings

4. Apply Image > Adjustments - Brightness and Contrast; keep Brightness as default (0
value) but increase Contrast to maximum (100 value). Do this for a total of 4 times for
maximum contrast.

5. Apply Image - Mode - Grayscale

6. Apply Image - Mode > Bitmap; output resolution = input resolution; use 50%
Threshold method

7. Apply Image > Mode = Grayscale to convert back to a readable format for the
following steps
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To analyze the photo, the histogram tool was opened. All pixels were selected and counted.
Because of the error introduced by cropping, the total pixel amount varied by 1.3%. To select
all areas not occupied by the oil phase, the Magic Wand tool was used to select a white area.
The command Select = Similar was applied to highlight all white pixels. The histogram tool
was then used to count the number of white pixels. The number of white pixels representing the
glass islands in the micromodel was subtracted from the newly calculated white pixel count.
This produced a pixel count that represented all non-oil phases in the pore space. Microsoft

Excel was then used to calculate the saturation of oil occupying the pore space.
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Figure 4-5. Pre- and post-processing for the determination of porosity for tests #36 and
#37.
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Figure 4-6. Pre- and post-processing for the determination of Swi for test #36.
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The image coloring was different for test #38. There were also more smudges on many of the
pictures that counted as oil pixels when using the standard post-processing procedure.

Therefore, step 3 was adjusted manually as shown in Figure 4-7, and step 4 was not conducted.

F . B > f -....
Black and White "~ Sl
‘| Preset: Default v = OK Preset: Custom
| |
__Cance\ _
M| Reds: B 40 % 0 Reds: _Cance\
i ™
| vYellows: % : B : E
60 [¥] Preview Yellows: 200 % [7]Preview
b [ W &
N Greens: 40 Yo Greens: %
[&]

W Cyans: B s0 Yo Cyans:
| [&]

Blues: H 20 % Blues:
|

[&]
W Magentas: B =80 % Magentas:
|
[&)

N
§| [C]Tint [Tt

Saturation I:I % Saturation
e

A) Automatic settings for tests #36 and #37.  B) Adjusted settings for test #38.

Figure 4-7. Black and white settings used for post-processing of micromodel images.
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5 Results

The results are presented in the same order as Chapter 4. Each sub-section includes an objective
statement, experimental results and a summary. The nanoparticles are evaluated in the
following order for all experiments: Unmodified nanoparticles (colloidal and nano-structured)
are evaluated first (Cnp_1, 2 and 3 and Nsp_la, 2a and 3a). This is followed by the silanized
nanoparticles (Nsp_1b, 2b and 3b). Finally, the PEG and epoxy modified nanoparticles are
presented (Nsp_3c and 3d, respectively). An overview of the results and associated data in the

appendices is shown in Table 5.1.

Table 5.1. Overivew of experimental results.

] . Additional data Research
Section Sub-section . . q
in appendix question
Nanofluid stability RQ1: Are the nanoparticles
5.1 B stable in synthetic sea
water?
Interfacial tension RQ3: What are the EOR
(5.2) mechanisms contributing to
nanoparticle-induced oil
recovery?
Contact angle
(5.3) RQ3
Core flooding . RQ2: Do the nanoparticles
(5.4) Water flooding C increase the oil recovery?
Part 1: Screening of
unmodified nanoparticles D RQ2+RQ3
Part 2: Screening of
silanized nanoparticles E RQ2+RQ3
Part 3: Evaluation of
. +
surface-modified Nsp 3a F RQ2+RQ3
Part 4: Testing with aged
cores and elevated G RQ2 +RQ3
temperature
Micromodels (5.5) H RQ2 + RQ3
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5.1 Nanofluid stability

5.1.1 Obijectives

The nanoparticles’ stability in SSW was evaluated using particle size distribution (PSD)
measurements to determine if agglomeration occurred over time. The unmodified nanoparticles
(Cnp_1, 2 and 3 and Nsp_1la, 2a and 3a) were evaluated over only 24 hours at 20°C because
they were already agglomerating by the end of the measuring period. The 8-hour measurement
point was selected because that would describe the PSD at the end of the core flooding

experiment.

The 130 and 300 m?/g nano-structured particles (Nsp la and Nsp 3a) were the only
nanoparticles tested prior to these experiments in Part 1. Agglomeration had been visually
observed when dispersed in the 3 wt% NaCl solution, especially when the nanoparticle
concentration was increased to 1 wt% (Hendraningrat et al., 2013c). It was hypothesized that
agglomeration would occur due to the introduction of multivalent cations to the solution from
the SSW, but that agglomeration would be limited when used with the 0.05 wt% nanoparticle

concentration.

All the modified nanoparticles (Nsp_1b, 2b, 3b, 3¢ and 3d) were measured over a four-month
(16 week) period. These modified nanoparticles were tested at 20°C, 40°C and 60°C. Within
16 weeks, agglomeration had occurred for all nanofluids in the 60°C tests except for one

nanofluid, which is why measurements were not taken after 16 weeks.

Each nanoparticle’s average diameter (Davg) is plotted over time. Because many of the
measurements exhibit bimodal distributions and/or large values for the polydispersity index
(PdI), the Day, fails to adequately describe the PSD. Therefore, PSD by intensity curves are
published in Appendix B.
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5.1.2 Results

Both Cnp 1 and Cnp_3 agglomerate immediately after being dispersed in SSW. The colloidal

nanoparticle with the smallest surface area (Cnp 1) exhibited the greatest agglomeration of all

the colloidal nanoparticles (Figure 5-1a).
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Figure 5-1. Average particle diameter for the colloidal nanoparticles A) Cnp 1, B)
Cnp 2 and C) Cnp 3.
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Immediately after mixing, the Cnp 1 Dayg was 1.4 pum. The nanoparticles aggregated so much
within eight hours that they settled out of solution and formed a coating on the bottom of the
cuvette. The samples for eight and 24 hours were briefly hand shaken to encourage re-

dispersion of the sample prior to measuring. The Day, after 24 hours was greater than 2.3 pm.

Cnp_2 had the least agglomeration of the colloidal particles (Figure 5-1b). There was essentially
no agglomeration at t = 0 in the SSW solution. However, the Dayve had nearly doubled by the
end of 24 hours. The Dayg of Cnp_3 had more than doubled immediately after dispersion into
SSW (Figure 5-1c¢).

The unmodified nano-structured particles (Nsp_la, 1b and 1c) all agglomerated within 24
hours, but not at the same magnitude as the colloidal nanoparticles (Figure 5-2). Measurements
were not taken after 8 hours because a visual analysis had shown that little to no agglomeration

was occurring throughout the duration of the core flooding test.
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Figure 5-2. Average particle diameter for the nano-structured particles measured in
distilled water immediately after nanofluid mixing and in SSW immediately after
nanofluid mixing and after 24 hours.

Nsp_la and Nsp_2a agglomerated immediately upon dispersion in SSW (Figure 5-2). Because

of the bimodal distribution of Nsp_1la and Nsp_2a at 24 hours (Figure B.2 in Appendix B), the

Dave gives a skewed picture of the actual particle size diameter. For Nsp 1a, about 50% (by

intensity) of the nanoparticles managed to stay within 196 + 101 nm, while the remaining 50%

(84% by volume) agglomerated into the micrometer scale within 24 hours (second peak at 2.0

+ 1.1 pm). Nsp_2a also had agglomeration into the micrometer scale within 24 hours, with a
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peak at 1.2 = 0.8 um (representing 56% of the particles by intensity or 78% by volume). Nsp 3a
displayed the least amount of agglomeration, with a Dayg increase of 3.6% immediately after
SSW dispersion when compared with the distilled water dispersion. Agglomeration occurred

within 24 hours, with a 34.8% increase in the Davg as compared to the distilled water dispersion.

All the silanized nanoparticles (Nsp_1b, 2b and 3b) were stable in SSW at 20°C for the entire
16 week measuring period (Figure 5-3). There was no significant difference between the Davg
measured in distilled water and SSW directly after nanofluid mixing (t = 0). Nsp_1b was stable
at 40°C through week 12. Nsp_3b was stable throughout all 16 weeks at 40°C. Nsp_2b became

unstable sometime between weeks 4 and 8. None were stable at 60°C after t = 0.
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for Nsp_2b at 4 weeks was too polydisperse to produce an accurate value.
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The PEG modified nanoparticle (Nsp_3c) was stable for 16 weeks at 0.05 wt%, 0.10 wt% and
0.50 wt% at 20°C and 40°C (Figure 5-4). The 0.05 wt% and 0.10 wt% concentrations became
unstable between weeks 4 and 8 at 60°C. The 0.50 wt% concentration was the only nanofluid

stable for the duration of the 16-week test.
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The epoxy modified nanoparticle (Nsp_3d) began to produce a small fraction of agglomerates
sometime between 1 and 4 weeks at 20°C (Figure B.9 in Appendix B). The Day, reflects this
and increases after 1 week (Figure 5-5). The tests at 40°C had many errors in the measurements
and are not reported. The tests at 60°C show agglomeration beginning between weeks 1 and 4,

with substantial agglomeration occurring between weeks 4 and 8.
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Figure 5-5. Average particle diameter for Nsp 3d at 0.05 wt% for 20°C, 40°C and 60°C.

5.1.3 Summary

All unmodified particles (Cnp_1, 2 and 3 and Nsp_1a, 2a and 3a) agglomerate within 24 hours
after nanofluid mixing. The agglomeration was generally greater for the colloidal nanoparticles
than the nano-structured particles. It was assumed that the unmodified particles would not be
stable at 60°C. Therefore, the nano-structured particles, which demonstrated the least amount

of agglomeration on average, were modified by silanization to increase their stability.

All the silanized nanoparticles (Nsp_1b, 2b and 3b) were stable in SSW at 20°C for the entire
16 week measuring period, but none were stable at 60°C throughout the 16 weeks.
Measurements at 40°C were stable throughout the 16 week period for Nsp 3b, but not for
Nsp_1b or Nsp_2b. This led to further surface modification for the nano-structured particle with

the largest surface area (Nsp_3b) to improve the dispersion stability.
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The epoxy modified nanoparticles (Nsp_3d) did not perform as well as Nsp_3b. The PEG
modified nanoparticles (Nsp_3c) were stable at 20°C and 40°C at a concentration of 0.05 wt%
and 0.10 wt%, but not at 60°C. Nsp 3c at 0.50 wt% was the only nanofluid that was stable at
60°C. An interpretation of the stability along with a summary table is provided in the discussion

chapter.

5.2 Interfacial tension and capillary number

5.2.1 Obijectives

The interfacial tension between crude oil and each nanofluid with a concentration of 0.05 wt%
was evaluated. If the addition of nanoparticles to the SSW causes a reduction in interfacial
tension down to 10~ mN/m, then interfacial tension reduction could be a significant mechanism

for oil recovery.

The nanoparticles could be centrifuged away from the oil droplet in the center of the glass tube
during the spinning drop measurements, causing inaccurate readings. Therefore, the unmodified
nanoparticles (Cnp_1, 2 and 3 and Nsp la, 2a and 3a) were evaluated using both a spinning
drop tensiometer and pendant drop tensiometer to compare results. The modified nanoparticles
(Nsp_1b, 2b, 3b, 3c and 3d) were evaluated using the pendant drop tensiometer only. All tests
were conducted at 22°C. Increasing the temperature causes a decrease in interfacial tension, but
not on orders of magnitude for saltwater or silica nanoparticle dispersions as demonstrated in

Hendraningrat and Torsater (2014a).

The interfacial tension was also used to calculate the capillary number per Eq. 2.5. Because
interfacial tension was not measured at 60°C, the capillary number could only be calculated for
core flooding tests conducted at 20°C. The goal of calculating the capillary numbers for water
flooding and nanofluid flooding was to confirm that the ratio of viscous to local capillary forces

was within the appropriate magnitude for water flooding in water-wet sandstones.
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5.2.2 Results

For the unmodified particles, the interfacial tension slightly decreased when nanoparticles were
added to the solution, but the decrease was 4.5 mN/m or less for all nanofluid systems (Table
5.2). This was confirmed with both the spinning drop and pendant drop methods. Only one
measurement was conducted for each spinning drop interfacial tension value. Seven

measurements were conducted for each pendant drop interfacial tension value.

Table 5.2. Summary of interfacial tension experiments for unmodified nanoparticles.
The tests are conducted at 22°C using crude oil. The interfacial tension value from the
spinning drop method is from one measurement and the standard deviation is therefore
not reported. The interfacial tension value from the pendant drop method is an average
of seven measurements. It is reported with its standard deviation. The average drop size
for the pendant drop method is also reported with its standard deviation.

Nanoparticle Interfacial tension (mN/m) Average
at 0.05 wt%  Spinning drop  Pendant drop  droplet size (ul)
None 16.4 11.5+0.1 19.5+0.5
Cnp_1 12.2 8.7+£0.4 14.0+0.5
Cnp_2 154 10.8+0.3 18.0+0.6
Cnp_3 13.0 9.6+0.6 16.1 £0.8
Nsp_la 12.6 10.9+0.3 17.8+0.5
Nsp_2a 12.0 11.1+£04 18.6 0.7
Nsp 3a 14.9 10.8+0.7 17.9+0.7

The modified nanoparticles also did not significantly change the interfacial tension (Table 5.3).

Table 5.3. Summary of interfacial tension experiments for the modified nanoparticles.
The tests are conducted at 22°C using crude oil. The interfacial tension value from the
pendant drop method is an average of seven measurements. It is reported with its
standard deviation. The average drop size for the pendant drop method is also reported
with its standard deviation.

Nanoparticle Interfacial tension  Average droplet size
at 0.05 wt% (mN/m) (n
None 11.5£0.1 19.5+£0.5
Nsp_1b 10.6 +0.6 174+0.8
Nsp_2b 10.7+0.8 18.0£1.0
Nsp_3b 11.9+£0.2 182+04
Nsp_3c 10.9+0.4 184+04
Nsp_3d 11.6 +0.6 19.8+0.8
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The capillary numbers for water flooding were 107 for low injection rates (0.3 or 0.4 ml/min)
and 107 for the high injection rate (3.0 ml/min). The capillary numbers for nanofluid flooding
produced values in the same order of magnitude as the water flooding. The specific capillary

numbers for each core flooding test are presented in Appendices D to F.

5.2.3 Summary

The SSW without added nanoparticles has an interfacial tension of 11.5 mN/m at 22°C with the
crude oil per the pendant drop method. The addition of nanoparticles does not significantly alter
the interfacial tension, with the largest difference being a reduction of 2.8 mN/m for the Cnp_1
/ crude oil system when comparing the pendant drop method. The spinning drop method
resulted in larger interfacial tension values than the pendant drop method, but all values were
still within 5 mN/m. The effect of concentration on the interfacial tension was not analyzed but
should be the next step in the evaluation. The capillary numbers for the core flooding tests were

within the expected range of 10 and 107.

5.3 Contact angle

5.3.1 Objectives

Contact angles were evaluated to determine if the addition of nanoparticles altered the
substrate’s wettability. The contact angle was measured over time to see how the contact angle
was affected by the static system. If the contact angle decreases when nanoparticles are added,
then those nanoparticles are increasing the water-wetness and causing the substrate to release
the crude oil. Because 12 of the core flooding tests assess the oil recovery from core plugs with
an intermediate-wet initial wettability, the contact angle tests can provide insight as to whether
the nanoparticles are rendering the system more water-wet, thereby releasing additional oil for
production. However, only initially water-wet substrates were available for contact angle

experiments.
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5.3.2 Results

For the unmodified nanoparticles (Cnp_1, 2 and 3 and Nsp_1a, 2a and 3a), all contact angles
were in the water-wet regime as was expected for the glass plate substrate (Table 5.4). The
contact angle increased over time for both SSW measurements. The colloidal nanoparticles
displayed different trends. Cnp_1 had an initial contact angle that was larger than the base
system, and the contact angle did not change over time. Cnp 2 had an initial contact angle
equivalent to the base system, with a slight decrease over time for both measurements. Cnp_3

had a very small contact angle that was stable over time.

All the nano-structured particles had initial contact angles smaller than the SSW measurements.
Nsp_2a had the largest contact angle decrease of all the nanoparticle systems. Nsp la and

Nsp_3a had slight decreases in contact angle.

Table 5.4. Summary of contact angle experiments for the unmodified nanoparticles.
Measurements were conducted every 10 minutes. The contact angle at the start of the
experiment is an average of the six measurements taken within the first hour, while the
end value is an average of the six measurements taken between the seventh and eighth
hour. Error for the instrument is = 3°. The substrate was a glass plate. An inverted sessile
drop method was used, with crude oil as the droplet. Temperature was 20°C. The
concentration of the nanoparticles is 0.05 wt% in SSW.

Nanoparticle ColitacCangle
Average of 1® hour Average of 7" hour

None 42° 59°

None 48° 64°
Cnp 1 63° 60°
Cnp 2 42° 38°
Cnp 2 39° 30°
Cnp 3 12° 14°*
Nsp_la 22° 18°
Nsp 2a 31° 19°
Nsp_3a 32° 26°

" This value was taken between 5.5 and 6.5 hours because the droplet disappeared.

The average contact angles for the silanized nanoparticles (Nsp_1b, 2b and 3b) are presented
in Table 5.5. All the contact angle measurements conducted with n-decane were in the oil-wet
regime, while all the measurements with crude oil were in the water-wet regime. The contact

angle decreased over time for the experiments with n-decane and increased over time for the
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experiments with crude oil. There is no apparent difference in the wettability when
nanoparticles are added to the n-decane system. There appears to be a slight reduction in contact
angle when Nsp _1b and Nsp 2b are added to the crude oil system. Nsp 3b does not appear to

influence wettability.

Table 5.5. Average contact angle values for silanized nanoparticles. Measurements
were conducted every 10 minutes. The contact angle at the start of the experiment is an
average of the six measurements taken within the first hour, while the end value is an
average of the six measurements taken between the eighth and ninth hour. The standard
deviation of the results is reported where more than one experiment was conducted. The
substrate was glass. An inverted sessile drop method was used, with the specified oleic
phase as the droplet. Temperature was 20°C. The concentration of the nanoparticles is

0.05 wt% in SSW.
) . Contact angle Number
Oleic phase  Nanoparticle Average of 1 hour  Average of 9™ hour of tests
n-Decane None 132° (£7) 120° (£8) 4
Nsp_1b 134° (£18) 128° (£23) 5
Nsp_2b 142° (£16) 139° (+18) 3
Nsp 3b 135° (+15) 129° (+£19) 7
Crude oil None 46° (£9) 54° (£2) 2
Nsp_1b 28° 45° 1
Nsp_2b 37° 40° 1
Nsp 3b 44° (£1) 49° (+3) 2

The average contact angles for the Nsp 3c at 0.05 wt% and 0.15 wt% are presented in Table
5.6. All experiments were conducted on a quartz plate with crude oil. The test duration was 24
hours, so the final hour average is from hour 23 (the final hour). Data were taken every 10
minutes, except for SSW tests (base system) at 20°C, where data were taken every 5 minutes
instead of 10. Therefore, the first and last hour averages for those experiments are averages of

12 data points instead of 6.
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Table 5.6. Average contact angle values for Nsp 3c. Measurements were conducted
every 10 minutes. The contact angle at the start of the experiment is an average of the
six measurements taken within the first hour, while the end value is an average of the
six measurements taken between the 23 and 24" hours.The standard deviation of the
results is reported where more than one experiment was conducted. The substrate was
a polished quartz plate. An inverted sessile drop method was used, with crude oil as the
droplet. Temperature is specified below.

Conc. Temp. Contaciansle Number
Nanoparticle (Wt%) ©C) Average of Average of of tests
1% hour 23" hour

None - 20 35°+6 41°+6 5
None -— 60 70° 93° 1
Nsp_3c 0.05 20 68°£13 65°£17 3
Nsp_3c 0.15 20 90°+30 91°+28 2
Nsp_3c 0.05 60 70°£11 67°£13 2
Nsp 3c 0.15 60 70°+£20 62°+31 2

5.3.3 Summary

When multiple contact angle measurements were repeated for a given system, the variation
between contact angle values was often around +20°. This is exhibited in the large standard
deviations presented for most values. The following summary is based upon the contact angle

values reported and does not take into consideration the large variance.

SSW contact angles with crude oil at ambient conditions increase over time, but remain within
the water-wet regime. When unmodified nanoparticles (Cnp 1, 2 or 3 or Nsp_1a, 2a or 3a) are
added to the SSW, the contact angle does not increase over time. All initial contact angle values

for the unmodified nanoparticles are lower than the SSW contact angles except for Cnp 1.

Silanized nanoparticle (Nsp_1b, 2b and 3b) contact angle measurements with n-decane show
that there is no significant effect when nanoparticles are added to the system. All n-decane
contact angle values are in the oil-wet regime. Conversely, silanized nanoparticles decrease the
contact angle when crude oil is the oleic phase, and all those values are within the water-wet

regime. The contact angle increases over time for the crude oil systems.

Tests conducted with Nsp 3c show that at ambient conditions, Nsp_3c causes the system to

change from water-wet to intermediate-wet. This effect becomes more pronounced when the
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nanoparticle concentration is increased from 0.05 wt% to 0.15 wt%. The contact angle does not

change significantly within the 24-hour measuring period.

The SSW contact angle measured at 60°C increases by 23° within the 24-hour measuring
period. The contact angles for Nsp_3c at both 0.05 wt% and 0.15 wt% at 60°C have the same

initial contact angle as the SSW, but the contact angle does not increase as dramatically.

5.4 Core flooding

The core flooding tests are grouped into four parts based upon their research objectives. Each
core flooding part is sub-divided into research objectives, detailed flooding procedure, results
and finally a summary. An analysis of the variations in the water flooding conducted prior to
nanofluid flooding for each test is presented in a separate section. All recovery factors are
expressed as a percentage of original oil in place (% OOIP) in the core plug prior to initiation

of water flooding.

The overview for the core flooding tests is presented in Table 5.7 An overview of the water
flooding and nanofluid flooding schemes is presented in Table 5.8. An overview of the
nanofluids and oil type used for each core flooding test is presented in Table 5.9. In the oil
recovery graphs in Part 1, data collection points are shown on the graphs to depict where data
was recorded over time. The oil recovery graphs in Parts 2 through 4 do not show these
sampling points because of the scale of the graphs (there are so many points that they are
indistinguishable). This is because the flooding sequence is much longer for tests conducted in

Parts 2 through 4. In general, the oil recovery was recorded every one-fourth pore volume.
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Table 5.7. Overview of core flooding tests.

Part Test Core length Temperature  Core holder
number (cm) (°O) orientation

1: Screening of unmodified
nanoparticles 1-6 13.0 20 Horizontal
2: Screening of silanized
nanoparticles 7-13 13.0 20 Horizontal
3: Evaluation of surface-
modified Nsp_3a 14-23 4.5 and 10.0 20 Horizontal
4: Testing with aged cores and 24 -35 10.0 60 Vertical'

elevated temperature

TTwo cores were oriented horizontally: Test #24 and #25.

Table 5.8. Overview of water flooding and nanofluid flooding schemes.

Part Water flooding scheme

Nanofluid flooding scheme

1 0.4 ml/min until no oil produced
(1.25t0 3 PV)

0.4 ml/min until no oil produced
(1.5t0 3 PV)

2 1. 0.3 ml/min for 5 PV 1. 0.3 ml/min for 10 PV
3 ml/min until no oil produced (2 2. 3 ml/min for 2 PV
to 5 PV)
3 1. 0.3 ml/min for 2 PV 1. 0.3 ml/min for 10 PV
2. 3 ml/min for 3 PV or 0.3 ml/min for 5 PV
3. 0.3 ml/min for 0.25 PV or 0.3 ml/min for 5 PV — shut-in for
14-15 hours — 0.3 ml/min for 5 PV
2. 3 ml/min for 3 PV
4% 1. 0.3 ml/min for 3 PV 1. 0.3 ml/min for 10 PV
3 ml/min for 7 PV 2. 3 ml/min for 3 PV
3. relative permeability test 3. relative permeability test

" Test #24 and #25 were flooded according to the procedure in Part 3 for water flooding, with 5 PV at 0.3 ml/min

followed by 3 PV at 3 ml/min for nanofluid flooding.
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Table 5.9. Core flooding test overview.

Nanofluid Oleic Tem
Part Test# . Surface Conc. e (ocg’. Aging
yp modification (wt%)
1 1 Cnp_1 - 0.05 Crude oil 20 No
2 Cnp 2 - 0.05 Crude oil 20 No
3 Cnp 3 - 0.05 Crude oil 20 No
4 Nsp_la - 0.05 Crude oil 20 No
5 Nsp 2a - 0.05 Crude oil 20 No
6 Nsp 3a - 0.05 Crude oil 20 No
2 ; Nsp_1b  Silanization  0.05 Crude oil 20 No
9 Nsp 1b  Silanization  0.05 n-Decane 20 No
1(1) Nsp_2b  Silanization  0.05 Crude oil 20 No
12 Nsp 2b  Silanization  0.05 n-Decane 20 No
13 Nsp 3b  Silanization  0.05 Crude oil 20 No
3 i: Nsp_3c PEG 0.05 Crude oil 20 No
16 Nsp_3c PEG 0.05 Crude oil 20 No
17 Nsp_ 3c PEG 0.025 Crude oil 20 No
18 Nsp_3c PEG 0.01 Crude oil 20 No
19 Nsp_3c PEG 0.05 Crude oil 20 No
20 Nsp_3c PEG 0.10 Crude oil 20 No
21 Nsp 3d Epoxy 0.05 Crude oil 20 No
22 Nsp 3c PEG 0.05 Crude oil 20 11.5 weeks at 60°C
23 Nsp_3c¢ PEG 0.05 Crude oil 20 10.5 weeks at 60°C
4 24 Nsp 3c PEG 0.05 Crude oil 60 No
25 Nsp_3d Epoxy 0.05 Crude oil 60 No
;3 Nsp_3a - 0.05 Crude oil 60 4 weeks at 60°C
28 Nsp 3c PEG 0.01 Crude oil 60 4 weeks at 60°C
§3 Nsp_3c PEG 0.05 Crude oil 60 4 weeks at 60°C
31
32 Nsp_3c PEG 0.15 Crude oil 60 4 weeks at 60°C
33
34 .
35 Nsp_3d Epoxy 0.05 Crude oil 60 4 weeks at 60°C
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5.4.1 Water flooding

5.4.1.1 Water flooding objective

Water flooding was conducted prior to nanoparticle flooding for all tests. The variations
amongst the core flooding experiments can be investigated by comparing the initial water
saturation, recovery factor from water flooding and residual oil saturation after water flooding
with SSW for each core. Variation in core flooding can be due to experimental error and/or
differences in the core plug material. The nature of the water flooding can also give an

indication of the core’s initial wettability.

5.4.1.2 Water flooding procedure

The detailed procedures for water flooding are presented in sections 5.5.2 through 5.5.5, but the
water flooding procedures are summarized in Table 5.10. Cores for tests #22, 23 and 26 to 35

have no initial water saturation.

Table 5.10. Summary of water flooding procedures.

Part Test # Water flooding procedure
1: Screening of 1to6 0.4 ml/min for 1.25 to 3 PV
unmodified nanoparticles

2: Screening of silanized 7 to 13 0.3 ml/min for 5 PV
nanoparticles 3.0 ml/min for 2 to 5 PV

14 to 25 0.3 ml/min for 2 PV
3.0 ml/min for 3 PV
0.3 ml/min for 0.25 PV

3: Evaluation of surface-
modified Nsp 3a

4: Testing with aged 26 to 35 0.3 ml/min for 3 PV
cores and elevated 3.0 ml/min for 7 PV
temperature Relative permeability test”
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5.4.1.3 Water flooding results

The initial water saturation, residual oil saturation, recovery factor and relative permeability to
water end-points (where available) are presented in their respective core flooding groupings
based upon the differences in initial core conditions and flooding procedures (Parts 1 through

4). The Part 2 tests conducted with n-decane (tests #9 and #12) are considered separately.

The average initial water saturation was 0.33 (+ 0.06) and varied from 0.24 to 0.47 (Table 5.11
and Figure 5-6). The initial water saturations for tests #14 to #21 (Part 3) and #24 and #25 (Part
4) were the highest on average. Tests #22 and #23 (Part 3) and #26 to #35 (Part 4) core plugs

had no initial water saturation and are therefore not considered here. The initial saturations for

tests #9 and #12 conducted with n-decane were 0.46 and 0.32, respectively.

Table 5.11. Variation of initial water saturation values.

Core flooding tests

e . Part 2 Part 3

Initial water saturation ;’f:t 2 #7, 8, 10, (#14 to 21, All
(#1©6  11and13) 24 and25)
Maximum 0.40 0.37 0.47 0.47
Average 0.30 0.30 0.37 0.33
Minimum 0.26 0.24 0.33 0.24
Standard Deviation 0.05 0.05 0.04 0.06
# of core flooding tests (n) 6 5 10 21
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Figure 5-6. The maximum, minimum and average (+ standard deviation) of the initial
water saturation. Data are a visual representation of values presented in Table 5.11.

The average recovery factor at the end of water flooding was 61.8% OOIP (+ 9.3) and varied
from 47.3% to 82.3% OOIP (Table 5.12 and Figure 5-7). This final recovery is the amount of

oil recovered after both the low rate and the high rate water flooding has been conducted for

Parts 2 through 4. Only low rate water flooding was conducted for Part 1. The water flooding

recovery from Part 3 shows the greatest degree of variation, with a standard deviation of 12.0%

OOIP compared to 5.1%, 7.7% and 7.3% OOIP for Parts 1, 2 and 4, respectively. The water

flooding recovery factors from the n-decane tests were 58.6% and 52.2% OOIP.
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Table 5.12. Variation of ultimate recovery factors from water flooding.

. Part 2 Part 3 Part 4
:’Zc"xzrﬂ"f‘:i‘t‘;gr (::Iag 2) #7,8,10,  ($14t021, (#22and23, Al
y 11and 13) 24 and 25) 26 to 35)
Maximum 62.3 78.2 82.3 69.6 82.3
Average 57.2 65.7 66.5 58.5 61.8
Minimum 50.0 57.9 473 47.8 473
Standard Deviation 5.1 7.7 12.0 7.3 9.3
# of core flooding 6 5 10 12 33
tests (n)
100
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Figure 5-7. The maximum, minimum and average (+ standard deviation) of the ultimate
recovery factor from water flooding expressed as a percentage of the original oil in
place. Data are a visual representation of values presented in Table 5.12.

The nature of the oil production during water flooding can give an indication of the core plug’s
wettability (Alagic et al., 2011). Typically, little to no oil production occurs after water
breakthrough for a water-wet system, while an oil-wet system exhibits an earlier water
breakthrough but additional production after water breakthrough (Alagic et al., 2011). The oil
recovery curves for Parts 1 through 3 (Figures C.1 through C.3 in Appendix C) exhibit little oil
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production after breakthrough compared to the oil recovery curves for Part 4 (Figure C.4),
which have relatively continual production over time. Recovery curves for Part 2 show a clear
increase in oil production after five pore volumes of flooding, when the injection rate was
increased to 3 ml/min. This same procedure was applied to water flooding during Parts 3 and 4
(although not at the 5 PV mark), but there is little apparent increase in oil production due to the
rate increase. Tests #22 and #23, which were aged the longest, have the highest ultimate
recovery factors of the aged cores (Figure C.3). The tests with n-decane as the oil stage (#9 and
#12) had no oil production after water breakthrough (Figure C.5). Some additional oil was

produced at the end of water flooding after the injection rate was increased 10-fold.

The end-point relative permeability to water (k) at residual oil saturation ranged was
calculated with absolute permeability determined from air measurements as the reference
permeability. The average k. for the aged cores was higher and exhibited more variability than
the unaged cores (Table 5.13 and Figure 5-8). Data was not collected to compute relative

permeability for tests #1 through #13, #15, #16, #24 and #25.

Table 5.13. Variation of relative permeability to water calculated at residual oil
saturation (from water flooding) with absolute permeability as the reference
permeability. The data from unaged cores with initial water saturation are from tests
#14 and #17 through #21. The data from cores aged for four weeks at 60°C with no
initial water saturation are from tests #26 through #35.

k. end-point Unaged cores with Aged cores
from water flooding Swi with no Swi
Maximum 0.10 0.57
Average 0.08 0.34
Minimum 0.08 0.20
Standard Deviation 0.01 0.11
# of core flooding tests (n) 6 12
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The oil recovery from each water flooding test is compared with its respective porosity (Figure

5-9), permeability (Figure 5-10) and initial water saturation (Figure 5-11) to determine the
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Figure 5-8. Relative permeability to water calculated at residual oil saturation (from
water flooding) with absolute permeability as the reference permeability. Data are a
visualization of values presented in Table 5.13.

effects of these core plug properties on the results.
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100
90
80
70
60
50
40
30
20
10

0

Water flooding oil recovery (% OOIP)

Figure 5-10. Water flooding oil recovery vs. core plug permeabilty.

| A
A A =
o | n e $X ¢ X
S ; XX X
I X p
200 300 400 500 600

Permeability (mD)

22

¢Part 1
B Part2
APart3
XPart 4

¢ Part 1
B Part 2
APart3
X Part 4

111



Results

100
90
80 ]

L X X
60 ¢ oom - F

50 | ¢ *

40 |
30 |
20 |
10

O 1 1 1 1 1
0.2 0.25 0.3 0.35 0.4 0.45 0.5

Initial water saturation (Swi)

¢ Part 1
mPart 2

Part 3
XPart4

Water flooding oil recovery (% OOIP)

Figure 5-11. Water flooding oil recovery vs. initial water saturation. Tests without
initial water saturation are not shown.

The capillary number ranged from 2.58x107 to 3.45x10°¢ for low-injection rate water flooding.

The capillary number ranged from 2.58x107 to 3.32x10° for high-injection rate water flooding.

5.4.1.4 Water flooding summary

The average initial water saturation was 0.33 and it varied from 0.24 to 0.47. Part 3 core
flooding tests showed the greatest variability in water flooding recovery factors. The average
recovery factor from water flooding was 61.8% OOIP and it varied from 47.3% to 82.3% OOIP.
For the four core flooding tests in Part 2 that were conducted with crude oil and produced
significant oil when the nanofluid flooding rate was increased, the amount of oil produced after
the water flooding rate was also large (greater than 23.0% OOIP). Part 3 core flooding tests
showed the most variability in water flooding recovery factors. The relative permeability to
water calculated at the residual oil saturation after water flooding for tests in Part 3 and Part 4
confirm that tests with initial water saturation and no aging have relative permeability around

0.10, which is in the water-wet regime. Conversely, the tests with no initial water saturation
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and that were aged produce larger relative permeability values ranging from 0.20 to 0.57. There
is a subtle negative correlation between oil recovery from water flooding and core plug porosity.
There is no apparent correlation between water flooding oil recovery and core plug permeability
or initial water saturation. The capillary numbers for the low-injection rate are within the range

for reservoir flooding (10°).

5.4.2 Part 1: Screening of unmodified nanoparticles

5.4.2.1 Core flooding Part 1 objectives

The objectives of Part 1 were to compare two nanoparticle morphologies and to determine the
relationship between nanoparticle surface area and recovery factor by core flooding. By
comparing two morphologies, additional EOR agents could be assessed while providing a check
for the surface area / recovery factor relationships. Colloidal nanoparticles and nano-structured
particles were the two types of morphologies tested. Colloidal nanoparticles are spherical, while
nano-structured particles have a dendritic form. There was no hypothesis as to which

morphology would produce the most oil during core flooding.

Six commercially available nanoparticles, each with a different surface area, were investigated.
The colloidal nanoparticles were available with surface areas of 65, 150 and 350 m*/g (hereafter
referred to as Cnp_1, Cnp 2 and Cnp 3, respectively). The nano-structured particles were
available at 130, 200 and 300 m?%/g (hereafter referred to as Nsp la, Nsp 2a and Nsp 3a,
respectively). It was hypothesized that the largest surface areas would result in the highest
recovery factors for their respective morphologies. This is because a larger surface area means
there is a higher propensity for reactivity given the same particle concentration. All experiments
were conducted with the nanoparticles dispersed in synthetic sea water (SSW) at a

concentration of 0.05 wt%.

The 130 and 300 m?/g nano-structured particles (Nsp la and Nsp 3a) were the only
nanoparticles tested prior to these experiments in Part 1 and produced varying oil recovery

factors (refer to Table A.1 in Appendix A for an overview).
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One core flooding experiment was conducted for each nanofluid. This assumes that having one
result from each nanofluid is sufficient to determine the relationships amongst morphology,
surface area and recovery factor. This is due to the time-consuming nature of core flooding
tests. Effluent silica concentration was determined for the nano-structured particle core flooding

tests.

5.4.2.2 Core flooding Part 1 detailed procedure

The primary drainage process was conducted by injecting crude oil at 0.4 ml/min into the core
plug until no more 3% NaCl brine was produced for at least 0.2 PV. Drainage was therefore
typically conducted for 2 PV. This procedure established the initial water saturation and the

original oil in place.

Water flooding was then conducted with SSW to simulate imbibition conditions in the North
Sea. SSW was injected at 0.4 ml/min until no oil was produced for at least 0.35 PV. The water

flooding determined the residual oil saturation and recovery factor from water flooding.

Tertiary nanofluid flooding was then conducted at an injection rate of 0.4 ml/min until no oil
was produced for at least 0.25 PV. This step determined the residual oil saturation and recovery
factor from nanofluid flooding. Test #2 had ceased to produce oil during water flooding for
only 0.16 PV when the switch to nanofluid flooding was made. This test was made before the
0.35 PV criteria was established. It also had continuous oil production during nanofluid

flooding, and the test had to be stopped at the end of the day.

5.4.2.3 Core flooding Part 1 results

The nano-structured particles produced larger recovery factors on average than the colloidal
particles (Table 5.14). The residual oil saturation ranged from 0.21 to 0.31 after nanofluid
flooding (Table 5.15). The main oil bank from nanofluid flooding was produced within the first
0.6 PV for all tests (Table 5.16). The nanofluid flooding recovery factor after one pore volume

ranged from 2.03 to 7.06%. A summary of each core flooding test is presented in Appendix D.
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Table 5.14. Part 1 core flooding recovery factors. The nanoparticles were dipsersed in
SSW at 0.05 wt%.

. Recovery factor (% OOIP)
L Water flood Nano flood Total
1 Cnp 1 51.9 3.5 55.4
2 Cnp 2 61.4 6.6 68.0
3 Cnp 3 62.3 2.4 64.7
4 Nsp_la 58.8 11.8 70.6
5 Nsp 2a 50.0 8.3 58.3
6 Nsp 3a 59.0 5.7 64.7

Table 5.15. Part 1 intial water saturation and residual oil saturations.

. . Sor
Test# Nanoparticle Swi Water flood Nano flood
1 Cnp 1 0.30 0.34 0.31
2 Cnp 2 0.26 0.29 0.24
3 Cnp_3 0.40 0.23 0.21
4 Nsp_la 0.27 0.30 0.22
5 Nsp_2a 0.28 0.36 0.30
6 Nsp 3a 0.28 0.29 0.25

Table 5.16. Summary of Part 1 core flooding parameters to determine EOR viability.

O.ccurrence of initial Recovery factor (% Total r(;ecovery
Test # Nanoparticle GILERLS (after-_ PV OOIP) after 1 PV of 0 (6 OO¥P)
of nanofluid . q from nanofluid
flooding) nanofluid flooding flooding
1 Cnp_1 0.2 2.0 3.5
2 Cnp 2 0.6 4.1 6.6
3 Cnp_3 0.6 24 24
4 Nsp_la 0.4 7.1 11.8
5 Nsp 2a 0.5 4.0 8.3
6 Nsp 3a 0.3 3.0 5.7

The differential pressure across the core plug increased throughout the duration of the nanofluid
flooding for all tests (Figures D.2 through D.7 in Appendix D). This increase varied from 0.06
bar (test #3) to 0.40 bar (test #6). The maximum differential pressure during nanofluid flooding
was also greater than the maximum differential pressure during water flooding for all tests. This

difference varied from 0.05 bar (test #1) to 0.29 bar (test #4).
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Nanoparticle concentration samples were taken from the nanofluid effluent for tests #4 through
#6 (tested with the nano-structured particles). Over 98% of the nanoparticles were retained in
the core during Nsp la and Nsp 2a nanofluid flooding. Nanofluid flooding with Nsp 3a
resulted in 95% of the injected nanoparticles being retained (Figure 5-12).
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Pore volumes of nanofluid flooded
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Figure 5-12. Nanoparticle retention from the nanofluid flooding effluent during tests
#4,5 and 6.
The concentration of silica in crude oil was also determined for core flooding tests #4 through
#6. The influent crude oil had two measured values for silica content: 6 and 14 ng/g. The silica
concentration in the effluent crude oil produced from water flooding varied from 12 (£ 2) ug/g
to 15 (+ 3) pg/g for all tests (Table 5.17). The silica content in the crude oil increased by two-
to fourfold throughout nanofluid flooding.
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Table 5.17. Concentration of silica in crude oil influent and effluent for core flooding

tests #4 through #6.
Test # / Nanoparticle Crude oil phase Silica content (ng/g)
Influent 14
Influent 6
Water flooding effluent 12+2
#4/Nsp_la Nanofluid flooding effluent 25"
Water flooding effluent 14+4
#5/Nsp_2a Nanofluid flooding effluent 80"
Water flooding effluent 15+3
#6/Nsp_3a Nanofluid flooding effluent 61°

* Only one measurement conducted.

5.4.2.4 Core flooding Part 1 summary

Oil was produced during nanofluid flooding for all tests. Nanofluid flooding oil recovery varied

from 2.4% to 11.8%. The nano-structured particles Nsp la and Nsp 2a produced the highest

oil recoveries (11.8% and 8.6%, respectively). The occurrence of the first oil bank was between

0.2 and 0.6 PV for all tests. Only one test (#4/ Nsp la) had an oil recovery greater than 5%

within the first pore volume.

The differential pressure during nanofluid flooding was greater than the differential pressure

during water flooding. Effluent analysis from the nano-structured particle tests (#4 through #6)

confirms that over 95% of the nanoparticles are retained in the core plug. Nanoparticle

absorption to the crude oil is minimal. It was concluded that the nano-structured particles should

be surface modified to prevent agglomeration and therefore improve propagation through the

core plug.
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5.4.3 Part 2: Screening of silanized nanoparticles

5.4.3.1 Core flooding Part 2 objectives

Part 1 concluded that the nanoparticles must be modified to prevent agglomeration in SSW.
The nano-structured particles performed better for enhanced oil recovery (EOR) than the
colloidal nanoparticles. Additionally, Evonik Industries (the nanoparticle supplier) concluded
that the nano-structured particles were easier to modify from a chemical standpoint. Therefore,
they produced surface modifications for the three nano-structured particles tested in Part 1.

They are named Nsp_1b, Nsp_2b and Nsp_3b.

The injection rate in Part 2 was decreased to 0.3 ml/min (as compared to Part 1’s 0.4 ml/min)
to better mimic the flow velocity in the reservoir. For all core flooding tests in Part 1, the
differential pressure increased throughout the nanofluid flooding to reach pressure values
higher than that achieved during the water flooding. Therefore, the core flooding procedure was
modified to guarantee that the maximum differential pressure during the nanofluid flooding
stage would not exceed the maximum differential pressure from the water flooding stage,
thereby ensuring that any nanofluid oil production was a result of chemical, not mechanical,
processes. The injection rate was therefore increased 10-fold (from 0.3 ml/min to 3.0 ml/min)
at the end of water flooding. The length of water flooding and nanofluid flooding was extended
to confirm residual oil saturation values. A nanofluid flooding injection rate increase was added
to overcome capillary end effects after nanofluid flooding. A chase water flood with SSW was
conducted after the nanofluid flooding to investigate the reversibility of the nanoparticle
retention. Post- core flooding absolute permeability measurements were conducted after
cleaning the cores to determine if permeability impairment was occurring as a result of

nanoparticle agglomeration and/or adsorption.

The core flooding tests with the nanoparticles with the smallest and medium surface area
(Nsp_1b and Nsp 2b) were duplicated to confirm results. The nanoparticle with the largest
surface area (Nsp_3b) should have been duplicated, but it was decided to further modify it and
therefore duplication was deprioritized. Core flooding repeatability can have large scatter,

especially when unique cores are used for each experiment.
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N-decane was used as the oil phase for two core flooding tests to compare with crude oil. By
eliminating complex crude oil components, such as asphaltenes and resins that have been shown
to react with Nsp 2a (Hannisdal et al., 2006), the potency of chemical mechanisms leading to
enhanced oil recovery should be dampened. It was hypothesized that the nanofluid flooding
recovery factor would be lower in the n-decane experiments than the crude oil experiments.

Nanoparticles Nsp 1b and Nsp 2b were tested using n-decane.

5.4.3.2 Core flooding Part 2 detailed procedure

The primary drainage process was conducted by injecting crude oil or n-decane at 0.3 ml/min
for 2 PV. The injection rate was then increased to 3 ml/min and oil was injected until no 3 wt%
NaCl reservoir brine was produced for at least 0.3 PV. This second injection step lasted between

5and 10 PV. This procedure established the initial water saturation and the original oil in place.

Water flooding was then conducted with SSW to simulate conditions in the North Sea. The sea
water was injected at 0.3 ml/min for 5 PV. This stage is hereafter referred to as WF-Qiow (Water
flooding low injection rate). Then the injection rate was increased to 3 ml/min to increase the
differential pressure and to be certain that any oil produced during the subsequent nanofluid
flooding stage is a result of an interaction between the nanofluid and the oil phase (and perhaps
the sandstone) and not just from a pressure increase or time increase. The 3 ml/min water
flooding stage was performed for 2 to 5 PV. This stage is hereafter referred to as WF-Qnign.

Recovery factors and oil saturations were calculated at the end of both water flooding stages.

Nanofluid flooding was performed by injecting a nanofluid into the core at 0.3 ml/min for 10
PV. After the initial nanofluid flooding stage, the injection rate was increased to 3 ml/min for
2 PV to see if any oil would dislodge from the system. Recovery factors and oil saturations
were calculated at the end of both nanofluid flooding stages (NF-Qiow and NF-Qnign,

respectively).

The SSW was injected into the core after the nanofluid flooding to flush out nanoparticles
retained in the core plug. The chase water flooding was conducted at 0.3 ml/min for 2 PV
followed by 3 ml/min for 2 PV. These stages are hereafter referred to as Chase-Qiow and Chase-

Qhigh, respectively.
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5.4.3.3 Core flooding Part 2 results

Recovery factors for the four flooding stages (water flooding and nanofluid flooding) are
presented in Table 5.18. Total water flooding recovery varied from 52% to 78%. Residual oil
saturation after nanofluid flooding ranged from 0.11 to 0.32 (Table 5.19). No oil recovery
occurred during the chase water flooding. Details for each core flooding test are presented in

Appendix E.

Overall nanofluid flooding recovery was lowest for the tests conducted with n-decane. None of
the experiments had recovery factors greater than 1.2% throughout the entire nanofluid flooding
stage conducted at Qinj = 0.3 ml/min. The first oil bank from nanofluid flooding occurred

between 2.5 and 8.5 PV (Table 5.20).

In four of the five tests with crude oil, significant oil production occurred during the nanofluid
flooding at Qinj = 3.0 ml/min. The duplicate experiments for Nsp 1b and Nsp 2b gave
inconsistent total nanofluid flooding recovery results. For the tests with Nsp_1b and crude oil,
the recovery factor during NF-Qiow was 0.1% and 1.1% for the two tests, while the recovery
factor during NF-Qnigh was 6.0% and 0%. For the tests with Nsp_2b and crude oil, the recovery
factor during NF-Qiow was 0.9% and 1.2%, which is similar. But the recovery factor during NF-
Qnigh was 13.8% and 5.6% for the two tests.

Table 5.18. Summary of recovery factors (as % OOIP) for each of the flooding stages
(water flooding at 0.3 and 3.0 ml/min and nanofluid flooding at 0.3 and 3.0 ml/min).
All nanoparticles were dispersed in SSW at 0.05 wt%.

Recovery factor (% OOIP)
Test # Nanoparticle Oil phase

WF-Qiow WF-Quigh NF-Qow  NF-Quign  Total

Nsp_1b Crude 413 24.1 0.1 6.0 71.5

8 Nsp_1b Crude 52.0 9.0 1.1 0.0 62.1
Nsp_1b n-Decane 55.4 3.1 0.4 0.0 58.9

10 Nsp_2b Crude 349 23.0 0.9 13.8 72.6
11 Nsp_2b Crude 49.9 28.3 1.2 5.6 85.0
12 Nsp 2b n-Decane 51.0 1.2 0.0 0.9 53.1
13 Nsp_3b Crude 40.0 26.0 1.1 7.2 74.3
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Table 5.19. Part 2 initial water saturation and residual oil saturations.

Test#  Nanoparticle Oil phase Swi Sor
Water flood Nano flood
7 Nsp_1b Crude 0.24 0.26 0.22
8 Nsp_1b Crude 0.37 0.25 0.24
9 Nsp 1b n-Decane 0.46 0.24 0.22
10 Nsp_2b Crude 0.29 0.30 0.19
11 Nsp_2b Crude 0.29 0.16 0.11
12 Nsp_2b n-Decane 0.32 0.32 0.32
13 Nsp_3b Crude 0.33 0.23 0.17

Table 5.20. Summary of Part 2 core flooding parameters to determine EOR viability.

Occurrence of  Recovery factor Total recover
initial oil bank (% OOIP) after factor (% O OI)I”)
Test# | Nanoparticle (after _ PV of 1 PV of .
. . from nanofluid
nanofluid nanofluid floodin
flooding) flooding g
7 Nsp_1b 3 0 6.1
8 Nsp_1b 5.2 0 1.1
9 Nsp_1b 8.5" 0 0.4
10 Nsp_2b 7.9 0 14.7
11 Nsp_2b 2.6 0 6.8
12 Nsp 2b 10.31 0 0.9
13 Nsp _3b 1.0° 0.03 8.3

*Only a trace amount of oil (<0.1% OOIP) was produced at the initial oil bank.
"The initial oil bank occurred after the nanofluid flooding injection rate was increased to 3 ml/min.

The differential pressure across the core plug increased throughout the 10 PV duration of the

nanofluid flooding by 0.1 bar or less for all tests (Figures E.2 through E.8 in Appendix E). Test

#9 had an increase of slightly higher than 0.1 bar (Nsp 1b with n-decane). The maximum

differential pressure during NF-Qnigh was less than the maximum differential pressure during

WF-Qnign for all experiments except #12 (Nsp 2b with n-decane). However, the plateau

differential pressure values were greater during nanofluid flooding than water flooding for all

experiments that achieved incremental oil production during the NF-Qnign stage (all tests except

#8 and #9). The average differential pressure during NF-Qiow was less than the differential
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pressure during WF-Qhign. The maximum NF-Qjow differential pressure was also less than the

differential pressure for WF-Qiow for all tests except #12 (Nsp_2b with n-decane).

Post- core flooding absolute permeability measurements revealed that permeability decreased

for all cores (Table 5.21).

Table 5.21. Core plug aboslute permeability measured pre- and post- core flooding in
dried cores using a gas permeameter and the Klinkenberg correction. The percent
difference is shown. A negative value indicates permeability impairment (a decrease in
permeability post- core flooding).

Core / test & Absolute permeability (mD)
Before  After % difference
7 327 257 21 %
8 276 238 -14 %
9 394 373 -6 %
10 224 195 -13 %
11 363 274 -25 %
12 453 361 -20 %
13 332 215 -35%

Effluent pH measurements taken at the end of water flooding, the end of nanofluid flooding,
and at the beginning of each chase water flooding stage were all within the range of 7.17 to
7.85. The effluent from the water flooding occasionally appeared as weak oil-in-water
emulsions. The effluent from the nanofluid flooding, especially when the injection rate was
increased, was produced as oil-in-water emulsions that separated within 3 hours. An example
of the nanofluid flooding effluent from test #13 is shown in Figure 5-13. The experiments with

n-decane did not exhibit this behavior.
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Figure 5-13. Core flooding effluent from test #13 taken during NF-Quien. The samples
were filled from left to right, and the time displayed corresponds to the time after the
final sample vial was collected.

The nanoparticle concentration analysis included nanoparticle influent data for tests #7, 8, 10
and 11 (Figure 5-14). The values reported are a percentage of the influent nanoparticle
concentration. A value of 100% means that all the nanoparticles are propagating through the

core plug, while a value of 0% means that all of the nanoparticles are being retained.
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Experiment #7

nano flooding
Q =3 mi/min
100%

Il 22% {
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Pore volumes flooded

Experiment #8
nano flooding water flush
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Experiment #10
nano flooding water flush water flush
Q =3 mi/min Q= 0.3 m/min Q =3 ml/min
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Pore volumes flooded during each stage

Experiment #11

nano flooding water flush
Q = 3 ml/min Q = 0.3 mI/min
97%

- 19%||I

[ [ I | | I | I
0O 05 1 16 2 0 05 1 156 2

Pore volumes flooded during each stage

Figure 5-14. Nanoparticle effluent concentration expressed as a percentage of influent
nanoparticle concentration that should be in the effluent for each testing point for tests
#7, 8,10 and 11. Error is + 10%.
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5.4.3.4 Core flooding Part 2 summary

Little to no oil was produced during the first 10 PV of nanofluid flooding at the 0.3 ml/min
injection rate for tests #7 to #13. When the nanofluid flooding injection rate was increased to 3
ml/min, more than 5% OOIP was produced for four of the tests (#7, 10, 11 and 13). The tests
conducted with n-decane produced less than 1% OOIP during the entire nanofluid flooding
stage. Only test #13 with Nsp_3b and crude oil had oil recovery after the first PV of nanofluid
flooding. There was a large variation in the recovery factors for water flooding and nanofluid

flooding for the duplicate tests (#7 vs. #8 and #10 vs. #11).

The differential pressure during nanofluid flooding at 0.3 ml/min was less than the differential
pressure during water flooding at 0.3 ml/min for all tests conducted with crude oil. The opposite
was true for the two tests conducted with n-decane. The maximum differential pressure during
water flooding at 3.0 ml/min was greater than the maximum differential pressure during
nanofluid flooding at 3.0 ml/min for all tests conducted with crude oil. Once again, the opposite

was true for the two tests conducted with n-decane.

Comparison of absolute permeability values measured in dry cores before and after core

flooding show a permeability decrease for all cores.

Effluent pH measurements gave neutral values (between 7.2 and 7.9). The nano fluid effluent
from the crude oil measurements often occurred as an oil in water emulsion. The tests with n-
decane did not exhibit this phenomenon. Effluent nanofluid flooding samples for tests #7, 8, 10
and 11 suggest that most nanoparticles are propagating through the core plug. Effluent chase
water flooding samples show that nanoparticles retained during nanofluid flooding can be

produced when the SSW is injected.
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5.4.4 Part 3: Evaluation of surface-modified Nsp 3a

5.4.4.1 Core flooding Part 3 objectives

Because the modified nanoparticles in Part 2 were unstable at 60°C, the lower threshold for
practical use in a reservoir, the nanoparticle with the highest surface area was selected for
further surface modification. Two different types of surface modification were applied,
resulting in nanoparticles Nsp 3¢ and Nsp_3d. Nsp_3c was evaluated via core flooding, where
the core length, initial wettability and nanofluid injection procedure were varied. It was also
tested at a variety of concentrations to determine the correlation between concentration and oil
production. The concentrations tested in addition to the standard 0.05 wt% were 0.01 wt%,
0.025 wt% and 0.10 wt%. Nsp_3d was tested per the standard core flooding procedure applied
to Part 2.

The cores that were treated to be intermediate-wet instead of water-wet should result in more
oil production according to Amott cell tests conducted by Li and Torseter (2015). Additionally,
shortening the nanofluid flooding injection time from 10 PV to 5 PV during the low rate (0.3
ml/min) should not impact the overall recovery, because if oil recovery is occurring during the
low injection rate it should come within the first 5 PV. This can be compared to other tests
conducted with 10 PV. The nanofluid was statically “shut-in” the core overnight after 5 PV of
nanofluid flooding for two tests. This was to see if allowing the nanoparticles to react with the
porous media would produce more oil after flooding was re-initiated post-shut-in. An additional
5 PV were nano flooded after the shut-in to mobilize oil that had been released by the

nanoparticles during static shut-in.

5.4.4.2 Core flooding Part 3 detailed procedure

The primary drainage process was conducted by injecting crude oil at 0.3 ml/min for at least
0.5 PV. The injection rate was then increased to 3 ml/min and oil was injected until no reservoir
brine was produced for at least 0.5 PV. This second injection step lasted between 3 and 5 PV.
This procedure established the initial water saturation and the original oil in place. Tests #22

and #23, which were aged and did not have initial water saturation, were prepared according to
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the procedure for oil saturation described in Section 4.4.1: Core preparation (page 74) and did

not have any oil injection.

Water flooding was then conducted with SSW to simulate conditions in the North Sea. The sea
water was injected at 0.3 ml/min for 2 PV' (WF-Qjow). Then the injection rate was increased to
3 ml/min. The 3 ml/min water flooding stage was performed for 3 PV? (WF-Quigh). Recovery
factors and oil saturations were calculated at the end of both water flooding stages. The water
flooding injection rate was then decreased to 0.3 ml/min for 0.25 PV? to re-equilibrate the rate

of flow through the core. This stage is graphed as part of WF-Qnign on the figures.

Nanofluid flooding was performed by injecting a nanofluid into the core continuously at 0.3
ml/min for 10 PV, with five exceptions. Tests #19 through #21 were flooded for 5 PV at this
stage, because the focus was on how much oil would come out within the first few pore
volumes. Tests #16 and #23 were stopped after 5 PV of nanofluid flooding. The nanofluid was
“shut-in” the core overnight (14 to 15 hours). After that, the low rate nanofluid flooding was
started again and conducted for 5 PV. This was to see how much oil would be produced after

the nanoparticles were allowed to react with the system.

After the initial nanofluid flooding stage, the injection rate was increased to 3 ml/min for 3 PV*
to see if any oil would dislodge from the system. Recovery factors and oil saturations were

calculated at the end of both nanofluid flooding stages (NF-Qiow and NF-Qnign, respectively).

! Test #14 was flooded for 1.2 PV and Test #22 was flooded for 1.75 PV for this stage.

2 Test #14 was flooded for 2.86 PV during this stage.

3 Tests #14 and #15 did not have this rate decrease stage. Test #22 ran this stage for 0.5 PV and Test #23 ran this
stage for 0.8 PV to ensure no more oil was being produced.

4 Test #14 had this stage for 2.5 PV.
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5.4.4.3 Core flooding Part 3 results

The summary of the core flooding results is shown in Table 5.22. The fluid saturations and
EOR viability from each test are shown in Table 5.23 and 5.24, respectively. Details for each
core flooding test are presented in Appendix F.

Table 5.22. Summary of recovery factors (as % OOIP) for each of the flooding stages
(water flooding at 0.3 and 3.0 ml/min and nanofluid flooding at 0.3 and 3.0 ml/min).

Recovery Factor (RF) as % of OOIP
Test # Nanoparticle / Water flooding Nanofluid flooding
Concentration 0.3 3.0 03 3.0 Total
q . Total . . Total
ml/min ml/min ml/min  ml/min

Nsp_3c

14 0.05 Wi% 43.6 8.2 51.8 1.2 1.2 24 54.2
Nsp 3c

15 0.05 Wi% 39.5 7.8 473 1.9 0.9 2.8 50.1
Nsp_3c

16 0.05 Wi% 53.8 1.0 54.8 0 0.1 0.1 54.9
Nsp_3c

17 0.025 wt% 59.6 7.0 66.6 0.0 1.8 1.8 68.4
Nsp_3c

18 0.01 Wi% 63.7 10.0 73.7 0.0 0.8 0.8 745
Nsp_3c

19 0.05 Wi% 73.3 6.4 79.7 0.0 2.1 2.1 81.8
Nsp_3c

20 0.10 Wi% 68.1 7.6 75.7 0.0 1.0 1.0 76.7
Nsp 3d

21 0.05 Wi% 62.6 6.3 68.9 0.0 2.7 2.7 71.6
Nsp_3c

22 0.05 Wi% 53.2 16.4 69.6 5.4 5.4 108 804
Nsp_3c .

23 0.05 Wt% 52.9 16.3 69.2 4.7 4.1 3.8 78.0

" This represents the recovery from the first 5 PV of nanofluid flooding (2.0% produced) and from the second 5
PV of nanofluid flooding conducted after ca. 15 hours of immobile nanofluid shut-in time (2.7% produced).
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Table 5.23. Part 3 initial water saturation and residual oil saturations.

) ) Sor
Test # Nanoparticle Swi Water flood Nano flood
14 Nsp_3cat 0.05wt% 0.37 0.31 0.29
15 Nsp_3cat0.05wt% 0.37 0.33 0.32
16 Nsp _3cat0.05wt% 0.33 0.30 0.30
17 Nsp 3cat0.025 wt% 0.36 0.22 0.20
18 Nsp_3cat0.01 wt% 0.34 0.17 0.17
19 Nsp _3cat0.05wt% 0.38 0.13 0.11
20 Nsp 3cat0.10 wt% 0.41 0.14 0.14
21 Nsp 3d at 0.05 wt% 0.35 0.20 0.18
22 Nsp_3c at 0.05 wt% 0 0.30 0.20
23 Nsp_3c at 0.05 wt% 0 0.31 0.22

Table 5.24. Summary of Part 3 core flooding parameters to determine EOR viability.

Nanoparticle /

Occurrence of
initial oil bank

Recovery factor
(% OOIP) after 1

Total recovery
factor (% OOIP)

ettt Concentration leinn PY i PV of nanofluid from nanofluid

nanoi:luld flooding flooding
flooding)

14 Olfésspgviﬁ/() 3.9% 0 2.4

15 Olj)ssp;i;) 2.3 0 2.8

16 0%?;;&) 12.4%F 0 0.1

17 OBISFS’—;; " 10.2 0 1.8

18 OI.\(I)Slp\_jt"CA) 11t 0 0.8

19 Olfés,jp;vi;) 8t 0 2.1

20 Oljsg’;;fﬁ) 7%t 0 1.0

21 OI.\(I)SSF’;Viﬁ;) 0.7 0.9 2.7

2 0%?;5;) 3.8 0 10.8

23 olj)ssp@i;, 2.5 0 8.8

*Only a trace amount of oil (<0.1% OOIP) was produced at the initial oil bank.
"The initial oil bank occurred after the nanofluid flooding injection rate was increased to 3 ml/min.
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5.4.4.4 Core flooding Part 3 summary

For all of the tests with initially water-wet conditions and Swi (#14 to #21), little to no oil was
produced during nanofluid flooding at the 0.3 ml/min injection rate. When the nanofluid
flooding injection rate was increased to 3 ml/min, up to 2.7% OOIP oil was produced. The total
nanofluid flooding recovery factor was 2.8% OOIP or less for all these tests. For the two oil-
wet cores with no Swi (tests #22 and #23), up to 5.4% OOIP was produced during nanofluid
flooding at 0.3 ml/min. An additional 5.4% or 4.1% OOIP was produced after the injection rate
was increased to 3.0 ml/min, resulting in total nanofluid flooding recovery factors of 10.8% and
8.8% OOIP, respectively. However, of all the tests in Part 3, only #21 with Nsp 3d at 0.05 wt%
had oil production within the first PV of nanofluid flooding (0.9% OOIP).

The differential pressure during nanofluid flooding at 0.3 ml/min was less than the differential

pressure during water flooding at 0.3 ml/min for all tests except #15 (Nsp_3c at 0.05 wt%).

5.4.5 Part 4: Testing with aged cores and elevated temperature

5.4.5.1 Core flooding Part 4 objectives

The goal was to test the final modified nanoparticles (Nsp_3c and Nsp_3d) via core flooding at
60°C and compare them to their unmodified, base nanoparticle (Nsp_3a). Because a result of
Part 3 was that cores that were more intermediate-wet produced more oil, the cores in Part 4
were aged to be intermediate-wet. Triplicates were planned for all the experiments, but because
of instrument issues in the lab, some experiments were duplicated instead of triplicated. Nsp 3a
was tested at 0.05 wt%, Nsp_3c was tested at 0.01 wt%, 0.05 wt% and 0.15 wt%, and Nsp 3d
was tested at 0.05 wt%. Particle size distribution measurements were taken from the effluent
throughout the nanofluid flooding stage to see how the nature of particle transport could be
changing over time. An instrument to evaluate nanoparticle concentration in-house was not

available at the time of testing, but this would be valuable for future work.

It was hypothesized that the unmodified nanoparticle (Nsp _3a) would exhibit significant
agglomeration during the core flooding at 60°C, while the modified nanoparticles should not.

If oil recovery is truly a result of nanofluid flooding, here should be a positive correlation
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between nanoparticle concentration and oil recovery for Nsp_3c tests. As temperature tends to
speed up the rate of chemical reactions, increasing the core flooding temperature could lead to
additional oil recovery if an EOR mechanism is chemical interaction between the nanofluid and

the reservoir system.

Micromodel experiments were conducted to better visualize the nanofluid flow and EOR
mechanisms. Two tests were conducted in strongly water-wet micromodels, and one test was
conducted in a strongly oil-wet micromodel. All tests were conducted with Nsp 3c at 0.05 wt%.
It was hypothesized that the water-wet tests would show limited to no recovery, but the oil-wet

test should show oil production from wettability alteration and/or in-situ emulsion generation.

5.4.5.2 Core flooding Part 4 detailed procedure

All cores except those used in tests #24 and #25 were aged and did not have initial water
saturation, so drainage was conducted according to the procedure for oil saturation described in
Section 4.4.1: Core preparation (page 74). Cores for tests #24 and #25 underwent drainage
flooding per the procedure described in Part 3.

Test #24 and #25 had a different flooding procedure that those in tests #26 through #35. Water
flooding was conducted with SSW at 0.3 ml/min for 2 PV followed by injection at 3 ml/min for
3 PV. Then the rate was decreased to 0.3 ml/min for 0.25 PV for re-equilibrate the system. This
rate reduction step is graphed as part of the 3 ml/min stage. Nanofluid flooding was conducted

at 0.3 ml/min for 5 PV followed by 3 ml/min for 3 PV.

For tests #26 through #35, which had no initial water saturation, water flooding was conducted
with SSW at 0.3 ml/min for 3 PV followed by 3 ml/min for 7 PV. Recovery factors and oil
saturations were calculated at the end of both water flooding stages. To estimate the relative
permeability of water after water flooding, SSW was then injected at 2.5 ml/min for 10 min.,
2.0 ml/min for 10 min., 1.5 ml/min for 10 min., 1.0 ml/min for 10 min and finally 0.5 ml/min.

The differential pressure associated with each of these injection rates was recorded.

Nanofluid flooding was then performed by injecting a nanofluid into the core continuously at

0.3 ml/min for 10 PV followed by 3 ml/min for 3 PV. After the final stage, the relative
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permeability of the nanofluid was estimated by following the same procedure conducted at the
end of water flooding (decreasing the rates in a step-wise fashion and recording the resulting
differential pressure). This was then compared to the value achieved at the end of water

flooding.

The relative permeability values were then determined for water flooding and nanofluid
flooding by first plotting the flow rate in ml/s versus the differential pressure in atm. A line was
fit to the data with an intercept forced through (0,0). The slope of this line was then put in to
Darcy’s equation as Q / AP, and the equation was solved for permeability, k. This was the
effective permeability of water (kew), and it was placed in Eq. 2.3 along with the absolute
permeability for the core to determine the relative permeability for water (k). A reduction in

the value meant that the nanofluid could flow more easily through the core than the SSW.

Effluent samples were collected for tests #26 through #35 to test for the particle size distribution
with the Malvern Zetasizer. Sample NF-1 was the nanofluid influent particle size distribution.
Effluent sample NF-2 was taken at the end of the nanofluid flooding at the low injection rate
(0.3 ml/min). It was collected during from the effluent emerging during 9.5 to 10 PV of
nanofluid flooding. NF-3 was taken at the end of the high injection rate (3 ml/min) during the
last half pore volume (from 2.5 to 3 PV flooding). Sample NF-4 was taken during the relative
permeability flooding and was collected during the 10 minutes when the injection rate was 1.0
ml/min. NF-5 was taken immediately after, when the injection rate was 0.5 ml/min for 10 min.
NF-6 was taken directly from the nanofluid reservoir outlet after core flooding to see what the

particle size distribution looks like before entering the core plug.

5.4.5.3 Core flooding Part 4 results

5.4.5.3.1 Core flooding

The summary of the core flooding results is shown in Table 5.25. Cores for tests #24 and #25
were not aged. Cores for tests #26 to #35 were aged for four weeks with no initial water
saturation. The fluid saturations and EOR viability from each test are shown in Table 5.26 and

Table 5.27, respectively. Details of the core flooding tests are presented in Appendix G.
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Table 5.25. Summary of recovery factors (as % OOIP) for each of the flooding stages

at 60°C.
Nanoparticle Recovery Factor (RF) as % of OOIP
Test # Type Conc. - 3Water ;ltz]odmg 0I:anoﬂm;i (i)loodmg ol
(Wt%) ml/min  ml/min Total ml/min  ml/min Total

24 Nsp_3c 0.05 79.0 33 82.3 0.6 0.0 0.6 82.9
25 Nsp_3d 0.05 61.4 2.3 63.7 0.4 0.0 0.4 64.1
26 Nsp_3a 0.05 443 11.1 55.4 3.1 0.0 3.1 58.5
27 Nsp_3a 0.05 51.3 3.0 54.3 1.3 0.2 1.5 55.8
28 Nsp 3c 0.01 41.9 7.1 49.0 1.8 0.1 1.9 50.9
29 Nsp_3c 0.05 42.5 12.6 55.1 2.1 0.0 2.1 57.2
30 Nsp_3c 0.05 46.8 0.9 47.7 0.0 0.1 0.1 47.8
31 Nsp_3c 0.15 47.9 11.1 59.0 1.7 0.0 1.7 60.7
32 Nsp_3c 0.15 49.1 11.9 61.0 4.0 0.0 4.0 65.0
33 Nsp_3c 0.15 52.6 22 54.8 0.0 0.0 0.0 54.8
34 Nsp_3d 0.05 60.0 7.6 67.6 2.7 0.0 2.7 70.4
35 Nsp_3d 0.05 49.8 9.4 59.2 0.1 0.0 0.1 59.3

Table 5.26. Part 4 initial water saturation and residual oil saturations.

Test # Nanoparticle Nanoparti'cle y Sor
type concentration Water flood Nano flood
24 Nsp_3c 0.05 wt% 0.47 0.09 0.09
25 Nsp_3d 0.05 wt% 0.36 0.23 0.23
26 Nsp_3a 0.05 Wt% 0 0.48 0.41
27 Nsp_3a 0.05 Wt% 0 0.48 0.44
28 Nsp 3c 0.01 wt% 0 0.51 0.49
29 Nsp_3c 0.05 wt% 0 0.45 0.43
30 Nsp 3¢ 0.05 wt% 0 0.52 0.52
31 Nsp_3c 0.15 Wt% 0 0.41 0.39
32 Nsp_3c 0.15 Wt% 0 0.39 0.35
33 Nsp 3c 0.15 wt% 0 0.45 0.45
34 Nsp_3d 0.05 wt% 0 0.32 0.30
35 Nsp_3d 0.05 wt% 0 0.41 0.41
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Table 5.27. Summary of Part 4 core flooding parameters to determine EOR viability.

Occurrence of
initial oil bank Recovery factor Total recovery
Test # Nanoparticle / (after PV of (% OOIP) after 1  factor (% OOIP)
Concentration . PV of nanofluid from nanofluid
LR floodin floodin
flooding) g g

Nsp 3¢ .

24 0.05 wi% 2.7 0 0.6
Nsp_3d .

25 0.05 wi% 0.25 0.4 0.4
Nsp 3a

26 0.05 wi% 3.7 0 3.1
Nsp_3a B

27 0.05 wi% 0.7 0.02 1.5
Nsp_3c .

28 0.01 wi% 2 0 1.9
Nsp_3c

29 0.05 wi% 5.3 0 2.1
Nsp 3¢ .

30 0.05 wi% 10 0 0.1
Nsp_3c

31 0.15 wi% 5.5 0 1.7
Nsp 3¢ .

32 0.15 wi% 2.5 0 4.0
Nsp_3c t

33 0.15 wt% 0 0.0
Nsp 3d

34 0.05 wi% 52 0 2.7
Nsp_3d -

35 0.05 wi% 5.2 0 0.1

*Only a trace amount of oil (<0.1% OOIP) was produced at the initial oil bank.
T The initial oil bank occurred after the nanofluid flooding injection rate was increased to 3 ml/min.
#No oil produced during nanofluid flooding.

The relative permeability to water values calculated at the end of water flooding and nanofluid
flooding are presented in Table 5.28. The absolute permeability is the permeability of the core
presented in Table 3.8.
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Table 5.28. Summary of relative permeability to water values, ke, for tests #26 through
#35 measured at residual oil saturation at the end of water flooding and the end of
nanofluid flooding. The reference permeability is the absolute permeability for the core

plug.

Water flooding Nanofluid flooding

Test# e Ser knw S
26 0.38 0.48 0.13 0.41
27 0.25 0.48 0.06 0.44
28 0.28 0.51 0.23 0.49
29 0.38 0.45 0.26 0.43
30 0.45 0.52 0.35 0.52
31 0.57 0.41 0.43 0.39
32 0.38 0.39 0.38 0.35
33 0.22 0.45 0.22 0.45
34 0.39 0.32 0.31 0.30
35 0.29 0.41 0.29 0.41

5.4.5.3.2 Effluent analysis

The particle size distributions taken from influent and effluent data are presented for tests #26
through #35 in Appendix G. Test #27 effluent nanoparticles had agglomerated so much that it

was not possible to measure with the Malvern Zetasizer.

5.4.5.4 Core flooding Part 4 summary

Oil production during the first 10 PV of nanofluid flooding at the 0.3 ml/min injection rate
varied from no oil to 4.0% OOIP. Only three tests (#27, 28 and 30) had oil production when the
nanofluid flooding injection rate was increased to 3.0 ml/min. That oil production was 0.1% or
0.2% OOIP. Nanofluid flooding recovery factors varied from 0% to 4.0% OOIP. Only two tests
had oil production within the first PV of nanofluid flooding — tests #25 and #27. The occurrence
of the initial oil bank was after 5 PV of nanofluid flooding for five of the tests. There was a
large variation in the recovery factors for water flooding and nanofluid flooding for the

duplicate tests. There was no correlation between nanoparticle concentration and oil recovery.
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The differential pressure during nanofluid flooding at 0.3 ml/min was equal to or less than the
differential pressure during water flooding at 0.3 ml/min for all tests except the two conducted
with the unmodified particle (Nsp_3a / tests #26 and #27). The differential pressure during
nanofluid flooding at 3.0 ml/min for the Nsp la tests was 0.3 and 0.6 bars greater (tests #26
and #27) than the differential pressure for the water flooding at 3.0 ml/min.

Tests #26 and #27 had visible agglomeration in the nanofluid container in the oven. The effluent
samples confirm that the particle size distribution for these two tests with the unmodified
nanoparticle Nsp 3a have a high degree of agglomeration. The tests conducted with the
modified nanoparticles Nsp 3c and Nsp 3d show that little to no agglomeration occurs
throughout the nanofluid flooding. In tests #31 and #32 with Nsp 3c at 0.15 wt%,

agglomeration began to occur at the end of nanofluid flooding.

5.5 Micromodel flooding

5.5.1 Objectives

Micromodel tests were conducted with crude oil to better visualize the EOR mechanisms and
compare the nanofluid flooding in a water-wet system to an oil-wet system. After the in-situ
emulsion generation produced during Part 2 core flooding, it was hypothesized that emulsion
generation could be seen in the micromodel tests. Nsp 3c dispersed in SSW at 0.05 wt% was
selected as the nanofluid because 1) it was the most stable, and therefore most promising,
modified nanoparticle and 2) it produced a significant oil recovery in oil-wet tests (#22 and
#23) but not in water-wet tests. It was therefore hypothesized that Nsp 3¢ would have little to
no affect in the water-wet micromodel, but oil production from either in-situ emulsion
generation or wettability alteration would take place in the oil-wet micromodel. As with the
core flooding tests, the nanofluid flooding was conducted after water flooding with SSW. Two
tests were conducted with a water-wet micromodel (tests #36 and #37, continuing the
nomenclature from the core flooding). The third test (#38) used a micromodel altered to an oil-

wet state with HMDS.
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5.5.2 Detailed procedure

Detailed flooding procedures are shown in Table 5.29.

Table 5.29. Detailed flooding procedures for micromodel tests.

Test #36 (water-wet)
Oil flooding Water flooding Nanofluid flooding
PV flooded Qi (ml/min) PV flooded  Qiy (ml/min) PV flooded  Qinj (ml/min)
1 0.0025 2 0.0025 1 0.0025
1 0.005 4.5 0.005 2 0.00375
1 0.010
16:22 hours Stopped
1 0.00375
Test #37 (water-wet)
Qil flooding Water flooding Nanofluid flooding
PV flooded  Qiyj (ml/min) PV flooded  Qiy (ml/min) PV flooded  Qinj (ml/min)
1 0.0025 2 0.0025 1 0.0025
1 0.005 2.5 0.005 2 0.00375
1 0.010 4 0.010 1 0.005
16:32 hours Stopped
1 0.005
1 0.010
1 0.020
1 0.050
2 0.200
Test #38 (oil-wet)
Oil flooding Water flooding Nanofluid flooding
PV flooded Qi (ml/min) PV flooded  Qiy (ml/min) PV flooded  Qinj (ml/min)
1 0.0025 2 0.0025 1 0.0025
1 0.005 5.5 0.005 2 0.00375
1 0.010 1 0.005
0.5 0.010
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5.5.3 Results

A summary of saturations and recovery factors for the three experiments is presented in Table

5.30. Images from the micromodel test are presented in Appendix H.

Table 5.30. Overview of saturation values and recovery factors from the three
experiments. Error is introduced during image post-processing. The values presented
below could vary by as much as 5%. However, when comparing values within any given
experiment, the degree of change should be constant.

Test # 36 37 38

Swi 174% | 160% | 38.7%

So after 1 PV WF 628% | 68.0% | 34.1%
Sor (end of WF) 559% | 59.7% | 28.3%
So after 1 PV NF 559% | 59.7% | 28.0%
Sor; (end of NF) 559% | 59.7% | 27.6%
RF; (end of WF) 324% | 289% | 53.8%
Final RF; (end of NF) | 32.4% | 28.9% | 54.9%

Swi = Initial water saturation; So = Qil saturation; PV = Pore volume; WF = Water
flooding; NF = Nanofluid flooding; RF = Recovery factor (as a percent of original oil
in place, OOIP)

5.5.3.1 Water-wet micromodel test

During oil flooding, oil breakthrough occurred at 0.73 PV. Initial water saturation (Swi) was
established at 17.4% (Figure H.1). During water flooding, breakthrough occurred at 0.43 PV.
Oil saturation was 62.8% after 1 PV of water flooding (Figure H.2). Residual oil saturation
(Sory) was 55.8% at the end of water flooding (total of 6.5 PV at various flow rates; Figure
H.3). The recovery factor from water flooding was 32.4% of the original oil in place. No oil
was produced during the nanofluid flooding. The saturation distribution is almost identical both
after 1 PV (Figure H.4) and at the end of the nanofluid flooding (after 4 PV total at various rates
and after being allowed to statically react for over 16 hours; Figure H.5). Final residual oil
saturation (Sorz) was 55.8%. The recovery factor at the end of water flooding and nanofluid
flooding was 32.4%. The differential pressure was 1.2 bar throughout oil flooding and 1.1 bar

throughout water flooding and nanofluid flooding.
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5.5.3.2 Water-wet micromodel test with dye added to the nanofluid

During oil flooding, oil breakthrough occurred at 0.94 PV. Initial water saturation (Swi) was
established at 16.0% (Figure H.6). During water flooding, breakthrough occurred at 0.14 PV.
Oil saturation was 68.0% after 1 PV of water flooding (Figure H.7). Residual oil saturation
(Sor) was 59.7% at the end of water flooding (total of 8.5 PV at various flow rates; Figure
H.8). Little to no oil was produced during the nanofluid flooding. The saturation distribution is
almost identical both after 1 PV (Figure H.9) and at the end of the nanofluid flooding (after 10
PV total at various rates and after being allowed to statically react for over 16 hours). Final
residual oil saturation (Sorz) was 59.7% (Figure H.10). The recovery factor at the end of water
flooding and nanofluid flooding was 28.9%. The differential pressure was 1.1 bar throughout
the entire test except for during water flooding when the injection rate was 0.010 ml/min, which

is when the pressure increased to 1.2 bars.

5.5.3.3 Oil-wet micromodel test

During oil flooding, oil breakthrough occurred between 0.7 and 0.8 PV. Initial water saturation
(Swi) was established at 38.7% (Figure H.11). Breakthrough during water flooding was not
recorded. Oil saturation was 34.1% after 1 PV of water flooding (Figure H.12). Residual oil
saturation (Sori) was 28.3% at the end of water flooding (total of 7.5 PV at various flow rates;
Figure H.13). There was limited mobilization of oil during the nanofluid flooding. The oil
droplets at the outlet trough visibly increase throughout the nanofluid flooding, and many single
pore throats have had oil production. This is visible even after 1 PV of nanofluid flooding
(Figure H.14). The final picture after nanofluid flooding (at Sorz) shows limited oil production
(Figure H.15). It is difficult to separate this oil production from what would have occurred
naturally with more water flooding at corresponding flow rates. Final residual oil saturation
(Sorz) was 27.6% after 4.5 PV of nanofluid flooding at various rates. The recovery factor at the
end of water flooding was 53.8%. The final recovery factor after nanofluid flooding was and
nanofluid flooding was 54.9%. The differential pressure was 1.2 bar throughout oil flooding at
0.0025 ml/min, and then increased to 1.3 bar when the injection rate was increased to 0.005

ml/min. The differential pressure increased to 1.5 bar when the oil injection rate was increased
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to 0.010 ml/min. The differential pressure was 1.2 bar throughout both water flooding and

nanofluid flooding.

5.5.4 Summary

There was no oil production from nanofluid flooding during the water-wet micromodel
experiments. The oil-wet micromodel experiment exhibited limited oil production during the
first pore volume of nanofluid flooding, with a bit more production occurring during the next
3.5 pore volumes of nanofluid flooding. The oil saturation did not change more than 1 to 2%

during the nanofluid flooding.
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6 Discussion

The discussion sections and their relation to the experimental results and research questions are

shown in Table 6.1.

Table 6.1. Discussion overview.

Section Sub-section Experimental method Research question
Nanofluid Particle size ::;%}e il?lr: t:t(;lgtaircloszzmcles
Stability (6.1) distribution Y
water?
Oil . Reprodgm.blhty Water flooding RQZ: Do the panopartlcles
Production and variation increase the oil recovery?
(6.2) Results All core flooding RQ2
and micromodels

Experimental .

artifacts All core flooding RQ2
EOR RQ3: What are the EOR
Mechanisms Fluid-fluid IFT and mechanisms contributing to
(6.3) interactions core flooding effluent  nanoparticle-induced oil

recovery?

Fluid-rock Contact angle and RQ3

interactions relative permeability

Mechanical Differential pressure RQ3

displacement (core flooding)

Nanoparticle Core flooding effluent ~ N/A

transport

6.1

Nanofluid stability

The unmodified nanoparticles (Cnp_1, 2 and 3 and Nsp_la, 2a and 3a) agglomerate in SSW

and are therefore not suitable for field application using sea water injection. The particle size

distribution tests showed that agglomeration occurs within the first 24 hours of nanofluid

mixing. This is likely a result of the compression of each nanoparticle’s electrical double layer

due to the addition of multivalent cations to the solution as described in Chapter 2.

The first round of modified nanoparticles (Nsp _1b, 2b and 3b) were silanized by Evonik

Industries to improve stability. These nanoparticles were stable in dispersion throughout the 16-

week testing period at 20°C. None of them were stable at 60°C. Agglomeration was therefore
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not an issue for the core flooding tests. This is confirmed by the lower differential pressure
profiles and by the increased propagation of the nanoparticles through the core plugs. Further
modifications must be conducted to achieve stability at 60°C, which is suggested to be the

lowest threshold for field application in the North Sea.

Depletion stabilization in the presence of polyethylene glycol (PEG) has been shown to stabilize
many types of nanoparticles, including silica (Zhang et al., 2012). The nanoparticle surface
modification with PEG (Nsp_3c) was stable throughout 20°C and 40°C. However, only the

concentration at 0.50 wt% was stable for 16 weeks at 60°C.

Nsp_3d, modified by epoxy, has a smaller particle size than Nsp_1b but this could be because

the surface modification prevents initial aggregation. It was not stable at 60°C.
An interpretation of the nanofluid stability studies is given in Figure 6-1.

Figure 6-1. Nanofluid stability in SSW.

Nanoparticle / nanofluid Temperature

Type | Name | Modification S“r(f;czfg*;rea C"“(cv‘v’:‘f,z;t“’“ 20°C | 40°C | 60°C
Cnp 1 None 65 0.05
Colloidal | Cnp 2 None 150 0.05
Cnp 3 None 350 0.05
Nsp la None 130 0.05
Nsp 2a None 200 0.05
Nsp 3a None 300 0.05
Nsp 1b - 0.05
Nano- Nsp 2b | Silanization - 0.05
structured | Nsp 3b - 0.05
Nsp 3¢ - 0.05
Nsp 3c PEG - 0.10
Nsp 3¢ - 0.50
Nsp 3d Epoxy - 0.05

Not stable for 24 hours (unmodified) or 1 week (modified)

Number in the box means the nanofluid was stable for at least that many weeks
Still stable after 16 weeks

| - | Not tested / not applicable

* The Dayg values at the end of 24 hours are similar to those measured at t = 0 in DI water, but the PSD curves in
Appendix B suggest that agglomeration is occurring and measurements taken after a few weeks would should
agglomeration. Agglomeration within one week was observed visually with samples in the lab but was not tested.
+A small percent of the particles begins to agglomerate between 1 and 4 weeks, but most of the particles appear

to remain stable.
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6.2 Oil production

6.2.1 Reproducibility and variation

The analysis of water flooding shows the variation already present in the core flooding tests.
This makes reproducibility and repetition difficult, especially when using unique cores for each

test due to the uncertainty of nanoparticle retention in already flooded core plugs.

Water flooding with a low rate followed by a high rate, as conducted for Parts 2 through 4,
should provide reliable end-point saturations and water relative permeability, respectively
(McPhee and Arthur, 1994). A low flow rate allows continual water imbibition into oil-
saturated pores because capillary forces continue to dominate even after water breakthrough
(McPhee and Arthur, 1994). Increasing the flow rate then helps negate capillary end effects.
According to McPhee and Arthur (1994), a low flow rate should produce lower residual oil
saturation values than a high flow rate. This is because oil becomes discontinuous earlier in the
flooding process at a high flow rate, while a low rate has capillary stability at the fluid front.

This prevents viscous fingering even if the mobility ratio is high.

The residual oil saturation depends upon the initial water saturation, especially in water-wet
cores (McPhee and Arthur, 1994). In general, a larger Swi occurs when the core is more water-
wet. This leads to lower oil recovery from water flooding, as Morrow (1990) shows that oil
recovery from water flooding is greatest at a wettability index (WI) of 0 (intermediate-wet) and
decreases as the wettability becomes strongly oil-wet (WI = -1) or water-wet (WI = +1).
However, if larger Swi values are caused by lower permeability due to capillary effects, then
the resulting oil recovery could have a different trend. There is no correlation between total oil
recovery from water flooding and initial water saturation for the tests in this thesis (Figure 5-
11). The tests conducted with n-decane and without initial water saturation are not included in

this comparison.

The variation in initial water saturation by the oil flooding process has been found to vary by
five saturation units according to McPhee and Arthur (1994). The initial water saturation values
obtained in this thesis range from 24% to 47%, which is a larger variation. Additionally, many
of the tests exhibit a higher initial water saturation than what is typically expected for Berea

sandstone core plugs. For comparison, Berea sandstone core plugs flooded with crude oil at 1.5
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ml/min for 5 to 8 PV have Sy values ranging from 19.6 to 26.7% (Tang and Morrow, 1997). It
is possible that the sandstone blocks which were used to produce the core plugs used in this

study have more heterogeneity than typical Berea sandstone blocks.

Cores #22, 23 and 26 to 35 were aged without initial water saturation. Cores #22 and #23 were
aged for 11.5 and 10.5 weeks compared to the four weeks for the other tests. They exhibited a
larger oil recovery factor than all the four week aged cores with one exception. This concurs
with Tang and Morrow (1997), where they concluded that oil recovery by water flooding

increases with an increase in aging time.

Wettability affects many important core flooding factors including capillary pressure, relative
permeability, water flood behavior and tertiary recovery (Anderson, 1986). The nature of the
oil production during water flooding can give an indication of the core plug’s wettability
(Alagic et al., 2011). Typically, no oil production occurs after water breakthrough for a strongly
water-wet system, while an oil-wet system exhibits an earlier water breakthrough but additional
production after water breakthrough (Alagic et al., 2011). The water flooding tests in this thesis

exhibit this behavior.

Cores typically exhibit more water-wet behavior when flooded at increased temperature
because of the increased solubility of the polar compounds (Anderson, 1986; Buckley et al.,
1998). This concurs with the results presented in this thesis. Additionally, IFT and contact angle
typically decrease as temperature increases, rendering the system even more water-wet

(Anderson, 1986).

There is a strong correlation between total oil recovery from water flooding and residual oil
saturation after water flooding as is expected (Figure 6-2). The water-wet cores from Parts 1
through 3 exhibit a similar correlation between oil recovery and residual oil saturation. The
tests from Part 4 (conducted at 60°C) have the largest residual oil saturation compared to oil
recovery. The tests from Part 3 and 4 without initial water saturation are not plotted, as the
residual oil saturation is directly correlated with oil recovery in the absence of initial water

saturation.
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Figure 6-2. Total oil recovery from water flooding vs. residual oil saturation at the end
of water flooding. Only tests with initial water saturation are shown.

The capillary numbers calculated for the core flooding tests concur with the expected values
for water flooding in sandstone (10 to 10~°) as presented in Lake (1989). The core flooding

tests have a capillary-dominated flow regime.

6.2.2 Discussion of nanoparticle flooding

There is no clear correlation between oil recovery obtained from nanofluid flooding and core
plug porosity, permeability or initial water saturation. Comparing the total oil recovery (water
flooding + nanofluid flooding recovery factors) with porosity shows a subtle negative
correlation. This mirrors the correlation shown between water flooding oil recovery and
porosity in Figure 5-9. The total oil recovery does not have a clear correlation with core plug

permeability or initial water saturation.
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Figure 6-3. Nanofluid flooding oil recovery vs. core plug porosity.
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Figure 6-5. Nanofluid flooding oil recovery vs. initial water saturation. Only tests with
initial water saturation are shown.

Part 1: Screening of unmodified nanoparticles. For core flooding conducted in Part 1, all
nanoparticle floods produced additional oil recovery, but Nsp_1la is the most successful EOR
candidate based upon the core flooding data. All the nano-structured particles and Cnp 2
produced a nanofluid flooding recovery factor greater than 5% OOIP. However, only Nsp la
produced more than 5% OOIP within the first pore volume of nanofluid flooding. Its initial oil
bank appeared quite early (after 0.4 PV of nanofluid flooding). The Nsp_ 3a nanoparticle was
tested by (Hendraningrat et al., 2013c) at 0.05 wt% in 3 wt% NaCl, and the recovery factors for
two tests were 5.3% and 4.7%. The Nsp_3a nanoparticle produced 5.7 % OOIP recovery in this
thesis when dispersed at 0.05 wt% in SSW.

The nano-structured particles appear to be better candidates for increasing the tertiary recovery
factor. This is because the average nanofluid flooding recovery factor for the nano-structured
particles was greater than that obtained for the colloidal nanoparticles. The average recovery
factor after 1 PV of nanofluid flooding was also greater for the nano-structured particles. Water

flooding and nanofluid flooding were not conducted for the same length of time for all tests.
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This could affect how much oil is available for production post- water flooding. Additionally,
permeability and porosity varied for each core plug, which may affect the geometry whereby
nanoparticles and oil can flow through the core plug even though there is no clear correlation

between these core properties and oil recovery.

There is no positive trend between surface area and the nanofluid flooding recovery factor. In
fact, there is a negative trend between surface area and nanofluid flooding recovery factor for
the nano-structured particles. This could be explained by agglomeration plugging pore channels
and displacing more oil, but the Dayg for the agglomerated nanoparticles is smaller than the
average pore channel size. Also, the difference in the Dayg between Nsp la and Nsp 2a is not
large enough to completely explain the difference. It is concluded that there are other factors
affecting the recovery factor than the chemical reactivity of the nanoparticle surface. This does
not mean that the surface area does not influence the recovery factor, but it does mean that it is

not the primary contributor.

Part 2: Screening of silanized nanoparticles. For core flooding tests conducted in Part 2, all
tests resulted in an increase in oil recovery during the low injection rate stage. The oil was
typically produced after a few pore volumes of nanoparticle flooding, indicating that it takes
time for the nanoparticles to interact with the system before they can produce more oil.
Although all tests resulted in incremental oil production during nanofluid flooding, none met
the criteria as a positive candidate for EOR (initial oil bank produced within the first 0.6 PV of
nanofluid flooding and a recovery factor of >5% OOIP within the first PV of nanofluid
flooding). The recovery factors during nanofluid flooding for all of the nanofluid — crude oil
systems are not significantly different, so it is not clear which nanoparticle system performs

best.

The repeatability of the core flooding is poor. A new core was used for each experiment because
the reaction between the nanoparticles and the rock is unknown. The two tests for Nsp 1b had
total nanofluid flooding recovery factors of 6.09% and 1.13%. The two tests for the Nsp 2b
had total nanofluid flooding recovery factors of 14.68% and 6.76%. The cause for this variation

is unknown.
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The nanofluid flooding recovery factors for the crude oil experiments were less than 1.5% for
the low injection rate, which was conducted over 10 pore volumes of injection. When the
injection rate was increased tenfold to release oil trapped at the core outlet, an additional 13%
of OOIP was produced. This oil was produced as an oil-in-water emulsion that separated within
3 hours. The oil produced during the high rate water flooding was also an oil-in-water emulsion,

but it was not as apparent as the nanofluid flooding emulsion.

The modified particles with the largest surface area (Nsp_1b) had the poorest performance.
Recovery factors of 0.06% and 1.13% were achieved for the low injection rate during 10 pore
volumes of nanofluid flooding. This is much lower than the 11.8% recovery factor achieved
from the unmodified particle (Nsp la) in Part 1, which was produced within three pore
volumes. When the nanofluid injection rate was increased, recovery factors of 6.03% and 0%
were obtained for the two tests, respectively. The total recovery factor from nanofluid flooding

was therefore 6.09% for test #7 and 1.13% for test #8.

The modified particle with the medium surface area (Nsp_2b) obtained recovery factors of
1.19% and 0.89% for the low injection rate during nanofluid flooding. The nanofluid flooding
recovery factor from Part 1 was 8.6% and was achieved within 3.1 pore volumes. When the

nanofluid injection rate was increased, recovery factors of 5.57% and 13.79% were achieved.

The nature and magnitude of the oil production is different for the crude oil and n-decane tests.
The crude oil was produced in oil in water (o/w) emulsions. The n-decane interacted with the
nanoparticles as water in oil (w/0) emulsions. The core flooding experiments with crude oil had
larger recovery factors for both the water flooding and nanofluid flooding stages than the
experiments with n-decane. The total nanofluid flooding recovery factors from the tests with n-
decane were less than 1% OOIP. The primary reason is probably due to the lack of components
in the n-decane that could interact with the nanofluids. The asphaltenes and resins in the crude
oil have shown attraction to similar silica nanoparticles (Hannisdal et al., 2006). There is likely
an interaction between the nanoparticles and the resins and/or asphaltenes in the crude oil that
allows additional oil recovery to take place. Additionally, the n-decane could produce a more
water-wet behavior than the crude oil, resulting in a lower oil recovery from both the water

flooding and hence the nanofluid flooding.
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A comparison of the nanofluid flooding recovery factor to the nanoparticle surface area does
not yield a clear linear correlation (Figure 6-8). The replicability of the experiments is poor, as
the duplicates for Nsp_1b and Nsp_2b yield large variations in total nanofluid flooding recovery

factor.
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Figure 6-6. Particle surface area versus nanofluid flooding recovery factor. The average
total nanofluid flooding recovery factor and associated standard deviation (n=2) is
reported for the nanoparticles with surface areas of 130 and 200 m?/g (Nsp_1b and
Nsp_2b). Only one experiment was conducted for the nanoparticle with a surface area
of 300 m*g (Nsp_3b) and the tests with n-decane. Therefore, no standard deviation is
available for these tests.

The crude oil left an oil film that was difficult to completely remove even with two days using
toluene soxhlet extraction. The crude oil film could be influencing the permeability impairment.
However, the core plugs saturated with n-decane instead of crude oil, and therefore were more
similar to initial conditions, also showed a significant permeability decrease (6% and 20%
permeability impairment). There is no linear correlation between permeability impairment and
total nanofluid flooding recovery factor (Figure 6-7). The difference in pre- and post- porosity

values was within the measurement error.
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Figure 6-7. Comparison of core plug permeability impairment to the total nanofluid
flooding recovery factor.The permeability measurements were taken prior to core plug
saturation and also after the core was cleaned post- core flooding (unsaturated state).

Part 3: Evaluation of surface-modified Nsp_3a. For the core flooding tests in Part 3, less than
2% oil was produced during the low injection rate nanofluid flooding for all tests except #22
and #23. In fact, Tests #16 through #21 had no oil production during low rate nanofluid
flooding, but up to 2.7% was produced when the injection rate was increased. This shows that
Nsp_3c and Nsp_3d are unfavorable candidates for EOR. The two tests that had recovery rates
of around 5% from low-rate nanofluid flooding both were aged for over 10 weeks and had no
initial water saturation. The oil not produced immediately. Instead, oil production began after
3.75 PV (#22) and 2.75 PV (#23) and continued sporadically throughout the duration of the
nanofluid flooding. This could be a result of continued flooding and release of oil from the core,

and perhaps continued water flooding could have produced the same oil volumes.

Because little to no oil was produced, it was not possible to compare the recovery factor to the

nanoparticle concentration. In summary, the nanoparticles did not work as intended.
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Also, shut-in tests did not result in increased oil production after nanofluid flooding was re-
started. This supports the theory that Nsp 3c is not reacting with the system and therefore

explains why no oil is produced.

No oil was produced during the micromodel experiments with Nsp 3c at 0.05 wt%. This

supports the hypothesis that Nsp 3c is not a candidate for EOR.

Part 4: Testing with aged cores and elevated temperature. Core flooding tests conducted
during Part 4 did not have significant oil production. Replicate core flooding tests produced
varied results as did the replicates in Part 2. The only somewhat positive test was Nsp 3c at
0.15 wt% (#32) with 4% OOIP incremental oil, but repeats of this test were less positive (1.7%
for #31 and 0% for #33). As with Part 3, the lack of oil produced means that it is not possible

to compare recovery factor to nanoparticle concentration.

6.2.3 Experimental artifacts

6.2.3.1 Fluid volume measurements

An important factor the core flooding experiments is that very little oil is produced during the
nanofluid flooding. Even if a recovery factor of 5% OOIP is achieved in a 10 cm long core with
a porosity of 20% and Swi of 0.25, the volume produced is quite small and close to the error
margin of the graduated sampling tubes. In the aforementioned example, OOIP would be about
22.8 ml, and the 5% OOIP would be 1.15 ml. This volume significant if it is produced all at
once in one graduated sampling tube, but this volume can be distributed over many sampling
tubes if oil production occurs over a few pore volumes and that is when errors can begin to
compound. In many cases, only 1% (or less) of OOIP is produced over one or two pore volumes,
amounting to 0.23 ml or less of o0il produced during nanofluid flooding. Therefore, it is difficult
to statistically differentiate between core flooding tests producing oil recoveries of 1% and 3%,
which are the recovery factors from many of the tests in Parts 3 and 4. It can be concluded that
the error associated with the oil recovery volume increases with decreasing core length and

associated OOIP volume.
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6.2.3.2 Capillary end effects

The capillary end effect is when the discontinuity of capillarity occurs in the wetting phase at
the core plug outlet. It is most pronounced in cases of oil displacing water in water-wet cores

(Huang and Honarpour, 1998).

The capillary end effect could be affecting the core flooding results. However, it is difficult to
estimate the magnitude of the capillary end effect because capillary pressure versus water
saturation curves were not experimentally obtained for the core plugs. It could be that continuity
of the oil phase in the water-wet cores is broken, and therefore oil collects behind the outlet
water film and is only produced when the injection rate is increased enough to overcome the

capillary pressure.

The magnitude of capillary end effect’s impact on the core flooding data can be decreased by
using a longer core or by increasing the injection rate (Lake, 1989). The reader is directed to

the derivations by Huang and Honarpour (1998) for further reference.
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6.3 EOR mechanisms

The proposed EOR mechanisms for the silica nanoparticles are summarized in Table 6.2. The

table is based solely upon experimental data presented in this thesis.

Table 6.2. Potential EOR mechanisms.

Core flooding Nanoparticles tested Potential EOR mechanisms
Cnp_1 Mechanical displacement and, to a
Cnp 2 lesser extent, wettability alteration
Part 1: Screening of Cnp 3 towards a strongly water-wet state
unmodified nanoparticles Nsp_la
Nsp 2a
Nsp 3a
Part 2: Screening of Ezg_ég In-situ o/w emulsification
silanized nanoparticles Nsp:3b
No significant recovery (< 3%
OOIP) except for tests #22 and
Part 3: Evaluation of Nsp 3¢ #23, which could be influenced by
surface-modified Nsp_3a Nsp_3d wettability alteration or simply
continued injection of an aqueous
phase.
Part 4: Testing with aged Nsp_3a No significant recovery (< 4%
cores and elevated Nsp 3c OOIP)
temperature Nsp 3d

Part 1: Screening of unmodified nanoparticles. The nanofluid flooding recovery factors
obtained from the core flooding tests are likely a result of the physical microscopic diversion
mechanism and, to a lesser extent, wettability alteration. The mechanism of interfacial tension

reduction is not a contributing EOR mechanism for nanofluid flooding.

Part 2: Screening of silanized nanoparticles. The additional oil recovery during nanofluid
flooding is not a result of microscopic diversion by increased differential pressure. In-situ oil-
in-water emulsion generation could be the primary EOR mechanism resulting in oil recovery
during nanofluid flooding at high injection rates. The nanofluid flooding recovery factor is not

strongly influenced by pH alteration, wettability alteration or interfacial tension reduction.
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Part 3: Evaluation of surface-modified Nsp 3a. Negligible oil production was observed for
all tests except the two with no initial water saturation and altered initial wettability states (tests
#22 and #23). Contact angle experiments with Nsp _3c do not reveal that wettability alteration
is a primary mechanism. As the differential pressure remains low, mechanical displacement is
likely not a mechanism. It is possible that the incremental oil recovery in tests #22 and #23 is
due to wettability alteration. However, it is more likely that the incremental oil is slowly
released from the rock surface simply because more flooding is taking place. It is possible that
continuing water flooding would have produced comparable amounts of oil. This has been

observed in other studies with oil-wet cores, where slow oil production occurs for a long time.

Part 4: Testing with aged cores and elevated temperature. Negligible oil production was
observed for all tests. This indicates that there is not significant chemical reactivity taking place
with Nsp 3c and Nsp 3d, as the increase in temperature does not result in more favorable
recovery factors. The two tests with Nsp_3a showed significant pore blockage exhibited by the

differential pressure increase. This confirms the results from Part 1.

The micromodels exhibited no to negligible oil production during the nanofluid flooding stage.
Therefore, EOR mechanisms could not be observed. The tests do confirm that Nsp_3c is not a

candidate for EOR.

6.3.1 Fluid — fluid interactions

For all nanoparticles, the magnitude of interfacial tension (IFT) reduction is too small for it to
be a contributing EOR mechanism (Table 5.2 and Table 5.3). The nanoparticle interfacial
tension did not decrease by orders of magnitude, which is necessary to produce immobile oil
by this mechanism (Hamon, 2015). Even if there was a significant reduction of IFT with the
unmodified particles, the modified particle would likely not display the same trend. This is
because steric stabilization covers the original particle surface, preventing the reaction of the

original particle with the system (Zhang et al., 2012).
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Emulsions were present in the core flooding effluent for Part 2 core flooding tests (Figure 5-13).
Therefore, the primary EOR mechanism for the silanized nanoparticles tested in Part 2 (Nsp_1b,
Nsp_2b and Nsp_3b) is likely the alteration of the mobility ratio by the creation of in-situ oil in
water emulsions. This is evidenced by the nanofluid flooding effluent and the increase in

differential pressure for the high rate nanofluid flooding over the high rate water flooding.

The pH values for all flooding stages remained relatively constant and similar to the influent

pH, staying between 7.2 and 7.9.

6.3.2 Fluid — rock interactions

For the unmodified nanoparticles, wettability alteration could be a contributing mechanism
because wettability alteration towards a more water-wet system takes place for all nanoparticles
except Cnp 1 (Table 5.4). Cnp_3 shows the largest difference from the base system followed
by the three nano-structured particles. However, the nanofluid flooding recovery factor is not
positively correlated to the decrease in contact angle. A glass surface is not a comprehensive
representation of the core plug’s mineralogy. Amott cell wettability tests, which use the entire
core plug to determine changed in wettability, should be conducted to better assess the effect

of nanoparticles on wettability alteration.

For the first round of modified nanoparticle contact angle tests with crude oil and n-decane, no
large differences were observed. The contact angle increased throughout the 12-hour time
period for all tests except one (Table 5.5). If this had only happened for the nanofluid
experiments, it would support the theory that the nanoparticles are interacting with the oil and
helping to mobilize oil globules. Therefore, it is not likely that oil production from Nsp 1b,

Nsp_2b and Nsp 3b is due to wettability alteration.

For Nsp 3c, the tests at 20°C show that the nanoparticle is actually rendering the quartz plate
towards more intermediate-wet when compared to the base system Table 5.6). There was no
observable difference for the contact angle at 60°C. There was also no observable effect of
nanoparticle concentration on the contact angle. Therefore, Nsp_3c is not using the mechanism
of wettability alteration. This may be the reason why so little oil is produced during core

flooding.
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Conversely, the relative permeability calculations for tests #26 through #25 reveal that an
alteration towards water-wet is occurring for all but three tests (#32, 33 and 35) (Table 5.28).
Tests #26, 29-30, 32 and 34 had relative permeability values in the intermediate-wet regime at
the end of water flooding (between 0.3 and 0.5) (Craig, 1971). Test #31 had an oil-wet value
(0.57) at the end of water flooding. Tests #27-28, 33 and 35 had water-wet values ranging from
0.22 to 0.29 (Craig, 1971). There was no correlation between wettability observed at the end of
water flooding and magnitude of relative permeability reduction. There was also no correlation

between the reduction and the total nanofluid flooding recovery factor.

When this data is compared to the micromodel results, where no oil was produced during the
oil-wet scenario, it appears that the modified particle Nsp 3c does not perform as well as its

earlier counterparts.

6.3.3 Mechanical displacement

For the core flooding tests conducted in Part 1 with a constant injection rate of 0.4 ml/min
throughout both water flooding and nanofluid flooding, a comparison of the nanofluid flooding
recovery factor to the nanoparticle surface area for the unmodified particles reveals that there
is no trend for the colloidal nanoparticles but a trendline for the nano-structured particles
(Figure 6-8a). The differential pressure increase throughout the Part 1 nanofluid flooding is
plotted against the nanofluid flooding recovery factor (Figure 6-8b). The colloidal nanoparticles
show a positive, somewhat linear correlation between nanofluid flooding recovery factor and
the increase in differential pressure throughout nanofluid flooding. The nano-structured
particles do not display a linear relationship between the two parameters. There is a trendline
between the nanofluid flooding recovery factor and the difference in the maximum differential

pressure between the nanofluid flooding and water flooding stages (Figure 6-8c).

The agglomeration was confirmed with the core flooding tests, where the differential pressure
increased throughout the nanofluid flooding. Additional effluent analyses confirmed that most

of the nanoparticles are retained in the core.
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Figure 6-8. Nanofluid flooding recovery factor versus A) particle surface area; B)
nanofluid flooding differential pressure increase; and C) the difference in maximum
differential pressure between the nanofluid flooding and water flooding stages.

The microscopic diversion resulting from nanoparticle agglomeration and/or retention and
resulting re-distribution of inter-pore pressure is likely the primary EOR mechanism. This can

be concluded from the increase of differential pressure throughout nanofluid flooding and the

correlation of differential pressure increase with initial oil bank occurrence.
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The differential pressure increased throughout nanofluid flooding for all experiments.
According to Darcy’s Law, effective permeability must be decreasing if the differential pressure
is increasing as long as all other variables (fluid viscosity, injection rate and core plug length
and cross-sectional area) are constant. The permeability reduction can be explained by either
nanoparticle adsorption to the rock grains or nanoparticle agglomeration. The magnitude of the
increase in differential pressure does not correspond to the amount of nanoparticle
agglomeration for either the colloidal or nano-structured particles. In fact, for the colloidal
nanoparticles, Cnp_2 has the greatest differential pressure increase although it has the smallest
agglomerate diameter. There is a positive correlation between the nanofluid flooding recovery
factor and the differential pressure increase for the colloidal nanoparticle but not for the nano-
structured particles. Therefore, it does not appear that nanoparticle agglomeration fully explains
the permeability impairment and subsequent differential pressure increase. The negatively-
charged nanoparticles could be adsorbing to the positively-charged clay components in the core
plug. This could be confirmed directly with scanning electron microscopy (SEM) and indirectly

by observing the fluid distribution in computed tomography (CT) scans.

There is a correlation between the differential pressure increase during nanofluid flooding and
the occurrence of the initial oil bank for all tests. Two-phase flow tends to increase differential
pressure according to the relative permeabilies. The differential pressure begins to increase
immediately after initiation of nanofluid flooding for all tests. The initial oil bank occurs when
the differential pressure temporarily plateaus. This indicates that the oil bank is a physical
response to the pressure, and the release of the oil from the system causes temporary relief for

the inter-pore pressure.

The maximum differential pressure during nanofluid flooding was greater than the maximum
differential pressure during water flooding for all experiments. Therefore, oil produced during
the nanofluid flooding could be a result of more pressure applied to the system, overcoming the
capillary end effect and increasing the overall desaturation. Future studies should include an
injection rate bump at the end of the water flooding to ensure that any oil produced during the
nanofluid flooding is not a result of the capillary end effect. With the current method, increasing
the injection rate for a continued water flood could produce comparable tertiary recovery factors

to the tested systems where nanoparticles were added to SSW at the initial injection rate.
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For the core flooding tests conducted during Part 2, the differences in differential pressure were
compared to the total nanofluid flooding recovery factor to determine if pressure is affecting
the oil production. The following three scenarios were investigated and plotted against the total

nanofluid flooding recovery factor:

e  (dPavg for WF-Qiow) - (dPavg for NF-Qiow) = the difference in average differential
pressure between water flooding and nanofluid flooding at Q = 0.3 ml/min (Figure
6-9a).

e (dPay for NF-Qnigh) - (dPavg for WF-Qnign) = the difference in average differential
pressure between nanofluid flooding and water flooding at Q = 3.0 ml/min (Figure
6-9b).

®  (dPmax for WF-Qnigh) - (dPmax for NF-Qnign) = the difference in maximum differential
pressure between water flooding and nanofluid flooding at Q = 3.0 ml/min (Figure
6-9c).

There is no linear correlation between the difference in differential pressure and the total

nanofluid flooding recovery factor.
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Figure 6-9. A) Nanofluid flooding recovery factor versus the difference in average
differential pressure between water flooding and nanofluid flooding at Q = 0.3 ml/min;
B) Nanofluid flooding recovery factor versus the difference in average differential
pressure between nanofluid flooding and water flooding at Q = 3.0 ml/min; C)
Nanofluid flooding recovery factor versus the difference in maximum differential
pressure between water flooding and nanofluid flooding at Q = 3.0 ml/min.

The differential pressure increased throughout the NF-Qiow stage, but the increase was

comparatively less than that observed in tests #4 through #6 in Part 1 with the unmodified

nanoparticles. The nanofluid flooding effluent was produced as an oil-in-water emulsion, but it

quickly separated and two distinct phases were visible after three hours.
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Perhaps the small pressure increase is a result of oil globules mobilizing due to nanoparticle
interaction at the interface, causing a pressure build-up where the globules are sitting in pore
chambers attempting to squeeze through narrower pore throats on their way to the core outlet.
This could explain why a significant increase in oil production occurred in all crude oil tests
(with one exception) when the nanofluid injection rate was increased to 3 ml/min. This oil was
typically produced towards the beginning of the increased rate stage, so the pressure wave from
the increased injection rate could have provided the energy necessary to mobilize and produce

oil droplets that were previously dislodged from the sandstone by nanoparticle interaction.

The chase water flooding conducted after the nanofluid flooding always had a lower differential
pressure than during the nanofluid flooding stage. This indicates that the chase water flooding
is effective at cleansing the system of nanoparticles. Effluent nanoparticle concentration was
taken at four points throughout the chase water flooding, and the concentration decreased over
time. The differential pressure during chase water flooding was also lower than the differential
pressure during water flooding. Perhaps this is because it is slightly easier for the SSW to flow
through the core after the nanofluid flooding extracted more oil out of the system that was

blocking flow pathways. Also, the agglomerates could be disintegrating in the SSW.

In the core flooding tests with n-decane as the oil phase, the maximum differential pressure
during nanofluid flooding was larger than the maximum differential pressure during water
flooding. It is interesting to note that this still resulted in a lower oil recovery during the
nanofluid flooding stage than with the crude oil systems where the maximum differential
pressure during the nanofluid flooding was always lower than the maximum differential

pressure during water flooding.

6.3.4 Nanoparticle transport

Part 1: Screening of unmodified nanoparticles. Effluent analysis from core flooding tests #4
through #6 shows that more than 95% of the nano-structured particles are retained in the core
plug (Figure 5-12). Crude oil effluent shows a low concentration of nanoparticles Table 5.17).
Therefore, the nanoparticle retention is likely a result of adsorption unto the rock grains and/or

agglomeration and subsequent entrapment in the pore network. The methods used for this study
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do not allow separation of these two processes. The average diameter of the agglomerated
nanoparticles is smaller than the average diameter of the pore throats, but nanoparticle
entrapment could still occur in the smaller pore throats. A complete mass balance was not
conducted for the core plugs due to limited resources; that would have provided better data to
compare nanoparticle breakthrough to initial oil bank production. Nevertheless, a lack of
nanoparticle propagation through the reservoir is both uneconomic and potentially liable for
permeability impairment. The nanoparticles should be modified to provide long-term stability

in SSW.

Part 2: Screening of silanized nanoparticles. Limited effluent data was available for the Part
2 core flooding tests (Figure 5-14). Test #7 (Nsp_1b) is the only one with two samples taken
during nanofluid flooding. The results show that nanoparticles are being retained within the
core plug but the retention is less than that observed for the unmodified nanoparticles and
retention decreases with time. Test #8, also with Nsp_1b, shows that nanoparticles are produced
during the chase water flood. The nanoparticle production during the chase water flood
indicates that nanoparticle retention is reversible. Because concentration values were not
continuously taken throughout the entire core flood, it is impossible to do a mass balance to
determine how much is being retained. Test #10 (Nsp_2b) shows that the concentration of
nanoparticles decreases throughout the water flush. Test #11, also with Nsp 2b, once again
shows that nanoparticle retention is reversible during the water flush. The two n-decane tests
exhibit a decrease in differential pressure during the chase water flooding at 3.0 ml/min (Figures

E.4 and E.7). This could be an indication of nanoparticle mobilization.

No clear relationship was found between the total oil recovery and nanoparticle retention. It is
also unclear which particle has the greatest retention in the system. The permeability reduction
does not correlate with the particle retention (Table 5.21). However, the permeability reduction
is a function of both the particle retention and the effectiveness of the chase water flooding, so

it appears that the concentration does not correlate with the permeability reduction.

There is still retention occurring, but in most cases it is smaller than the retention observed with
the unmodified particles. This is primarily due to the salt stability modification. Some of the

apparent retention could be because the particles are being diluted and/or “lost” in the
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previously injected SSW and reservoir brine (3 wt% NaCl) that is sitting in the core. This water
occupies over 50% of the pore space at the beginning of the nanofluid flooding process, so it is
difficult to get an accurate picture of exactly how many nanoparticles are making their way
through the core. It appears that at least some of the nanoparticle retention in the system is

reversible based upon the presence of nanoparticles in the chase water flooding stage.
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7 Conclusion and recommendations for future work

7.1 Conclusion

Hydrophilic silica nanoparticles could be promising water flooding additives due to their large
surface area and small size. Nanoparticle-EOR could therefore be used to increase oil
production from existing reservoirs. As demonstrated in Section 2.3, the large variation in
material parameters and testing procedures found in literature makes it difficult to compare

experimental studies that investigate nanoparticle-EOR.

In this thesis, experimental methods were used to evaluate nanofluid stability, determine oil
production from core flooding and investigate the EOR mechanisms. The original goal was to
improve the understanding of the EOR mechanisms for the unmodified nanoparticles that had
already shown positive oil recovery results. The key difference was that the unmodified
nanoparticles were dispersed in SSW for this thesis instead of 3 wt% NaCl to better simulate
oilfield conditions. However, because the unmodified nanoparticles were not stable in SSW,
the research goal changed to assess the stability and oil production of surface modified
nanoparticles. The development and subsequent testing of new nanoparticles left little time for
experiments specifically designed to better understand the EOR mechanisms. Therefore, there
is still a need for studies specifically investigating silica nanoparticle EOR mechanisms and
their relation to reservoir parameters such as oil composition, increased pressure and

geochemical interactions with various minerals.

The conclusions for each of the primary research questions are summarized in Table 7.1 along

with primary assumptions and limitations.
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Table 7.1. Conclusion summary.

Research
question

Conclusions

Primary assumptions (and limitations)

RQ1: Are the

None of the unmodified
nanoparticles are stable in SSW.

e The PSD method is an appropriate method
to assess nanofluid stability.

all concentration comparison tests.
Core aging for > 10 weeks with
flooding at 20°C results in more oil
recovery; aging for 4 weeks with
flooding at 60°C results in negligible
oil recovery.

An increase in core flooding
temperature decreases oil recovery.

nanoparticles e Only Nsp 2c at 0.50 wt% is stable e The 0.05 wt% concentration is the best for
stable in for 16 weeks at 60°C (see table 6.1) stability (Nsp_3c tested at two other
synthetic sea concentrations, but not the other particles).
water? e The unmodified particles will continue to
agglomerate after one day and are unstable.
e There is a large variation for water o All Berea sandstone cores were similar
flooding oil recovery. enough to compare results.
e The unmodified nanoparticles are e Core flooding is an appropriate
the most promising EOR candidates, representation of how much oil a nanofluid
followed by the silanized could produce from a petroleum reservoir.
nanoparticles. e All oil produced during nanoparticle
e Tests with crude oil give larger oil flooding is solely a result of the
recoveries than tests with n-decane. nanoparticles’ effect on residual oil and
RQ2: Dothe | e No obvious correlation exists would not be produced if water flooding
nanoparticles between nanoparticle concentration was continued without nanoparticles.
increase the oil and oil recovery, mostly due to the e The core aging process resulted in
recovery? negligible oil recoveries obtained for intermediate-wet initial wettability (the

original wettability state was not confirmed
with Amott cell tests).

e Tertiary nanoparticle flooding is a more
appropriate method of analysis than
secondary nanoparticle flooding.

e The tests conducted at 60°C produced less
oil because of the temperature alone.

RQ3: What are
the EOR
mechanisms
contributing to
nanoparticle-
induced oil
recovery?

Fluid-fluid interactions

There is no significant reduction in
IFT, so it is not a primary EOR
mechanism.

Oil-in-water emulsions are present
in the nanofluid effluent for Part 2
core flooding tests (Nsp_1b, 2b and
3b).

Fluid-rock interactions

No significant changes in contact
angle.

Mechanical displacement

Differential pressure increase (dP)
correlates to oil recovery for
unmodified nanoparticles.

The unmodified nano-structured
particles are retained in the core.
The silanized nano-structured
particles have better core
propagation; retention is possibly
reversible.

PSD analysis in nanofluid effluent
for Part 4 follows stability trends
(agglomeration occurs over time for
the same nanoparticles).

Fluid-fluid interactions

e Tests conducted at ambient conditions.

e Pendant drop tests run < 30 min; adequate
time for IFT reactions to take place?

e The emulsions are a direct result of the
nanoparticles.

e The emulsions improve the mobility ratio
and enhance oil recovery.

Fluid-rock interactions

e The cleaning procedure removed all crude
oil components and nanoparticles (it likely
did not and should be checked with SEM).

e 8, 10 or 24 hours is long enough for the
contact angle to be stable.

e The glass substrate and polished quartz plate
are appropriate analogs for core wettability
(they are not).

Mechanical displacement

e The dP increase is a result of nanoparticle
retention for the unmodified nanoparticles.

e The nanoparticle concentrations in the
effluent are representative of a proper mass
balance for the system.
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None of the unmodified nanoparticles were stable in SSW, even at ambient conditions. Initial
surface modifications of nano-structured particles rendered them stable at ambient conditions
but not at the assumed threshold reservoir temperature (60°C). A further iteration of surface
modification (Nsp_3c) resulted in stability at 60°C for at least 16 weeks at a concentration of

0.50 wt%. This was a positive outcome from the research.

However, the advancements in nanoparticle stability resulted in decreased oil production for
each subsequent modification. The initial EOR mechanisms for the unmodified particles were
never fully researched and understood, so the surface chemistry was not optimized for EOR
mechanisms. This was an unfortunate backwards-approach. Instead, the nanoparticles should
have been modified for stability with a specific EOR mechanism as a target such as wettability
alteration. This would have set more constraints on the nanoparticle development, but it could

have given more positive results for oil recovery.

Even for the unmodified nanoparticles that resulted in oil production, there was no positive
correlation between nanoparticle surface area and nanofluid flooding recovery factor. If
nanoparticles truly contribute to EOR by exploiting their large surface area for enhanced
chemical reactivity in the reservoir, then a positive correlation would be visible. Instead, there
was a negative relationship for the nano-structured particles, and the driving EOR mechanism

appears to be microscopic flow diversion as a result of increased pressure to the system.

Because the differential pressure increases throughout the nanofluid flooding and was greater
than the differential pressure achieved during water flooding, an injection rate bump was added
to the end of the water flooding stage for future tests to ensure that any oil produced during
nanofluid flooding was a result of chemical reactivity and not from the capillary end effect.
Therefore, if additional oil recovery was still achieved, then it would be a result of the chemical
nature of the nanoparticles. Instead, this new core flooding scheme resulted in little to no oil

production during the first few pore volumes of nanofluid flooding for Parts 1, 2 and 3.

None of the modified nanoparticles met the criteria to be viable EOR candidates. The proposed
EOR mechanism for oil production during Part 2 core flooding (nanoparticle Nsp_1b, Nsp 2b
and Nsp_3b) is the in-situ creation of oil in water. This can be further exploited by tuning the

surface of the nanoparticles to better interact with the oil globules.
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Most of the experiments with nanoparticles Nsp 3c and Nsp_3d had no significant oil recovery
(<3 %OO0IP incremental oil), so no EOR mechanism is proposed. However, tests #22 and #23,
with Nsp_3c dispersed at 0.05 wt% and flooded at 20°C through cores aged for more than 10
weeks, showed significant oil recovery (8.8% and 10% OOIP incremental oil). It is unclear
whether this oil recovery is from the nanoparticles or from additional flooding in general, but

it presents a promising scenario for additional EOR tests.

7.2 Recommendations for future work

If nanoparticles are surface-modified such as they were in this work, then they should be
modified in such a way as to target a specific EOR mechanism. There is growing evidence that
combining nanoparticles with other EOR additives, such as polymers or surfactants, will
produce the greatest oil recovery. A balance must be made between developing a product that
can be applied in the field (using field / reservoir conditions) and between using simple systems
to thoroughly evaluate the nanoparticles that are already available to better understand the
relationship between adjustable parameters such as concentration and oil recovery. Ideally, a
faster test is developed to replace core flooding as a screening method for new nanoparticles.
Micromodel flooding coupled with contact angle experiments on appropriate mineral surfaces
could be the best tool for assessing nanoparticles displaying wettability altering properties. All
experiments should eventually be conducted at reservoir conditions to ensure that the same

effects will occur in a petroleum field.

7.2.1 Nanofluid stability

The nanoparticle development in this thesis was motivated purely by the issue of sea water
stability. Additional surface modifications need to be made to achieve nanofluid stability at
0.05 wt% in seawater. Once a stable nanofluid is identified, the stability tests should be
conducted over at least one year. Additional tests should also be conducted at 80°C and 100°C
and at reservoir pressures (> 100 bar). The composition of the dispersing fluid could be adjusted

to identify the effects of the different cations to evaluate the sensitivity to each component. The
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zeta potential can be analyzed as another predictor of nanofluid stability. Stabilizing

components such as PVP can be added to the nanofluid to prevent agglomeration.

7.2.2 Qil recovery

Many additional parameters can be investigated with core flooding, but because core flooding
inherently has many variations between replicated tests in unique core plugs, other experimental
methods such as micromodel flooding can be used to determine oil recovery. The following

recommendations can be applied for either core flooding or micromodel flooding.

The nanofluids should be evaluated with a secondary flooding procedure. The injection scheme
can also be adjusted to try high concentration slugs of nanofluids followed by extensive chase
water flooding. Then a larger nanoparticle concentration can provide a stronger EOR effect, but
a short injection period keeps the material cost low. Larger concentrations of nanoparticles can
be evaluated in general to have a more pronounced effect when comparing oil recovery to

nanoparticle concentration.

Comparable aged cores should be tested with the Amott cell test to confirm initial wettability
states. Future work should include a longer aging process of cores before performing nanofluid
flooding experiments with surface modified nano-structured particles to be able to significantly
increase oil recovery. All aged cores should include Sy; that is ideally produced and replicated
by using the porous plate method. This would simultaneously produce capillary pressure vs.
water saturation curves to better model the capillary end effect. This process is time-consuming

so should only be attempted for the most promising nanofluids.

7.2.3 EOR mechanisms

The primary focus for future research should be focused on the EOR mechanisms in

coordination with nanofluid stability improvement.

Fluid-fluid. More research is needed to study the behavior at the nanofluid — oil interface,

especially over time, to determine the chemical mechanisms leading to increased oil recovery.
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Parameters such as crude oil composition, nanofluid dispersing fluid composition and

nanoparticle concentration should be routinely varied and compared.

Interfacial tension tests should be conducted at reservoir conditions and for different
nanoparticle concentrations. They should also be conducted over days or weeks to see if the

nanoparticles need time to find the oil/water interface.

If in-situ emulsion generation is occurring, the system can be analyzed with micromodel
flooding. Oil-in-water emulsion stabilization can best be improved by adding cationic
surfactants to the nanoparticles because the hydrophilic silica nanoparticles naturally have a
negative surface charge (Binks and Whitby, 2005). The addition of surfactants improves
stability due to the surfactants’ absorption to both the nanoparticle-liquid interface and the oil-
liquid interface. Decreasing the surface charge on particles should reduce its hydrophilicity

(Binks and Whitby, 2005).

Nanoparticle emulsions should be thoroughly investigated by mixing with an Ultra-Turrax®

and observing the droplet size over time. Additionally, emulsion droplets can be frozen and

investigated with a Cryo-SEM to see where the nanoparticles are distributed in the sample.

Fluid-rock. Additional contact angle tests with varied minerals and therefore varied initial
wettability states should be conducted. Repeated tests are needed for the unmodified
nanoparticles. A more appropriate substrate should be used than glass, and the substrate should
be evaluated with a SEM to ensure that cleaning procedures remove all oil components
(especially asphaltenes) and nanoparticles from the mineral surface. There could be additional
reactions that need longer than 8 or 24 hours to take place, so the tests should be conducted

over days or weeks.

Additional tests with Amott cells should be done to see how the modified nanofluids affect the

overall wettability of sandstone. Nanoparticle adsorption should be investigated.
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Mechanical displacement. CT scans should be conducted on the core plugs to see where the
oil production is taking place. Intermediate pressure sensors should be placed in many locations
along the core plug length to better pinpoint where the differential pressure increase is
occurring. A mass balance should be conducted for each nanofluid with and without oil
saturation. Tracers should be added to the nanofluid phase in coordination with in-line
nanoparticle concentration evaluation to compare the dispersion phase break through with
nanoparticle transport. Particle size distribution analysis should be added in-line to the effluent

to produce continuous analysis.

The microscopic flow diversion mechanism could be physically modeled to better understand

how an increase in differential pressure causes redistribution of the fluids in the pore space.
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Appendix A: Silica nanofluid flooding tests from literature

Table A.1. Summary of silica nanoparticle flooding tests from literature.

Tpeins Nanoparticles Nanoparticle Flooding Quj
Ref. Rock type fluid Oil type Type Avg.D  Conc. oil recovery o = (ml/ mjin)
(nm) (% OOIP)
Alomair Berea Formation Heavy N/A 15 0.01 5.9 2f 0.2
etal., water crude 0.05 -4.1%
2014 filtered to 3 0.1 2.3t
wt%
El-Diasty,  Egyptian  Unspecified =~ Mineral  In-house 5 0.01 10.4 2f 0.2
2015 sst oil 0.5 7.4
3 4.4
20 0.01 264
0.5 29.4
3 34.4
40 0.01 12.4
0.5 15.4
3 22.4
60 0.01 54
0.5 2.4
3 4.6
Hend- Bereasst 3 wt% NaCl ~ Mineral Nsp_3a 7 0.01 39 2 0.5
raningrat oil -0.4%
etal., 7.9
2012a
Hend- Bereasst 3 wt% NaCl Light Nsp_3a 7 0.01 2.6 3 0.2
raningrat Low K crude 0.01 1.9
etal., 0.05 6.1
2013b 0.05 3.0
0.1 0.0
0.1 0.0
High K 0.01 4.7
0.05 53
0.05 4.7
0.1 43
Hend- Bereasst 3 wt% NaCl Light Nsp 3a 7 0.02 2.9 3 0.2
raningrat Low K crude 0.02 0.4
etal., 0.03 2.7
2013c¢ 0.03 44
0.04 1.7
0.04 1.1
0.05 7.0
0.05 9.9
0.06 2.7
0.06 1.6
0.07 2.1
0.07 2.5
0.08 1.0
0.08 0.5
0.09 0.7
0.09 0.6
Hend- Bereasst 3 wt% NaCl Light Elkem AS 40 0.05 1.0 3 0.2
raningrat crude 1.0
etal., Nsp_la 16 0.05 2.0
2013d 1.8
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Table A.1. (cont’d) Summary of silica nanoparticle flooding tests from literature.

Nanoparticles

Nanoparticle

Ref. Rock type Dlsi[])el.'(simg Oil type Type Avg.D  Conc. oil recovery Fl(;:)dm*g Si"j.
uil o) (% OOIP) scheme (ml/min)
Hend- Bereasst 3 wt% NaCl Light Nsp_3a 7 0.05 35 3 0.2
raningrat crude 5.0
etal., 7.6
2013d 0.0 0.4
1.0
0.0 0.8
0.9
Ogolo Sandpack Distilled Medium  Skyspring 10-30 0.3 0.8 2f N/A
etal., water crude Nano-
2012 3 wt% materials,
unspecified Inc. 4.2
Ragab Egyptian ~ Unspecified = Mineral In-house 87 0.1 11 2f N/A
etal., sst brine oil 0.5 14
2015 1.0 9
Ragab Egyptian ~ Unspecified Light In-house 140 0.1 1.0 3 N/A
and sst brine crude 140 0.1 -1.6 2f
Hannora, 120 0.1 5.9
2015 100 0.1 8.4
Youssif Un- 3 wt% NaCl Light Un- 22 0.01 1.6 3 0.5
etal., specified crude specified 0.05 9.1
2017 sst commerci 0.1 133
al 0.5 0.7
0.05 8.4 2f
0.1 12.6
0.2 6.6
0.5 -2.4%

* Flooding scheme is coded as “2” if nanoparticle flooding was conducted as a secondary process. “3” denotes tertiary
nanoparticle flooding (conducted after water flooding).

 Secondary nanoparticle flooding results compared to only one water flooding test (one control variable).

* A negative oil recovery for some secondary core flooding tests is a result of the nanofluid flooding producing a smaller total

oil recovery that the water flooding test with which it is compared.
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Appendix B: Nanofluid stability

Table B.1. Overview of nanofluid stability tests and appendix location.

Nanoparticle / nanofluid
q . Surface area | Concentration T?gp' Figure #
Type Name | Modification (mYg) Wt%) ((®)
Cnp_1 None 65 0.05 20
Colloidal | Cnp 2 None 150 0.05 20 B.1
Cnp 3 None 350 0.05 20
Nsp la None 130 0.05 20
Nsp 2a None 200 0.05 20 B.2
Nsp 3a None 300 0.05 20
Nsp_1b - 0.05 20, 40, 60 B3
Nano- Nsp 2b | Silanization - 0.05 20, 40, 60 B.4
structured | Nsp_3b - 0.05 20, 40, 60 B.5
Nsp 3¢ - 0.05 20, 40, 60 B.6
Nsp 3¢ PEG - 0.10 20, 40, 60 B.7
Nsp 3¢ - 0.50 20, 40, 60 B.8
Nsp_3d Epoxy - 0.05 20, 40, 60 B.9
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" These samples were too polydisperse for proper cumulant analysis, but the data are reported here to illustrate

Unmodified colloidal nanoparticles

Nanoparticle Concentration | Temperature
in SSW (wt%) (°C)
Cnp 1 0.05 20
Cnp 2 0.05 20
Cnp 3 0.05 20

Table B.2. Average particle size and polydispersity index for nanofluids with colloidal
nanoparticles. Each value is an average of three measurements. The standard deviation

is also reported.

Distilled water Synthetic Sea water (SSW)
0 hours 0 hours 8 hours 24 hours

Cnp 1 81.0(£0.4) 1446 (+ 341)" 1993 (+276)" 2338 (+ 168)
Daveg Cnp 2 38.6 (£0.3) 38.8 (£ 0.5) 51.6 (+0.1) 66.5 (£ 1.1)

Cnp 3 17.6 (£0.1) 44.4 (£1.9) 101.7 (x 1.4)f 250.8 (£ 5.3)

Cnp 1 0.030(+0.012)  0.449 (£0.079)"  0.246 (+0.027)"  0.140 (£ 0.101)
PdI Cnp 2 0.154(£0.026)  0.150 (+ 0.006) 0.286 (+0.001)  0.201 (£ 0.003)

Cnp 3 0.323(£0.035) 0.415(+0.015) 1.003 (+ 1.288)"  0.351 (+0.048)

how quickly agglomeration occurs.

 This value is an average of two measurements.
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Figure B.1. Particle size distribution by intensity (frequency curves) for A) Cnp 1, B)
Cnp_2 and C) Cnp_3 in dispersed at 0.05 wt% and 20°C.
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Unmodified nano-structured particles

Nanoparticle Concentration | Temperature
in SSW (wt%) (°C)
Nsp_la 0.05 20
Nsp 2a 0.05 20
Nsp 3a 0.05 20

Table B.3. Average particle size and polydispersity index for nanofluids with
unmodified nano-structured particles. Each value is an average of three measurements.
The standard deviation is also reported.

Distilled water Synthetic Sea water (SSW)
0 hours 0 hours 24 hours
Nsp_la 144 (£ 0.4) 199 (+4.2) 304 (+ 14.5)
Dave Nsp_2a 95.7(+0.2) 190 (+ 3.6) 311 (£9.4)"
Nsp 3a 133 (£ 1.5) 138 (£ 0.6) 180 (£ 1.7)
Nsp la  0.118(£0.020)  0.289 (£ 0.029)  0.625 (£ 0.145)
PdI Nsp 2a  0.108 (+0.008)  0.343 (£0.027)  0.556 (+0.024)"
Nsp 32 0.119(£0.008)  0.127 (+0.016)  0.204 (£ 0.010)

" These samples were too polydisperse for proper cumulant analysis, but the data are reported here to illustrate
how quickly agglomeration occurs.
 This value is an average of two measurements.
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Figure B.2. Particle size distribution by intensity (frequency curves) for A) Nsp_la, B)
Nsp_2a and C) Nsp_3a dispersed at 0.05 wt% and 20°C.
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Silanized nano-structured particle Nsp 1b
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Nsp_Ib 0.05 20, 40 and 60
€ 20
2
[
=
z
£ 10
o
8
E
0
i 100 1,000 10 000

Particle diameter (nm)
A) Nsp_1b nanoparticles, 40°C

N
o

Intensity (percent)
o

1 10 100 1000 10 000

Particle diameter (nm)
B) Nsp_1b nanoparticles, 60°C

0 hours in SSW — 8 Weeks in SSW
1 week in SSW 12 weeks in SSW
4 weeks in SSW — 16 weeks in SSW

Figure B.3. Particle size distribution by intensity (frequency curves) for Nsp b
dispersed at 0.05 wt% at A) 40°C and B) 60°C.
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Silanized nano-structured particle Nsp 2b
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Figure B.4. Particle size distribution by intensity (frequency curves) for Nsp 2b at A)
20°C, B) 40°C and C) 60°C. The values at 60°C from week 4 through 16 were too
polydisperse to provide accurate particle dispersions.
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Silanized nano-structured particle Nsp 3b
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Figure B.5. Particle size distribution curves for Nsp 3b at A) 20°C, B) 40°C and C)
60°C.
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PEG-modified Nsp 3c at 0.05 wt%
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Figure B.6. Particle size distribution curves for Nsp 3c dispersed at 0.05 wt% at A)
20°C, B) 40°C and C) 60°C.
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PEG-modified Nsp 3c at 0.10 wt%
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Figure B.7. Particle size distribution curves for Nsp 3c dispersed at 0.10 wt% at A)
20°C, B) 40°C and C) 60°C.
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PEG-modified Nsp 3c at 0.50 wt%
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Figure B.8. Particle size distribution curves for Nsp_3c dispersed at 0.50 wt% at A)
20°C, B) 40°C and C) 60°C.
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Epoxy-modified Nsp 3d at 0.05 wt%
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Figure B.9. Particle size distribution curves for Nsp 3d dispersed at 0.05 wt% at A)
20°C and B) 60°C.
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Figure C.1. Oil recovery curves for Part 1 core flooding tests with water flooding
occurring at an injection rate of 0.4 ml/min.
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Figure C.2. Oil recovery curves for Part 2 core flooding tests conducted with crude oil.
Water flooding was injected at 0.3 ml/min for 5 PV followed by injection at 3.0 ml/min
for2.5to 4 PV.
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Figure C.3. Oil recovery curves for Part 3 core flooding tests conducted without aging
and including initial water saturation (tests #14 through #21). The two tests from Part 4
(#24 and #25) that had similar core plug conditions and water flooding schemes are also
shown here. Water flooding was conducted at 0.3 ml/min for 1.2 to 2.0 PV before it was
increased to 3.0 ml/min for 2.8 to 3.0 PV.
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Figure C.4. Oil recovery curves for all core plugs that were aged and had no initial
water saturation. That includes the final two tests from Part 3 (#22 and #23) that were
aged for 11.5 and 10.5 weeks, respectively, and all the tests from Part 4 that were aged
for four weeks (tests #26 through #35). Water flooding was conducted at 0.3 ml/min for
1.75 to 2.75 PV followed by injection at 3.0 ml/min for 3 PV (tests #22 and #23) or 9.5
to 9.75 PV (tests #26 to #35).
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Figure C.5. Oil recovery curves for tests #9 and #12 that were conducted with n-decane.
The water flooding was conducted at 0.3 ml/min for 5 PV followed by 3.0 ml/min for 2
PV.

202



Appendix D: Part 1 core flooding tests — Screening of unmodified nanoparticles

Appendix D: Part 1 core flooding tests — Screening of

unmodified nanoparticles

Table D.1. Overview of Part 1 core flooding tests in Appendix D.

Nanofluid .
Oleic Temp. .
Test # Type Surface Conc. phase ©C) Aging
yp modification  (wt%)
1 Cnp 1 - 0.05 Crude oil 20 No
2 Cnp 2 - 0.05 Crude oil 20 No
3 Cnp_3 - 0.05 Crude oil 20 No
4 Nsp_la - 0.05 Crude oil 20 No
5 Nsp 2a - 0.05 Crude oil 20 No
6 Nsp 3a - 0.05 Crude oil 20 No
€ 3
£
g -
g 2}
.-}
4 -
S
g 11
2,
= — 0.4 mi/min
=
=
= o l 1 1
0 1 2 3 4

Pore volumes flooded
(normalized time)

Water flooding Nano flooding
injection rate injection rate

Figure D.1. Core flooding injection scheme for Part 1 tests. There are some exceptions
to the injection scheme. See the detailed procedure in Section 5.4 for more information.
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204

Test #1
Nanoparticle | Concentration | Oleic phase | Temperature | Aging
Cnp_1 0.05 wt% Crude oil 20°C None

Core plug length (cm) | Porosity (%) | Permeability (mD) | Pore volume (ml) Swi

13.0 20.8 285 24.8 0.26
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Figure D.1. Oil recovery and differential pressure for test #1. The primary oil bank from
nanofluid flooding was produced after 0.2 PV. The nanofluid flooding recovery factor

after 1 PV was 2.0%.

Recovery factor, RF (% OOIP)

Water flood | Nano flood | Total
51.9 3.5 55.4
Residual oil saturation, Sor Capillary number, N.

Water flooding | Nanofluid flooding

Water flooding | Nanofluid flooding

0.34 0.31

2.95x10°° 3.90x107°
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Test #2
Nanoparticle | Concentration | Oleic phase | Temperature | Aging
Cnp 2 0.05 wt% Crude oil 20°C None
Core plug length (cm) | Porosity (%) | Permeability (mD) | Pore volume (ml) Swi
13.0 18.5 363 24.8 0.40
100 o 14
'-a'-h-s—'-'
90 | -~ ’
"' ‘q~-.--h'---§- -~," 12
80 r -
& 70 | 1.0
3
2 60 08
2 50
2
8 40} 0.6
2
5 30 04
20
02
10 |
0 : - : 0
0 1 2 3 4

Pore volumes flooded

Qil recovery (% OOIP)

Water flooding
Q,, = 0.4 ml/min

Nano flooding

Q,; = 0.4 ml/min

- = = - Differential pressure (bars)

Figure D.2. Oil recovery and differential pressure for test #2. The primary oil bank from
nanofluid flooding was produced after 0.6 PV. The nanofluid flooding recovery factor
after 1 PV was 4.11%.

Recovery factor, RF (% OOIP)

Water flood | Nano flood | Total
61.4 6.6 68.0
Residual oil saturation, Sor Capillary number, Nc
Water flooding | Nanofluid flooding Water flooding | Nanofluid flooding
0.29 0.24 3.32x10°¢ 3.53x10°¢

Differential pressure (bar)
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Appendix D: Part 1 core flooding tests — Screening of unmodified nanoparticles

Test #3
Nanoparticle | Concentration | Oleic phase | Temperature | Aging
Cnp 3 0.05 wt% Crude oil 20° C None
Core plug length (cm) | Porosity (%) | Permeability (mD) | Pore volume (ml) Swi
13.0 18.4 438 26.1 0.28
100 14
90 |
12
80 |
o B {110
= 70 cme=
o s .
et 60 | - -
,:’_ 1 08
2 50
s 06
8 40t '
e
= 30 | !
o 04
20 +
102
10
0 . . 0
0 1 2 3
Pore volumes flooded
Oil recovery (% OOIP)
- Water flooding Nano flooding - = = - Differential pressure (bars)
Q,; = 0.4 ml/min Q;; = 0.4 ml/min

Figure D.3. Oil recovery and differential pressure for test #3. The primary oil bank from
nanofluid flooding was produced after 0.6 PV. The nanofluid flooding recovery factor
after 1 PV was 2.36%, and no additional oil was produced after the initial oil bank.

Recovery factor, RF (% OOIP)

Differential pressure (bar)
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Water flood | Nano flood | Total
62.3 24 64.7
Residual oil saturation, Sor Capillary number, Nc
Water flooding | Nanofluid flooding Water flooding | Nanofluid flooding
0.23 0.21 3.33x10°¢ 3.98x10°¢




Appendix D: Part 1 core flooding tests — Screening of unmodified nanoparticles

Test #4
Nanoparticle | Concentration | Oleic phase | Temperature | Aging
Nsp_la 0.05 wt% Crude oil 20°C None

Core plug length (cm) | Porosity (%) | Permeability (mD) | Pore volume (ml) Swi

Oil recovery (% OOIP)

13.0 17.8 337 24.7 0.30
100 14
90 *F
41 1.2

80
70 | ot 110 o
- [1:]
60 | e <
Pl 108 @
’ =
50 *\" ~‘—--_-----_\'l 3
{06 £
40 o
s
30 - { 04 '5
20 - £
41 02 o

10 -

0 1 1 1 1 1 0
0 1 2 3 4 5
Pore volumes flooded
Oil recovery (% OOIP)
== \Water flooding Nano flooding = = = - Differential pressure (bars)
Q,, = 0.4 ml/min Q,, = 0.4 ml/min

Figure D.4. Oil recovery and differential pressure for test #4. The primary oil bank from
nanofluid flooding was produced after 0.4 PV. The nanofluid flooding recovery factor
after 1 PV was 7.06%.

Recovery factor, RF (% OOIP)
Water flood | Nano flood | Total

58.8 11.8 70.6
Residual oil saturation, Sor Capillary number, N¢
Water flooding | Nanofluid flooding Water flooding | Nanofluid flooding
0.30 0.22 3.45%10°¢ 3.65x10°
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Appendix D: Part 1 core flooding tests — Screening of unmodified nanoparticles

Test #5
Nanoparticle | Concentration | Oleic phase | Temperature | Aging
Nsp 2a 0.05 wt% Crude oil 20°C None
Core plug length (cm) | Porosity (%) | Permeability (mD) | Pore volume (ml) Swi
13.0 18.1 394 23.2 0.27
100 14
90 |
1 1.2
80 -
& 70 - 110
8 cne=s="
2 0 e P < 08
. -
2 50 T
2 H 06
g 40 H '
)
= v
5 30 | ! 1 04
20 |
1 0.2
10 H
0 1 1 L 1 L 0
0 1 2 3 4 5

Pore volumes flooded
Oil recovery (% OOIP)

— Water flooding Nano flooding
Q,; = 0.4 ml/min Q,; = 0.4 ml/min

- = = - Differential pressure (bars)

Figure D.5. Oil recovery and differential pressure for test #5. The decrease in pressure
at the fluid switch was because the outflow from the nanofluid cylinder was lower than
0.4 ml/min while pressure built up again. The primary oil bank from nanofluid flooding
was produced after 0.5 PV. The nanofluid flooding recovery factor after 1 PV was
4.01%.

Recovery factor, RF (% OOIP)

Differential pressure (bar)

208

Water flood | Nano flood | Total
50.0 8.3 58.3
Residual oil saturation, Sor Capillary number, N¢
Water flooding | Nanofluid flooding Water flooding | Nanofluid flooding
0.36 0.30 3.39x10° 3.51x10°¢




Appendix D: Part 1 core flooding tests — Screening of unmodified nanoparticles

Oil recovery (% OOIP)

Test #6
Nanoparticle | Concentration | Oleic phase | Temperature | Aging
Nsp 3a 0.05 wt% Crude oil 20° C None
Core plug length (cm) | Porosity (%) | Permeability (mD) | Pore volume (ml) Swi
13.0 18.2 358 254 0.28
100 14
90
112
80 |
70 | Le= |10
- -
-
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) e~ 1 08
\ ¢
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e L L RN T 1 06
40
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20
1 0.2
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0 L L 1 L L 0
0 1 2 3 4 5

Pore volumes flooded

Qil recovery (% OOIP)

Water flooding
Q,, = 0.4 ml/min

Nano flooding
Q,, = 0.4 ml/min

= = = - Differential pressure (bars)

Figure D.6 Oil recovery and differential pressure for test #6. The primary oil bank from
nanofluid flooding was produced after 0.3 PV. The nanofluid flooding recovery factor

after 1 PV was 3.01%.

Recovery factor, RF (% OOIP)

Water flood | Nano flood | Total
59.0 5.7 64.7
Residual oil saturation, Sor Capillary number, N¢
Water flooding | Nanofluid flooding Water flooding | Nanofluid flooding
0.29 0.25 3.38x10°¢ 3.60x10°¢

Differential pressure (bar)
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Appendix E: Part 2 core flooding tests — Screening of silanized nanoparticles

Appendix E: Part 2 core flooding tests — Screening of

silanized nanoparticles

Table E.1. Overview of Part 2 core flooding tests in Appendix E.

Nanofluid .
Test # Surf C Oleic Temp. Asi
urface onc. e oC ging
Type modification  (wt%) . €0
7 g . No
Nsp_1b Silanization 0.05 Crude oil 20
9 Nsp_1b Silanization 0.05 n-Decane 20 No
10 . . No
1 Nsp_2b Silanization 0.05 Crude oil 20
12 Nsp 2b Silanization 0.05 n-Decane 20 No
13 Nsp_3b Silanization 0.05 Crude oil 20 No

Single test

Duplicate test

Fluid injection rate, Q, (ml/min)
N
T

~ 0.3 ml/min

0 l I ] ]
0 5 10 15 20 25

Pore volumes flooded
(normalized time)

Water flooding Nano flooding Chase water flooding
injection rate injection rate injection rate

Figure E.1. Core flooding injection scheme for Part 2 tests. There are some exceptions
to the injection scheme. See the detailed procedure in Section 5.4 for more information.
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Appendix E: Part 2 core flooding tests — Screening of silanized nanoparticles

Pore volumes flooded

Oil recovery (% OOIP)

—— Water flooding
Q,, = 0.3 ml/min

—— Water flooding
Q,,; = 3.0 ml/min

Nano flooding
Q,; = 0.3 ml/min

— Nano flooding
Q,; = 3.0 ml/min

Test #7
Nanoparticle | Concentration | Oleic phase | Temperature | Aging
Nsp_1b 0.05 wt% Crude oil 20°C None
Core plug length (cm) | Porosity (%) | Permeability (mD) | Pore volume (ml) Swi
13.0 15.1 327 22.8 0.24
100 14
90 +
1.2
80 |
o
9 60
2\‘1 ' 4 0.8
2 50 f
s 0.6
1 T .
§ 40 + s
- h
= 30 ! R R i
(o) ! l\ ,' - \ v 0.4
20 | ==, ' ! !
' ! !
1 ! \ , 1 02
100K _____ | | ! ' h
= : _______ ‘ L
0 : ESlaE=———— ’ 0.0
0 5 10 15 20 25

- - - - Differential pressure (bar)

Figure E.2. Oil recovery and differential pressure for test #7. The primary oil bank from
nanofluid flooding was produced after 3 PV, but it represented less than 0.1% of OOIP.
The recovery factor from NF-Quign Was 6%, and production occurred immediately after
the injection rate increase. The oil was produced continuously during this stage.

Differential pressure (bar)

Recovery factor, RF (% OOIP)
Water flooding Nanofluid flooding Total
Qinj= | 0.3 m/min | 3.0 m//min | 0.3 ml/min | 3.0 ml/min
41.3 24.1 0.1 6.0 71.5
Residual oil saturation, Sor Capillary number, Nc
Water Nanofluid Water flooding Nanofluid flooding

flooding flooding Qij= | 0.3mlmin | 3.0 m/min | 0.3 mV/min | 3.0 ml/min
0.26 0.22 3.05x10°¢ 3.05%10° 3.31x10°¢ 3.31x10°
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Appendix E: Part 2 core flooding tests — Screening of silanized nanoparticles

Test #8
Nanoparticle | Concentration | Oleic phase | Temperature | Aging
Nsp_1b 0.05 wt% Crude oil 20°C None
Core plug length (cm) | Porosity (%) | Permeability (mD) | Pore volume (ml) Swi
13.0 16.3 276 24.6 0.37
100 , 1.6
[}
90 - ' 114
80T CTT ' : 12 ©
E ! ] < ) =
g 70+ I ! :'t 8
° ' WMLELE - 10 ¢
g 60 : ! : L 2
1
> 50 - ! | ; ' 108 @
2 - ' - Vo s
H ! —
g 40 ! . l ' {06 Z
z o : ], B
o | ___-- -- ' . ' {04 g
20 - | ' T £
\ 1 | ' ' [=]
10 b : ___________ ! fl [ 0.2
| ,---" " _ !
0 L L 1 L L 0
0 5 10 15 20 25
Pore volumes flooded
Qil recovery (% OOIP)
—— Water flooding Nano flooding - = - - Differential pressure (bar)
Q,; = 0.3 ml/min Q,; = 0.3 ml/min
—— Water flooding — Nano flooding
Q,; = 3.0 mi/min Q,; = 3.0 ml/min

Figure E.3. Oil recovery and differential pressure for test #8. The primary oil bank from
nanofluid flooding was produced after 5.2 PV, and it represented slightly less than 1%
of OOIP. There was no additional oil recovery from the nanofluid flooding after the

injection rate increase.

Recovery factor, RF (% OOIP)
Water flooding Nanofluid flooding Total
Qinj= | 0.3 m/min | 3.0 m//min | 0.3 ml/min | 3.0 ml/min
52.0 9.0 1.1 0.0 62.1
Residual oil saturation, Sor Capillary number, Nc
Water Nanofluid Water flooding Nanofluid flooding
flooding flooding Qij= | 0.3ml/min | 3.0 m/min | 0.3 m/min | 3.0 m/min
0.25 0.24 2.82x10°¢ 3.82x10° 3.06%10°¢ 3.06x107
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Appendix E: Part 2 core flooding tests — Screening of silanized nanoparticles

—— Water flooding

Q

inj

Pore volumes flooded

Oil recovery (% OOIP)
—— Water flooding

= 0.3 ml/min

Q,, = 3.0 m/min

Nano flooding
Q,; = 0.3 ml/min

Nano flooding
Q,; = 3.0 ml/min

Test #9
Nanoparticle | Concentration | Oleic phase | Temperature | Aging
Nsp_1b 0.05 wt% n-decane 20°C None
Core plug length (cm) | Porosity (%) | Permeability (mD) | Pore volume (ml) Swi
13.0 15.6 394 23.5 0.46
100 2.00
I -4 .
90 , 1 't 1 1.75
] 1
80 - ,I | '
- f-- o ! 1150 %
& 70 - ' 1 | ! ! E-]
0 v oL Y
o 1 ! 1125 §
2 60 1 .: JI—II : §
~ | )
2 50 - o b 1100 £
1 —_—
8 40 | o Lo 2
@ : ! ' , . 4 0.75 §
- ! ! o
5 % o A 1 050 §
X .
20 , : | v
I
10 S [P o 1 0.25
—————— ! 1, ==
0 ¥ " ' L 1 L 0
0 5 10 15 20 25

- - - - Differential pressure (bar)

Figure E.4. Oil recovery and differential pressure for test #9. The primary oil bank from
nanofluid flooding was produced after 8.5 PV, and it was < 0.5% of OOIP. There was
no additional oil recovery from the nanofluid flooding after the injection rate increase.

Recovery factor, RF (% OOIP)
Water flooding Nanofluid flooding o
Qinj= | 0.3 m/min | 3.0 m/min | 0.3 mI/min | 3.0 ml/min
554 3.1 0.4 0.0 58.9
Residual oil saturation, Sor Capillary number, Nc
Water Nanofluid Water flooding Nanofluid flooding
flooding flooding Qij= | 0.3 m/min | 3.0 mI/min | 0.3 mI/min | 3.0 mI/min
0.24 0.22 2.95x10°° 2.95x107° 3.20x10° 3.20x10°
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Appendix E: Part 2 core flooding tests — Screening of silanized nanoparticles

Test #10
Nanoparticle | Concentration | Oleic phase | Temperature | Aging
Nsp_2b 0.05 wt% Crude oil 20°C None
Core plug length (cm) | Porosity (%) | Permeability (mD) | Pore volume (ml) Swi
13.0 15.5 224 23.7 0.29
100 2.00
% r {175
80 |
- 1 1.50
% 70 | /
0'= 60 - 1 1.25
2 7|
2 50 41 1.00
[ ?
2 !
g 40 ¢ . ) - |ors
~ 30 § ! !
o
! 'l 1050
20 ) ' 1
| \ [
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10 : ll | 0.25
] 1 :
0 ' —— 0

10

Pore volumes flooded

15

Qil recovery (% OOIP)

- Water flooding

Q,, = 0.3 ml/min

—— Water flooding

Q,; = 3.0 ml/min

Nano flooding
Q,, = 0.3 ml/min

= Nano flooding

Q. = 3.0 ml/min

inj

20

- - - - Differential pressure (bar)

Figure E.5. Oil recovery and differential pressure for test #10. The primary oil bank from
nanofluid flooding was produced after 8 PV, and it was about 0.5% of OOIP. The recovery
factor from NF-Quign was 13.8%, and production occurred immediately after the injection rate
increase. The oil was produced continuously during this stage.

Differential pressure (bar)

Recovery factor, RF (% OOIP)
Water flooding Nanofluid flooding Total
Qinj= | 0.3 m/min | 3.0 m/min | 0.3 ml/min | 3.0 ml/min
34.9 23.0 0.9 13.8 72.6
Residual oil saturation, Sor Capillary number, N¢
Water Nanofluid Water flooding Nanofluid flooding
flooding flooding Qini= | 0.3 m/min | 3.0 mI/min | 0.3 mI/min | 3.0 mI/min
0.30 0.19 2.97x10°¢ 2.97x10° 3.19x10° 3.19x10°
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Appendix E: Part 2 core flooding tests — Screening of silanized nanoparticles

—— Water flooding

Figure E.6. Oil recovery and differential pressure for test #11. The primary oil bank

Pore volumes flooded

QOil recovery (% OOIP)

——— Water flooding
Q,; = 0.3 ml/min

Q,, = 3.0 ml/min

Nano flooding
Q;; = 0.3 ml/min

Nano flooding
Q,, = 3.0 m/min

Test #11
Nanoparticle | Concentration | Oleic phase | Temperature | Aging
Nsp_2b 0.05 wt% Crude oil 20°C None
Core plug length (cm) | Porosity (%) | Permeability (mD) | Pore volume (ml) Swi
13.0 15.5 363 23.5 0.29
100 2.00
% I 1175
80 | —
e 4 1.50
o
g 70 |
1 1.25
G\n 60 B
2 50 4 1.00
2
g 40| 1075
@ ‘
= 30 '
o " 4 0.50
20 n
" l‘ _____ r -
______ -
10 ' . . ! {025
\ - ! ! '
g L ===°~ L L Sy P ' L 0
0 5 10 15 20 25

- - - - Differential pressure (bar)

from nanofluid flooding was produced after 2.5 PV, and it was 0.6% of OOIP. An
additional oil bank was produced after 6.15 PV of nanofluid flooding, and it was also
0.6% of OOIP. The oil recovery from NF-Quign was 5.6%, and production occurred
immediately after the injection rate increase. The oil was produced continuously during

Differential pressure (bar)

this stage.
Recovery factor, RF (% OOIP)
Water flooding Nanofluid flooding Total
ota
Qinj= | 0.3 ml/min | 3.0 ml/min | 0.3 mI/min | 3.0 ml/min
49.9 28.3 1.2 5.6 85.0
Residual oil saturation, Sor Capillary number, Nc
Water Nanofluid Water flooding Nanofluid flooding
flooding flooding Qij= | 0.3 ml/min | 3.0 m/min | 0.3 mV/min | 3.0 mV/min
0.16 0.11 2.96x10°° 2.96x107° 3.18x10° 3.18x10°°
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Appendix E: Part 2 core flooding tests — Screening of silanized nanoparticles

Test #12
Nanoparticle | Concentration | Oleic phase | Temperature | Aging
Nsp_2b 0.05 wt% n-decane 20°C None
Core plug length (cm) | Porosity (%) | Permeability (mD) | Pore volume (ml) Swi
13.0 16.3 453 24.7 0.32
100 2.00
90 | " 1 1.75
80 | .- L0 ;
= 1 ! ' 1 1 1 1.50
o ! |
= 70 - [ 1 '
3 Lo Co 1125
| L S
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20 . ! : I| \ ,
r .
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Pore volumes flooded

Oil recovery (% OOIP)

Water flooding
Q,; = 0.3 ml/min

Water flooding
Q,; = 3.0 ml/min

Nano flooding e

Q,, = 0.3 ml/min

— Nano flooding

Q;, = 3.0 ml/min

Differential pressure (bar)

Figure E.7. Oil recovery and differential pressure for test #12. No oil was produced
during the nanofluid flooding stage with the low injection rate. A recovery factor of
0.9% was achieved during nanofluid flooding after the injection rate increase.
Additional recovery occurred 0.25 PV after the rate increased.

Differential pressure (bar)

Recovery factor, RF (% OOIP)
Water flooding Nanofluid flooding Total
Qinj= | 0.3 m/min | 3.0 mI/min | 0.3 mlI/min | 3.0 ml/min
51.0 1.2 0.0 0.9 53.1
Residual oil saturation, Sor Capillary number, N¢
Water Nanofluid Water flooding Nanofluid flooding
flooding flooding Qinj= | 0.3ml/min | 3.0 mI/min | 0.3 mI/min | 3.0 ml/min
0.32 0.32 2.82x10°° 2.82x10°° 3.03x10° 3.03x10°
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—— Water flooding

Pore volumes flooded

Oil recovery (% OOIP)

—— Water flooding
Q;; = 0.3 ml/min

Q,, = 3.0 ml/min

Nano flooding R
Q,; = 0.3 ml/min

Nano flooding
Q,, = 3.0 ml/min

Test #13
Nanoparticle | Concentration | Oleic phase | Temperature | Aging
Nsp 3b 0.05 wt% Crude oil 20° C None
Core plug length (cm) | Porosity (%) | Permeability (mD) | Pore volume (ml) Swi
13.0 15.7 332 23.7 0.33
100 2.00
9 I 1175
% 150 &
o 1 - K]
g 70| ~ ®
9 0 1125 5
2 2
2 50 1100 §
2 40 S
g 1 075 €
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0 exg= o= L L --=.19p
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Differential pressure (bar)

Figure E.8. Oil recovery and differential pressure for test #13. The primary oil bank
from nanofluid flooding was produced after 3.45 PV, and it was 0.75% of OOIP. Trace
oil (0.03% OOIP) was produced at 1 PV of nanofluid flooding, and an additional oil
bank was produced at 4 PV amounting to 0.3 % of OOIP. The recovery factor from NF-
Qnigh Was 7.2%, and production occurred immediately after the injection rate increase.
The oil was produced continuously during this stage.

Recovery factor, RF (% OOIP)
Water flooding Nanofluid flooding Total
Qinj= | 0.3 ml/min | 3.0 ml/min | 0.3 mI/min | 3.0 ml/min
40.0 26.0 1.1 7.2 743
Residual oil saturation, Sor Capillary number, N¢
Water Nanofluid Water flooding Nanofluid flooding
flooding flooding Quj= | 0.3 ml/min | 3.0 m/min | 0.3 mV/min | 3.0 ml/min
0.23 0.17 2.92x10°° 2.92x107° 2.83x10° 2.83x107
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Appendix F: Part 3 core flooding tests

surface-modified Nsp_3a

Table F.1. Overview of Part 3 core flooding tests in Appendix F.

— Evaluation of

Figure F.1. Core flooding injection scheme for Part 3 tests. There are some exceptions
to the injection scheme. See the detailed procedure in Section 5.4 for more information.

Water flooding
injection rate

Pore volumes flooded

(normalized time)

Nano flooding

injection rate

Nanofluid q
Oleic Temp. .
Test # Tvoe Surface Conc.  hage ©C) Aging
yp modification  (wt%)
14
15 Nsp_3c PEG 0.05 Crude oil 20 No
16 Nsp_3c PEG 0.05 Crude oil 20 No
17 Nsp_3c PEG 0.025  Crude oil 20 No
18 Nsp 3¢ PEG 0.01 Crude oil 20 No
19 Nsp 3c PEG 0.05 Crude oil 20 No
20 Nsp 3¢ PEG 0.10 Crude oil 20 No
21 Nsp_3d Epoxy 0.05 Crude oil 20 No
22 Nsp_3c PEG 0.05  Crude oil 20 11.5 weeks at 60°C
23 Nsp 3c PEG 0.05 Crude oil 20 10.5 weeks at 60°C
Single test
Duplicate test
4

E -

£

E B[

GE -

g

g 2

c

L

2 -

L

£ 1}k

2

=]

[ B 0.3 mi/min

0 ] 1 1
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Appendix F: Part 3 core flooding tests — Evaluation of surface-modified Nsp 3a

Test #14
Nanoparticle | Concentration | Oleic phase | Temperature | Aging
Nsp 3¢ 0.05 wt% Crude oil 20° C None
Core plug length (cm) | Porosity (%) | Permeability (mD) | Pore volume (ml) Swi
10.0 16.9 320 19.4 0.37
100 14
90 +
112 %"
g 8 ]
o 110 o
b 70 £
= '
< 60 ;~o---{ 08 @
2 50 ) =
g . 06 =
o 40 ' 1 %% @
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0 1 L 1 0
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Pore volumes flooded

Oil recovery (% OOIP)

- Water flooding
Q,; =0.3 ml/min

—— Water flooding
Q,; =3.0 ml/min

Nano flooding
Q= 0.3 ml/min

- = - - Differential pressure (bar)

— Nano flooding
Q= 3.0 ml/min

Figure F.2. Oil recovery and differential pressure for test #14. The primary oil bank
from nanofluid flooding at 0.3 ml/min was produced after 4 PV, but it represented less
than 1% of OOIP. Two other small oil banks were produced after 7 and 8 PV of
nanofluid flooding. The recovery factor from NF-Qnign was 1.2%, and production
occurred immediately after the injection rate increase.

Recovery factor, RF (% OOIP)
Water flooding Nanofluid flooding el
Qinj= | 0.3 m/min | 3.0 m/min | 0.3 mlI/min | 3.0 ml/min
43.6 8.2 1.2 1.2 54.2
Residual oil saturation, Sor Capillary number, N.
Water Nanofluid Water flooding Nanofluid flooding
flooding flooding Quj= | 0.3ml/min | 3.0 m/min | 0.3 mI/min | 3.0 ml/min
0.31 0.29 2.72x10°° 2.72x107° 2.87x10° 2.87x107
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Test #15
Nanoparticle | Concentration | Oleic phase | Temperature | Aging
Nsp 3¢ 0.05 wt% Crude oil 20° C None
Core plug length (cm) | Porosity (%) | Permeability (mD) | Pore volume (ml) Swi
10.0 17.7 396 20.1 0.37
100 T 1.8
\
90 L AR -
80 | “,: ‘\l “ 415
o
S 70 112
= 60 |
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3
8 40 [ e m—— -
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10
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0 5 10 15 20

Pore volumes flooded

Qil recovery (% OOIP)
—— Water flooding Nano flooding
Q,, = 0.3 ml/min Q,, = 0.3 ml/min

inj

—— Water flooding
Q,; = 3.0 ml/min

= Nano flooding
Q,,; = 3.0 m/min

Figure F.3. Oil recovery and differential pressure for test #15. The primary oil bank
from nanofluid flooding was produced after 2PV, and it represented slightly less than
1% of OOIP. There was intermittent production throughout the rest of the low rate
nanofluid flooding, totally slightly less than 2% RF in total. Recovery from high rate
did not occur until after 1 PV, and it was sporadic production totaling less than 1%.

- - - - Differential pressure (bar)

Differential pressure (bar)

Recovery factor, RF (% OOIP)
Water flooding Nanofluid flooding Total
Qinj= | 0.3 m/min | 3.0 m//min | 0.3 ml/min | 3.0 ml/min
39.5 7.8 1.9 0.9 50.1
Residual oil saturation, Sor Capillary number, Nc
Water Nanofluid Water flooding Nanofluid flooding
flooding flooding Qinj= | 0.3 m/min | 3.0 mI/min | 0.3 mI/min | 3.0 mI/min
0.33 0.32 2.60x10°° 2.60x107 2.74x10°° 2.74x10°
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Test #16
Nanoparticle | Concentration | Oleic phase | Temperature | Aging
Nsp 3¢ 0.05 wt% Crude oil 20° C None

Core plug length (cm) | Porosity (%) | Permeability (mD) | Pore volume (ml) Swi

4.5 17.8 322 8.7 0.33
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Pore volumes flooded
Oil recovery (% OOIP)
—— Water flooding Nano flooding - - = - Differential pressure (bar)

Q;; = 0.3 ml/min

—— Water flooding
Q;; = 3.0 ml/min

Q,, = 0.3 ml/min

Nano flooding
Q,, = 3.0 ml/min

Figure F.4. Oil recovery and differential pressure for test #16. The nanofluid flooding
was paused overnight after 5 PV and resumed for 5 PV more after shut-in. No oil was
produced during the nanofluid flooding. The little bit of oil produced during the

increased rate (nanofluid flooding) was after 2.25 PV.

Recovery factor, RF (% OOIP)
Water flooding Nanofluid flooding Total
Qinj= | 0.3 ml/min | 3.0 ml/min | 0.3 mI/min | 3.0 ml/min
53.8 1.0 0 0.1 54.9
Residual oil saturation, Sor Capillary number, Nc
Water Nanofluid Water flooding Nanofluid flooding
flooding flooding Qij= | 0.3ml/min | 3.0 mV/min | 0.3 mV/min | 3.0 m/min
0.30 0.30 2.58x10°¢ 2.58x107° 2.73x10°¢ 2.73x10°
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Test#17
Nanoparticle | Concentration | Oleic phase | Temperature | Aging
Nsp 3¢ 0.025 wt% Crude oil 20° C None

Core plug length (cm) | Porosity (%) | Permeability (mD) | Pore volume (ml) Swi

Qil recovery (%00IP)

45 17.5 300 9.0 036
100 1.8
90 | 116
80 1 1.4§
T — |12
60 | 2
’ 1108
50 | 0s s
40 | . g
1068
| 0'4E
20 R \ S e
N \ ]
10 e _ o o 41 0.2
0 1 L 1 0
0 5 10 15 20

Pore volumes flooded
Oil recovery (% OOIP)

—— Water flooding Nano flooding - - - - Differential pressure (bar)
Q,, = 0.3 ml/min Q,; = 0.3 ml/min

= Water flooding == Nano flooding
Q,, = 3.0 m/min Q,; = 3.0 ml/min

Figure F.5. Oil recovery and differential pressure for test #17. Nanofluid flooding was
continuous, and no oil was produced. The oil produced during the rate increase was
produced right away (at the beginning, within the first 1 PV).

Recovery factor, RF (% OOIP)
Water flooding Nanofluid flooding Total
Qinj= | 0.3 m/min | 3.0 m//min | 0.3 ml/min | 3.0 ml/min
59.6 7.0 0.0 1.8 68.4
Residual oil saturation, Sor Capillary number, N¢
Water Nanofluid Water flooding Nanofluid flooding
flooding flooding Qij= | 03ml/min | 3.0 mU/min | 0.3 m/min | 3.0 m/min
0.22 0.20 2.62x10°° 2.62x107° 2.77x10° 2.77x107
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Test #18
Nanoparticle | Concentration | Oleic phase | Temperature | Aging
Nsp 3¢ 0.01 wt% Crude oil 20° C None
Core plug length (cm) | Porosity (%) | Permeability (mD) | Pore volume (ml) Swi
4.5 17.2 264 8.5 0.34
100 1.8
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80 | 115 T
5 — s
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—— Water flooding

—— Water flooding

Pore volumes flooded
Oil recovery (% OOIP)

Q,; = 0.3 ml/min

Q,; = 3.0 m/min

Nano flooding
Q,; = 0.3 ml/min

— Nano flooding
Q,; = 3.0 ml/min

- = = - Differential pressure (bar)

Figure F.6. Oil recovery and differential pressure for test #18. No oil was produced
during the 10 PV of nanofluid flooding. The little bit of oil produced when the rate was
increased was not immediate; there was some production at 1 PV and then the rest at 2
PV. Nevertheless, total oil production from nanofluid flooding was less than 1% OOIP.

Recovery factor, RF (% OOIP)
Water flooding Nanofluid flooding el
Qinj= | 0.3 m/min | 3.0 mI/min | 0.3 mI/min | 3.0 ml/min
63.7 10.0 0.0 0.8 74.5
Residual oil saturation, Sor Capillary number, Nc
Water Nanofluid Water flooding Nanofluid flooding
flooding flooding Qij= | 0.3 m/min | 3.0 mV/min | 0.3 mI/min | 3.0 mI/min
0.17 0.17 2.68x10°° 2.68x107° 2.82x10° 2.82x107
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Test #19
Nanoparticle | Concentration | Oleic phase | Temperature | Aging
Nsp 3¢ 0.05 wt% Crude oil 20° C None

Core plug length (cm) | Porosity (%) | Permeability (mD) | Pore volume (ml) Swi

Qil recovery (%O0O0IP)

4.5 17.3 364 8.9 0.38
100 1.8
90 -
g0 | 115 _
70 g
1129
60 2
4
50 | 109 %
40 - -,E
30 | 106 ¢
£
L ST ymmmm - o
20 . \ , 103
10 H----- b aaa-- S
_“-
0 1 L - 1 1 L 1 0
0 2 4 6 8 10 12 14

Pore volumes flooded

Oil recovery (% OOIP)

—— Water flooding Nano flooding - = - - Differential pressure (bar)
Q,; = 0.3 ml/min Q,; = 0.3 ml/min

—— Water flooding — Nano flooding
Q,; = 3.0 ml/min Q,; = 3.0 ml/min

Figure F.7. Oil recovery and differential pressure for test #19. Nanofluid flooding was
for 5 PV instead of 10 PV. No oil was produced. The little bit of oil produced during
rate increase was at the very end (close to 3 PV).

Recovery factor, RF (% OOIP)
Water flooding Nanofluid flooding el
Qinj= | 0.3 m/min | 3.0 m/min | 0.3 mI/min | 3.0 ml/min
73.3 6.4 0.0 2.1 81.8
Residual oil saturation, Sor Capillary number, Nc
Water Nanofluid Water flooding Nanofluid flooding

flooding flooding Qinj= | 0.3mlV/min | 3.0 mI/min | 0.3 m/min | 3.0 ml/min
0.13 0.11 2.67x10° 2.67x107° 2.81x10° 2.81x107
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Test #20
Nanoparticle | Concentration | Oleic phase | Temperature | Aging
Nsp 3¢ 0.10 wt% Crude oil 20° C None
Core plug length (cm) | Porosity (%) | Permeability (mD) | Pore volume (ml) Swi
4.5 17.7 304 9.0 0.41
100 1.8
90 +
80 | 1.5
o
3 70 1.2
= 60 |
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g 40 B
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—— Water flooding

Pore volumes flooded

Oil recovery (% OOIP)

—— Water flooding
Q,; = 0.3 ml/min

Q,; = 3.0 ml/min

Nano flooding

Q,; = 0.3 ml/min

— Nano flooding

Q,; = 3.0 ml/min

Figure F.8. Oil recovery and differential pressure for test #20. The nanofluid flooding
was also only conducted for 5 PV instead of 10 PV here, and no oil was produced. The
bit of oil produced during the high rate was at 2 PV, and it represented less than 1%

OOIP.

Recovery factor, RF (% OOIP)
Water flooding Nanofluid flooding Total
Qinj= | 0.3 ml/min | 3.0 ml/min | 0.3 mI/min | 3.0 ml/min
68.1 7.6 0.0 1.0 76.7

Residual oil saturation, Sor

Differential pressure (bar)

- - = - Differential pressure (bar)

Capillary number, Nc

Water Nanofluid Water flooding Nanofluid flooding
flooding flooding Qinj= | 0.3ml/min | 3.0 mI/min | 0.3 m/min | 3.0 ml/min
0.14 0.14 2.60x10° 2.60x10°° 2.75%10° 2.75%x107°
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Test #21
Nanoparticle | Concentration | Oleic phase | Temperature | Aging
Nsp_3d 0.05 wt% Crude oil 20° C None
Core plug length (cm) | Porosity (%) | Permeability (mD) | Pore volume (ml) Swi
4.5 17.3 353 8.5 0.35
100 1.8
90
115
= 80 §
= L - 2
8 70 {12 ¢
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< 8
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e 1065
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Pore volumes flooded
Oil recovery (% OOIP)

—— Water flooding Nano flooding - - - - Differential pressure (bar)
Q,, = 0.3 ml/min Q,; = 0.3 ml/min

—— Water flooding = Nano flooding
Q,, = 3.0 ml/min Q,; = 3.0 ml/min

Figure F.9. Oil recovery and differential pressure for test #21. Some oil (0.9% OOIP)
was produced after 0.5 PV. No more oil was produced until the nanofluid flooding rate
increase, and that oil came after 1 PV. A total of 2.7% OOIP was produced from the
increased rate nanofluid flooding.

Recovery factor, RF (% OOIP)
Water flooding Nanofluid flooding Total
Qinj= | 0.3 ml/min | 3.0 ml/min | 0.3 ml/min | 3.0 ml/min
62.6 6.3 0.0 2.7 71.6
Residual oil saturation, Sor Capillary number, Nc
Water Nanofluid Water flooding Nanofluid flooding
flooding flooding Qinj= | 0.3 mlI/min | 3.0 mI/min | 0.3 mI/min | 3.0 mI/min
0.20 0.18 2.66x10°° 2.66x107 2.64x10° 2.64x10°
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—— Water flooding
Q,; = 0.3 ml/min

—— Water flooding
Q,; = 3.0 ml/min

Pore volumes flooded
Oil recovery (% OOIP)

Nano flooding
Q,; = 0.3 ml/min

— Nano flooding
Q,,; = 3.0 ml/min

Test #22
Nanoparticle | Concentration | Oleic phase | Temperature Aging
Nsp 3¢ 0.05 wt% Crude oil 20° C 11.5 weeks at 60° C
Core plug length (cm) | Porosity (%) | Permeability (mD) | Pore volume (ml) Swi
10.0 13.8 382 15.7 0
100 1.8
9 -
80 | 115
/ ‘E
o 70 - Q
o 112 g
o P
SERC 2
< 2
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> —
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§ 40| g
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20 a
L 4 0.3
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0 - : 0
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- - - - Differential pressure (bar)

Figure F.10. Oil recovery and differential pressure for test #22. Oil production began
after 3.75 PV, with intermittent production occurring throughout the remainder of
nanofluid flooding. Additional recovery was achieved after the inejciton rate bump, and
it produced steadily throughout most of the rate bump.

Recovery factor, RF (% OOIP)
Water flooding Nanofluid flooding Total
Qinj= | 0.3 m/min | 3.0 m//min | 0.3 ml/min | 3.0 ml/min
53.2 16.4 5.4 5.4 80.4
Residual oil saturation, Sor Capillary number, N¢
Water Nanofluid Water flooding Nanofluid flooding
flooding flooding Qinj= | 0.3ml/min | 3.0 mI/min | 0.3 m/min | 3.0 ml/min
0.30 0.20 3.32x10°¢ 3.32x10° 3.51x10°¢ 3.51x10°
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Test #23
Nanoparticle | Concentration | Oleic phase | Temperature Aging
Nsp 3¢ 0.05 wt% Crude oil 20° C 10.5 weeks at 60° C

Core plug length (cm) | Porosity (%) | Permeability (mD) | Pore volume (ml) Swi

Qil recovery (%00IP)

10.0 14.9 357 17.0 0
100 1.8
90 -
4 1.5
80 - —
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70 - =2
112 o
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50 - 41089 s
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Pore volumes flooded
Oil recovery (% OOIP)

—— Water flooding Nano flooding - - - - Differential pressure (bar)
Q,,; = 0.3 ml/min Q,; = 0.3 m/min

—— Water flooding = Nano flooding
Q,; = 3.0 ml/min Q,; = 3.0 ml/min

Figure F.11. Oil recovery and differential pressure for test #23. The nanofluid flooding
was stopped after 5 PV for an overnight shut-in period. About 2% OOIP was produced
before shut-in, with the oil bank starting at about 2.75 PV after nanofluid flooding. An
additional 2.5% OOIP was produced during the remaining 5 PV after the shut-in. This
oil was primarily from oil slugs at 2.5 and 3.75 PV after shut-in. The injection rate
increase brought an additional 4% OOIP.

Recovery factor, RF (% OOIP)
Water flooding Nanofluid flooding Total
Qinj= | 0.3 ml/min | 3.0 ml/min | 0.3 mI/min | 3.0 ml/min
52.9 16.3 4.7 4.1 78.0
Residual oil saturation, Sor Capillary number, Nc
Water Nanofluid Water flooding Nanofluid flooding
flooding flooding Qinj= | 0.3ml/min | 3.0 mI/min | 0.3 mJ/min | 3.0 ml/min
0.31 0.22 3.10x10°¢ 3.10x10° 3.27x10°¢ 3.27x10°
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Appendix G: Part 4 core flooding tests — Testing with aged cores and elevated temperature

Appendix G: Part 4 core flooding tests — Testing with aged

cores and elevated temperature

Table G.1. Overview of Part 4 core flooding tests in Appendix G.

Nanofluid .
Oleic Temp. .
Test # Surface Conc. h o Aging
Type e phase (W9
modification  (wt%)
24 Nsp 3c PEG 0.05 Crude oil 60 No
25 Nsp_3d Epoxy 0.05 Crude oil 60 No
26
27 Nsp_3a - 0.05 Crude oil 60 4 weeks at 60°C
28 Nsp_3c PEG 0.01 Crude oil 60 4 weeks at 60°C
29
30 Nsp 3¢ PEG 0.05 Crude oil 60 4 weeks at 60°C
31
32 Nsp_3c PEG 0.15 Crude oil 60 4 weeks at 60°C
33
34 .
% Nsp_3d Epoxy 0.05 Crude oil 60 4 weeks at 60°C
Single test
Duplicate test
Triplicate tests
4

T

E

E3F

GE -

g

[

c

g

5 -

2

£ 1L

L

>

[re r 0.3 ml/min

0 I 1 1 1
0 5 10 15 20 25

Pore volumes flooded
(normalized time)

Water flooding Nano flooding
injection rate injection rate

Figure G.1. Core flooding injection scheme for Part 4 tests. This does not show the relative permeability
test injection scheme run after water flooding and after nanofluid flooding. There are also some
exceptions to the injection scheme. See the detailed procedure in Section 5.4 for more information.
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Appendix G: Part 4 core flooding tests — Testing with aged cores and elevated temperature

Test #24
Nanoparticle | Concentration | Oleic phase | Temperature Aging
Nsp 3c 0.05 wt% Crude oil 60° C None
Core plug length (cm) | Porosity (%) | Permeability (mD) | Pore volume (ml) Swi
10.0 17.7 339 20.2 0.47
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90 |
80 - 15 2
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41
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0 I 1 1 1 1 1 0
0 2 4 6 8 10 12 14
Pore volumes flooded
Oil recovery (% OOIP)
—— Water flooding Nano flooding - = = - Differential pressure (bar)
Q,; = 0.3 ml/min Q,, = 0.3 m/min
—— Water flooding = Nano flooding
Q,; = 3.0 ml/min Q,; = 3.0 m/min

Figure G.2. Oil recovery and differential pressure for test #24. The first occurrence of
oil production during nanofluid flooding occurred after 2.5 PV, and it represented less
than 0.3% OOIP. More oil was produced about 0.5 PV later, resulting in the final
nanofluid flooding recovery factor of 0.57% OOIP for the low rate injection. No oil was
produced when the injection rate was increased.

Residual oil saturation, Sor

Water Nanofluid
flooding flooding
0.09 0.09
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Recovery factor, RF (% OOIP)
Water flooding Nanofluid flooding Total
Qinj= | 0.3 m/min | 3.0 m/min | 0.3 mI/min | 3.0 ml/min
79.0 33 0.6 0.0 82.9




Appendix G: Part 4 core flooding tests — Testing with aged cores and elevated temperature

Test #25
Nanoparticle | Concentration | Oleic phase | Temperature Aging
Nsp 3d 0.05 wt% Crude oil 60° C None

Core plug length (cm) | Porosity (%) | Permeability (mD) | Pore volume (ml) Swi

10.0 17.2 632 20.2 0.36
100 6
90
~.7 P 19
:80 R CoSTTT 3
o 70 [ v ” =2
(o] 14 0
o 1=
< 60 | ?
< 2
L 4 =3
“E" 50 3 a
S 40 | 2
c
e 129
3 % £
(=]
20 14
10
0 1 I 1 1 1 1 0
0 2 4 6 8 10 12 14
Pore volumes flooded
Oil recovery (% OOIP)
—— Water flooding Nano flooding - - - - Differential pressure (bar)
Q,; = 0.3 ml/min Q,; = 0.3 m’min
—— Water flooding — Nano flooding
Q,; = 3.0 ml/min Q,; = 3.0 m’min

Figure G.3. Oil recovery and differential pressure for test #25. The first occurrence of
oil production during nanofluid flooding occurred right after nanofluid flooding was
initiated, but it represented less than 0.4% OOIP. No more oil was produced during
either the remainder of the low rate injection or high rate injection for nanofluid

flooding.
Residual oil saturation, Sor Recovery factor, RF (% OOIP)
Water Nanofluid Water flooding Nanofluid flooding Total
. . otal
flooding flooding | Qiyj= | 0.3 m/min | 3.0 mI/min | 0.3 mI/min | 3.0 ml/min
0.23 0.23 61.4 2.3 0.4 0.0 64.1
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Test #26
Nanoparticle | Concentration | Oleic phase | Temperature Aging
Nsp 3a 0.05 wt% Crude oil 60° C 4 weeks at 60° C
Core plug Porosity (%) | Permeability (mD)
length (cm) Pore volume (ml) Swi
10.0 19.3 393 22.3 0
100
90
80 | 1
o 70 |
(e}
o ]
R
o
o
e R
3 - 1
2 '
5 |
1
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, 1
]
__________________ )
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= Water flooding

Pore volumes flooded

Qil recovery (% OOIP)

—— Water flooding
Q,; = 0.3 m/min

Q,, = 3.0 m/min

Nano flooding

Q,; = 0.3 ml/min

= Nano flooding

Q,, = 3.0 ml/min

1.0

0.8

0.6

04

Differential pressure (bar)

0.2

- - - - Differential pressure (bar)

Figure G.4. Oil recovery and differential pressure for test #26. The first occurrence of
oil production during nanofluid flooding occurred after 3 PV. Sporadic production
occurred throughout the remainder of the nanofluid flooding at the low rate, resulting
in a total recovery of 3.11% OOIP. No oil was produced when the injection rate was
increased.

Residual oil saturation, Sor Recovery factor, RF (% OOIP)
Water Nanofluid Water flooding Nanofluid flooding Total
flooding flooding Quj= | 0.3 ml/min | 3.0 mI/min | 0.3 m/min | 3.0 ml/min
0.48 0.41 443 11.1 3.1 0.0 58.5
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Intensity (Percent)

Size Distribution by Intensity

Size (d.nm)

Record 25: NF-1 avg Record 26: NF-2 avg
Record 28: NF-4 avg

Record 29: NF-5 avg

Record 27: NF-3 avg|
Record 30: NF-6 avg|

Figure G.5. Test #26 revealed that the nanoparticles aggregate in the reservoir
throughout the duration of the test (NF-1 < NF-6). The particle size distributions from

the core effluent exhibit a lot of scatter and erroneous results.

NF-1

NF-2

NF-3

NF-4

NF-5

NF-6

Nanofluid influent particle size distribution.

Effluent sample taken at the end of the nanofluid flooding
at the low injection rate (0.3 ml/min). It was collected during
from the effluent emerging during 9.5 to 10 PV of nanofluid
flooding.

Effluent sample taken at the end of the high injection rate (3
ml/min) during the last half pore volume (from 2.5 to 3 PV
flooding).

Effluent sample taken during the relative permeability
flooding and collected during the 10 minutes when the
injection rate was 1.0 ml/min.

Effluent sample taken immediately after NF-4, when the
injection rate was 0.5 ml/min for 10 min.

Sample taken from the outlet of the nanofluid reservoir after
the test was completed to see what the particle size
distribution was before the nanofluid entered the core plug.
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Test #27
Nanoparticle | Concentration | Oleic phase | Temperature Aging
Nsp 3a 0.05 wt% Crude oil 60° C 4 weeks at 60° C

Core plug length (cm) | Porosity (%) | Permeability (mD) | Pore volume (ml) Swi

10.0 20.7 389 22.6 0
100 1.0
90 B :\ A ,—
£ 80| .' 108%
g 70t | I
]
S 60 | | 106
2 — 8
< 50 ' s
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9 40 ! 1048
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Pore volumes flooded
QOil recovery (% OOIP)
—— Water flooding Nano flooding - - - - Differential pressure (bar)
Q,; = 0.3 ml/min Q,, = 0.3 ml/min
—— Water flooding = Nano flooding
Qinj = 3.0 ml/min Q,, = 3.0 m/min

Figure G.6. Oil recovery and differential pressure for test #27. After 0.5 PV of
nanofluid flooding, 0.1% OOIP was produced. But the primary oil bank occurred around
5.75 PV. The total recovery factor for low rate nanofluid flooding was 1.25% OOIP. An
additiona 0.15 wt% was produced after the injection rate was increased.

Residual oil saturation, Sor Recovery factor, RF (% OOIP)
Water Nano Water flooding Nanofluid flooding Total
flooding flooding | Qi,j= | 0.3 mV/min | 3.0 mY/min | 0.3 mI/min | 3.0 mI/min
0.48 0.44 51.3 3.0 1.3 0.2 55.8
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Test #28
Nanoparticle | Concentration | Oleic phase | Temperature Aging
Nsp 3¢ 0.01 wt% Crude oil 60° C 4 weeks at 60° C
Core plug length (cm) | Porosity (%) | Permeability (mD) | Pore volume (ml) Swi
10.0 20.6 319 22.6 0
100 1.0
90 +
80 1 0.8 =
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Pore volumes flooded

Figure G.7. Oil recovery and differential pressure for test #28. The first occurrence of
oil production during nanofluid flooding occurred between 1.75 and 2 PV, but it
produced only 0.02 wt%. The main oil bank was produced around 7.5 PV, resulting in
a total recovery of 1.78% OOIP. A negligible amount (0.08 wt%) was produced when

- Water flooding
Q,, = 0.3 ml/min

—— Water flooding

Q,; = 3.0 ml/min

the injection rate was increased.

Residual oil saturation, Sor

Water Nanofluid
flooding flooding
0.51 0.49
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Qil recovery (% OOIP)

Nano flooding
Q,; = 0.3 ml/min

Nano flooding
Q,, = 3.0 ml/min

- - - - Differential pressure (bar)

Recovery factor, RF (% OOIP)
Water flooding Nanofluid flooding Total
Qinj= | 0.3 m/min | 3.0 mI/min | 0.3 mlI/min | 3.0 ml/min
41.9 7.1 1.8 0.1 50.9




Appendix G: Part 4 core flooding tests — Testing with aged cores and elevated temperature

Size Distribution by Intensity
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Intensity (Percent)
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10000
Size (d.nm)

Record 19: Nf-1 avg Record 20- Nf-2 avg
Record 22 NF-4 avg Record 23: NF-5 avg

Record 21: NF-3 avg|
Record 24: NF-6 avg|

Figure G.8. Test #28 revealed that the composition of the nanofluid did not
substantially change throughout the duration of the test (NF-1 ~ NF-6). However, large
particles are detected at the end of nanofluid flooding (NF-4 and NF-5).

NF-1 = Nanofluid influent particle size distribution.

NF-2 = Effluent sample taken at the end of the nanofluid flooding
at the low injection rate (0.3 ml/min). It was collected during
from the effluent emerging during 9.5 to 10 PV of nanofluid

flooding.

NF-3 = Effluent sample taken at the end of the high injection rate (3
ml/min) during the last half pore volume (from 2.5 to 3 PV
flooding).

NF-4 = Effluent sample taken during the relative permeability

flooding and collected during the 10 minutes when the
injection rate was 1.0 ml/min.

NF-5 = Effluent sample taken immediately after NF-4, when the
injection rate was 0.5 ml/min for 10 min.

NF-6 = Sample taken from the outlet of the nanofluid reservoir after
the test was completed to see what the particle size
distribution was before the nanofluid entered the core plug.

239



Appendix G: Part 4 core flooding tests — Testing with aged cores and elevated temperature

Test #29
Nanoparticle | Concentration | Oleic phase | Temperature Aging
Nsp 3c 0.05 wt% Crude oil 60° C 4 weeks at 60° C

Core plug length (cm) | Porosity (%) | Permeability (mD) | Pore volume (ml) Swi

10.0 18.0 279 22.6 0
100 1.0
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Pore volumes flooded

Oil recovery (% OOIP)

——— Water flooding Nano flooding - - - - Differential pressure (bar)
Q,; = 0.3 ml/min Q,, = 0.3 ml/min

—— Water flooding — Nano flooding
Qinj = 3.0 ml/min Q,, = 3.0 m/min

Figure G.9. Oil recovery and differential pressure for test #29. The first occurrence of
oil production during nanofluid flooding occurred between 5 to 5.25 PV (0.1 wt%) with
production occurring over the next 1.5 PV. The total recovery factor from the nanofluid
flooding at low rate was 2.14%. No oil was produced when the injection rate was

increased.
Residual oil saturation, Sor Recovery factor, RF (% OOIP)
Water Nanofluid Water flooding Nanofluid flooding -
. . otal
flooding flooding Qinj= | 0.3 mI/min | 3.0 m/min | 0.3 mI/min | 3.0 ml/min
0.45 0.43 42.5 12.6 2.1 0.0 57.2
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Size Distribution by Intensity

Intensity (Percent)

1000 10000
Size (d.nm)

Record 19: NF1 avg Record 20: Nf-2 avg
Record 22: Nf4 avg Record 23: NF-5 avg

Record 21: NF-3 avg|
Record 24: Nf-6 avg

Figure G.10. Test #29 revealed that the composition of the nanofluid did not change
throughout the duration of the test (NF-1 = NF-6). It appears that smaller nanoparticles
are the ones propagating through the core for NF-3 through NF-5.

NF-1 = Nanofluid influent particle size distribution.

NF-2 = Effluent sample taken at the end of the nanofluid flooding
at the low injection rate (0.3 ml/min). It was collected during
from the effluent emerging during 9.5 to 10 PV of nanofluid

flooding.

NF-3 = Effluent sample taken at the end of the high injection rate (3
ml/min) during the last half pore volume (from 2.5 to 3 PV
flooding).

NF-4 = Effluent sample taken during the relative permeability

flooding and collected during the 10 minutes when the
injection rate was 1.0 ml/min.

NF-5 = Effluent sample taken immediately after NF-4, when the
injection rate was 0.5 ml/min for 10 min.

NF-6 = Sample taken from the outlet of the nanofluid reservoir after
the test was completed to see what the particle size
distribution was before the nanofluid entered the core plug.
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Pore volumes flooded
Oil recovery (% OOIP)

—— Water flooding Nano flooding - - - - Differential pressure (bar)
Q,; = 0.3 ml/min Q,; = 0.3 ml/min

—— Water flooding — Nano flooding
Q,; = 3.0 ml/min Q,; = 3.0 ml/min

Figure G.11. Oil recovery and differential pressure for test #30. No oil was produced
during the nanofluid flooding at the low injection rate. A negligible amount of oil

(0.09% OOIP) was produced right away when the injection rate was increased.

Test #30
Nanoparticle | Concentration | Oleic phase | Temperature Aging
Nsp 3c 0.05 wt% Crude oil 60° C 4 weeks at 60° C
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Residual oil saturation, Sor Recovery factor, RF (% OOIP)
Water Nanofluid Water flooding Nanofluid flooding Total
flooding flooding Qmj= | 0.3 ml/min | 3.0 mI/min | 0.3 m/min | 3.0 ml/min
0.52 0.52 46.8 0.9 0.0 0.1 47.8
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Size Distribution by Intensity
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Figure G.12. Test #30 revealed that the composition of the nanofluid did not change
throughout the duration of the test (NF-1 = NF-6). It appears that smaller nanoparticles
are the ones propagating through the core for NF-2. Otherwise, the nanoparticles
propagated throughout the core while retaining their particle size distribution.

NF-1 = Nanofluid influent particle size distribution.

NF-2 = Effluent sample taken at the end of the nanofluid flooding
at the low injection rate (0.3 ml/min). It was collected during
from the effluent emerging during 9.5 to 10 PV of nanofluid

flooding.

NF-3 = Effluent sample taken at the end of the high injection rate (3
ml/min) during the last half pore volume (from 2.5 to 3 PV
flooding).

NF-4 = Effluent sample taken during the relative permeability

flooding and collected during the 10 minutes when the
injection rate was 1.0 ml/min.

NF-5 = Effluent sample taken immediately after NF-4, when the
injection rate was 0.5 ml/min for 10 min.

NF-6 = Sample taken from the outlet of the nanofluid reservoir after

the test was completed to see what the particle size
distribution was before the nanofluid entered the core plug.
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Test #31
Nanoparticle | Concentration | Oleic phase | Temperature Aging
Nsp 3¢ 0.15 wt% Crude oil 60° C 4 weeks at 60° C
Core plug length (cm) | Porosity (%) | Permeability (mD) | Pore volume (ml) Swi
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Figure G.13. Oil recovery and differential pressure for test #31. The first occurrence of
oil production during nanofluid flooding occurred between 5.25 and 5.5 PV, with
production occurring for a short time thereafter. The total recovery from nanofluid
flooding at the low rate was 1.68%. No oil was produced when the injection rate was

increased.
Residual oil saturation, Sor Recovery factor, RF (% OOIP)
Water Nanofluid Water flooding Nanofluid flooding Total
A R ota
flooding flooding Qmj= | 0.3 ml/min | 3.0 mI/min | 0.3 ml/min | 3.0 ml/min
0.41 0.39 47.9 11.1 1.7 0.0 60.7
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Intensity (Percent)
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Size Distribution by Intensity
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Record 29: NF-5 avg

Figure G.14.Test #31 revealed that the composition of the nanofluid did not change
throughout the duration of the test (NF-1 = NF-6). The nanoparticles have a more
disperse particle size distribution at the end (NF-5).

NF-1

NF-2

NF-3

NF-4

NF-5

NF-6

Nanofluid influent particle size distribution.

Effluent sample taken at the end of the nanofluid flooding
at the low injection rate (0.3 ml/min). It was collected during
from the effluent emerging during 9.5 to 10 PV of nanofluid
flooding.

Effluent sample taken at the end of the high injection rate (3
ml/min) during the last half pore volume (from 2.5 to 3 PV
flooding).

Effluent sample taken during the relative permeability
flooding and collected during the 10 minutes when the
injection rate was 1.0 ml/min.

Effluent sample taken immediately after NF-4, when the
injection rate was 0.5 ml/min for 10 min.

Sample taken from the outlet of the nanofluid reservoir after

the test was completed to see what the particle size
distribution was before the nanofluid entered the core plug.
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Test #32
Nanoparticle | Concentration | Oleic phase | Temperature Aging
Nsp 3¢ 0.15 wt% Crude oil 60° C 4 weeks at 60° C

Core plug length (cm) | Porosity (%) | Permeability (mD) | Pore volume (ml) Swi
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—— Water flooding = Nano flooding
Q,; = 3.0 ml/min Q,; = 3.0 ml/min

Figure G.15. Oil recovery and differential pressure for test #32. The first occurrence of
oil production during nanofluid flooding occurred between 2.25 and 2.5 PV (0.14%).
Sporadic production occurred throughout the next 4.5 PV, resulting in a total recovery
of 4.02% OOIP. 0.04 wt% was produced immediately after the injection rate was

increased.
Residual oil saturation, Sor Recovery factor, RF (% OOIP)
Water Nanofluid Water flooding Nanofluid flooding ol
. . ota
flooding flooding Qimj= | 0.3 ml/min | 3.0 mI/min | 0.3 m/min | 3.0 ml/min
0.39 0.35 49.1 11.9 4.0 0.0 65.0
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Intensity (Percent)

Size Distribution by Intensity
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Figure G.16. Test #32 revealed that the composition of the nanofluid did not change
throughout the duration of the test (NF-1 = NF-6). The nanoparticles propagated

throughout the core while retaining their particle size distribution.

NF-1

NF-2

NF-3

NF-4

NF-5

NF-6

Nanofluid influent particle size distribution.

Effluent sample taken at the end of the nanofluid flooding
at the low injection rate (0.3 ml/min). It was collected during
from the effluent emerging during 9.5 to 10 PV of nanofluid
flooding.

Effluent sample taken at the end of the high injection rate (3
ml/min) during the last half pore volume (from 2.5 to 3 PV
flooding).

Effluent sample taken during the relative permeability
flooding and collected during the 10 minutes when the
injection rate was 1.0 ml/min.

Effluent sample taken immediately after NF-4, when the
injection rate was 0.5 ml/min for 10 min.

Sample taken from the outlet of the nanofluid reservoir after
the test was completed to see what the particle size
distribution was before the nanofluid entered the core plug.

10000
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Test #33
Nanoparticle | Concentration | Oleic phase | Temperature Aging
Nsp 3¢ 0.15 wt% Crude oil 60° C 4 weeks at 60° C
Core plug length (cm) | Porosity (%) | Permeability (mD) | Pore volume (ml) Swi
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- - - - Differential pressure (bar)

Figure G.17. Oil recovery and differential pressure for test #33. No oil was produced

during nanofluid flooding.

Residual oil saturation, Sor Recovery factor, RF (% OOIP)
Water Nanofluid Water flooding Nanofluid flooding Total
flooding flooding Qinj= | 0.3 m/min | 3.0 m/min | 0.3 mI/min | 3.0 ml/min
0.45 0.45 52.6 2.2 0.0 0.0 54.8
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Size Distribution by Intensity

Intensity (Percent)
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Size (d.nm)
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Figure G.18. Test #33 revealed that the composition of the nanofluid did not change
throughout the duration of the test (NF-1 = NF-6). The nanoparticles propagated
throughout the core while retaining their particle size distribution.

NF-1 = Nanofluid influent particle size distribution.

NF-2 = Effluent sample taken at the end of the nanofluid flooding
at the low injection rate (0.3 ml/min). It was collected during
from the effluent emerging during 9.5 to 10 PV of nanofluid

flooding.

NF-3 = Effluent sample taken at the end of the high injection rate (3
ml/min) during the last half pore volume (from 2.5 to 3 PV
flooding).

NF-4 = Effluent sample taken during the relative permeability

flooding and collected during the 10 minutes when the
injection rate was 1.0 ml/min.

NF-5 = Effluent sample taken immediately after NF-4, when the
injection rate was 0.5 ml/min for 10 min.

NF-6 = Sample taken from the outlet of the nanofluid reservoir after

the test was completed to see what the particle size
distribution was before the nanofluid entered the core plug.
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Test #34
Nanoparticle | Concentration | Oleic phase | Temperature Aging
Nsp_3d 0.05 wt% Crude oil 60° C 4 weeks at 60° C
Core plug length (cm) | Porosity (%) | Permeability (mD) | Pore volume (ml) Swi
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Q,, = 3.0 ml/min Q,, = 3.0 ml/min

Figure G.19. Oil recovery and differential pressure for test #34. The first occurrence of
oil production during nanofluid flooding occurred after 5 PV (2.65%). A bit more was
produced after 9 PV, resulting in a total recovery of 2.74%. No oil was produced when
the injection rate was increased.

Residual oil saturation, Sor

Water Nanofluid
flooding flooding
0.32 0.30
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Recovery factor, RF (% OOIP)
Water flooding Nanofluid flooding Total
Qinj= | 0.3 m/min | 3.0 mI/min | 0.3 mI/min | 3.0 ml/min
60.0 7.6 2.7 0.0 70.4
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Size Distribution by Intensity
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Figure G.20. Test #34 had inaccurate readings for NF-2, NF-3 and NF-5. The
composition of the nanofluid did not change throughout the duration of the test (NF-1

= NF-6). Slightly smaller nanoparticles appear to be propagating through the core (NF-
4).

NF-1 = Nanofluid influent particle size distribution.

NF-2 = Effluent sample taken at the end of the nanofluid flooding
at the low injection rate (0.3 ml/min). It was collected during
from the effluent emerging during 9.5 to 10 PV of nanofluid

flooding.

NF-3 = Effluent sample taken at the end of the high injection rate (3
ml/min) during the last half pore volume (from 2.5 to 3 PV
flooding).

NF-4 = Effluent sample taken during the relative permeability

flooding and collected during the 10 minutes when the
injection rate was 1.0 ml/min.

NF-5 = Effluent sample taken immediately after NF-4, when the
injection rate was 0.5 ml/min for 10 min.

NF-6 = Sample taken from the outlet of the nanofluid reservoir after

the test was completed to see what the particle size
distribution was before the nanofluid entered the core plug.

251



Appendix G: Part 4 core flooding tests — Testing with aged cores and elevated temperature

Test #35
Nanoparticle | Concentration | Oleic phase | Temperature Aging
Nsp_3d 0.05 wt% Crude oil 60° C 4 weeks at 60° C
Core plug length (cm) | Porosity (%) | Permeability (mD) | Pore volume (ml) Swi
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Figure G.21. Oil recovery and differential pressure for test #35. A negligible amount
of oil was produced after 5 PV (0.15 wt%), with no more oil production occurring after

that.

Residual oil saturation, Sor

Water Nanofluid
flooding flooding
0.41 0.41
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Qinj =

Recovery factor, RF (% OOIP)
Water flooding Nanofluid flooding Total
0.3 ml/min | 3.0 mI/min | 0.3 ml/min | 3.0 ml/min
49.8 9.4 0.1 0.0 59.3
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Figure G.22. Test #35 revealed that Nsp_3d remained stable in the nanofluid flooding
reservoir throughout the duration of the test, and that nanoparticles propagated
throughout the core while retaining their particle size distribution.

NF-1 = Nanofluid influent particle size distribution.

NF-2 = Effluent sample taken at the end of the nanofluid flooding
at the low injection rate (0.3 ml/min). It was collected during
from the effluent emerging during 9.5 to 10 PV of nanofluid

flooding.

NF-3 = Effluent sample taken at the end of the high injection rate (3
ml/min) during the last half pore volume (from 2.5 to 3 PV
flooding).

NF-4 = Effluent sample taken during the relative permeability

flooding and collected during the 10 minutes when the
injection rate was 1.0 ml/min.

NF-5 = Effluent sample taken immediately after NF-4, when the
injection rate was 0.5 ml/min for 10 min.

NF-6 = Sample taken from the outlet of the nanofluid reservoir after

the test was completed to see what the particle size
distribution was before the nanofluid entered the core plug.
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Appendix H: Micromodel flooding experiments

Note that the scale bars and magnification are incorrect on all the pictures. This is an artifact

from the computer program used to take the pictures.

The nodes / pore walls in the glass micromodels appear as evenly-spaced white circles in the

figures. Refer to Figure 3-5 and Figure 3-6 for a close-up of the pore throat geometry.

In the figures below, the crude oil in the pore space is shown in dark gray. The SSW and
nanofluid are shown in white. The amount of dark gray in each figure is therefore representative

of the oil saturation distribution.

Table H.1. Summary of photos from the micromodel experiments.

Test # Figures
36 (water-wet model)  H.1 to H.5
37 (water-wet model)  H.6 to H.10
38 (oil-wet model) H.11to H.15
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Figure H.1. Swi established after 3 PV of oil flooding. Swi is 17.4 %. Flow is from left
to right.

Figure H.2. After 1 PV of water flooding at 0.0025 ml/min. Oil saturation is 62.8%.
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Figure H.3. Sor; after 6.5 PV of water flooding at various flow rates. Sor; is 55.8 %.

Figure H.4. After 1 PV of nanofluid flooding at 0.0025 ml/min. Oil saturation is 55.8%.
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Figure H.S. Sor after 4 PV of nanofluid flooding at various flow rates, including a period of

over 16 hours where the nanofluid was allowed to statically react with the oil. Sor; is 55.8 %.
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Figure H.6. Swi established after 3 PV of oil flooding. Swi is 16.0%. Flow is from left

to right.
Figure H.7. After 1 PV of water flooding at 0.0025 ml/min. Oil saturation is 68.0%
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Figure H.9. After 1 PV of nanofluid flooding at 0.0025 ml/min. Oil saturation is 59.7%.
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Figure H.10. Sor; after 10 PV of nanofluid flooding at various flow rates, including a period
of over 16 hours where the nanofluid was allowed to statically react with the oil. Sor is 59.7

%.
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Figure H.11. Swi established after 3 PV of oil flooding. Swi is 38.7%. Flow is from left
to right.
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Figure H.12. After 1 PV of water flooding at 0.0025 ml/min. Oil saturation is 34.1%.

262



Appendix H: Micromodel flooding experiments

(G020

oLy 3L

I,

0:079:0°6-0-6 )
b26=0:0-6:0-0=0)
SISt

&

Figure H.13. Sor; after 7.5 PV of water flooding at various flow rates. Sor; is 28.3%.
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Figure H.14. After 1 PV of nanofluid flooding at 0.0025 ml/min. Oil saturation is
28.0%.
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Figure H.15. Sor; after 4.5 PV of nanofluid flooding at various flow rates. Sorz is 27.6 %.
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