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Abstract
An onshore gas field (hereafter called the R field—real name not revealed) is in the southeast coast of Tanzania which 
includes a Tertiary aged shaly sand formation (sand–shale sequences). The formation was penetrated by an exploration well 
R–X wherein no core was acquired, and there is no layer-wise published data of the petrophysical properties of the R field 
in the existing literature, which are essential to reserves estimation and production forecast. In this paper, the layer-wise 
interpretation of petrophysical properties was undertaken by using wireline logs to obtain parameters to build a reservoir 
simulation model. The properties extracted include shale volume, total and effective porosities, sand fractions and sand poros-
ity, and water saturation. Shale volume was computed using Clavier equation from gamma ray. Density method was used 
to calculate total and effective porosities. Thomas–Stieber method was used to determine sand porosity and sand fraction, 
and water saturation was computed using Poupon–Leveaux model. The statistics of the parameters extracted are presented, 
where shale volume obtained that varies with zones is between 6 and 54% volume fraction, with both shale laminations and 
dispersed shale were identified. Total porosity obtained is in a range from 12 to 22%. Sand porosity varies between 15 and 
25%, and sand fraction varies between 33 and 93% height fraction. Average water saturation obtained is between 32 and 
49% volume fraction.
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Introduction

An onshore gas field (hereafter called the R field—real name 
not revealed) is in the southeast coast of Tanzania. An explo-
ration well R–X was drilled vertically using water-based mud 
(WBM) to a total measured depth (TD) at 3489 m in the 
Cretaceous (Aptian–Albian) aged sands formation (Fig. 1) of 
the R field. The commercial, sweet, dry gas was detected in 
the well R–X in the Miocene–Oligocene aged formations as 
confirmed by resistivity logs and drill stem tests. This is the 
target formation for petrophysical properties interpretations; 

however, minor oil shows were detected during drilling fur-
ther down at the bottom of the well in the Eocene, Pale-
ocene, and Cretaceous aged formations. 

The target formation in the stratigraphy of the area 
(Fig. 1) can be categorized as shaly sand (silts and clays 
with thin turbidite sands) of deltaic marine deposits inside 
the canyon slope settings (TPDC 2011; RPS Energy 2018) as 
shown in Fig. 1b. In the regional stratigraphy (Fig. 1a), the 
interval additionally includes reefal and chalky limestones. 
No core was acquired in the target depth interval. The sec-
tion below the target interval (Eocene, Paleocene, and Cre-
taceous formations) consists of thin sands interbedded with 
shales and extrusive igneous rocks.

Petrophysical properties (e.g., porosity, permeability, 
water saturation, and net reservoir thickness) are fundamen-
tal to reserves estimation (or static property modeling) and 
production forecast which is equally important for R field. 
These properties can be derived from well logs, formation 
flow (pressure) tests, or cores through formation evaluation, 
or combined cores with wireline logs and/or formation pres-
sure test(s) analysis, which is the general practice (Hill 2017; 
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Ellis and Singer 2007; Tiab and Donaldson 2016). Forma-
tion evaluation using wireline logs is an appropriate means 
to obtain petrophysical properties for the R field with well 
R–X in the target interval where no core was acquired.

The primary well-logs’ measurements (properties) 
used for porosity determination are formation density and 
nuclear magnetic resonance (NMR). Other commonly used 
measurements are resistivity, neutron, sonic (acoustic), 
and dual combinations (cross-plots) of density, neutron, 
and sonic logs (Hill 2017; Tiab and Donaldson 2016; Ellis 

and Singer 2007). Properties accounting for and included 
in models to compute water saturation are electrical con-
ductivity (inverse of resistivity), porosity, formation water 
salinity, lithology-dependant fitting parameters (cementa-
tion or porosity exponent m and saturation exponent n), 
and temperature (Thomas 2018; Santamarina et al. 2019; 
Hill 2017; Archie 1942). These properties can vary verti-
cally (with depth) and laterally depending on the lithol-
ogy-type and texture with the degree of sorting, compac-
tion, cementation (e.g., type, quantity, and distribution of 

Fig. 1   a Regional stratigraphy of the R reservoir and b cross section of the well R–X showing lithology and age. Modified from RPS Energy 
(2018)
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shale or clay minerals), and dissolution (Thomas 2018; Lin 
et al. 2017; Gong et al. 2016; Zheng et al. 2015; Magara 
1980; Smith 1971; Athy 1930). Porosity (or compaction) 
of sedimentary rock decreases with increasing depth (over-
burden pressure) whereby for shale it decreases rapidly 
at shallow depth and slowly at deep depth. The decrease 
in porosity for the sandstones at shallow and deep depth 
is fairly constant, wherein cementation can significantly 
affect porosity change (Hakiki and Shidqi 2018; Magara 
1980; Smith 1971).

Permeability is derived mainly using NMR, formation 
testers, and cores; however, reasonable estimates can be 
obtained using porosity–permeability relationships. The 
net reservoir thickness (or net to gross ratio) is essentially 
derived from well logs with cutoff values of shale volume, 
porosity (and/or permeability), and water saturation.

In the existing literature, there is no layer-wise pub-
lished data of the petrophysical properties in the R field. 
Therefore, the layer-wise interpretation of petrophysi-
cal properties was undertaken to obtain inputs to a rock 
property model to build a reservoir simulation model. The 
properties can also be used to estimate saturation–height 
relationship(s) (capillary pressure) and relative permeabil-
ity. Measurements (variables) available for the study are 
gamma ray, bulk density, compensated neutron, and resis-
tivity (induction, laterolog, and microresistivity). These 
data were environmental corrected. The properties esti-
mated include shale volume, total and effective porosities, 
sand fractions and porosity of sand, and water saturation. 
The shale volume with its distribution and influence on the 
porosity change was elucidated.

Established methods were used in the evaluation of the 
properties considered. The equation of Clavier et al. (1971) 
was used to compute shale volume from gamma ray. Density 
and neutron-density methods were used to calculate total and 
effective porosities. Thomas and Stieber (1975) method was 
used to determine shale distributions, sand fractions, and 
sand porosity. This method was selected to account for the 
thin-bed effects on the log measurements in the thin turbidite 
sands. Water saturation in the sand was computed using the 
model of Poupon and Leveaux (1971). The model includes 
shale volume and shale resistivity to account for shale effect 
to the formation conductivity which is relevant for this inter-
pretation. The details of established methods are presented 
in “Appendix A”.

Methodology and workflow

Methodologies used were implemented in Techlog soft-
ware, and a summary of a workflow is represented in Fig. 2. 
Details of the workflow are as follows:

Zonation

Eleven sand (shaly sand) zones were identified between 
1493.22 and 2150.06  m depth from the rotary Kelly 

Fig. 2   Workflow on the petrophysical interpretation

Table 1   Zones and depth intervals

Zone name Depth interval (m RKB) Thickness (m)

Top Bottom

K 1493.22 1496.87 3.66
J 1637.69 1644.24 6.55
I 1703.37 1705.20 1.83
H 1733.55 1735.84 2.29
G 1769.67 1771.95 2.29
F 1814.32 1831.24 16.92
E 1873.91 1879.40 5.49
D 1898.29 1908.66 10.36
C 1935.18 1945.39 10.21
B 1992.33 1999.18 6.86
A 2146.10 2150.06 3.96
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bushing (RKB) which include the reservoir interval. The 
lithological indicators used to identify these zones were 
gamma ray responses and separation of density and neu-
tron log curve. Relative low gamma ray responses and 
negative separation of a plot of density and neutron curves 
in a compatible scale can be an indicator to the presence 

of sandstone or shaly sand formations (Ellis and Singer 
2007).

The thickness of the zones ranges from 1.8 to 16.9 m. 
The depth interval and thickness of each zone are pre-
sented in Table 1, and sample zones are shown in Fig. 3. 
There is a thick shale layer (19–147 m) between zones as 

Fig. 3   Log zonation showing 3 
of 11 zones identified. The well 
log measurements contained in 
the tracks from the left of the 
plot are measured depth (MD) 
in track 1; bit size (BS), caliper 
(CALI), and corrected gamma 
ray (GRC) in track 3; corrected 
neutron porosity (NPHC) and 
bulk density (RHOBC) in 
track 4; and corrected shallow 
laterolog resistivity (LLSC) 
and deep laterolog resistivity 
(LLDC) in track 5
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shown in Figs. 1b and 3. The total thickness of the eleven 
shaly sand zones is 70.41 m within the 656.84 m of the 
target interval.

Formation temperature

Formation temperature was determined using the Horner 
plot (Fig. 4) with maximum well recorded temperature 
during logs run. Real formation temperatures from the 
Horner plot were used to calculate temperature gradient 
(0.0305 °C/m) presented in Fig. 5. This gradient was used 
to calculate a continuous profile of bottom-hole temperature 
(BHT) for calculation of temperature-dependent properties.

Shale volume computation

Shale volume was computed using Clavier equation 
(Eq. 1) and neutron-density (Eq. 2) methods. Properties of 
100% shale were taken at a depth interval between 1413 

and 1485 m RKB. This is an interval just above the top 
zone selected and has an even shaped plot of gamma ray 
log. Properties of 100% sandstone matrix were taken at 
1994.24 m RKB depth. These properties of 100% sandstone, 
shale, and water are represented in Table 2.

Fig. 4   Horner plot of bottom-hole temperature; where markers (black 
circles, red triangles, blue diamonds, and magenta crosses) are maxi-
mum well recorded temperature at depths shown, and solid lines are 
logarithmic least-squares fit to the data. At least three maximum ther-
mometer records of the logging tool are preferable to extrapolate for-
mation temperature using the Horner plot

Fig. 5   Formation temperature gradient from corrected bottom-hole 
temperature (BHT). Flimsy BHT was extrapolated using two-point 
datasets. The gradient without flimsy points is 0.0305 °C/m and with 
flimsy points included is 0.0331 °C/m

Table 2   Input parameters Parameter Value

GRshale 112.243 GAPI
NPHIshale 0.44
ρshale 2.38 g/cm3

Rshale 0.72 Ωm
GRma 46.274 GAPI
NPHIma − 0.02
ρma 2.65 g/cm3

NPHIf 1
ρw 1.0103 g/cm3

ρg 0.1337 g/cm3
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Total and effective porosity

Fluid densities for porosity calculation were determined 
using pressure gradients (∇p’s) of 0.0991 bar/m (0.438 
psi/ft) and 0.0131  bar/m (0.058 psi/ft) for water and 
gas, respectively, obtained from RPS Energy (2018) 
report. The in situ ∇p’s were determined by using pres-
sures which were recorded during repeat formation tests 
(RFTs). The ∇p’s were converted to densities using the 
relationship ∇p = �fg , where ρf is the fluid (water or 
gas) density and g is the standard gravity (9.80665 m/
s2). The corresponding values of densities obtained are 
represented in Table 2. Effective fluid density in flushed 
(invaded) gas zones for porosity calculation was estimated 
using invasion correction Eq. 3 with assumed flushed 
zone water saturation (Sxo) of 0.5–0.8. The invasion was 
considered to be proportional to the mudcake thickness 
(an analogy of mud filtrate) from the caliper log. Bulk 
total porosity and effective porosity of each zone were 
computed using density (Eqs. 4a–4c) and neutron-density 

porosity equations (Eqs. 5a–5d). Density total and effec-
tive porosity were used in the next calculations.

Evaluation of sand porosity and sand fraction

Total porosity and shale volume were used as inputs in 
Thomas and Stieber (1975) method to compute sand poros-
ity and sand fraction (VSS) as shown in Fig. 6. The method 
assumes that within the interval investigated there are only 
two rock types, a high porosity clean sand and a low porosity 
pure shale, and in situ porosity is a result of mixing the two 
rocks. Also, pure shale sections above and below the sand 
and shale mixed in the sand are mineralogically the same. 
These assumptions were adopted in this interpretation. Shale 
volume from Clavier equation was used in this evaluation. 
Clean sand porosity of 26% and pure shale porosity of 16.4% 
were taken from depth intervals mentioned in shale volume 
computation Section to develop endpoints of Thomas–Stie-
ber plot. Other parameters (clean sand and shale gamma 
ray, and shale resistivity) which are required to develop 

Fig. 6   Thomas–Stieber cross-
plot of gamma ray and total 
porosity using zones mean 
property [clean sand point is 
(46.274, 0.26) and pure shale 
point is (112.243, 0.164)]. The 
data points (markers) with 
labels from A to K alongside 
them represent the zones. This 
figure is a geometrical solution 
of the Thomas–Stieber method 
for laminated sands and shales 
with sands containing dispersed 
and/or structural shale which is 
a base case in this interpreta-
tion. The bottom vertex of the 
lower triangle is the dispersed 
shale endpoint where the 
clean sand pore is filled with 
dispersed shale and top vertex 
of the upper triangle is the 
structural shale endpoint where 
the grain of the original sand is 
completely replaced with shale
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endpoints are taken from Table 2 (same as the values used 
for shale volume computation).

Sensitivity analysis on porosity of sand and sand fraction 
was performed by changing shale endpoint in two ways. First 
scenario involved increasing porosity of shale in the base case 
by 10% (Fig. 7a). Second scenario, the gamma ray in shale 
was reduced by 4% (Fig. 7b) from the values used in the base 
case (Fig. 6). The results are represented in Fig. 8a and b for 
the sensitivity on sand porosity and sand fraction, respectively.

Computation of water saturation

Water saturation was computed using Archie (1942) equa-
tion (Eq.  6) and Poupon and Leveaux (1971) equation 

(Eq. 7). Density total porosity was used in the Archie (1942) 
equation and density effective porosity in the Poupon and 
Leveaux (1971) equation. The formation water resistivity 
for water saturation calculation was determined by solv-
ing Archie (1942) equation in water zones (Sw = 1) with 
assumed tortuosity factor (a) equal 1.0, saturation expo-
nent (n), and cementation exponent (m) equal 2. Note that, 
Picket plot or ratio method for Rw calculation (Eq. 8) is not 
applicable in the depth interval interpreted because micro-
resistivity measurement is missing. The Rw value of 0.1778 
Ωm was obtained at 93.06 °C. Salinity of formation water, 
12,612 ppm, was estimated using the Schlumberger (2013) 
chart Gen-6, and then, a profile of Rw was generated by using 
the Arps (1953) equation given on the chart. The results of 
shale volume, sand fraction, porosities, and water saturation 
computed are displayed in Fig. 9 for sample zones.

Results and discussion

Bulk shale volumes computed are represented in Table 3 in 
terms of P90, P50, P10, and means. The probability values 
reported in this interpretation refer that a P90 is a property 
estimate at the low end of the range (descending cumula-
tive density function). The higher mean value of the shale 
content of approximate 0.5 m3/m3 was obtained in zones 
H, J, and K, and lower mean value of approximate 0.1 m3/
m3 was obtained in zones A and B. The deviation of proba-
bilistic values of shale content obtained was relatively high 
(0.46, 0.41, 0.39, and 0.42 m3/m3) in zones C, F, G, and 
K, and relatively low (approximate 0.1) in zones A and I.

The mean value of total porosity was 21.8% in zone E 
which is relatively higher compared to a mean total porosity 
of 12.4% in zone D (Table 3). The difference between P10 
and P90 of porosities is about 4% in zone I which is rela-
tively low compared to 21% in zone A. The high difference 
between P10 and P90 in zone A is because of low porosities 
(about 4–10%) at the bottom of this zone. These low porosi-
ties were expected because of relatively higher log readings 
of bulk density (about 2.4–2.6 g/cm3). Both neutron (less 
than 10%) and gamma ray (less than 56 GAPI) log readings 
at the lower part of zone A are relatively low which suggest 
that the formation is probably cemented, or the shale distrib-
uted in dispersed form. The same reason and possibility are 
provided for the cause of low mean total porosity in zone D.

Sand porosities and sand fractions of the Thomas–Stieber 
analysis are represented in Table 4. High mean sand porosity 
of 24.6% was obtained in zone H of which its average sand 
fraction is approximate equal 0.4 m/m (Table 4). Zone A 
has high sand fraction (mean value of 0.93 m/m), but sand 
porosity has a mean value of 22%. A plot of zones mean val-
ues of total porosity and gamma ray in the Thomas–Stieber 
diagram is presented in Fig. 6, where the locus of zones A 

Fig. 7   Thomas–Stieber cross-plot of gamma ray and total poros-
ity using zones mean property. a clean sand point is (46.274, 0.26), 
and pure shale point is (112.243, 0.180) where the pure shale poros-
ity was increased by 10% from the base case. b clean sand point is 
(46.274, 0.26), and pure shale point is (108.013, 0.164) where the 
pure shale gamma ray was decreased by 4% from the base case
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and D suggests a unit (1) sand fractions and dispersed shale 
distributions. The effect of a porosity reduction because of 
shale dispersion is relatively greater in zone D than in zone 
A. Locus of zones B, C, E, F, G, H, I, J, and K in Fig. 6 
implies the presence of both laminations and dispersed 
shale.

Essentially, the properties of the sand and shale endpoints 
are quantified though detailed core analyses in practice. 
Without detailed core analyses, endpoints can be deter-
mined as described in the methodology which are subjected 
to uncertainties that affect the evaluation of sand fraction 
and sand porosity if the assumptions of the model are cor-
rect. The shale endpoint is generally more uncertain than 
sand endpoint because of variation of shale matrix density 
(2.12–3.10 g/cm3) with the clay mineral groups, while the 
sand (quartz) grain density is typically fixed (2.65 g/cm3) 
(Craddock et al. 2018; Serra 1984). Therefore, sensitivity 
analysis on sand fraction and its porosity was performed by 
changing shale endpoint.

Sensitivities of sand porosity and the sand fraction asso-
ciated with changes in shale point (Fig. 7a and b) are rep-
resented in Fig. 8a and b, respectively. The 10% increase in 
shale porosity can decrease the sand porosity of zone C by 
0.042 m3/m3 (Fig. 8a), but in other zones, the decrease in 
sand porosity is less than 0.042 m3/m3. The change in sand 
porosity because of the 4% decrease in gamma ray of shale 

is less than ± 0.033 m3/m3. Therefore, sand porosity is rela-
tively more sensitive to 10% increase to shale porosity than 
4% reduction in the shale gamma ray. Sensitivities of sand 
fraction to changes in shale point are represented in Fig. 8b. 
The change in sand fraction because of 10% increase in shale 
porosity within ± 0.042 for all zones. The change in the sand 
fraction because of the 4% decrease in gamma ray of shale 
is between − 0.067 and − 0.007.

The porosity–depth relationship is nonuniform as pre-
sented in Fig. 10. For the top three zones (less than 1700 m 
depth), it is obvious that porosity is decaying with increasing 
depth and compaction with cementation may have caused 
porosity loss. At the depth greater than 1700 m, the top trend 
is interrupted possibly because of the additional diagenetic 
effect (e.g., dissolution); however, afterward porosities 
appear to decay. The relatively higher porosity loss in zone 
D is because of the high degree of cementation. Hitherto, 
the sand porosity has been evaluated by correcting the shale 
laminae effect, and the porosity–depth relationship is elabo-
rated in this paper. Further studies are required to investigate 
the porosity history and factors involved.

The results of water saturation are represented in 
Table  5 where cutoffs of Vshale < 0.50, φe > 0.08, and 
Sw < 0.60 were used to derive the distribution in gas zones. 
The cutoffs were adopted from RPS Energy (2018) report, 
which have been applied in evaluating petrophysical 

Fig. 8   Sensitivity on a sand porosity and b sand fraction associated with choice of shale endpoint in the Thomas–Stieber method
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parameters in the area. Average water saturation obtained 
in gas zones varies between 32 and 49%. The P90 of water 
saturation varies between 19 and 45% and P10 varies 
between 41 and 60%.

Conclusions and future perspectives

The petrophysical properties (shale volume, total and 
effective porosities, sand fractions and sand porosity, and 
water saturation) were extracted in the layer-wise of R 

field using wireline logs which were not available at these 
details in the published literature. These properties can be 
used in rock property modeling to build a reservoir simula-
tion model, to estimate saturation–height relationship(s) 
(or capillary pressure) and relative permeability. Hitherto, 
the layer-wise statistics of the properties can be presented.

The mean value of bulk shale volume varies between 6 
and 54% volume fraction across zones. The P90 of shale 
volume varies between 2 and 40%, and P10 varies between 
13 and 74%. Shale laminations and dispersed shale were 
recognized in turbidite sand layers. The mean of total 

Fig. 9   Display of results in sam-
ple zones. The parameters con-
tained in the tracks from the left 
of the plot are measured depth 
(MD) in track 1; sand fraction 
from Thomas–Stieber method 
(VSS_TS) and shale volume 
(VSH_FINAL) in track 3. Sand 
porosity from Thomas–Stieber 
method (POR_SS_TS) and total 
porosity from neutron-density 
and density methods (PHIT_
ND, PHIT_D), respectively, are 
presented in track 4. Effective 
porosity from neutron-density 
and density methods (PHIE_
ND, PHIE_D), respectively, is 
presented in track 5; and water 
saturation from Archie and 
Indonesian equations (SW_AR, 
SWE_INDO), respectively, is 
presented in track 6
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porosity varies between 10 and 21%. The P90 of total poros-
ity is between 6 and 18%, while P10 is between 16 and 28%. 
The mean of effective porosity is between 11 and 21%; P90 
is between 9 and 14%; and P10 is between 15 and 27%. 
The mean of sand porosity is between 13 and 22%; P90 
is between 11 and 18%; and P10 is between 17 and 27%. 
The mean of sand fraction is between 0.35 and 0.94; P90 
is between 0.21 and 0.88; and P10 is between 0.50 and 1.0. 
Average water saturation in gas zones is between 0.32 and 
0.49; P90 is between 0.19 and 0.45; and P10 is between 
0.41 and 0.60.

A verification is made in the promising use of the 
Thomas–Stieber method to avoid bypassing thin (less 
than 3 m) sand layers in the R field and identifying shale 
distributions.

The sand porosity was determined by using the 
Thomas–Stieber method with the assumption that shale 
inclusion is the main porosity destroying factor in Tertiary 
aged sand–shale sequences. However, other factors (e.g., 
mineralogical-type, texture, sorting, and compaction) can 
influence porosity change. Further studies can be undertaken 
to investigate the porosity history and factors involved.

Table 3   Statistics of shale 
volume and total porosity

Zone Shale volume (m3/m3) Total porosity (m3/m3)

P90 P50 P10 Mean P90 P50 P10 Mean

K 0.295 0.405 0.715 0.466 0.182 0.211 0.238 0.200
J 0.401 0.520 0.743 0.536 0.161 0.189 0.219 0.187
I 0.253 0.325 0.397 0.318 0.167 0.193 0.209 0.181
H 0.378 0.470 0.684 0.487 0.165 0.202 0.222 0.188
G 0.216 0.350 0.604 0.368 0.146 0.232 0.264 0.208
F 0.184 0.278 0.598 0.313 0.128 0.216 0.276 0.201
E 0.091 0.135 0.284 0.158 0.177 0.244 0.268 0.218
D 0.070 0.163 0.241 0.151 0.075 0.138 0.197 0.124
C 0.081 0.375 0.536 0.317 0.149 0.207 0.279 0.205
B 0.019 0.067 0.267 0.096 0.165 0.211 0.249 0.198
A 0.017 0.067 0.133 0.062 0.062 0.208 0.269 0.172

Table 4   Statistics of sand 
fraction and sand porosity

Zone Sand porosity (m3/m3) Sand fraction (m/m)

P90 P50 P10 Mean P90 P50 P10 Mean

K 0.193 0.245 0.268 0.231 0.213 0.448 0.607 0.407
J 0.172 0.233 0.267 0.217 0.179 0.338 0.511 0.334
I 0.162 0.210 0.234 0.191 0.492 0.570 0.738 0.593
H 0.235 0.260 0.268 0.246 0.340 0.390 0.475 0.392
G 0.173 0.263 0.269 0.239 0.293 0.473 0.747 0.494
F 0.141 0.258 0.268 0.215 0.453 0.575 0.909 0.607
E 0.184 0.260 0.268 0.230 0.574 0.780 0.886 0.751
D 0.119 0.147 0.212 0.148 0.783 0.900 1.000 0.891
C 0.154 0.236 0.267 0.210 0.321 0.508 0.919 0.575
B 0.166 0.214 0.253 0.201 0.694 0.960 1.000 0.896
A 0.146 0.250 0.268 0.220 0.882 0.920 1.000 0.929
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Appendix A

Clavier equation for shale volume

Where GRindex =
GRlog−GRma

GRshale−GRma

 , Vshale is the volume fraction of 
shale in a zone of interest. GRma is a gamma ray log reading 
in 100% matrix rock, GRshale is a gamma ray log reading in 
100% shale, and GRlog is a gamma ray log reading in a zone 
of interest (Bassiouni 1994; Clavier et al. 1971).

Neutron‑density equation for shale volume

Where M1 =
NPHIf−NPHIma

�f−�ma

 which is a slope of a line joining 

100% water point and 100% matrix point. NPHIlog and ρlog 
are neutron porosity and bulk density, respectively, logs 
reading in a zone of interest. NPHIma and ρma are neutron 
porosity and bulk density, respectively, logs reading in 100% 
matrix rock. NPHIf and ρf are neutron porosity and bulk 
density, respectively, logs reading in 100% water. NPHIshale 
and ρshale are neutron porosity and bulk density, respectively, 
logs reading in 100% shale (Schlumberger 1991).

Effective fluid density in flushed (invaded) zone

(1)Vshale = 1.7 −

√
3.38 −

(
GRindex + 0.7

)2
.

(2)Vshale =

NPHIlog − NPHIma +M1

(
�ma − �log

)

NPHIshale − NPHIma +M1

(
�ma − �shale

) .

(3)�f = �mfSxo + �g
(
1 − Sxo

)
,

Fig. 10   Porosity against depth plot, where total porosities (black-cir-
cle markers) were derived from density log and orange-triangle mark-
ers are the shale laminae-free sand (or shaly sand) porosities derived 
from the Thomas–Stieber method

Table 5   Statistics of effective porosity and water saturation

a Water zones

Zone Effective porosity (m3/m3) Water saturation (m3/m3)

P90 P50 P10 Mean P90 P50 P10 Mean

K 0.123 0.148 0.197 0.147 0.262 0.350 0.598 0.386
J 0.099 0.138 0.184 0.130 0.188 0.280 0.572 0.317
I 0.137 0.152 0.160 0.139 0.289 0.355 0.481 0.351
H 0.086 0.140 0.172 0.128 0.303 0.385 0.472 0.372
G 0.122 0.183 0.226 0.163 0.244 0.330 0.406 0.331
Fa 0.111 0.184 0.237 0.167 0.581 0.790 1.000 0.772
E 0.146 0.230 0.256 0.202 0.287 0.358 0.503 0.372
D 0.099 0.126 0.194 0.126 0.448 0.500 0.582 0.492
Ca 0.101 0.187 0.262 0.174 0.519 0.848 1.000 0.802
Ba 0.132 0.195 0.249 0.182 0.714 0.940 1.000 0.901
Aa 0.139 0.238 0.261 0.208 0.716 0.970 1.000 0.916
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where Sxo is a water saturation in flushed zone, ρg is a density 
of gas, and ρmf is a density of mud filtrate.

Density porosity equation

Algorithm to calculate porosity 
from neutron‑density cross‑plot (Schlumberger 
1991)

If 𝜌mf < 𝜌sand, 𝜌mf⟨𝜌b and 𝜌b⟩0

Where: ρb is bulk density, ρlim limestone grain density 
(typical value is 2.71 g/cm3), ρmf is mud filtrate or bulk fluid 
density (typical value is 1 g/cm3), ρsand is sandstone grain 
density (typical value is 2.65 g/cm3), ρdol is dolomite grain 
density (typical value is 2.9 g/cm3), φn is neutron porosity 
log reading, φd is density porosity.

The condition to decide the lithology line is such that if 
�n ≤ �d , limestone–sandstone combination is selected, 
and if 𝜙n > 𝜙d , limestone–dolomite combination is 
selected. A test is performed for anhydrite such that if 
𝜙n > 𝜙d, 2.91 ≤ 𝜌b ≤ 3.5and 𝜙e ≤ 0.04 . The calculated 
porosity should be equal to zero (0). Otherwise, the calcula-
tion proceeds as follows: firstly, the matrix is converted from 
limestone to sandstone or dolomite, depending on the lithology 
line combination decided above. Secondly, apparent hydrogen 
index (HA) is computed using neutron porosity with porosity 
of sandstone or dolomite matrix ( �VA):

The cross-plot porosity is calculated iteratively using the 
corresponding line combination equations. The iteration 
converges when the difference of the latest calculated poros-
ity from previous porosity is less or equal to 0.01.

Limestone–sandstone combination:

(4a)�t =

�ma − �log

�ma − �f
.

(4b)�t_shale =

�ma − �log

�ma − �f
.

(4c)�e = �t −
(
�t_shaleVshale

)
.

(5a)�d =
�b − �lim

�mf − �lim
.

(5b)HA =
�n − �VA

1 − �vA

.

(5c)�2 =
HA

(
�lim − �b

)
+ �n

(
�sand − �lim

)

HA
(
�lim − �mf

)
+ �sand − �lim

.

Limestone–dolomite combination:

Archie (1942) equation

where a is a tortuosity factor, m is a cementation exponent, 
n is a saturation exponent, Rw is formation water resistivity, 
Rt is formation resistivity, respectively.

Poupon and Leveaux (1971) equation (Indonesia 
model)

where d = 1 − 0.5 × Vshale.

Formation water resistivity (ratio method)

where Rmf is a resistivity of mud filtrate and Rxo is a resistiv-
ity of the invaded zone.
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