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ii. Abstract

In 2004 ConocoPhillips Norway (COPNO) drilled two multilateral wells in the Ekofisk field
in the North Sea. These wells yielded more stable production rates, but had several
issues and challenges when it came to junction stability and access to the side-branch.
Due to matters related to the reservoir performance and the production rates, as well as
optimized utilization of the slot spaces, the drilling of multilateral wells again has been
listed as a possible future strategy for COPNO™.

In this Master Thesis three different multilateral well options, each with a mainbore
(Lateral 1) and a side-branch (Lateral 2), for the Ekofisk South area has been evaluated
in order to select the optimum configuration for a possible future implementation,
based on six given reservoir targets. A project scope was established, including
suggestion of junction design, junction placement and well paths. Further were physical
limitations and technical challenges related to the drilling of multilateral wells on Ekofisk
mapped, before a simulation base representing Ekofisk South was created in the
Wellplan software. Based on the results from the simulations, an evaluation of the
different multilateral well technology (MLT) options were performed, and a selection of
the optimum multilateral well configuration on Ekofisk South for future success
optimization with regards to the drilling process was executed.

The report concludes that recommended type of multilateral for Ekofish South, based
on the reservoir targets given, is the planar dual-lateral, or forked, multilateral. The
junction should be placed in the overburden, 200 — 300 ft above the top of Ekofisk in a
stable formation. Of the investigated three MLT options the MLT1 configuration
indicates highest possibility of future success with regards to the drilling process.
Further, a recommended composition of separate wellbore sections to form a new MLT
option would include lateral 1 from MLT1, the 9 %" lateral 2 section from MLT2 and the
8 %" lateral 2 section from MLT1. A trend was that that the longer wellbores indicated
more issues, and that optimization of the well paths for the wellbore sections leading to
the reservoir targets for the MLT options should be performed in order to mitigate any
challenges with regards to elevated ECD effects.

Future improvements involve the implementation of actual underground data to the
simulation base, and an optimization of both the well paths and the BHA design used in
the simulations. Simulations on junction design option 1, as well as investigations on the
effects related to under reaming of the 8 4” and the 9 %4” hole sections to 9 %" and 10”,
respectively, summarize the most important suggestions of further work in the field.

! personal communication with J.R Berg. 2013. Stavanger: ConocoPhillips Norway






iii. Sammendrag

| 2004 boret ConocoPhillips Norge (COPNO) to multilaterale brgnner pa Ekofiskfeltet i
Nordsjgen. Disse brgnnene gav mer stabile produksjonsrater, men hadde flere
problemer og utfordringer i forbindelse med stabilitet av brgnnkrysset og tilgang til
sidesteget. Som fglge av grunner relatert til reservoarytelsen og produksjonsratene, i
tillegg til optimal utnyttelse av brgnnrammene, er boringen av multilaterale brgnner
igien kommet pa agendaen som en mulig strategi i fremtiden for COPNO?

| denne Masteroppgaven har tre ulike multilaterale brgnnoppsett, hver med en
hovedbrgnnbane (Sidesteg 1) og en sidegren (Sidesteg 2), for Ekofisk Sgr blitt evaluert
for a velge en optimal konfigurasjon til en mulig, fremtidig implementering, basert pa
seks gitte reservoarmal. Et omfang over prosjektet, inneholdende forslag til design av
brgnnkryss, plassering av brgnnkryss og brgnnbaner, ble etablert. Videre ble fysiske
begrensninger og tekniske utfordringer, relatert til boringen av multilaterale brgnner pa
Ekofisk, kartlagt, fer en simuleringsbase, representativ for Ekofisk Sgr, ble etablert i
softwaren Wellplan. Basert pa resultatene fra simuleringene ble en evaluering av de
ulike mulighetene for multilateral brgnnteknologi utfgrt, og en utvelgelse av den
optimale multilaterale brgnnkonfigurasjonen pa Ekofisk Sgr, med mal om a optimalisere
fremtidig suksess med tanke pa boreprosessen, gjennomfgrt.

Rapporten konkluderer med at den anbefalte multilaterale brgnntypen for Ekofisk Sgr,
basert pa de gitte reservoarmalene, er en dobbel-lateral i ett plan, eller en forgrenet
multilateral. Brgnnkrysset bgr veere plassert i en stabil formasjon, 200 — 300 fot over
toppen av Ekofisk. Av de tre multilaterale brgnn-mulighetene som ble utredet indikerte
MLT1-konfigurasjonen den hgyeste sannsynligheten for fremtidig suksess i forhold til
boreprosessen. Videre ville den anbefalte sammensetningen av separate brgnnbaner for
a danne en ny multilateral brennmulighet besta av sidesteg 1 fra MLT1, 9 1/2”-seksjon
fra MLT2 og 8 1/2”-seksjon fra MLT1. En trend var at lengre brgnnbaner gav
indikasjoner om flere problemer, og at en optimalisering av brgnnbanene bgr bli
gjennomfgrt for a redusere utfordringene med tanke pa for hgye ECD-effekter.

Fremtidige utbedringer involverer implementeringen av reell undergrunnsdata for
simuleringsbasen, og en optimalisering av bade brgnnbaner og BHA-design brukt i
simuleringene. Simuleringer pa brgnnkryss-design alternativ 1, i tillegg til utredninger av
effektene som fglge av utvidelse av henholdsvis 8 1/2" og 9 1/2" hullseksjoner til 9 1/2"
og 10”7, summerer opp de viktigste forslagene til fremtidig arbeid pa omradet.

2 personlig samtale med J.R Berg. 2013. Stavanger: ConocoPhillips Norge
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1 Introduction

Drilling for oil and gas has today become an advanced operation. From vertical and
simple wellbores, in relatively easily accessible reservoirs, the industry over the last few
decades has developed technical and innovative solutions in order to reach and produce
hydrocarbons from more complex reservoirs and in challenging locations. One of these
inventions is the Multilateral Well Technology, also known simply as MLT. Even though
first used in Russia as far back as in 1953 (E&P Magazine 2009) it is not until recently, via
progresses in the industry and the creation of new well construction techniques and
completion methods, this way of drilling and producing wells has been taken into
consideration as a possible solution when planning the development of a field. And by
creating these types of wells the companies, in many cases, are able to save money
while gaining other valuable benefits>.

In 2004 ConocoPhillips Norway (COPNO) started a project with these types of wells in
the Ekofisk field in the Norwegian sector of the North Sea. The wells drilled, 2/4-X-02
and 2/4-X-21, yielded more stable production rates, but had several issues and
challenges when it came to junction stability and access to the side-branch. Today, due
to reservoir and production related matters, as well as optimization of the slot
utilization, the drilling of multilateral wells again has been listed as a possible future
strategy for COPNO*. However, no formal work on the area has been done in the years
from 2004 until today within the organization. Therefore, in order to optimize the
possibility of future success for the drilling of multilateral wells on Ekofisk South, six
different reservoir targets were determined to be analyzed and evaluated based on the
drilling performance and process”.

This Master Thesis will evaluate three different multilateral well options, each with a
mainbore (Lateral 1) and a side-branch (Lateral 2), to select the optimum configuration
for a possible future implementation on Ekofisk, based on the reservoir targets given. In
cooperation with COPNO employees a project scope, including suggestion of junction
configuration, determination of junction placement and creation of the well paths, will
be made. Further, technical challenges and physical limitations related to drilling of
multilateral wells on Ekofisk will be addressed and presented. A simulation base
representing the Ekofisk South area will be built in the Wellplan software, and sets of
input parameters will be determined in order to perform adequate simulations on the
drilling of the different wellbore sections in the MLT options to be investigated. Finally,
based on the simulation results, an evaluation of the different MLT options will be
performed, and a selection of the optimum multilateral well configuration on Ekofisk
South for future success optimization with regards to the drilling process will be
executed.

® Personal communication with R. Watts. 2013. Stavanger: ConocoPhillips Norway
* Personal communication with J.R Berg. 2013. Stavanger: ConocoPhillips Norway
® Personal communication with A. Arang. 2013. Stavanger: ConocoPhillips Norway
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2 ConocoPhillips and the Ekofisk area

2.1 ConocoPhillips Company

With more than 16 000 employees and activities in nearly 30 countries ConocoPhillips is
one of the largest independent exploration and production companies in the world.
Even though the history of the company can be traced all the way back to 1875 and
1917, with the founding of Continental Oil Company, or simply Conoco, and Phillips
Petroleum, respectively, the company as it appears today was established in 2003 when
these two companies merged (ConocoPhillips 2013a; ConocoPhillips 2013b). Three years
later the leading marketer and producer of natural gas, Burlington Resources, was
acquired forming ConocoPhillips as it is known throughout the industry today
(ConocoPhillips 2013c).

2.2 ConocoPhillips Norway

ConocoPhillips, branded in Norway as ConocoPhillips Norway AS, also simply known as
COPNO, is one of the largest foreign operators on the Norwegian Continental Shelf. In
1969 the company found the giant oil and gas field Ekofisk in the Norwegian part of the
North Sea, and in 1971, two years later, they became the first operator to produce
hydrocarbons in this area (Norwegian Qil and Gas Association 2013). The company is
headquartered in Tananger, just outside the city of Stavanger, and has more than 1900
employees, both on- and offshore. The company has over the last 40 years played a
significant role in the development of Norway as both an oil nation and a welfare society
(ConocoPhillips 2013d).

2.3 The Greater Ekofisk Area and the Ekofisk reservoir

The area where the Ekofisk field was discovered today consists of the four adjacent
fields Ekofisk, Eldfisk, Embla and Tor, together forming the Greater Ekofisk Area. The
location is around 300 km southwest of the city of Stavanger, as presented in Figure 1.
COPNO, holding an interest of 35.11 %, is the operator of the combined fields, with
Total E&P Norge, Eni Norge, Statoil Petroleum AS and Petoro as the other license
owners in the area (ConocoPhillips 2013d).
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Figure 1: Location of the Greater Ekofisk Area in the North Sea (Maxwell 2013)

2.3.1 The Reservoir

The Ekofisk reservoir itself, with production license (PL) 018 and block 2/4, contains a
600 to 1000 feet tall oil column, located mostly in fractured chalk of late Cretaceous
and early Paleocene age. The field, measuring 10 x 5.5 km, consists of the Ekofisk and
Tor formation, divided by a tight zone in-between, as shown in Figure 2. A top view,
with the scale of the development compared to the city of Stavanger, is displaced in
Figure 5. From the seabed, approximately 250 feet below main sea level, it is between
9500 and 10700 feet down to the top of the reservoir (ConocoPhillips 2013f). In 1969, as
one of the largest offshore oil and gas field ever found, Ekofisk had recoverable reserves
of 3.349 billion bbls of oil, 5529.745 billion Scf of gas and 14.5 million metric tons of NGL
(NPD 2010). Today the field has been on production for more than 40 years and is
considered a mature field. The remaining reserves, as of the end of 2009, are 0.745
billion bbls of oil, 663.916 billion Scf of gas and 2.0 million metric tons of NGL (NPD
2010).
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Ekofisk

Figure 2: Illlustration of the Ekofisk reservoir, with Ekofisk and Tor formation (ConocoPhillips
2013f)

Compared to the relatively high matrix rock porosity of 25 — 45 % the permeability in the
area is low, varying from 1-2 mD. The initial extraction strategy was by pressure
depletion only, and production during the first years yielded a recovery factor of around
17 %. After a rapid increase from the start in 1971 the production rate dropped quite
dramatically around 1977, see Figure 6. During the 1980’s COPNO therefore decided to
initiate a water injection program, as well as restricted gas injection (this was however
terminated around year 2000) to increase both the recovery and rates. From the first
water injection pilot in 1981 the injection has been expanded in several stages. Figure 3
displays a reservoir model of Ekofisk with oil saturation as a function of time made in
the Petrel software. The snapshot from 1984 is in the starting phase of this water
injection program. Until today the water saturation, shown in Figure 4, has increased
dramatically due to the heavy waterflooding the past decades. As a result the oil has
been displaced yielding a current saturation of around 0.3. Despite this, large quantities
of hydrocarbons still can be found in Ekofisk, and COPNO presently are developing
Ekofisk South, a project that possibly can increase the lifetime of Ekofisk with another 40
years, see Figure 200 and Appendix R (ConocoPhillips 2013f). The drilling of multilateral
wells might be a potential technology to utilize in this area to help increase the ultimate
recovery, while reducing the cost.
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Figure 4: Reservoir model of water saturation in Ekofisk as a function of time (ConocoPhillips
2013h)

Today the water injection program, together with an extensive chemical treatment of
the chalk formation, compaction of the reservoir and solution gas drive, is crucial for
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Ekofisk and has increased the recovery factor to around 50 % (ConocoPhillips 2013f). In
addition the production rates have somewhat stabilized, also due to the drilling of new
wells, and are today approximately at 176 000 bopd, 60.741 million scf/d and 0.23
million metric tons NGL per day (NPD 2010).

Ca. 10 km

Figure 5: Top view of the Ekofisk reservoir in the top left corner. The main picture displays the size-
relationship between the Ekofisk area and the city of Stavanger (ConocoPhillips 2013f)
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Figure 6: Ekofisk historical production rates, with timeline of significant events since the start in
1971 (ConocoPhillips 2013f)

2.3.2 Subsidence and compaction

Ekofisk has ever since the production start in 1971 experienced compaction of the
reservoir, with a following subsidence at the seabed. The chalk formation being
produced is a fairly weak rock matrix and collapses when the supporting pressure from
the fluid inside disappears due to the extraction. In the years from 1971 to 1984, when
the subsidence was discovered, the Ekofisk complex had sunk more than 10 feet, as
shown in Figure 7. This was due to the heavy pressure depletion of the field. In 1987
COPNO, as a result of this, decided to jack up the installations in the Ekofisk complex to
save them from sinking (NY Times 1987). The water injection project the same year was
in addition initiated not only to recover more of the hydrocarbons, but also to re-
pressurize the reservoir to terminate the issue. Despite this the compaction in the
waterflooded areas continued, mostly due to what is called water weakening of chalk.
When the injected water gets in contact with the rock matrix at the inter-grain contact
the chalk re-dissolves and re-deposits in a structure with lower porosity (Austad et al.
2008). Today the compaction in the Ekofisk reservoir is around 36 feet, with a following
subsidence at seabed of about 30 feet. New installations in the field are all, due to this
issue, designed with longer than normal jackets to mitigate the subsidence challenges®.

® Personal communication with J.R. Berg. 2013. Stavanger: ConocoPhillips Norway
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Figure 7: Subsidence at the Ekofisk complex shown at the Ekofisk tank. From left the pictures are
from 1974, 1985 and 2006, respectively (ConocoPhillips 2013f)

2.3.3 Challenges related to drilling in the Ekofisk field

The overburden between the Ekofisk reservoir and the seabed is divided into three
groups, namely the Nordland, Hordaland and Rogaland compartments. When the
pressure in the reservoir decreases, the weight of the overburden is too heavy for the
reservoir matrix rock and crushes the reservoir. This vertical overburden movement
leads to challenges related to buckling of downhole equipment. In addition, the
subsidence experienced at the seabed as a result of this creates shear movements on
the rim of the subsidence bowl directly above the center of Ekofisk. These shear forces
can lead to movement, deformation and collapse of the wells penetrating the area, and
all new wellbores drilled in the area are therefore planned with paths avoiding this rim-
part (Midtgarden 2010).

In addition to the stretching in the outer top parts there are also challenges with water
intrusion and gas migration into the overburden. The area between the reservoir and
the overburden consists of several fractured and faulted zones, giving the injected
water, as well as the solution gas, a path from Ekofisk and into the overburden. This
migration has led to a high pressured water zone and a shallow Miocene gas pocket,
causing challenges for the drilling of new wells. The Miocene gas, consisting of both in-
situ and migrated, cannot be produced, and instead creates a seismic obscured area
directly above the center of the Ekofisk reservoir (Midtgarden 2010).
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2.4 Why drill Multilateral Wells on Ekofisk?

To prevent a future decline the drilling of new wells are essential in the Ekofisk area.
Large investments, topside and subsea, the last few years have increased the expected
lifetime of the Greater Ekofisk Area with more than forty years, and installation of new
platform facilities are currently ongoing’. A possible future part of this strategy is
multilateral wells. This type of well design, described more in details in Appendix D, can
increase reservoir exposure while saving slot spaces, increase the recovery factor, be
beneficial in areas with layered reservoirs and in reservoirs with separated pockets of
hydrocarbons. For Ekofisk especially the first factor, increased wellbore and reservoir
interaction while utilizing each slot, is importantg. In addition, previous two-branched
multilateral wells drilled by Halliburton in the North Sea have yielded up to 85 % of the
production rate, but shown significantly increased lifetime, and thus higher ultimate
recovery, compared to two, separate wells drilled to TD. Two examples of this can be
seen in Figure 8, presenting X-02 and X-21, the two multilateral well drilled in Ekofisk in
2004. Compared to other wells in the area the decline curves are gentler, thus leading to
a more stable production and longer lifetime. Even though these two specific wells, due
to technical issues, ended up too expensive to be economically justifiable, a multilateral
well in the North Sea on average is only 1.3 times more expensive than a single well. If
topside equipment, casing strings, tubing, wellhead, stimulation and workover
equipment is also included the number can be as low as 1.15 times a lone wellbore cost.
Finally, a successful drilling and completion of such a multilateral well with two branches
in the North Sea on average save around 15 to 17 rig-days compared to the drilling of
two, fully separated wellbores to TD®. With this in mind it is clear that a successful
implementation of multilaterals in the Ekofisk field potentially may have significant
economic upsides, while increasing the recovery factor and maintaining the production
rates.

X-2 production data X-21 production data

MM/

[

| ENE
f“Wv N\ ﬁr mm\ J — f"
NS

'f [} 5

0 /
I VU WU | 0 o) 'S S . M \*{——--QL-W

.
& n & o > o 22022005 20022006 2022007 2.02.2008 22022009 20022010 02201 22.02.2042
T -
S & g & - 3 SO & @ &

- ;

Figure 8: Production rates of 2/4-X-02 and 2/4-X-21, two of the four wells drilled with MLT on
Ekofisk (ConocoPhillips 2013f)
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" Personal communication with I. Blaauw. 2013. Stavanger: ConocoPhillips Norway AS
® Personal communication with J.R. Berg. 2013. Stavanger: ConocoPhillips Norway AS
® Personal communication with G. Liland. 2013. Stavanger: Halliburton Scandinavia AS
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3 The Multilateral Well Technology
3.1 Development of MLT and the introduction of the TAML standard

The first patent on a well similar to what today is considered a multilateral was filed as
early as 1929 in the USA (E&P Magazine 2007). However, the world’s first true
multilateral well, presented in Figure 67 in Appendix B, was not drilled until 1953, when
the Soviet petroleum engineer Alexander Grigoryan constructed a multilateral with nine
branches in the Soviet Union (E&P Magazine 2009). Despite producing 17 times more
and costing only 1.5 as much as the surrounding well, it was not until the development
of Logging While Drilling (LWD) in the 1970 that the development of MLT accelerated.
The LWD tool replaced wireline and introduced the possibility of accurate real-time
downhole steering, which ultimately made multilateral well a more feasible solution in
many cases (E&P Magazine 2009; Colombia University 2008).

In the years and decades to follow the research and advance in MLT continued, and in
1997 the industry launched the Technical Advancements of Multi Laterals, or TAML, a
classification system defining the complexity and functionality of different junction
types and designs for a multilateral well (E&P Magazine 2009). The different
categorizations are listed in whole in Appendix C. During the 90’s both the industry and
the different governing authorities accepted TAML as the new classification standard,
and since then a common effort has been made to develop and utilize multilateral well
technology across companies and countries (E&P Magazine 2009). For more details
regarding the history and development of MLT see Appendix B.

3.2 Junction Design and Configurations

Today, as presented more in detail in Appendix F, there are several different multilateral
well configurations utilized in the industry. The design of the mainbore, as well as the
lay-out of the branches, is a function of the reservoir properties, pay-zone area, desired
drainage, production rates and more. However, what all different configurations have in
common is the need of a junction in the mother wellbore where the laterals diverge.
With the introduction of the TAML standard in 1997 the industry, led by the service
companies, started to develop more advanced junction systems and designs that could
meet the most challenging conditions. Today there are several systems available in the
market, from general configurations to customized design.

3.2.1 The TAML classification

TAML classification standard was established after an industry initiative, mainly North
Sea operators, in the early 1990’s in order to create a knowledge database, establish a
network of contacts, common goals for further development in the area and guidelines
for the various governing authorities (E&P Magazine 2007). TAML divides the complexity
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of the junctions into six levels, level 1 being the simplest and level 6 being the most
sophisticated, as presented in Figure 9. The level of a multilateral well, if more than one
junction, corresponds to the junction with the highest level of complexity (TAML 2002).
The lower two levels dominated the industry in the years to follow after the first
multilateral well in Soviet in 1953. These are fairly simple junction types and describe an
openhole sidetrack or unsupported junction (Level 1) and openhole sidetrack from a
cased and cemented mother wellbore (Level 2). The latter can also contain a drop-off
liner, a liner not connected to the main wellbore, in the lateral.

Level 1 - Opanhola sidatrack or unsupparted junction.

Lewel 2 — Casad and cemanted main wallbore with openhole lataral
or drop-ofi linar.

Level 2 — Cased and cemented main wellbora with uncementad lateral
liner machanically connectad to the main wallbora (rad).

Level 4 — Casad and cemantad main wallbore with cemantad lataral
liner machanically connectad to the main wallbora.

Lavel 5 Cazad and cemantod main wallbor and uncamented or
cemantad lataral [iner with hydraulic and pressure intagrity
provided by additional complation equipment insida tha main
wallbore—packers, seals and tubulars.

Level & — Casad and cemented main wallbore and uncamented or
cemantad lataral [inar with hydraulic and pressure intagrity
providad by the primary casing at the lateral liner intarsection
without additional complation equipment inside the main wallbore.

Figure 9: TAML junction classification for Multilateral Wells (Frailja, J., Ohmer, H. and Pulick, T.
et al. 2002).

It was not until the mid-1990’s more complex junction types were presented to the
industry. With increased TAML level normally also functionality of the multilateral well
completion, junction technical complexity and cost increases (Weatherford 2006). In
1993 and 1994 Shell established and installed the world’s first level 3 and level 4
junctions, respectively. The year after BP created the first level 5 junction in the Gulf Of
Mexico, with level 6 established in California by AERA Energy in 1999. The years
between then and now more steps continuously have been taken, and limits have been
moved to create level 5 and 6 junctions in deepwater areas, implement IWS to the
branches and flotation of liners to establish junctions, to mention some of the
milestones (E&P Magazine 2007).
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3.2.2 TAML Level 1 Junction

TAML Level 1 is the open, or unsupported, junction level. This is the simplest type of
junction and is characterized by:

A) either a barefoot mother-bore and slotted liner hung off in both mother-bore
and lateral after the junction, or
B) a barefoot mother-bore and lateral (Weatherford 2006)

Figure 10 illustrates the two versions, A and B, of the TAML Level 1 junction.

Figure 10: TAML Level 1A and Level 1B Junctions (Weatherford 2006)
3.2.3 TAML Level 2 Junction

From level 1 to level 2 the complexity of the junction increases. Here the mother-bore is
cased and cemented. The lateral then can have (TAML 2002)

A) either a slotted liner in the openhole, or
B) be openhole, also called barefoot

Figure 11 shows the two options for TAML Level 2A and 2B.
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Figure 11: TAML Level 2A and Level 2B Junctions (Weatherford 2006)
3.2.4 TAML Level 3 Junction

As for the level 2 junction the mother-bore for a level 3 junction is also cased and
cemented. The difference for this level, however, is that the lateral now is cased,
although not cemented, as seen in Figure 12. The liner in the lateral branch is connected
to the main wellbore with some kind of anchoring device, for instance a liner hanger
(Weatherford 2006; TAML 2002).

Figure 12: TAML Level 3 Junction (Weatherford 2006)
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3.2.5 TAML Level 4 Junction

From level 3 to level 4 the main difference is that now both the main wellbore and the
lateral are cased and cemented. The lateral can also contain a slotted liner, as indicated
in Figure 13, picture A. Both the mother-bore and the lateral branch are cemented at
the junction (Weatherford 2006).

Figure 13: TAML Level 4A and Level 4B Junctions (Weatherford 2006)

3.2.6 TAML Level 5 Junction

The junction levels from 1 to 4 have one thing in common; no accepted pressure
integrity. This is changed with the introduction of level 5. Here the junction is required
to have full pressure integrity. For this manner cement is not considered acceptable, so
the pressure integrity is achieved via the completion of the junction (Weatherford 2006).
Most often this is done by the use of either mechanical seals in the casing or straddle
packers, as illustrated in Figure 14 (TAML 2002). Both the mother-bore, junction itself
and the lateral are cased and cemented.
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Figure 14: TAML Level 5 Junction (Weatherford 2006)

3.2.7 TAML Level 6 Junction

For level 6 junctions, presented in Figure 15, there is also a requirement of pressure
integrity at the junction. For this level, however, the integrity is achieved via a casing
string, and not through the completion. As for level 5 the mother-bore and the lateral
branch are both cased and cemented, but again the cement itself is not considered an
acceptable mean to obtain the required pressure integrity (Weatherford 2006).

Another version of the level 6 junction is the split junction, as seen in Figure 15, picture
B. Here the lateral is created by the installation of a large casing string in the main
wellbore with a splitter attached to the bottom. This is also known as TAML Junction
Level 6S, where “S” represents either a surface or a downhole split.
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Figure 15: TAML Level 6A and Level 6B (6S) Junctions (Weatherford 2006)

3.3 Ongoing R&D on MLT for future, improved utilization in the oilfield

With a lot of mature fields around the globe new multilateral wells are today drilled
every week in order to exploit well slots, access the remaining hydrocarbons and get
maximum return on investments. As presented more in detail in Appendix E, the
modern aspects of these types of wells are mainly in natural fractures reservoirs, heavy-
oil formations, thin layer reservoirs and reservoirs with separated hydrocarbons
compartments. Based on the TAML classification as a backbone the industry today
spend most of their effort within multilateral well-technology to develop software
programs, intervention and workover tools, field development models and economic
calculation programs on cost vs. value in return for multilateral wells contra
conventional, single-wellbore developments (E&P Magazine 2009). In addition the
Intelligent Well System (IWS), quite recently introduced to the industry, is subject to
major research and effort in order to be implemented to the branches in multilateral
wells. An IWS completion divides the pay zone into compartments, up to seven with
today’s technology, separated with packers, valves and mechanisms makes it possible to
remotely control the inflow to each of these compartments. This way of completion a
reservoir can be beneficial in areas where early water breakthrough is an issue, such as
in the Ekofisk field. The biggest challenges as of today when it comes to IWS
implementation into the branches of a multilateral well are equipment size for IWS
components versus drift diameter of junction, pressure integrity requirements in the
junction, and access and the ability to seal of the different branches in the junction for
IWS control°.

19 personal communication with R. Watts. 2013. Stavanger: ConocoPhillips Norway AS
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Even though MLT has a history all the way back to the first patent in the late 1920’s, the
industry considers this well construction method a young technology still in the starting
phase. The major service companies, such as Halliburton, Baker Hughes and
Schlumberger, all have their respective technologies and equipment on multilaterals
ready to be customized for the different customers. The focus on R&D within this area
increased rapidly after the TAML initiative in 1997, and the amount of multilateral wells
drilled worldwide increases every year. Halliburton, for instance, has since the end of
the 1990’s drilled 177 multilaterals only in the Norwegian part of the North Sea, with
the vast majority of these the last few years. However, challenges still remain within
MLT, especially with the junction design. The service companies continuously work
together with the major oil companies to come up with new solutions and products that
can improve important junction-related factors such as pressure integrity rating, access
to the laterals for stimulation, workovers and installation of equipment, stability and
installation™®.

1 personal communication with G. Liland. 2013. Stavanger: Halliburton Scandinavia AS
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4 Setting up possible MLT configurations for Ekofisk

In order to evaluate the three possible multilateral candidates to be drilled on Ekofisk,
given the six reservoir targets, as mentioned in the introduction, a configuration, with
overview of the project scope, suggestions of junction placement and design, and well
paths, had to be established. It was early in the planning process decided that this
configuration would have to have the Ekofisk field as the backbone, meaning that the
model had to be realistic in terms of reservoir properties, layers and layout in order to
perform accurate investigations and reflections regarding the feasibly of possible
multilaterals in the area. It was therefore important to define the perimeters, determine
the requirements and lay out goals for a possible MLT utilization on Ekofisk as early as
possible in the process.

4.1 Reservoir targets

The reservoir targets were determined by the reservoir group in CONO to be placed in
Ekofisk South. An assumption was given that each of the six targets would result in
identical reservoir exposure and performance. The reservoir targets would be in the
Ekofisk South, an area currently being developed for the future with a new wellhead
platform, 2/4-Z, for 36 new production wells, 2/4-VB, for 8 new water injection wells,
and a new hotel, 2/4-L, for more than a total of 27 billion NOK (see also Appendix R)
(ConocoPhillips 2013f). It was further suggested that the different multilateral wells to
be investigated should be drilled from slot 2/4-Z-26, which would be on the new
production platform.

For the reservoir group it was desired to look at three different MLT options, MLT1,
MLT2 and MLT3. Each of these configurations would have a mainbore, also called
Lateral 1, or L1, and a sidestep, referred to also as Lateral 2, or L2. A better overview
and explanation of this naming can be seen in Figure 16 (it should be noted that the
selection of the junction depth at 9958 ft TVD is presented in section 4.5). Each of the
different MLT options would share the same mother wellbore from the rig down to a
common junction point. From there each of the options would be unique. For each MLT
option the Lateral 1 would hit one target and the Lateral 2 another target, as presented
in Figure 17. For MLT1 it was decided that both L1 and L2 would go to different targets
in the EA3 layer, thus making the MLT1 option a so-called forked, or planar dual-lateral,
as presented in Figure 76 in Appendix F. The L2 for MLT2 option, on the other hand,
would go to a target in the EL1 formation, with the L1 going to a target in EA3. MLT2, by
that reason, would therefore be a stacked horizontal multilateral well, due to the
vertical differences between the target layers (see Figure 18, as well as Figure 74 in
Appendix F). The last option, the MLT3, would have both L1 and L2 in the EL2 layer.

41



Slot Z-26

Assume equal for all the
__three MLT options

" (_) Junction Point @ 9958 ft TVD

Lateral 1(L1)

MLT1

Figure 16: Schematic of the well p

Identical

Slot Z-26

Mother Wellbore

Slot Z-26

Mother Wellbore

Mother Wellbore

(_J Junction Point @ 9958 ft TVD

Three different MLT

Lateral 2 {L2)

Lateral 1 (L1

el
—Different—

th configuratio

n. Should only be used for overview. The figure is

options, each with the
same mother wellbore

Lateral 2(L2)
down to junction point

not to be scaled, and the shown inclinations are incorrect (Figure made by this author)

Well Lyt ranl X ¥ z Uit iin Leryer
Nr./Name Nr. ‘metres” Name
MLT-1 1 514294 | 6262263 | 310033 | Entry Point EAS

5143275 | 6261748 | 3102.44 EAS
514204 | 5281522 | 310954 EAS
514153 | 8281232 | 3125.08 EAS
5142246 | 6260861 | 313825 o E&S

2 514294 | 6262263 | 310033 | Entry Point EA3
514294 | 6262264 | 310948 EAS
514815 | 5281032 | 3123.25 ™ EAS

KILT-2 1 5133046 | 6263262 | 308226 | Entry Point EAS
513429 | 5263420 | 308226 EAS
513432 | 6263419 | 30921 EAS
512915 | 6262692 | 312856 o E&S

2 513306 | 6263262 | 3139.74 | Entry Point EL1
513149 | 5263039 | 315151 EL1
512989 | 6262649 | 3164.16 ™ EL1

KILT-3 1 514584 | 6263379 | 3139.15 | Entry Point EL1
514585 | 5263340 | 315398 EL1
514241 | 6263234 | 315035 EL2
514104 | 52629458 | 3153495 EL2
513992 | 6262850 | 3162.45 o ELZ

2 514564 | 6263379 | 313913 | Entry Point EL1
514582 | 6263213 | 315194 EL2
514339 | 6262565 | 316428 ™ EL2

Figure 17: UTM coordinates in meter for the reservoir targets for the three possible multilateral well
designs in the Ekofisk South.
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Figure 18: Layers in the Ekofisk and Tor formations in the Ekofisk field (ConocoPhillips 2011)

These three MLT options would be simulated and investigated with regards to drillability
in order to select the one option that would have the highest probability for success in a
possible future implementation on Ekofisk. It was therefore a challenge that the three
different options in reality probably would have un-equal reservoir exposure and
possible production rates. As a simplification, and as mentioned, but important to stress,
an assumption was therefore given that all the three different MLT options, and all the
different, respective Laterals, would have identical exposure to the pay-zone and
identical production rates. In other words, for this thesis it was decided that from a
reservoir perspective there would be nothing separating the three MLT options. The
recommended solution would therefore be the one yielding the highest probability of
success based on factors such as drillability, issues and challenges, feasibility of the
drilling operation and rig constraints.
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4.2 Designing the project scope

The designing of the project scope started with meetings with the reservoir and well
planning group in COPNO in order to discuss and come up with goals for the project.
These gatherings led to a list of preferred requirements and needs for a MLT project,
presented in Table 1. These requirements would lay the basis for the further progress
and work in order to create a possible multilateral well setup for Ekofisk.

Table 1: Preferred requirements and needs from a reservoir and well planning perspective for a

MLT project on Ekofisk

No. | MLT Requirements Required/expected specifications
1 Expected and/or required About 2000’ — 6000” MD laterals
horizontal section length
2 Entry point into the Ekofisk for Junction within the reservoir, or casing shoe
both legs or the horizontal in Vale formation
3 Data gathering during drilling Standard, including LWD suite
4 Isolation requirements for each Preferred for each branch of type. Check
branch valves
5 Stimulation methodology Fully completing, selective stimulation, high
pressure stimulation
6 Access requirements to each leg Preferred in both legs, but at least in
mainbore
7 Water shut-off Preferred
8 IWS Preferred in mainbore
9 Scale squeeze needs Yes
10 | Production rate expected 1.5 times a single, horizontal well in the
area
11 | Gas lift efficiency Needed
12 | Future monitoring Down hole gauge preferred, tracers
13 | P&A — containment assurance Standard

4.3 Geology in the area of planned MLT

The possible MLT configurations to be investigated were decided to be placed in the
Ekofisk South area, drilled from slot Z-26 and with targets as given in Figure 17. A
challenge related to this was the relatively unexplored subsurface in the area of the
different reservoir targets. As no wells in reality had been drilled in the specific area
there was limited accurate information regarding the geology. Based on this
assumptions were made that the lack of information regarding the geology for the area
where the MLT wells in this thesis would be placed could be represented with data from
measurements and surveys prior, and during, the drilling of nearby wells, mostly 2/4-Z-
17 and 2/4-VB-05. This, together with actual overburden surveys in the designated area
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carried out in March 2013, made it possible to get a rough picture of the downhole
situation for the planned MLT options.

4.4 Determination of Junction design and configuration

Based on the initial requirements presented in Table 1 the oil service company
Halliburton was contacted to evaluate possible solutions and technical challenges
related to junction placement, design and installation. One of the biggest challenges for
COPNO in 2004, first and last time MLT was utilized on Ekofisk, was the junction design
with regards to access and stability. The two wells drilled then, 2/4-X-02 and 2/4-X-21,
were non-pressure tight junctions, so-called TAML Level 4 (see Figure 13), and the
necessary high pressure stimulation required in the Ekofisk was achieved by a one-time
packing off, for then to run completion while leaving the junction exposed to the
formation. The hydraulic integrity at the junction was provided by cement and
formation strength®®. If this strength is not sufficient, as suspected for X-02 and X-21,
there is a high possibility of movement of the sidestep, or Lateral 2, attachment position
related to the mainbore, or Lateral 1, as a result of production and thermal forces®,
which can make later access into the lateral impossible.

It was therefore early in the process with Halliburton decided to either go for a pressure
tight junction (TAML Level 5), or to place the junction in an area where the formation
strength would be sufficient and use a TAML Level 4 non-pressure tight system. An
initial suggestion was made to have a junction with pressure integrity set in the
reservoir, with Intelligent Well System (IWS) in Lateral 1. The Lateral 2 would then be
treated as one, long stimulated perforation via a surface controlled valve in the junction.
However, the minimum size of the casing or liner containing the junction system from
Halliburton would be 9 5/8”, a size that would be too large to meet the production
requirements for Ekofisk'®. In addition, the drift diameters in the pressure tight Level 5
junction would be a challenge for a solution with IWS in Lateral 1'>. For this type of
completion a non-pressure tight Level 4 junction would be the best option.

Due to the non-pressure tight junction for installation of IWS it was therefore decided to
look at the possibility of placing the junction in the overburden, in an area where the
formation strength would be sufficient to overcome re-stimulation pressure
requirements. It was decided to look at two different junction design options, one
pressure tight Level 5 solution without IWS and one non-pressure tight Level 4 solution
with IWS in the mainbore. These two junction design options are presented in Table 3
and Table 2.

1215 personal communication with G. Liland. 2013. Stavanger: Halliburton Scandinavia AS
13 personal communication with R. Watts. 2013. Stavanger: ConocoPhillips Norway
1 personal communication with S. Sgrensen. 2013. Stavanger: ConocoPhillips Norway
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The formation demands on Ekofisk require a casing string to be set 2/3 into Vale, the
last formation at Top Of Ekofisk (TOE) before entering the reservoir. Today’s casing
design on Ekofisk, based on the formations in the overburden, is a 13 5/8” casing set at
5000 ft TVD as a basis, with a 10 %” casing, or liner, set to TOE in Vale, as mentioned. A
re-evaluation of the casing design in order to be able to place the junction in the
reservoir would not be an option for this MLT project due to cost and rig layout™.
Therefore, the 10 %” string had to contain the junction itself.

Table 2: Junction design option 1
Junction in overburden, 200-300 ft above
TOE
No IWS
Pressure tight junction (TAML Level 5)
Halliburton FlexRite MA

Table 3: Junction design option 2
Junction in overburden, 200-300 ft above
TOE
IWS in mainbore/Lateral 1
No pressure tight junction (TAML Level 4)
Halliburton LatchRite MLT system

Together with Halliburton possible installation sequences for the two junction design
options were put together. The last step of each of these sequences can be seen in
Figure 19 and Figure 20. Summarized both of the cases would have a 13 5/8” casing
string set at 5000 ft TVD. Then a 12 %” hole would be drilled to just above TOE, with a 10
%” liner set 2/3 into the Vale formation above the reservoir. From there a 9 %” hole
would be drilled to TD in Ekofisk, with a 7 5/8” liner post-run. The sidestep, or Lateral 2,
would for both of the options be drilled after the mainbore/Lateral 1. For the junction
scenario 1 a 8 %4” hole would be kicked off through the pre-milled window in the 10 %"
liner at the junction point and drilled to TOE. A 7 %” liner would then be set 2/3 into
Vale, but not tied all the way back to the junction. Then a 6 %” hole would be drilled to
TD in Lateral 2, with a 5” liner installed. For the junction option 2, with IWS, a 9 %" hole
would be kicked off through the pre-milled window in the 10 %” liner at the junction
point and drilled to TOE. A 8 5/8” expandable liner would then be set 2/3 into Vale at
TOE and expanded to 9.555” OD, 8.6” nominal ID and 8.514” drift diameter. The reason
for this expandable liner was the desire to drill 8 %4” hole in the reservoir for lateral 2.

16 personal communication with T. Husby. 2013. Stavanger: ConocoPhillips Norway
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Due to size limitation for the string to be run through the pre-milled window in the
junction the running of an expandable was considered to be the best solution to
overcome this challenge. Then the 8 %4” hole would be drilled to TD for lateral 2, with a 7
5/8” liner set at TD, tied back to the junction point in the 10 %” liner. The 8 5/8”
expandable would in the end be pulled, as this string only provided the integrity needed
to drill the 8 %4” hole to TD in lateral 2.

The complete process of installing the two different junction design options, with all the
steps, is presented in whole in Appendix G for option 1 and Appendix H for option 2.
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Junction Scenario 1 (FlexRite Level 5 Junction)

13 5/8" Casing @srma'ran

10 24" Linerﬁ

.

Halliburton FlexRite Level 5 Junction system

7 3/4" liner

N

L

7 5/8" Liner @ TD 4
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|

e

SIDESTEP / LATERAL 2

5" Liner @ TD

Figure 19: Junction design option 1 installed and ready for production. The figure is not scaled, nor
are the proper inclinations shown. Should be used for information purposes only (Figure made by

this author)
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Junction Scenario 2 {IWS}

13 5/8" Casing @ 5000 ft TVD JE
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Figure 20: Junction design option 2 installed and ready for production. The figure is not scaled, nor
are the proper inclinations shown. Should be used for information purposes only (Figure made by
this author)

For COPNO the junction design option with IWS, presented in Table 3 and Figure 20, was
decided to be more interesting to evaluate than the option without, despite having a
non-pressure tight junction. As presented in Chapter 2 there are currently large water
injection programs on Ekofisk, leading to issues with early water breakthrough in certain
areas. The implementation of IWS, where each zone can be remotely controlled via
signal cables from surface, is therefore currently being performed. By having such a
system the zones with early water breakthrough can be shut-in with the rest of the well
producing as before, rather than shutting the whole well down, as used to be the case
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when the water cut got too high'’. A future MLT option on Ekofisk should therefore
have IWS, or a similar system, installed.

The selection of only investigating the junction design option 2, with IWS, then led to
the hole sizes as presented in Figure 21 for each of the three MLT options. This figure is
based on, and similar, to Figure 16, but focuses on the reservoir part of each of the
MLT’s (again it should be noted that the selection to come up with the presented
junction depth of 9958 ft TVD is presented in section 4.5). As it can be seen the lateral 1
for each of the MLT would be drilled with a 9 %" bit to TD from the last shoe, the 10 %"
liner, set 2/3 into Vale at TOE. For Lateral 2 for each of the MLT options the lateral 2
would be kicked off from the pre-milled window in the 10 3%” liner at a certain length
above TOE. Therefore a need of an additional casing point at TOE, 2/3 into Vale, had to
be established. This first, short section, from the junction point to TOE would for the
junction design option 2 be drilled with a 9 %” bit, while the reservoir would be
continued with an 8 %" bit to TD.

Assume equal for all the

three MLT options Junction Point @ 9958 ft TVD
C}_ Three different MLT
10 %" Liner// \? %" hole - Lateral 2 (L2) options, each with the
TOE— — — — — — — —= ~ %

same mother wellbare

93" hole - Lateral 1 (L1) down to junction point

8 %" hole - Lateral 2 {L2)

MLT1 f MLTZ2 / MLT3
TD Lateral 1 TD Lateral 2

Figure 21: Hole sizes to be drilled for all of the three MLT options for junction design option 2, with
IWS (Figure made by this author)

4.5 Determination of junction placement

In order to make it possible to install the junction design option 2, where the junction
would be exposed to the formation, a suited place in the overburden, with sufficient
formation strength with regards to production effects and re-stimulation pressures of
around 5000 psi, had to be found. Together with overburden geologists in COPNO,
Helen Haneferd and Guri Tveitnes, evaluations of the overburden in the area of the
planned reservoir targets were performed. An interval of 200 — 300 ft TVD above TOE
was looked at. The interval is marked with blue, dotted horizontal lines on the logs in
Figure 22.

17 personal communication with T. Husby. 2013. Stavanger: ConocoPhillips Norway
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Figure 22: Investigated area in the overburden in order to determine junction placement
(ConocoPhillips 2013h).

Based on this information, log data and seismic, two possible depths were proposed,
marked with solid, horizontal, purple lines in

Figure 22. The geomechanical model output from the wellbore stability survey from
March 2013 indicates no significant failures in the interval selected.

The depths and coordinates for the two possible junction placement proposals are
found in Table 4. Of the two suggested junction placement depths, the one at the
bottom, at 9958 ft TVD, was selected due to indications of slightly higher formation
strenght™®. The table shows the X and Y coordinates of the junction placement in the
UTM coordinate system, with distance in meters, and the Z coordinate as TVD in feet
from the rig’s depth reference point (Rotary Kelly Bushing, or RKB).

'8 personal communication with H. Haneferd. 2013. Stavanger: ConocoPhillips Norway
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Table 4: Junction placement suggestions in the overburden (Maxwell 2013)

Well identifier Surface X ] Z MD
Z_26_master student MLT1 |MLT Junctions 514322.5| 6262563 -9874 18544
Z_26_master student MLT1 |MLT Junctions 514321.2| 6262495 -5958 18784

4.6 Well Slot

As mentioned the possible MLT options would be drilled from slot 2/4-Z-26 in the
Ekofisk South. The coordinates, in both Polar (Longitude and Latitude) and UTM
(Northing and Easting) for the well slot, is presented in Table 5.

Table 5: Site and well slot placement and properties (Maxwell 2013)

Site Ekofisk £

Site Position: Morthing: B,266,830.520m | atitude: 56° 32" 39.696 N

From: Map Easting: 513938090 m  Longitude: 3P 13 3588TE

Position Uncertainty: 0.00ft  Slot Radius: 0.000in  Grid Convergence: 0.19°

Well Z£-26 - Slot 226

Well Position +H/-8 16.27 ft Morthing: 6,266,5635.4581 m Latitucle: 56° 32 39.855 N
+EI-W 3192 Easting: 513,945819 m Longitude: 313 3645TE

Position Uncertainty 0.00 ft Wellhead Elevation: Water Depth: 260.20 fi

The rig set-up and slot position, with location of the junction and the three different
multilateral well options to be investigated and simulated, from a top-view perspective
based on the positions in Table 4 and Table 5, is presented in Figure 23.
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TOP VIEW Z-26 Slot Position:
Morthing=Y =6 266 835,481 m

Easting=X¥=513 545.815m

.26

MAERSK
GALLANT
MILT-1:
dX Entry Point=348,181m
d¥ Entry Point=-4572.481 m
d¥L1TD=280.181 m
d¥L1TD=-5574.481m
dY¥=-4272.431m dXL2TD=6659.181m
d¥L2TD=-5803.481m

® =junction placement

=MLT-1
@ =NMLT-2

® =MLT-3
MLT-2:

& MLT-3 Entry dX Entry Point=-£35%.815m

d¥ Entry Point=-3573.481m
& MLT-3L1TD d¥L1TD =-1030.815 m
d¥L1TD=-4143.481 m
& MLT-3212 T d¥ 12 TD =-956.819 m
dX=-376.681m d¥12TD=-4186.481 m

MLT-1 Entry

MLT-2 Entry @

MLT-2 L1TD @ SMLT-2L2 7Dy

KLT-3:
d¥X Entry Point=618.181m
) dY Entry Point =- 3456,481 m
¥ Mot te be scaled MLTlLlh_':_IBT'l L2TD d:(LlTrl‘;l=ﬂE.:lE:l .
- d¥L1TD=-3585.481m
dXL2TD=353.191m
dYL2TD=-4270.481m

e oy
Figure 23: Top view of the MLT set-up for well slot 2/4-Z-26 with junction placement and the three
multilateral configurations s to be investigated. All positions and differential distances are with
regards to the slot coordinates (Figure made by this author)

4.7 Designing the well paths

Once the well slot, junction placement and reservoir targets were determined the well
paths could be designed. The concept of planning a well is an integrated task, especially
on Ekofisk with so many well drilled over the years, and interaction between various
work groups were made in order to finalize the all the wellbores to be simulated for this
thesis. More about wellplanning on Ekofisk can be found in Appendix I. As mentioned
there would be three different multilateral well options to be investigated (MLT1, MLT2
and MLT3). For each of the three there would be a mainbore/Lateral 1 and a sidestep
/Lateral 2, giving a total of six wellbores. Each of the lateral 2, again, as shown in Figure
21, would be divided into two sections, a 9 %” from junction point to TOE, and a 8 %"
from TOE to TD in Ekofisk. All in all a total of six wellbore, with nine different wellbore
sections had to be created for simulation.

As presented there would be a common mother wellbore from the slot at surface down
to the junction point. This would mean that all three different MLT options would be
identical from the slot down to the junction point. From there the three different
configurations would be distinguished by each having their own pair (Lateral 1 and
Lateral 2) going to dissimilar reservoir targets, as already presented in Figure 16.
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Together with Leif Ramsvik in Halliburton the Landmark software Compass was used to
create and lay out a common mother wellbore, as well as the six different well paths for
each of the wellbores. The complete survey details of all the wellbores can be provided
by the author upon request. For this report the survey data was decided not to be put in
the appendix due to the excessive amount of data points.

4.8 Drilling Rig

The drilling rig currently being used in the Ekofisk Z area is the Maersk Gallant. This is a
jack-up built in 1993 and classified under the Lloyd’s Register of Shipping. For the MLT
options to be investigated in this master thesis it was assumed that this rig would be
used also for future drilling of slot Z-26. More details and information about Maersk
Gallant can be found in Appendix J.

4.9 Overview of the three MLT options, with all wellbore sections

Based on the decision of only investigating the junction design option with IWS (option
2), the hole sizes would be as presented in Figure 21. The common mother wellbore
would go from the rig down to the junction point at 9958 ft TD. For the well path
created for this wellbore that depth would correspond to 18150 ft MD, which would be
the junction measured depth for all the three MLT options. From there the lateral 1 and
lateral 2 for each of the options would be individual, leading to different reservoir
targets. As the TOE is not a horizontal straight plane a result of this would be that the L1
and L2 for the different MLT options would reach the TOE at different TVD’s. The
requirement of having the last casing setting point 2/3 into Vale before entering Ekofisk
would be valid for all the MLT options. Table 6 presents an overview of the depths for
the wellbores for the three MLT options. It should be noted that for all L2 the last casing
shoe for the top 9 4” section (see Figure 21) would be the 10 %” liner in form of the pre-
milled window at 18150 ft MD. Please refer to Figure 21 for schematic of the hole sizes
for the different wellbore sections. These wellbore sections will be valid for all the MLT
options, but with individual differences in well path from the junction point to the target
the measured depths will not be the same for equal TVD, as seen in table.
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Table 6: Overview of the downhole depths for the different wellbores in for the MLT options

MLT1 MLT2 MLT3
Lateral 1 Lateral 2 Lateral 1 Lateral 2 Lateral 1 Lateral 2
Junction @ Junction @ Junction @ Junction @ Junction @ Junction @
9958 ft TVD | 9958 ft TVD | 9958 ft TVD | 9958 ft TVD | 9958 ft TVD | 9958 ft TVD
/ 18150 ft / 18150 ft / 18150 ft / 18150 ft / 18150 ft / 18150 ft
MD MD MD MD MD MD
10 %” Liner | 8 5/8” Liner | 10 %” Liner | 8 5/8” Liner | 10 %” Liner | 8 5/8” Liner
shoe @ shoe @ shoe @ shoe @ shoe @ shoe @
10076 ft 10076 ft 10060 ft 10060 ft 10123 ft 10123 ft
TvD /18600 | TVD /18600 | TVD /18550 | TVD /18550 | TVD / 18790 | TVD / 18790
ft MD ft MD ft MD ft MD ft MD ft MD
TOE @ TOE @ TOE @ TOE @ TOE @ TOE @
10135 ft 10135 ft 10104 ft 10104 ft 10163 ft 10163 ft
TvD /18800 | TvD /18800 | TvD /18700 | TvD /18700 | TVD / 18900 | TVD / 18900
ft MD ft MD ft MD ft MD ft MD ft MD
TD @ 10467 | TD @ 10246 D @ TD @ 10552 | TD @ 10548 | TD @ 10553
ftTVD / ft TVD / 10437.29 ft ftTVD / ftTVD / ft MD /
24280 ft MD | 23950 ft MD TVD/ 29116.78 ft | 30592.58 ft | 32941.66 ft
29778.94 ft MD MD MD
MD
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5 Technical challenges related to the drilling of
Multilateral Wells

Compared to a conventional single wellbore well there are not many differences for a
MLT system. As for any other wells drilled the challenges for a multilateral well are
related to wellbore geometry such as Dog Leg Severity (DLS) and Build-Up Rate (BUR),
Torque and Drag, such as effective tension, rotary torque, fatigue, hook load and
minimum WOB to buckle and Hydraulics, in form of hole cleaning, pressure losses and
circulating pressures and ECD-effects. More drilling related challenges could be
mentioned, but for this master thesis it was decided to focus only on the effects stated
here. In addition, and separating a multilateral well from a conventional one, there are
challenges related to kicking off from the mother wellbore to create the sidestep, as
well as the installation process of the junction itself. In this report field units are used
due to COPNO guidelines and policies.

5.1 Dog Leg Severity

The DLS, measured in degrees per 100 ft, is a measurement of change in direction in the
three dimensional space of the well path as a function of length (Wojtanowicz 2012).
The most critical doglegs most often occur as a result of un-wanted events during
drilling, leading to rapid changes and tight bends in the wellbore geometry. An example
of this can be if the bit enters a harder formation at an inclination. If the inclination is
below 30 degrees from the vertical the bit has a tendency to want to stay in the soft
formation leading to sharp direction changes in the hole is the bit weight is continued. If
the layer is above 30 degrees inclined compared to the vertical the bit often has no
other choice than to enter the harder formation, but the side of the bit first
encountering the harder formation will get reduced penetration rate resulting in a
turning effect towards the side touching the harder rock (Wojtanowicz 2012). Simple
schematics of this example can be seen in Figure 24.

Any well drilled that have directional changes will have doglegs present. Even though
the uncontrolled doglegs most often cause the ones with the highest DLS sometimes the
well path is planed with high doglegs in order to hit desired targets given a range of
constraints. For most drilling operations today a maximum DLS is considered to be
around 3.0 degrees per 100 ft (Wojtanowicz 2012), even though new tools and
equipment might make it possible to increase this number to 5, and even 6, for hole
sizes of 8 14” to 9 7/8” (Hummus et al 2011). The 3.0 number is based on the ability of
running tubulars, casings and other downhole equipment of certain lengths through the
dogleg. If the DLS gets to high it might be impossible to get to the desired depths
through the tight curves and rapid changes in hole geometry. In addition the fatigue and
wear issues increases with increased DLS (Wojtanowicz 2012). Cyclic rotations of the
drillstring through high doglegs are critical for the integrity of the tool joints between
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the pipe segments, and might ultimately lead to failure of the threads in the TJ’s. On top
of this the running of pipe and tubulars, as well as drilling ahead and tripping in/out, will
be experience higher frictional forces, and thus increased wear, for higher DLS. On the
other hand, however, doglegs can help reduce the hook load by creating bends for the
drillstring to “rest” on, thereby taking some of the weight otherwise felt by the rig. But
for the general case the DLS should be kept as low as possible to avoid issues with
running of equipment and to mitigate fatigue and wear issues. It should be noted that
the shallower the dogleg, the worse (Wojtanowicz 2012).

The DLS for maximum excessive wear of tool joints caused by contact between the wall
of the hole and the TJ, as given by Lubinski, can be calculated by Eq. 1 (Wojtanowicz
2012). For this Eq. the F is the maximum lateral force on the TJ, given in Ibf, the w_, is

the buoyed weight of the drillstring below the dogleg, units in Ibf, and the L, is the

half-distance between the tool joints. The applied constant of 34400 is an empirical ratio
applied in order to get the units for the DLS in degrees per 100 ft.

F
DLS =34400% —— —— (1)

half * Wmud

For DLS with regards to the ensuring of running of next casing string and tubular Eq. 2
(Sangesland 2012) can be utilized. The parameter ¢ is the dogleg angle, found from Eq.

3, given in degrees, and the L is the difference in measured depth in feet between two
following survey points. In Eq. 3 the parameter « is the inclination and the parameter
L the azimuth angle. The subscript 1 and 2 denotes the values at two following survey

stations.

DLS =100+2 (2)
L

@ =cos™[ cos(a, ) *cos(a, )+sin(a, ) *sin(a,)*cos( B, - B,) ] (3)
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Figure 24: High DLS caused by the entering of a harder formation at inclination (Figure made by
this author)

5.2 Build-Up Rate

The BUR is closely related to the DLS. The build-up rate describes the rate, in degrees
per 100 ft, which the well path builds inclination. A smaller BUR will result in a longer
well path interval required in order to obtain the desired hole-inclination, and vice versa.
The BUR can be both positive and negative. For positive values of the build-rate the
inclination increases, while for negative values it decreases. The latter is also known as
drop, as presented in Figure 25. A section of the wellbore where the BUR is zeo is often
referred to as the hold section. Compared to the DLS the BUR only considers the
inclination changes in the well path, and not the azimuth changes. Said in another way
the BUR is two-dimensional, while the DLS is three-dimensional. A high BUR will
therefore result in a high DLS, but a high DLS does not necessarily mean a high BUR.
Normally the BUR is lower than the DLS and is most often used to describe the desired
changes in the well path in order to, for instance, hit the target in the best possible
manner (Sangesland 2012). In most cases the BUR is investigated for a larger section of
the well. As mentioned in the previous sub-chapter, the DLS, on the other hand, is often
negatively used for undesired, rapid bends and corners in the well path, and is analyzed
in smaller portions of the well path.

The calculation of the rate of build-up is pure geometrical. The calculation of BUR is
given by Eq. 4. The L here is the well path length between two survey stations. This
length is dependent on how the wellbore is modeled, and will therefore influence the
output value of BUR. The most commonly used methods to find L is the tangential
method, balanced tangential method, radius of curvature method and the minimum
curvature method (Sangesland 2012). Of these is the latter the most accurate and the
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one most often used for directional survey calculations. It should be mentioned that
these methods described here today are being utilized by advanced computing
programs build-in to the different survey tools to yield decreased levels of uncertainty
for the calculations by dividing the well path into more fragments. Still, however, the
most advanced tools in the marked today still have a given inaccuracy giving an ellipsis

of uncertainty around the calculated wellbore position. The actual position will be
somewhere inside this ellipsis (Sangesland 2012).

a, — oy

BUR =100 * (4)

\

Type 1 Type Il Type Il
{build and hold) (build, hold and drop) (deep KOP)
a b c
|_' —_— e L
. i Horizontal
Horizontal well : drainhole
d

e
Figure 25: Examples of build-up, hold and drop for deviated and horizontal wells (Inglis 1987)

The trade-off when it comes to benefits versus negative effects with high BUR for
drilling of wells is often a challenge. In the United States, where onshore lease lines at
surface imagined to go vertically down in the subsurface dictates the cube the operator
is allowed to drill within in the underground, a high BUR is often desired in order to get
as much exposure to the pay zone as possible (Hummus et al. 2011). In other areas a
high build-rate might be necessary in order to avoid other wellbores, or desired in order
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to enter the reservoir in an optimum way. A high BUR might also result in a shorter
overall well path, leading to less equipment having to be used for the well. On the other
side, the higher the BUR the larger the challenges with fatigue, wear and passing of
tubulars and strings. The ultimate constraint when it comes to maximum BUR, just as for
DLS, is given by the ability of running casings, drillstring and other downhole tools
through the build-section. However, in modern drilling operations the BUR is often
limited by the inclination-change capabilities in the BHA (Hummus et al 2011).

5.3 Effective Tension

The effective tension is the tension, adjusted for all other load effects, felt in the pipe at
any depth at any time in the well during a drilling operation. These load effects can be
tension from the hook at the rig, torque due to rotation of the pipe, bending stresses
due to doglegs and pressure differentials between inside and outside of the drillstring
(Wojtanowicz 2012).

During normal operations the highest tension is felt by the pipe elements closest to the
rig floor during tripping out when the bit just leaves bottom. For rotation on bottom the
effective tension at surface will be lower due to the bottom part of the string being in
compression as weight is applied to the bit. The weight felt at the rig during drilling
ahead will therefore only be the buoyed weight of drillstring from the neutral point of
tension and upwards. For tripping out the top DS element feel the buoyed weight of the
whole string below all the way down to TD, plus friction and acceleration effects
(Wojtanowicz 2012). In addition wellbore geometry will impact the effective tension in
form of bends and corners where the drillstring can “rest” or get “hung-up”. In events
such as a stuck pipe, overpull often has to be exerted to the string resulting in higher
effective tension than for tripping out. However, the critical combined loads are
normally considered to be during fishing operations (Wojtanonwicz 2012).

If the effective tension in the string gets too high the string elements might suffer from
yield failure. The yielding of the drillstring will not occur as long as the equivalent, or
effective, stress is lower than the yield strength of the string element. The maximum
values for yield strength can be found in drilling tables specified for different drill pipes
and other downhole equipment. However, these tabulated values are valid only for
uniaxial state of stress, meaning that the yield strength values in the tables only are
valid for no other stress state than tension. This never happens in reality, and combined
stress, such as internal pressure in addition to tensional force, will influence the
tabulated yield strength. It is therefore important always to consider the combined
loads in order to find the effective maximum yield strength for a pipe element for a
given situation. Alternatively the maximum yield strength from the tables can be kept,
and instead adjusting the stresses in the pipe for combined loads to find the effective, or
equivalent, stresses exerted on the drillstring. This can for instance be performed by
using the von Mises Eq., presented in Eq. 5, to find the equivalent stress for a string. This
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Eq. takes into account the combined stresses acting on the drillstring, and gives as an
output the equivalent stress acting on the pipe. The pipe is indicated to fail if the von
Mises stress, V, exceeds the yield limit given for the pipe. It should be mentioned that
Eq. 5 is a general Eq., meaning the in the case of a failure the reason cannot be
determined. In other words, if the combined stress of pressure and torque are acting on
a drillstring, and the calculations show that the pipe is likely to fail given by the von
Mises stress, it cannot be determined whether the pipe will fail due to the pressure or
the torque (Wojtanowicz 2012).

2V2 :[(Sa_sr)z+(St_Sr)2+(sa—st)2}+6['|'t2 +Tr2+T22:| )

In the von Mises Eq. the S_ is the axial stress in the wall of the drill pipe, given in psi, the
S, is the radial stress in the wall of the DP, also given in psi, the S, is the tangential

r

stress in the wall of the drill pipe, given in psi, the T, is the tangential shear stress
normal to the longitudinal axis of the DP, units in psi, the T _is the radial shear stress
normal to the longitudinal axis of the DP, while the T, is the axial shear stress parallel to

z

the longitudinal axis of the drill pipe, also given in psi. Said differently the T, represents
the torque applied to the string and the T, is the additional forces due to bending. The

T, is typically set to zero for simplification (Wojtanowicz 2012). For the sake of this
report the different parameters in the von Mises Eq. will not be discussed in detail any
further. For more information regarding the calculation of equivalent stress for a
drillstring please refer to Wojtanonwicz (2012), page 231 — 237.

The effective tension in the string, on the other hand, measured in Ibf, can be calculated
using Eq. 6. Here the OP is the overpull in Ibf, the P, the internal pressure inside the

drillstring at given depth, given in psi, P, the external, or outer, pressure outside the
drillstring, also given in psi, A the cross-sectional area inside the pipe, units in inches
squared, and A the cross-sectional area outside the pipe, also given in inches squared,
or in other words between the borehole wall and the OD of the drill pipe (Wojtanowicz

2012). The internal pressure in the pipe can be found from Eq. 7, while the outside
pressure can be found utilizing Eq. 8. The P, and P both in psi,are the pressure

i,su o,surf 7

at the surface for inside and outside of the string, respectively. The T

real 7

given in Ibf, is
the sum of the actual hook load of the string submerged in mud and the internal
pressure area force acting on the end of the DP. This value can be found by using of Eq.
9. The bouancy factor, BF, can be calculated by Eq. 10. The W ;. is the weight of the
drillstring in air, while the L is the length of drillstring below the surface, or depth. For

calculations at the rig the last part of Eq. 9 therefore can be neglected (Wojtanonwicz
2012).
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Teff :Treal_(F)i*A)+(Po*A\a)+OP (6)

I:>i = 0052 * pmud * DTVD + I:>i,surf (7)
Po = 0052 * pmud * DTVD + Po,surf (8)
Treal = HOOklOad + Psurf * A _WDS,air * BF * LDS (9)
BF =1—£mg (10)
psteel

5.4 Torque

The top drive at the rig, or in some cases the rotary table, provides rotary torque for the
drilling operation. For Maersk Gallant the maximum torque that can be applied is 60000
ft-Ibf. However, most string component have their respective make-up torque
recommended values lower than this, often ranging in the area between 20000 and
45000 ft-Ibf, dependent on size, grade and class (Wojtanowicz 2012). It is important that
the experienced rotary torque in the string at any depth never exceeds the make-up
torque for the given component in the string at that depth. For DP the make-up torque
corresponds to the maximum load capacity of the TJ. If the actual torque applied is
higher than this maximum additional tensional stress will be applied to the pipe, and the
load capacity in the TJ will be reduced. Therefore, in order for the tabulated strength
and maximum load values for a DP to be valid it is important that the correct make-up
torque, listed in the same tables, is always applied (Wojtanowicz 2012). For DC’s it is
likewise crucial to follow the make-up torque directions found in the data tables. The
recommended torque for drill collar connections is to keep the seal on the shoulders of
the collars intact. If the make-up torque is too low the shoulders may separate during
bending and rotation, leading to leakage of drilling fluid from the inside of the pipe to
the annulus. The shoulders are kept together by a compressive force at the shoulder
face created by a sufficient load. It is the make-up torque that applies this back-up load,
and an insufficient connection torque therefore can lead to shoulder separation
between to following collars. On the other hand, if the DC make-up torque is higher
than the tabulated recommendation it can, just as for the DP, create an additional
tensional force in the DC, and the number of cycles before experiencing fatigue failure
of the pin in the connection, as a result of this, can be reduced (Wojtanowicz
2012;Sangesland 2012).
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Eqg. 11 gives the maximum value of rotary torque, in in-Ibf, that can be applied at surface
to a drillstring with a given working tension load (Wojtanowicz 2012) without yielding of

the pipe. This working tension load is given as the actual tension felt at surface, o, . yieq +

in psi, times the cross-sectional area of the drillstring, A, in inches squared. The

result of the multiplication of these will have units in Ibf. The o is the tabulated

y,table
maximum tensile strength of the pipe. Z is the polar module of the DP, given by Eq. 12,
with units in inches cubed. The J in Eq. 12 is the polar moment of inertia, given in inches
raised to the fourth power, and can be calculated by use of the outside and inside
diameter of the DP from Eq. 13.

Z (0 * Avos) ~(, s * Avess)
T _ * y,table ross y,applied ross (11)
i A:ross 3
2J
/=
oD, (12)
T
J :§(ODDP4 ~1Dy") (13)

For calculations of torque due to friction Eq. 14 can be used. Here F is the friction force
between the pipe and the borehole wall acting in the opposite direction of pipe rotation.
This force can be pictured by use of N, the normal force acting on the drill pipe from the
borehole wall, and u, the friction factor. The last parameter, r, is the radius of the pipe.

T =F*I’=N*,Ll*l’ (14)

friction

In order to find the total torque at surface due to downhole friction, and hook load, as
will be discussed in section 5.6, there are often two models considered, namely the
analytical friction model and the discrete model (Sangesland 2012). For smooth curved
hole sections the analytical model is the most suitable to use, while the discrete is
better for holes with continuous changes in inclination and azimuth. In reality most
wellbores are not smooth and therefore the discrete model most often has to be
utilized. The discrete model divides the wellbore into sections, where the calculations
performed on each section add up to the total value for the wellbore. A common
method to perform these calculations is to start at TD and end up at surface. The
number of sections divided into will influence the value at the surface, and most
computer software will make use of thousands of steps. For manual calculations a
convenient method is to divide between vertical section and build/drop sections (see
Figure 25), and between build/drop sections and hold sections. An example of this is
showed in Figure 26.
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Figure 26: Convenient dividing of the drillstring for manual calculations using the discrete model
(Figure made by this author)

For the discrete model the torque due to friction at a given depth in the well is found by
using Eq. 15. This Eqg. says that the torque at the end of a section of the pipe in the well
(here denoted T, ), going from bottom and upwards, as described, is the sum of the

torque at the start of the pipe section, T, , plus the torque due to friction caused by the

length of the pipe section between the two depths. An illustration of this can be seen in
Figure 27. This torque due to friction of the pipe section is the last part of Eq. 15, same
as Eq. 14. The normal force, N, for a pipe in a borehole can be calculated using Eq. 16
(Johancsik et al. 1984). Here the F, is the force pulling on the lower side of the pipe due

to the weight of the drill pipe below this point, see Figure 27. The A¢ is the change in
azimuth in radians, and for zero changes the Eq. for N simplifies to Eq. 17. A@ is the

change in inclination, also given in radians. It should be noted that the 0 is the average
inclination for the pipe section given in degrees, not radian. The calculation of change in
azimuth and inclination, as well as average inclination, is found in Eq. 18, Eq. 19 and Eq.
20, respectively. Finally, the w in Eq. 16 is the buoyed weight of the pipe section and can
be calculated using Eq. 21. The BF is the buoyancy factor found from Eq. 10. By
performing calculations on the torque at the end of each of the pre-defined pipe

sections the torque at surface can be found as the T, =T ... for the top section.
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T, =T, +pu*r=|N

N =\/( Fl*A¢*sin(5))2 +(w*sin(5)+ F *A9)2
N =W*sin(5)+ F *AQ
AO=0,-6,

A¢:¢z_¢1

0, +0,
2

0=

w=m, * Lo, * BF

F1+4 F =F2

B+ A, o+ A0

W F=F1

(Johancsik et al. 1984)
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Figure 27: Forces on a pipe section element for torque and drag analysis using the discrete model



5.5 Fatigue and Wear of the Drillstring

Fatigue of the drillstring can occur if the wear, forces or loads experienced get too
extensive. During a drilling operation the downhole equipment will continuously wear
out, and changes have to be done in order to ensure that the integrity in the string and
other crucial elements are intact at all times. If the drillstring gets exposed to cyclic
rotations in doglegs with high severity, as mentioned in section 5.1, the fatigue ratio
increases rapidly (Wojtanowicz 2012). In addition the normal operations such as drilling,
tripping in/out, tension in the string, rotary torque applied, make-up torque applied,
pipe handling, transportation of the string, and more, will influence the fatigue ratio
negativelylg.

According to Wojtanowicz (2012) there are four major pipe classes, based on wear of
the pipe, presented in Figure 28. These are new, premium, class 2 and class 3. The new
class assumes no wear and 100 % nominal wall thickness. For the premium class the
pipe is given the torsional and tensile maximum tabulated strength values, as well as the
collapse and internal pressure resistance, based on an assumed 20 % uniform wear of
the pipe walls compared to a new pipe, meaning that the minimum pipe wall thickness
is 80 % of a new. For class 2 also a uniform wear of 20 % is assumed, but the minimum
wall thickness is reduced to 65 % of new, meaning that 35 % eccentric wear can be
found. The last class, class 3, assumes a uniform wear of 37.5 %, with eccentric wear of
up to 45 %, meaning that the minimum wall thickness, compared to a new pipe, might
be as low as 55 %. Naturally, a class 3 pipe will reach the fatigue limit faster than a
premium class pipe, if all other conditions are kept constant. To apply an additional
safety factor against wear and fatigue most pipes used in the industry are classified as
premium as soon as they leave the factory, even though never used (Wojtanowicz 2012).

80 % uniform wall Up to 35 % wear 80 % uniform 62.5 % uniform
thickness — — P - — — —_ wall thickness —— _Yvall thickness
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Figure 28: Classification of drill pipes based on wear (Figure made by this author)

19 personal communication with P. Skalle. 2013. Trondheim: NTNU
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5.6 Drag forces and Hook Load

The hook load is a function of wellbore length (or drillstring length really), drillstring
composition, drilling fluid density, wellbore geometry and drag forces. Normally the
tripping out operation yields the largest hook load for normal operation. When the bit
just leaves the bottom at TD the maximum hook load is experienced at the surface, a
value that often is referred to as the pick-up force (Sangesland 2012). For issues, such as
stuck pipe and fishing operations the values might get higher (Wojtanowicz 2012).

As mentioned in section 5.4 the forces in the drill pipe can be calculated using either the
analytical or the discrete model. The hook load can be found by using the discrete
model and by dividing the drillstring into pre-defined sections, as suggested in Figure 26.
The force required to pull on the top side of the pipe section, F,, as displayed in Figure

27, is given by Eq. 22. The *+ in Eqg. 22 indicates the difference between pulling and
lowering of the pipe. For pulling out of the hole the friction force will work against the
pulling, giving an additional force required to pull the pipe. The plus sign should
therefore be used for POOH. For lowering of the drillstring the drag force working
against the direction of motion of the pipe will reduce the hook load, therefore the
minus sign has to be used (Sangesland 2012). The F, is the force pulling on the lower

side of the pipe section due to the buoyed weight of the drillstring below. The w is the

weight of the pipe section itself, as given in Eq. 21, the 0 the average inclination for the
section, calculated by Eq. 20, u the friction factor and N the normal force acting on the
side of the pipe from the borehole wall, as presented in Eq. 16. The hook load can, as for
the torque, be found by performing calculations from bottom and upwards for each of
the pipe sections. For the top DP section the F, equals the hook load (Sangesland 2012).

F2=Fl+w+cos(§)iy*N (22)

It should be mentioned that Eq. 22 is given for no rotation of the pipe. If rotational
speed is applied the drag forces will be reduced significantly, resulting in a reduced hook
load. The forces on a pipe element, if seen from top, can be displayed as showed in
Figure 29. For pulling out of the hole in the x-direction the pipe will have a velocity, V

X 7

in that direction, with a resulting frictional force, F,, acting against the direction of
movement. With the introduction of rotation of the pipe a velocity, V, , is applied to the
DP. This velocity in the y-direction will result in a frictional force, F , acting against the

direction or rotation. Based on this the resultant friction, F__, and velocity, V., will be

res’ res /7

as showed in the figure. The resultant velocity can be described by use of Eqg. 23, while
the resultant frictional force can be calculated using Eq. 24.

2 2 2
Vres :Vx +Vy (23)
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Fe =F’+F,’=const, (24)

For Eq. 24 the F, again can be described as in Eq. 25, where F is the normal force
acting from the borehole wall on the pipe element.

\
Fo=pu*Fy *VX (25)

res

Given that the resultant velocity can be written as in Eq. 23, Eq. 25 then becomes as
presented in Eq. 26. This Eq. indicates that if the velocity in the y-direction, the
rotational velocity of the pipe, goes towards infinity, the frictional forces in the x-
direction goes against zero.

Vv
F = y7E FN [ — S—

X Xz +Vy2 (26)
The velocity in the y-direction can again be described with revolutions per minute by
transforming the expression for V, into Eq. 27. Here n is the revolutions per minute of
the drillstring and r the pipe radius. With this Eq. 26 then becomes as given in Eq. 28.
This Eg. shows the effect of rotation of the DP on the drag effect, or frictional force
acting in the opposite direction of pipe movement in the x-direction, F, (Sangesland
2012). As an example, for a rotation of 100 RPM, and otherwise constant parameters,
the drag force will be reduced by 25 % contra no pipe rotation.

vyz—z*ég*”*r (27)
Fo=puxFy % .
V2+(2*ﬂ*n*rj (28)
X 60

69



Top View Wi~ 7\V_res

|
DP element :
|

-

Figure 29: Forces on a drill pipe element with pipe rotation (Figure made by this author)

5.7 Minimum WOB to buckle

The minimum WOB to buckle is the critical bit weight applied that will make the
drillstring buckle. For a vertical borehole, with no weight on the bit, the drillstring will
remain straight. As soon as the bit reaches the bottom the applied weight on bit will
increase until the desired level is reached. At this point the bottom part of the drillstring
will be in compression, applying weight to the bit, while the upper part of the string will
be in tension, creating a positive hook load at the rig. The point in the drillstring where
the net tensional force is zero is called the neutral point of tension (Wojtanowicz 2012).
It is important to stress to difference between the neutral point of tension and the
neutral point of buckling (NPB). Lubinski defined this point in the drillstring as “the point
at which compressive stress is equal to hydrostatic pressure of the surrounding fluid”
(Wojtanowicz 2012). In other words, the NPB is at the top of the portion of drillstring
that actually produces bit weight, and if the string is cut here there will be no change of
stress, and WOB will be identical as before. The NPB can also be described as the point
at which the stability force, found by Eq. 29, equals the compressive load. In this Eq. the
A and A, represents the inner and outer cross-sectional area of the pipe, while the P

and P, describes the pressure inside and outside the pipe, respectively.

Fs=(A*R)-(A*R) (29)

The difference between the neutral point of tension and NPB then becomes the length
of string that is in compression due to the upwards hydrostatic pressure, or buoyancy
force, of the drilling fluid, but does not apply any weight to the bit. That section of pipe
will not be felt as tension at the surface; neither will it add weight to the bit
(Wojtanowicz 2012). This is displayed in Figure 30. For a pipe hanging in air the neutral
point of tension will be at the bit, marked with an A. The whole DP will for this condition
be in tension. As the hole is filled with mud (as it naturally always is) a compressional
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force is applied to the bit and the neutral point of tension shift upwards to point B in the
figure. As WOB then is applied to the bottom for drilling ahead the neutral point of
tension continues upwards the string to point C. If the effects of mud surrounding the
pipe had not been taken into account the point would have been at D in the figure, due
to the lower start point given in point A. The length difference between point C and D
represents the difference between the NPB and the neutral point of tension. The length
of drillstring below the NPB in D will add weight to the bit, while the section of string
between C and D will represent the compression due to the buoyancy effect

(Wojtanowicz 2012).
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Figure 30: Effect of buoyancy on buckling in form of neutral point of tension and NPB (Figure made
by this author)
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Normally the drillstring is designed to have the NPB in the BHA in order to prevent
buckling of the drill pipe. If the NPB falls in the DP instead of the BHA the possibility of
buckling increases as the buckling resistance, or minimum WOB for buckling, is lower for
the DP than the BHA (Wojtanowicz 2012). In order to achieve that, the minimum length
of DC’s must be calculated. This can be achieved by using Eq. 30. The w, is the average

unit weight of the BHA in air. The BF is the buoyancy factor, presented in Eq. 10, while
the @ is the hole inclination. It should be noted that Eq. 30 does not take into account
the circulating pressures or the torque applied to the bit. In addition the WOB as
measured on surface might be different from the actual downhole WOB due to wall
friction and other errors in the readings. A safety factor, SF, should therefore be
multiplied to the minimum length in order to account for these sources of errors
(Wojtanowicz 2012). According to Bourgoyne et al. (1986c) this factor should be at least
1.3.

WOB

Lopa = SF
TR Wy, *(1- BF)*cos(e)* (30)

In addition the stiffness factor ratio between the last DP and the top DC, or any two
following string sections, should be kept within the maximum considered value of 3.5
given by the International Association of Drilling Contractors (IADC). This ratio can be
calculated using Eq. 31. The subscript 1 denotes the lower of two following sections (for
example the DC) and 2 the upper (for example the DP).

oD'- 1D 0D,

SFR=——L 1
oD,'—ID,* D,

(31)

If the neutral buckling point falls in the drill pipe above the BHA, where the buckling
resistance, or minimum WOB to buckle, is much smaller, the string is likely to buckle as
weight is applied to the bit (Wojtanowicz 2012). Normally there are two conditions
considered, namely the sinusoidal buckling (S-buckling) and helical buckling (H-buckling).
If the compressional force applied to a string element exceeds the minimum WOB the
pipe element will deform and contact the borehole wall. That is 1* degree buckling, or
sinusoidal buckling. At this point the string is still able to transfer part of the the applied
weight to the bit. For continued increased compression to the string the pipe will buckle
a second time and touch the borehole wall at two points, a condition better known as
2" degree buckling, or helical buckling. At this point the string will fail to transfer any
more weight to the bit, and if the compressional force is further increased the string will
continue to buckle to form a shape similar to a helix. The buckling of the drillstring is
undesired as it can lead to several challenges. In addition to unsuccessful transferring of
the weight applied to the bit, the rotation of a buckled pipe will fatigue the TJ quickly
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and the integrity of the pipe might fail (Bourgoyne et al. 1986). On top of that can a
buckled drillstring lead to issues when pulling out, as the helical shape might be difficult
to get through high doglegs in the wellbore (Wojtanowicz 2012).

The minimum WOB in order to buckle for the drillstring will be dependent on string
composition and design, mud weight, as well as wellbore geometry. A small annulus
between the pipe and the borehole wall might support the string if buckling should
occur, preventing further buckling from occurring. The mud weight provides a specific
buoyancy factor, an effect that must be included in the NPB calculations. The drilling
fluid will provide hydrostatic pressure to the drill string from the annulus, as well as a
stability force (see Eq. 29) as a result of fluid pressure inside the string. In addition the
circulation of the mud will affect the fluid frictional forces between the string and the
mud (Bourgoyne et al. 1986). The composition of the string will affect the buckling
resistance as different pipe sections, with different grades and classification, will have
different minimum WOB to buckle. The length of the BHA and DC’s should be designed
in order to prevent any buckling issues (Wojtanowicz 2012).

5.8 Hole Cleaning

In order to ensure successful drilling ahead it is important to sufficiently clean the
wellbore. The bit-rock interaction will result in cuttings that need to be transported
away from the bottom of the hole and up to the surface in the annulus. If the hole does
not get cleaned in a proper manner a lot of different issues can occur. Not only can
there be challenges with the running of the next casing string due to excessive amount
of cutting bed in the hole, insufficient cleaning can also wear the bit out faster due to
the cutting of the same rock twice. This latter will also result in slower rate of
penetration. If the amount of cuttings in the hole gets too large the pipe might get stuck,
of the hole packed-off, leading to expensive extra-work to get it free. A severe result of
packing off the hole might be lost circulation due to the increased pressure and resulting
fracturing of the formation caused by the pack—offzo. On top of that inadequate hole
cleaning can lead to increased level of torque and drag due to increased friction due to
the cuttings bed in the annular annulus and the drillstring. If the torque and drag issues
get too severe there might be issues with make-up torques exceeded and tensile
failures of the string due to high levels of effective tension when pulling out. In addition,
bad hole cleaning can lead to elevated levels of Equivalent Circulating Density (ECD) as
the frictional pressure losses in the annulus will be higher due to the large amount of
cuttings needing to be moved. This is especially a challenge for long, horizontal wells.
The additional cuttings will increase the surface area encountered by the drilling mud,
increasing the overall friction between the fluid and the rock, which will result in higher
pressure losses. The formula for ECD is given in Eq. 42. If the ECD gets too high, the
fracture gradient might be exceeded, leading to fracturing of the formation rock at the
bit. That again might lead to lost circulation, as mentioned for packing-off, a condition

% personal communication with S. Tarressen. 2013. Lindesnes: Acona Wellpro
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that can have severe consequences in form of a kick, or even a blowout. Finally,
insufficient hole cleaning can cause issues when cementing due to higher possibilities of
bad bond between the casing and the formation (Wojtanowicz 2012).

Saasan (1998) showed that the pressure loss due to friction in the annulus is the largest
contributor to cleaning of the wellbore for a deviated well. In other words the pump
rate for the mud pumps must be selected so that the resulting frictional pressure loss in
the annulus is high enough to obtain the required hole cleaning. In addition the cleaning
is dependent on the cutting bed consolidation, cutting density and shape, annular
velocity and mud properties in form of lifting capacities (Saasan 1998). For horizontal
wells it can be a challenge to obtain a sufficient hole cleaning, as mentioned. As the TVD
remains more or less constant, but the measured depth increases, the ECD will increase,
while the fracture gradient will remain constant, something that can cause challenges
with regards to fracturing of the formation. Also, for long horizontal sections the gravity
will pull the cuttings down to the lower side of the wellbore, and a cuttings bed might
be established along the lower side of the hole. As the DP for such a horizontal wellbore
will be resting on the lower side of the hole the major drilling fluid flow will occur in a
concentrated area in the upper, central part of the wellbore. This concept is described in
Figure 31. Therefore it is important to get the cuttings into this “conveyor belt” in order
to achieve a better cuttings transport. This is most often achieved by increasing the
rotational speed of the drillstring, so that the frictional forces between the drilling fluid
and the side of the cuttings will move the rock up from the lower sides of the wellbore
(next to the DP) into this high-velocity stream (Sangesland 2012).

Tee—

/_ Cuttings

Figure 31: High velocity area in a horizontal well (Figure made by this author)

If the hole cleaning for a well being drilled is insufficient issues with the running of the
next casing string might occur, as described earlier. That might happen if the
penetration rate is too high resulting in excessive amounts of produced cuttings
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compared to the lifting capacity of the mud at given pump rate for the given wellbore.
As described by Nesland (2012), the effect of hydraulics, or bit jet impact force, on Rate
of Penetration (ROP) is determined either by the flounder point or the hydraulic erosion.
The latter is valid for soft formation, but studies have not yet been able to get the full
overview of this effect. For hard formations the flounder point, which is the point where
the cuttings are created faster than they are removed, as described, gives the bit jet
impact force effect on ROP (Bourgoyne et al. 1986; Wojtanowicz 2012). This means that
if more jet impact force is applied to the bit, more WOB and a higher ROP will be
obtained before reaching the flounder point (Bourgoyne et al. 1986). Eckel performed in
1968 a correlation between the Reynolds number, N, and ROP. The Reynolds number,

described more in detail in section 5.9, is a value used to determine the flow regime in
the different parts of the well (Bourgoyne et al. 1986c). These studies showed that ROP
really is function of the Reynolds number, and that for most cases by increasing the
Reynolds number the ROP also will increase (Bourgoyne et al. 1986). In other words, if
the penetration rate is so high that the cuttings are not removed properly a bed height
might arise in the wellbore, leading to smaller effective drift diameter of the openhole
section. If that drift is smaller than the OD of the next casing to be run, time consuming
mud circulations have to be performed in order to clean the hole sufficiently for the
string to be run successfully21. Going back a decade or two the norm in the industry was
to obtain as high as possible penetration rate for the drilling of a new section. The
different rig crews were often measured up against each other based on the average
ROP for a section. That often led to bad hole cleaning, which resulted in expensive
cleaning of the hole for the successive rig crew. Today the overall average penetration
rate for the whole well is more in focus, meaning that the openhole sections are drilled
more carefully to ensure sufficient cleaning of the hole, so that the next casing string
can be run without any issues. In the long run, for most cases, that will be more efficient
and lead to overall shorter time from casing point to casing point for the well*%.

5.9 Pressure Losses

It is important to address and control the pressure losses during drilling. From the outlet
of the mud pumps the mud will go through the surface equipment, down the inside of
the drill pipe, through the bit nozzles, up the annulus to transport the cuttings, back
through the surface equipment to finally end up in the mud tanks again (Bourgoyne et al.
1986b). During this whole journey frictional forces acting on the side of the fluid, in the
opposite direction of fluid movement, will result in pressure losses along the way. The
overall pressure losses, from surface, trough the circulating system, and back to the
surface again, are for this report called the system pressure losses. If the system
pressure losses get to high the mud pumps might fail to pump the drilling fluid at the
desired rate around the circulating loop.

2! personal communication with G. Namtvedt. 2013. Stavanger: ConocoPhillips Norway
22 personal communication with S. Tarressen. 2013. Lindesnes: Acona Wellpro
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The system pressure losses in the well are made up of smaller, sectional pressure losses.
For this report these are considered to be surface pressure losses, drillstring pressure
losses, bit pressre losses and annulus pressure losses. The size of each of these sectional
pressure losses, summing up the total pressure losses for a well, is dependent of a lot of
complex factors. First of all a rheology model has to be selected that will fit the
properties of the actual drilling fluid used. The most commonly used models are the
Newtonian, Bingham Plastic, Herschel-Bulkley and the Power-Law models. Each of these
models gives their own sets of Eq.s, with specific dependencies, for pressure loss
calculations. For the Bingham-Plastic model, for instance, the first task is to find the
mean velocity in both the pipe and the annulus. The velocity in the pipe, given by Eq. 32,
is a function of flow rate, g, in gpm and inner diameter of the DP, given in inches. For
the annulus the mean velocity (Eq. 33) is dependent also on the flow rate, but now given

a flow area between the hole, or casing, diameter, ID, , , and outer diameter of the DP,

OD,; . The constant of 2.448 is applied in order to get the velocities in ft/s. Further,
these velocities will determine the flow regimes, laminar or turbulent.

— q
Vp-—9d
o = 448+ 1D, 2 (52)

q

hole

(33)

Yot = 5 448+ (ID,,.7 ~0OD,")

Again there are several criteria Eq.s to choose between, but the most commonly used is
the Reynolds number. In the DP this number is found by using Eq. 34. In this Eq. the 928
is a constant applied in order to get the Reynolds number unit free. The p,, is the mud

weight in ppg, and the U, is the plastic viscosity of the mud, given in centipoise. For the

annulus Eqg. 35 must be used. The 757 value is also here a constant applied in order to
get the Reynolds number unit free. The values found for the N, can then be used to

determine whether there is laminar or turbulent flow in the different parts of the well.
The values are different for the different rheological models. According to Bourgoyne
(1986c¢) the limit between laminar and turbulent flow is at the Reynolds number of 2100.
Any value below this indicates laminar flow regime, while any number above indicates
turbulent low. Often a transitional flow regime, representing the transformation from
laminar to fully turbulent flow, is considered to lie in the interval from 2000 — 4000, but
for the calculation purposes given in the Eq.s in this sub-chapter the border limit of 2100
represents a significant switch in flow regime (Bourgoyne et al. 1986c).

928+ p_*v__ *1D
= Pm *Vop DP (34)
Hy

N
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757 p_*V «(1D. . —OD
NRe= pm annulus ( hole Dp) (35)

Hp

Given the Reynolds number the flow regime can be determined, and the following
pressure losses can be calculated. For laminar flow the frictional pressure losses for the
string and annulus can be calculated using Eq. 36 and Eq. 37, respectively. The T, for

these Eq.s is the yield point of the mud, given in Ibf/100 ft°.

Py _ o *Vor Y (36)
dL  1500%1D,,?  225%ID,,

dP, My * T,

= +
dL 1000*(|Dhole _ODDP )2 200*(|Dhole _ODDP)

Vannulus

(37)

If the flow is indicated to be turbulent by the Reynolds number Eq. 38 and Eq. 39 have
to be used for frictional pressure losses in the DP and annulus, respectively. The
constants of 1800 and 1396 are given in order to end up with units in psi/ft for the two
Eq.s. To find the total pressure loss of a portion of the well the results from the Eq.s
have to be multiplied with section length, in ft, in order to get frictional pressure losses
in psi (Bourgoyne et al. 1986c).

—\1.75
de ) pmo.75 >klupo.zs *(VDP)
dL 1800xID,,'*

(38)

175
de _ pm0.75 * lup0.25 * (Vannunlus)
dL 1396+ (ID,,, —ODy, )™

(39)

For a complete overview of the Eq.s for pipe and annulus pressure losses for the other
rheological models, as well as presentations of other methods to find the flow regimes
in the well, please refer to Bourgoyne et al. (1986c¢), page 127 — 184, with summary of
the Eq.s used in this report, and more, on page 155.

In addition to frictional pressure losses in the drillstring and the annulus, the system
pressure losses in this report is considered to also contain the surface equipment
pressure losses and the pressure loss across the bit nozzles, as mentioned. For simplicity
the surface pressure loss is often assumed to be a constant value, for this report 100 psi.
Normally the frictional pressure losses at the surface are so small compared to the rest
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that they many time also simply are neglected?. The bit pressure loss is calculated using
Eq. 40. The A is the total flow area across the bits, given in inches squared, while the

C, is the discharge coefficient correcting for the assumption of friction-free flow of

mud through the bit nozzles (Bourgoyne et al. 1986c¢). According to Wojtanowicz (2012)
this coefficient usually range between 0.7 and 0.95, dependent on nozzle type.

8.311%10° % p_*q°
APy = C.2 *A\Z
d

(40)

5.10 Circulating Pressures and ECD-effects

The system pressure losses introduced in section 5.9 are mostly important in a well
control perspective. As the mud exits the bit nozzles the circulating pressure, the
pressure given by the drilling fluid at any point in the well during circulation created by
the mud pumps, should, for conventional overbalanced drilling, be within the drilling
window, an interval defined by the pore pressure at the lower end and the fracture
gradient at the upper side. If the circulating pressure falls below the pore pressure, the
well becomes underbalanced and influx of formation fluid might occur, a condition
better known as a kick. On the other hand, if the pressure from the mud gets too high
crossing the fracture limit, lost circulation of mud might happen, possibly leading to a
reduction in the hydrostatic height of the mud column. That again can reduce the BHP
also leading to underbalance and influx of formation fluids. In order to ensure a safe
drilling operation the circulating system, and properties, therefore have to be designed
so that the circulating pressure always falls within the drilling window for a conventional,
overbalanced operation where the mud weight is the primary barrier element dictating
the BHP to the largest extent. It should be noted that today several other drilling
techniques are found, yielding slightly different approaches of controlling the circulating
pressure conventional overbalanced drilling, as used in the simulations in this report,
including underbalanced drilling (UBD), dual gradient drilling and managed pressure
drilling (MPD), without describing these methods any further.

Often the pore pressure and fracture gradient limits are given as equivalent densities
rather than in pressure, by use of Eg. 41 (Bourgoyne et al. 1986c¢). The P in that Eq. is the
pressure at given true vertical depth in the well. This is often a more convenient method
because it is easier and faster to check if the selected mud weight will fall within the
drilling window. Since the mud weight density normally is given for static conditions, the
equivalent circulating density has to be calculated in order to include the increased BHP
due to frictional pressure losses in the annulus during circulation (Wojtanowicz 2012). It
is this ECD that has to be within the drilling window, rather than the static mud weight.

%% personal communication with S. Tarressen. 2013. Lindesnes: Acona Wellpro
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Eq. 42 shows the calculation of ECD from the initial mud weight, p. . The numerator in
the Eq. is the frictional pressure losses in the annulus.

P
= 0.052+D,, (41)
ECD — pm + APf,annulus (42)
0.052% D,

It should be noted that a smaller overbalance above the pore pressure normally will
lead to a faster penetration rate, so the ECD should be designed, if possible, to fall as
close to the pore pressure line, but with a trip margin in between to act as a safety
margin against the lowered BHP due to the swabbing effect when the pipe is pulled out
(Bourgoyne et al. 1986e). By using of Eq. 41 this trip margin can be calculated using Eq.
43. The AP, is here the desired safety margin in pressure above the pore pressure in

order to mitigate the swabbing effects. Other suggestions make use of Eq. 44 for trip
margin calculations (Drilling Formulas 2013). The 7, is the yield point of the mud given

in Ibf/100 ft*. For both Eq. 43 and Eq. 44 the trip margin, TM, given in ppg, has to be
added to the mud weight in order to find the needed mud weight in order to mitigate
any swabbing effects during tripping (Bourgoyne et al. 1986). In many drilling operations
the trip margin is simply set to around 0.5 ppg above the pore pressure equivalent
density, or 200 — 300 psi above the pore pressure (Hyne, N.J. 1991;Bourgoyne et al.
1986¢€). For more information regarding the swab effect please refer to Bourgoyne et al.
(1986), page 164.

— Apsafety (43)
0.052% D,

M = il 44

~11.7%(ID,,, —~ODy;) (44)

In the same way as a trip margin is set to prevent the ECD to decrease below the pore
pressure line during tripping, a kick margin is determined in order to add a safety margin
for the kill weight mud (KWM) during a kick. This is done by saying that the maximum
ECD is a certain value lower than the fracture gradient. As for the trip margin a normal
kick margin is often set to around 0.5 ppg below the fracture gradient (Bourgoyne et al.
1986e). At the casing depth, if no margin against kick is present, a fracturing of the
formation will occur KWM is pumped down to the bottom, leading to a possible
underground blowout (Bourgoyne et al. 1986e). The calculation of the kick margin and
the KWM can be found in numerous well control manuals and literature.
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5.11 Specific challenges on Ekofisk

As mentioned in chapter 2 the compaction of the Ekofisk reservoir, and the following
subsidence at the seabed, lead to several challenges for well planning and drilling in the
area. The compaction in the overburden increases the risk of buckling failure, presented
in section 5.7, for the wells penetrating the area. The subsidence bowl in addition yield
elevated shear forces at the rim of the bowl, creating movement, deformation and
collapses of the wellbores. In addition, the existence of fractured and faulted zones in
the area creates challenges with regards to migrating injection water and solution gas
from the reservoir into the overburden, influencing the downhole pressure regimes
(Midtgarden 2010). Finally, the large amount of existing wells is a challenge for any new
drilling operation in the Ekofisk field, and proper planning must be performed in order
to achieve a successful result.
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6 Parameter simulations by using of the Wellplan
software

In order to evaluate the drillability of the three different multilateral well configurations,
presented in Figure 16 and Figure 17, the Wellplan software was used in order to
perform simulations of different effects during drilling. As mentioned in Section 4.4 only
the junction design option with IWS (option 2) would be investigated. The simulation
process is step-wise presented in Figure 32. A mother wellbore from surface to junction
point was first created in the software, using data and setup from well 2/4-Z-17 nearby.
No simulations were performed on this wellbore, thus assuming the drilling of this
would occur without any issues. The mother wellbore would make up the top section
from surface down to the junction point for all of the investigated MLT options. From
there the drilling of these three options (MLT1, MLT2 and MLT3) would be studied. For
each of the three there would be a mainbore/Lateral 1 (L1) and a sidestep/Lateral 2 (L2),
each L2 with a 9 %4” and a 8 %" section (see Figure 21), adding up to a total of nine
different possible wellbore sections from the junction point to be simulated. For each of
the nine a background setup for the simulations were established, presenting hole
sections, drillstring, with BHA design, and well path.

6.1 Selection of two input scenarios

When the establishment of the wellbores was done two different initial sets of drilling
parameter values were determined based on real data from the drilling of the nearby
well 2/4-7Z-17. Prior to the drilling of the 8 %4” section in that well Halliburton set up
intervals for each of the humanly manipulative drilling parameters to place the actual
values within. For this thesis it was decided, for simplicity, only to consider WOB, RPM,
ROP (in form of block position) and flow rate as the adjustable parameters for the two
initial parameter value-scenarios. The two parameter sets for the simulations performed
in this thesis would represent the lower and higher limits of the recommended intervals
for Z-17. The fluid properties would therefore be equal for both of the scenarios. By
doing this two scenarios, each with four constant parameter values, were created. All
the six possible wellbores would then first be simulated with the values from scenario 1,
then with values from scenario 2. The thoughts behind doing two such comparisons,
each with equal parameter values for all of the six different wellbores, were to relatively
compare the six different wellbores with each other with regards to issues and
challenges during drilling. In addition an early indication of which junction configuration
that would lead to least problems in a drilling-technical perspective could be found.

6.2 Optimization through Iterations

After the initial process it was decided to execute iterations on each of the two
wellbores for each of the three different MLT options. This was done in order to remove
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any issues revealed when using either scenario 1 or scenario 2 values, and to find the
best practice, or suggested drilling parameter values, for each of the six wellbores with
regards to possible actual constraints while drilling. The iteration process is presented in
Figure 33. Here more than just the four previously defined changeable parameters
(WOB, RPM, ROP and flow rate) could be changed if necessary. When the iterations
were executed for all of the wellbores the individual results from the simulations on
torque and drag, and hydraulics, with the suggested parameter values, were laid out. In
the end the initial simulation results, with the two sets of constant drilling values for
each of the six wellbores, and the second results, with suggested parameter values for
each of the six wellbores, were compared and analyzed. This was done in order to find
the MLT option that would have highest probability for future success with regards to
drillability and the drilling process.
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Figure 32: Step-wise process of the simulations performed in Wellplan (Figure made by this author)

82



MLT1L1 base r Iterations on
- hole secti Perfarm simulatians different input Suggested dill
0 SECUONS By o initial input [ Analyze results [ ® Change input values ] Ll uggeste ne
- drifstring values based on parameter setup
parameter values
- wellpath remaining issues.
MLT1 L2 base —— terations on
. L il
holesections | inialinput [ Analyzeresults | Change input values [po|  differentinput L | suggested drilling
= drillstring. values based on parameter setup
parameter values )
- wellpath remaining issues

|

MLT2 L1 base

Iterations on
- hole sections | Rarfourmys ndiations . | uilfTe::::i;Em Suggested drilling
il initial i hange i
~ rillywine JQ‘-‘TJ:Q:QZ!&Z Analyze results (| Change input values | “ETERE IR Sl
- wellpath b remaining issues
MLT2 12 base Feratians on
-holesections | | BerlomysiThiiatices N N different input Suggested drilling
erilsring with initial input analyze results (¥ Change inputvalues (i 2LEEE TR e et
parameter values
- wellpath remaining lssues

|

BRI e Perform simulations d“;'a“:{‘;“"l —
~holesections ol it initial input || Analyze results ] Change input values [, | eIl L Suesested drling
- drilltring values based on parameter setup
parameter values 5 Dase
- wellpath remaining Issues.

|

MLT3 L2 base Iterations on

- hole sections Lerform simmlations different input Suggested drilling
- drillsring »| withinitialinput | Analyze results || Change input values valuesbasedon | pa'r;mwﬁmp

—wellpath parameter values remaining issues.

Figure 33: Schematic of the step-wise iteration process for each of the wellbores in order to find the
individual, suggested drilling parameter values (Figure made by this author)

6.3 The Wellplan software

Wellplan, developed by the Halliburton owned Landmark, as described by Nesland
(2012), is an extensive software for analysis and simulation to use in well operations
optimization. The software has a set of comprehensive engineering tools to use in both
drilling and completions, and it can be used together with other Landmark software in
the Engineer’s Data Model (EDM) platform to perform a more complete analysis
(Halliburton 2012b). The software suite is based on seven different modules, all
designed to perform analysis for different scenarios the well will experience in the
drilling phase. In Appendix M these modules as presented more in detail.

6.4 Simulations to be performed

After the mother wellbore from surface to junction point, as well as all the nine
different wellbore sections for the three different MLT options, had been created in the
Wellplan software, the simulations on drillability were performed. As mentioned in the
previous section the Wellplan software consists of seven different modules. For this
report only two of these were used, namely the Torque and Drag, and Hydraulics
module. A summary of the simulations performed on the three MLT options can be seen
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in Table 7. The results from these simulations are presented in Chapter 7, with following
evaluation in Chapter 8.

Table 7: Simulations performed in Wellplan
e Effective tension
e Torque along the drillstring — bit on bottom
e Fatigue ratio
e Hook load
e Torque at bit — bit depth from surface to TD
e  Minimum WOB to sinusoidal buckle
e Minimum flow rate required for sufficient hole
cleaning
e System pressure losses
e Circulating Pressure vs depth
e ECD vs depth
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6.5 Assumptions

For the simulations performed in this reports several assumptions were made. These
were qualitatively determined in order to make the simulation process as realistic as
possible. However, for software simulations there will always be various sources of
errors compared to reality, based on both assumptions and calculating models utilized
in the program. The assumptions made for the simulations performed in this report are
summarized in Table 8, and evaluated in Chapter 8.

Table 8: Assumptions made for the simulations performed in Wellplan

e The targets for all the three MLT options yield the same reservoir performance
in form of exposure and production rate

e Geological data from wells 2/4-7-17, 2/4-A-21 and 2/4-VB-05 assumed to be
valid for the area investigated

e |dentical mother wellbore from surface to the junction point for all the three
MLT options

e Soft string model valid

e BHA identical, except bit size, for 8 4" and 9 }4” hole sections

e Pressure losses in TJ ignored

e Bed porosity equal to average on Ekofisk of 36 % (Maxwell 2013)

e Constant friction factors of 0.18 for both open and cased hole sections

e Underground data equal for the nine wellbores for the three MLT options,
identical to well 2/4-VB-05

e Constant torque at bit of 2500 ft-Ibf

e Sheave friction correction irrelevant

e Buckling limit of value 1.0

e Contact force normalization length of 31.0 ft

e Bending stress magnification valid

e No viscous torque and drag

e Max overpull using yield of 90 %

e Cuttings diameter of 0.125"

e No issues with regards to running of casing and liner string (this was not
simulated)

e Nominal wall thickness of DP to be 80 % of new (premium pipe)

e  Mud pump volumetric efficiency of 85 %
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6.6 Making of the mother wellbore from surface to the junction point

As mentioned in the introduction of this chapter, in order to perform simulations on
each of the nine different wellbore sections for the three MLT options the mother
wellbore from surface down to the junction point had to be created in Wellplan. This
mother wellbore would be common for the MLT options, as shown in Figure 16. Further
it was assumed that the drilling and installation of this section of the well would not lead
to any issues, and therefore no simulations on the mother wellbore were performed.

Figure 34 shows a well schematic of the drilling of the 12 %” section for the mother
wellbore. (It should be noted that this particular case is for the MLT3 L1, where TOE is at
18900 ft MD, as presented in Table 6.) The well schematics for the other sections in the
mother wellbore, as well as overview of the BHA, drillstring and fluid properties, can be
found in Appendix K.

e
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Figure 34: Well schematic for the drilling of the 12 ¥ hole section in the mother wellbore (Wellplan
2013a)

6.7 Making of the nine wellbore sections for the three MLT options to be
simulated in Wellplan

When then mother wellbore had been created in Wellplan the nine different wellbore
sections for the three MLT options had to be made. To sum up these were the MLT1 L1
(9 %£”), MLT1 L2 9 %" section, MLT1 L2 8 %" section, MLT2 L1 (9 %”), MLT2 L2 9 %"
section, MLT2 L2 8 4" section, MLT3 L1 (9 "), MLT3 L2 9 4" section and MLT3 L2 8 %"
section, as presented in Figure 21.

The well schematic for the MLT1 L1 is shown in Figure 35. For this MLT option this
section would be drilled out through the 10 %” liner shoe set at 18600 ft MD at TOE in
the mother wellbore to TD at 24280 ft MD in Ekofisk. The 9 %" section was created with
the same hole sections above the 10 %” liner shoe as for the mother wellbore, meaning

86



a riser from the rig to the sea bottom, a 13 5/8” casing set to 5000 ft TVD / 6650 ft MD
and a 10 %” liner to 18600 ft MD, as mentioned. It was assumed that the BHA would be
identical for all the nine different wellbore sections to be simulated, except for the bit
size, based on the actual strings used when COPNO drilled the close by 2/4-7-17 well. In
addition to the bit size the only difference in the drillstring between the wellbore
section would be the length of the top DP in order to reach to each of the nine
wellbores respective TD. The drillstring used for the MLT1 Lateral 1 drilling, as well as a
presentation of the rest of the simulation base for MLT1 L1 can be found in Appendix L.
For the other eight wellbore section, as described in Appendix L.2, the process of
creating the simulation bases were quite similar to the MLT1 L1. For simplicity, and to
reduce the amount of figures used in this report, the complete simulation bases, with
hole sections, wellbore schematic, BHA schematic, string design, and more, can be
provided by the author upon request.

Figure 35: Well schematic for the drilling of the MLT1 L1 (9 %" hole) from the 10 % liner shoe to
TD (Wellplan 2013a)
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6.8 Input parameters

As soon as the simulation bases, with hole sections, drillstring and well path, was
created for each of the nine wellbore sections to be simulated the input parameter
values had to be determined. As mentioned in the introduction of this chapter it was
decided to initial set up two sets of input values based on the recommended drilling
values for the neighboring well Z-17, drilled in April 2013 (Maxwell 2013). In addition
was underground data from the offset well 2/4-A-21 used for validation. The two sets of
input values would be named Scenario 1 and Scenario 2, and an overview of the initial
input parameter values for each of the cases can be found in Table 9, with a detailed
process found in Appendix O.

Then iterations and changes would be performed on each of the six wellbores with start
parameters as in Scenario 1. The values from this scenario was used as a base for the
iteration process, and was selected based on the less extreme values compared to
Scenario 2. However, Scenario 2 values probably would have yielded the same set of
suggested values, but the steps in the iterations would probably have been more.
Manual changing of the input values and setup configurations were done until no issues
were indicated in the simulation results, thus yielding the suggested drilling parameter
values to be used for each wellbore. These suggested values are summarized in Table 11.
The complete iteration processes for each of the wellbores with manually changing the
input parameters and setup to end up with the suggested input values and
configuration are found in Appendix P. The six wellbores, and nine wellbore sections,
would then be compared both with regards to the results from Scenario 1 and Scenario
2 parameters and with the set of suggested values.

6.5.1 Drilling fluid properties

The drilling fluid properties for both of the initial scenarios was set based on the
underground data from well 2/4-A-21, a closely offset well, as well as experience from
the drilling of Z-17%*. For both Scenario 1 and Scenario 2 a mud weight of 12.4 ppg was
selected as the initial suggestion for the simulations to be performed. Details regarding
the mud properties can be found in Appendix O, with overview in Figure 143.

6.5.2 WOB

The WOB for rotating on bottom and slide drilling was set to 10 klbf for Scenario 1 and
25 klbf for Scenario 2. These values represent the lower and higher recommendations
from Halliburton prior to the actual drilling of the neighboring well Z-17. For both
scenarios the torque at bit while rotating on bottom and slide drilling was assumed to
be 2500 ft-Ibf, according to suggestions by Midtgarden (2010). Studies performed by
both Gazaniol (1987) and Maidla and Haci (2004) showed that increased WOB gives

2 personal communication with G. Namtvedt. 2013. Stavanger: ConocoPhillips Norway
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increased torque at bit, followed proportionally after the tangential force vector to the
bit rotation. Excessive torque in the string may lead to a crossing of the make-up torque
limit for any element in the drillstring. In order for the strength and maximum load
values for a DP, or any other element, listed in drilling tables to be valid the experienced
torque at any point in the drillstring should not exceed the make-up torque
(Wojtanowicz 2012). A constant torque at bit might be a simplification compared to
reality, but was set in order to be able to compare the different wellbore sections with
each other. Summaries of the WOB and Torque at bit values for Scenario 1 and Scenario
2 for all sections to be simulated are shown in Figure 147 and Figure 149, respectively, in
Appendix O.

6.5.3 Rotational Speed

For scenario 1 the string rotary speed was set to 140 RPM, while the value was
determined to be 195 RPM for scenario 2. For well Z-17 the higher limit was 250 RPM,
but the top drive on Maersk Gallant, the rig currently drilling on Ekofisk Zulu, has a
limitation of 195 RPM at maximum torque (ECU 2006), and therefore this value was set
at the highest possible to obtain for all simulations (this was also a constraint for the
suggested parameter values found through the iterations).

6.5.4 Penetration Rate

In Wellplan the penetration rate is an input parameter, rather than output. In reality the
ROP will come in return based on selection of WOB, RPM, bit type, bit configuration,
mud weight and properties, flow rate and a lot of other manipulative parameters, as
well as the properties of the non-manipulative parameters such as formation type,
downhole pressures, bit and bearing wear to mention some (Wojtanowicz 2012). By
having ROP as an input parameter Wellplan instead give as an output some of the other
input parameter values that are needed in order to achieve that desired penetration
rate (Nesland 2012).

For this report the ROP for scenario 1 was determined to be 25 ft/hr and 40 ft /hr for
scenario 2. These values were based on common interval values experienced during
drilling of the 8 %” and 9 %” sections on Ekofisk®”.

6.5.5 Flow rate

The flow rate recommendation for well Z-17 was between 450 and 650 gpm, values that
therefore would define scenario 1 and scenario 2, respectively (Maxwell 2013).

% personal communication with G. Namtvedt. 2013. Stavanger: ConocoPhillips Norway
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6.5.6 Other configurations

In addition to the WOB, rotational speed, ROP and flow rate, a set of input parameters
that were equal for both scenario 1 and scenario 2 were defined. These were mud
weight, as described, set to 12.4 ppg, tripping in/out speed of 60 ft/min, tripping in/out
rotational speed of 0 RPM, torque at bit of 2500 ft-Ibf, as mentioned, friction factor of
0.18 for both cased and open hole, as well as the rig constraints of maximum pump
pressure of 5000 psi and maximum SPP of 5500 psi.

The tripping in and tripping out speed was set based on default settings in the Wellplan
software. The friction factors for both openhole and casing were set based on work
performed by Midtgarden (2010), where it was showed, via reverse-calculations data
from actual drilling on Ekofisk, that a friction factor of 0.18 was appropriate for both
cases. This value was therefore assumed to be valid also for the simulations to be
performed in this thesis. In reality there are a lot of factors influencing the actual friction
factors, and to model them as a constant for a hole section might yield inaccurate
results. In many cases the friction factors are suggested to be a function of depth, wall
material and other properties. Some of these are pipe stiffness effects, viscous drag
forces, cutting beds, lubricity, contact area between pipe and wall, hole geometry and
tortuosity, and hole cleaning (Samuel 2010).

For complete overview and description of all the different input parameters and setup
for the three variuos MLT options please see Appendix O (Scenario 1 and Scenario 2
values) and Appendix P (Suggested values).

6.5.7 Summary of the input parameters values used in scenario 1 and scenario 2

Table 9 summarizes the input parameter values for scenario 1 and scenario 2 for better
overview. These were the initial values used in the simulations for all the nine different
wellbore sections for the three MLT options. The input values that were set equal for
both scenarios, such as the mud weight to mentioned one, are presented in Table 10. A
more complete overview of the selection of these parameters can be found in Appendix
0.

Table 9: Initial input parameter values. Scenario 1 represents the lower and scenario 2 the higher
limits of the intervals recommended by Halliburton for the actual drilling of the 2/4-Z-17, a close by
well drilled in April 2013 (Maxwell 2013)

Scenario 1 Scenario 2
WOB, =10 klbf WOB, =25 klbf
RPM, =140 RPM, =195
ROF =25 ft/hr ROP, =40 ft/hr
0, =450 gpm 0,=650 gpm
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Table 10: Initial input parameter values and setup equal for both Scenario 1 and Scenario 2
Tripping in/out speed = 60 ft/min
Tripping in/out rotational speed = 0 rpm
Torque at bit = 2500 ft-Ibf
Prua =12.4 PDg
Friction factor cased hole = 0.18
Friction factor openhole = 0.18
Max pump discharge pressure = 5000 psi (rig specific)
Max SPP = 5500 psi (rig specific)

6.5.8 Summary of the suggested input parameter values for the different MLT options

Via the iteration processes performed in Wellplan for each of the nine wellbore sections
for the three MLT options a set of suggested parameter input values were determined
for each of the sections. These are summarized in Table 11. For the details regarding the
iterations performed in Wellplan please refer to Appendix P.
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Table 11: Suggested input parameter values for the nine different wellbore sections for the three
MLT options. For each of the wellbores these were found by changing the different input values via
manual iterations in Wellplan

MLT1
Lateral 1 (9 %27) Lateral 2 (9 27) Lateral 2 (8 127)
MW [ppg] 11.2 12.1 11.1
WOB rot.on bot [KIbf] 25 25 25
RPM 195 195 195
ROP [ft/hr] 25 25 25
Q [gpm] 680 620 640
Bit nozzles 3x (18/32)” 3x (18/32)” 3x(18/32)”
Tripping in/out [ft/hr] 60 60 60
Tripping in/out [RPM] 0 0 0
WOB slide [KIbf] 25 25 15
Other
MLT2
Lateral 1 (9 %) Lateral 2 (9 %2) Lateral 2 (8 %2)
MW [ppg] 10.5 12.1 10.8
WOB rot.on bot [KIbf] 25 25 25
RPM 195 195 195
ROP [ft/hr] 25 25 25
Q [gpm] 640 620 640
Bit nozzles 3x(18/32)” 3x(18/32)” 3x(18/32)”
Tripping in/out [ft/hr] 60 60 60
Tripping in/out [RPM] 120 0 0
WOB slide [KIbf] 10 25 3
Other New BHA
MLT3
Lateral 1 (9 %27) Lateral 2 (9 27) Lateral 2 (8 127)
MW [ppg] 10.5 12.1 10.7
WOB rot.on bot [KIbf] 25 25 25
RPM 195 195 195
ROP [ft/hr] 25 25 25
Q [gpm] 640 610 500
Bit nozzles 3x(18/32)” 3x(18/32)” 3x(18/32)”
Tripping in/out [ft/hr] 60 60 60
Tripping in/out [RPM] 0 0 120
WOB slide [Klbf] 5 25 0 (not possible)
Other New BHA
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7 Results

As mentioned in the last chapter simulations in Wellplan were performed on each of the
six wellbores (see Figure 36) with input parameter values as from scenario 1, scenario 2,
and finally with the suggested values, found via the iteration process. For each set of
input parameters a total of ten drilling effects were investigated, as described in section
6.4. To sum up, these were the effective tension when bit at TD, torque when bit at TD,
fatigue ratio for bit rotation on bottom at TD, hook load, torque and minimum WOB, all
as a function of MD for different bit depths, as well as the hydraulic effects of minimum
flow rate for hole cleaning, system pressure losses and circulating pressures and ECD
versus depth. These ten effects would then be simulated for each of the three MLT
options. As mentioned previously in this report every one of the MLT options would
consist of two wellbores, a Lateral 1 and a Lateral 2, as presented in Figure 36. On top of
this each Lateral 2 for each of the three MLT options would consist of two hole sections,
one 9 %” and one 8 %4”, shown in Figure 37. In other words a total of 9 wellbore sections
would be simulated for all of the ten effects for three different input parameter sets,
making the total sum of individual simulation results 270.
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Figure 36: Schematic of the well
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Figure 37: Hole sizes to be drilled for all of the three MLT options for junction design option 2, with
IWS. Same as Figure 21 (Figure made by this author)

In order to make it easier to keep overview of the 270 different results and to better
compare the six different wellbores (or effectively nine sections, as explained) for the
three input value sets, seven different comparison cases were made. These were named
from A to G. In case A all the MLT L1’s were gathered. In other words, in this case only
the Lateral 1 in each of the three MLT options (see Figure 37) would be compared. In
case B all L1’s going to layer EA3 (see Figure 17) were compared. Case C was decided to
compare all L2 8.5” sections, and nothing else, while in case D all the L2 9.5” sections
were compared. Further, case E would compare all the 8.5” L2’s going to target in the
EL-layer (see Figure 17). The two last cases would compare all the wellbores having
targets in the same, respective layer. For case F that would mean that only the
wellbores going to layer EA3 would be compared, while for case G all the wellbores
going to layer EL would be gathered. A summary of these comparison cases can be seen
in Table 12. For better overview of the different wellbores and sections, refer to Figure
36 and Figure 37. The targets and layers are presented in Figure 17.
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Table 12:

Comparison cases for the simulation results

Comparison Case: Description: Wellbores compared:
A All L1 compared MLT1 L1
MLT2 L1
MLT3 L1
B All' L1 going to layer EA3 MLT1 L1
compared MLT2 L1
C All L2 8.5” sections MLT1 L2 8.5”
compared MLT2 L2 8.5”
MLT3 L2 8.5”
D All L2 9.5” sections MLT1 L2 9.5”
compared MLT2 L2 9.5”
MLT3 L2 9.5”"
E All L2 8.5” sections goingto | MLT2 L2 8.5”
layer EL compared MLT3 L2 8.5"
F All wellbores going to layer | MLT1 L1
EA3 compared MLT1 L2 8.5
MLT2 L1
G All wellbores going to layer | MLT2 L2 8.5”
EL compared MLT3 L1
MLT3 L2 8.5”

For each comparison case the individual simulation results from each of the wellbore
sections compared would be plotted in the same graph. Each comparison case would
then be checked twice, once with Scenario 1 and Scenario 2 parameter values combined,
and one with only suggested values. For comparison case A, for example, this would
mean that for each of the ten drilling effects (effective tension, torque etc) there would
be one graph presenting the results from MLT1 L1, MLT2 L1 and MLT3 L1 together for
Scenario 1 and 2, and one graph with the results with suggested values for the same
wellbores. In other words, each comparison case would have 20 different result graphs,
10 graphs with the results from the combined Scenario 1 and 2, and 10 graphs for the
suggested values. By doing these comparison cases and by joining results from different
wellbore sections into same graphs, the number of individual output charts were
reduced from 270 to 140. In chapter 8 two evaluation summary sheets, one for Scenario
1 and 2 combined, and one for the suggested values, of the seven comparison cases can
be found. These two evaluation sheets would then be compared again in order to draw
the conclusions presented in chapter 10.

For the simplicity and due to still a large amount of result charts only the results from
comparison case A, all L1’s compared, for Scenario 1 and 2 combined, as well as for the
suggested values, are presented in this chapter. The results from the other comparison
cases are somewhat similar to the ones in case A, and the analysis and evaluation
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performed of the graphs to end up with the evaluation summary sheets in chapter 8 are
comparable. The rest of these result graphs for all the other comparison cases can be
found in Appendix Q.

7.1 Dog Leg Severity

As mentioned in section 5.1 is it beneficial to keep the DLS as low as possible in order to
avoid issues with regards to running of casing or downhole equipment. For comparison
case A, and for all other of the comparison cases, the well paths for each of the sections
making up the three MLT options were constant for scenario 1, scenario 2 and the
suggested input parameter values. For the investigations performed the DLS in the
mother wellbore, making up the common wellbore from surface down to the junction
point (see Figure 36), was not considered for any of the MLT options due to the
assumption declared in section 6.2 of no issues while drilling that section. Therefore
only the unigue wellbore sections from the junction point to TD for each of the MLT
options were decided to be presented and analyzed in this report.

In Figure 38 the DLS for the wellbores gathered in comparison case A is shown. The
MLT3 L1 and MLT2 L1 indicated identical highest severity of 6.42 degrees per 100 ft at
18810 ft MD, while the peak for MLT1 L1 is 3.75 degrees per 100 ft from 23040 ft MD to
23970 ft MD. The MLT2 L1 (red line in the graph) displayed a trend of having a higher
DLS from junction point to TD than the two other wellbores. For all the sections the
maximum dogleg severity is quite high and above the recommended maximum of 3.0
degrees per 100 ft (Wojtanowicz 2012).
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Figure 38: DLS for the wellbore sections compared in comparison case A (Wellplan 2013a)
7.2 Build-Up Rate

As mentioned in chapter 5.2 the BUR describes the wells change in inclination per well
path length, with units in degrees per 100 ft. A positive BUR represents an increase in
inclination, for example from vertical to deviated, while a negative sign means a drop in
inclination.

For the wellbore section gathered in comparison case A the maximum BUR was
indicated to be for the MLT1 L1, with 3.5 degrees per 100 ft at 19980 ft MD, when only
considering the well path from the junction to TD (for the same reason as for the DLS as
well). The second largest build-rate was for the MLT2 L1, with 3.36 degrees per 100 ft at
18840 ft MD. A trend for the wellbores in comparison case A was that the MLT3 L1 had
slightly smaller values of BUR than the two others, with a peak of -2.02 at 27960 ft MD.
It should be noted that all of the investigated well paths for comparison case A had
quite large BUR. As mentioned for DLS, a value of 3.0 degrees per 100 ft normally is
considered the maximum for running of tubulars, casing strings and other downhole
tools. In addition, BHA’s often have limitations when it comes to high build-rates,
although some modern Rotary Steerable drilling Systems (RSS) can go as high as 6 — 7
degrees per 100 ft (Hummus et al 2011).
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Figure 39: BUR for the wellbore sections compared in comparison case A (Wellplan 2013a)

7.3 Effective Tension

The first simulation to be performed for all the different sections to be drilled for the
three various MLT configurations was the effective tension for when the bit was at each
respective TD. “At TD” means that the results and graphs presented in this sub-chapter
for all the MLT options are all when the bit is on bottom. Parameters plotted as a
function of depth therefore show the situation along the string from surface to TD when
the bit is at TD. For COPNO, and normally for drilling operations, a lower effective
tension is beneficial. As mentioned in section 5.3, if the effective tension in the string
gets too high the string elements might suffer from yield failure. Therefore it is
important to check that the effective tension in the string for any of the wellbore
sections to be drilled does not yield values that are above the max yield strength of any
of the downhole string elements (Wojtanowicz 2012).

7.3.1 Comparison case A (all L1 compared) — Scenario 1 and Scenario 2

The effective tension for comparison case A, for both scenario 1 and 2, is presented in
Figure 40. There are six lines, MLT1 L1, MLT2 L1 and MLT3 L1 for scenario 1 and scenario
2 input parameter values. For scenario 1 the WOB was set to 10 klbf, while for scenario
2 the bit weight was determined to be 25 klbf, as shown in Table 9. The WOB is
represented for each line in the left lower corner at each wellbore sections
representative TD. As it can be seen all the wellbores have for scenario 1 a -10 klbf
effective tension and for scenario 2 a — 25 kibf effective tension value. The negative sign
indicates compression, in other words effective weight on bit.
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For both scenario 1 and scenario 2 the MLT1 L1 has the least effective tension, while the
MLT3 L1 yields the most for bit rotating at bottom. The MLT2 L1 is between the two.
The maximum effective tension at surface for bit rotating at TD is 251.7 klbf for MLT3 L1
scenario 1. However, the drillstring used in the simulations has a minimum effective
tensile strength of around 500 klbf, with 882 klbf (5-135000 pipe, 6.625” OD, 5.965” ID)
for the DP in the top section where the effective tension in the string is worst, as seen in
Figure 41. The rig capacity is 1650 klbf, well above the expected maximum effective
tension. Therefore no issues with regards to yield failure or lifting capacity by the rig
should were indicated by the simulations. Sinusoidal buckling, on the other hand, was
signposted to happen for MLT1 L1 Scenario 2, MLT2 L1 Scenario 2 and MLT3 L1 Scenario
1 and 2 during slide drilling. For rotating on bottom no indications of buckling were
present, see Figure 43. There the left, red line is the minimum WOB for sinusoidal buckle.
If that line is crossed the compressional force in the drillstring is so large that the pipe
will sinusoidal buckle, a state it is beneficial to avoid. If the pipe suffers under S-buckling
the applied weight will only partly be transferred to the bit, as some of the weight will
be absorbed by the buckling of the pipe. If the compressional forces increases further
helical buckling might occur, a condition where more applied weight only will result in
more buckling of the string, and no weight will be transferred to the bit for further
penetration (Wojtanowicz 2012). The minimum WOB to buckle is presented more in
detail in chapter 5.7.

Effective Tension - Rotating on Bottom
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' Figure 40: Effective tension for rotating on bottom with scenario 1 and 2 input parameter values for
comparison case A (Wellplan 2013a)
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Effective Tension - Rotating on Bottom
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Figure 41: Effective tension for rotating on bottom with scenario 1 and 2 input parameter values for
comparison case A. Left red line indicates minimum WOB to sinusoidal buckle the drillstring, while
the right blue line displays the tension limit/tensile strength for the drillstring components at
different measured depths (Wellplan 2013a)
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Effective Tension - Rotating on Bottom
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Figure 42: Effective tension for rotating on bottom with scenario 1 and 2 input parameter values for
comparison case A. The left red line indicates minimum WOB to sinusoidal buckle the drillstring. As
long as the effective tension values are to the right-hand side of the minimum WOB sinusoidal
buckling will not occur (Wellplan 2013a)

7.3.2 Comparison case A (all L1 compared) — Suggested Values

For the suggested input values the highest effective tension at surface when rotating on
bottom was indicated to be for the MLT3 L1 at 243.3 klbf, as seen in Figure 43. This
values is lower than the maximum value for scenario 2, but higher than the maximum
value for scenario 1. The lowest effective tension at surface for bit rotating on bottom
was for the MLT1 L1, while the middle value was indicated for the MLT2 L1. As the
drillstring was kept unchanged from the Scenario 1 and 2 simulations the tensional
strength limit was not signaled to be exceeded for any of the wellbore sections for the
suggested input values for comparison case A. For the suggested parameter values also
the issues with sinusoidal buckling while slide drilling for MLT1 L1 Scenario 2, MLT2 L1
Scenario 2 and MLT3 L1 Scenario 1 and 2 were mitigated, and no indications of any
buckling of any kind were present for any of the drilling modes.
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Effective Tension - Rotating on Bottom
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Figure 43: Effective tension for rotating on bottom with suggested input parameter values for
comparison case A (Wellplan 2013a)

7.4 Torque

In chapter 6.5 it was mentioned that the torque at bit for both scenario 1 and 2 was set
to 2500 ft-Ibf. As the bit depth increases the torque in the string gets larger due to
frictional forces acting against the direction of rotation in the deviated holes for
investigated in this report (Gazaniol 1987). The highest maximum torque that can be
applied to the string is limited by the make-up torque for the TJ for the different
elements in the pipe, as presented in section 5.4.

7.4.1 Comparison case A (all L1 compared) — Scenario 1 and Scenario 2

For rotation of the bit on bottom the highest torque experienced at surface, displayed in
Figure 44, was 47782 ft-Ibf for the MLT3 L1 scenario 2. The second and third largest
values, yielding almost identical torque values at the rig, were from the MLT2 L1
scenario 2 and MLT3 L1 scenario 1. The blue and purple lines to the left in the figure is
the torque in the string for MLT1 L1 scenario 1 and 2, respectively. That wellbore, for
both scenarios, showed to draw significantly less torque that the two others.
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Torque - Rotating on Bottom
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Figure 44: Rotary torque in the drillstring for bit rotating on bottom for scenario 1 and 2 input
parameter values for comparison case A (Wellplan 2013a)

7.4.2 Comparison case A (all L1 compared) — Suggested values

For the suggested input parameter values the largest torque at surface for rotation of
bit at TD was for the MLT3 L1, as presented in Figure 45. However, for this set of values
the MLT2 L1 resulting torque at the rig was indicated to be almost as high, thus getting
closer to the MLT3 L1 than for both scenario 1 and scenario 2 values. Again, the
wellbore showing the least amount of torque at surface for bit rotation on bottom was
the MLT1 L1.
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Torque - Rotating on Bottom
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Figure 45: Rotary torque in the drillstring for bit rotating on bottom for the suggested input
parameter values for comparison case A (Wellplan 2013a)

7.5 Fatigue Ratio

In Wellplan the fatigue ratio for rotation on bottom for each of the MLT options was
investigated. The ratio describes the total fatigue of the pipe, zero being new pipe and
1.0 being the failure-limit (Wellplan 2013b). As mentioned in section 5.5 the fatigue
ratio is influenced by the pipe condition (new, premium, class 2 and class 3), where a
class 3 pipe will reach the fatigue ratio limit faster than the new pipe given otherwise
identical conditions. For the simulations in Wellplan a drillstring condition of premium
was assumed, as mentioned in section 6.2. In reality the pipes often are classified as
premium as soon as they leave the factory, even though they might never have been
used. By doing this an additional safety factor is for fatigue and wear is applied
(Wojtanowicz 2012).

7.5.1 Comparison case A (all L1 compared) — Scenario 1 and Scenario 2

For scenario 1 and scenario 2 input parameter values the indications from the
simulations were that the MLT2 L1 scenario 2 yielded that highest fatigue ratio. That
wellbore, with scenario 2 parameters, peaked at 0.498 at 1440 ft MD and 0.497 at 3330
ft MD when the bit was rotating on bottom, as shown by the green line in Figure 46.
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Further down in the string the simulations showed that the MLT2 L1 scenario 2 for the
most part gave the largest fatigue ratio. In the other end of the scale was the MLT1 L1,
for both scenario 1 and 2. The red line in the figure displays the scenario 1 for that
wellbore, and it can be seen that the ratio of fatigue generally is lowest throughout the
whole string for rotation of bit at bottom, with the lowest peak of 0.394 at 23325 ft MD.

Fatigue Ratio - Rotating on Bottom
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Figure 46: Fatigue ratio for comparison case A with scenario 1 and scenario 2 input parameter
values (Wellplan 2013a)

7.5.2 Comparison case A (all L1 compared) — Suggested values

The simulations by use of the suggested input parameter values (Figure 47) showed, as a
trend, that the worst wellbore, with regards to fatigue, were the MLT2 L1, the same
result as for scenario 1 and 2 combined. The peak for that section was 0.476 at 1440 ft
MD, followed by 0.472 at 3330 ft MD. These were the same depths as the scenario 1
and 2, something that was expected due to identical wellbore and drillstring in the
simulations for the different input values. The second largest fatigue ratio is for the
MLT3 L1, with a peak of 0.411 at 3330 ft MD, with MLT1 L1 indicating the lowest peak of
0.39 at 23325 ft MD. That wellbore, as can be seen in the graph (blue line), showed as a
trend the lowest fatigue ratio for all depths along the drillstring as the bit was rotating
on bottom at TD.
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Fatigue Ratio - Rotating on Bottom
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Figure 47: Fatigue ratio for comparison case A with suggested input parameter values (Wellplan
2013a)

7.6 Hook Load

The hook load was investigated by using the torque and drag module in Wellplan and
selecting the drag chart-mode. That mode presents the output graph as a function of bit
MD, in other words when the bit is at different depths in the well. So where the
previous three effects (effective tension, torque and fatigue ratio) presented result-
values in the string at different depths along the wellbore with the bit on bottom, the
hook load output-graph showed the result-values experienced at surface when the bit
was at different depths in the well.

As described in chapter 5 the hook load is a function of wellbore length (or drillstring
length really), drillstring composition (overall average weight per foot and individual
component OD) drilling fluid density, wellbore geometry and drag forces. For the
simulations performed in this report only the tripping out operation was investigated as
this normally yields the largest hook load (given no issues like stuck pipe or similar).
When the bit just leaves the bottom at TD the maximum hook load is experienced at the
surface, a value that often is referred to as the pick-up force (Sangesland 2012). The
string was assumed to not be rotated while tripping out for any of the scenario 1 and
scenario 2 simulations, but a few of the suggested values, found through the iterations,
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had issues with tensile failures when the string was not rotated while tripping out, and a
rotary speed for this operation was therefore determined for the particular wellbore
sections. For all simulations, as presented in Table 10 in chapter 6, the friction factor for
both openhole and cased hole was assumed to be 0.18 (Midtgarden 2010).

7.6.1 Comparison case A (all L1 compared) — Scenario 1 and Scenario 2

For scenario 1 and scenario 2 input parameter values the hook load output in Wellplan
yielded the same results for running of the string from surface and down to the junction
point at 18150 ft MD (9958 ft TVD), see Figure 48. This was expected as the properties,
namely mud weight, wellbore geometry, well path and drillstring length, drillstring
composition and design, were the same for both scenarios down to that point in the
well, thereby giving the same drag frictional forces and hook load. Below the junction
these parameters were no longer identical, except for the drillstring composition and
mud weight.

The pick-up force indicated to be largest for the wellbores investigated in comparison
case A was the one for the MLT3 L1. The hook load at surface just when the bit left the
bottom was shown to be 469.8 kilbf. The second largest overall hook load was for the
MLT2 L1 of 455.3 klbf. Smallest hook load expected, shown by the simulations, was for
the MLT1 L1, with 388.7 klbf pick-up weight. The output for scenario 1 and 2 input
parameter values were expected based on differences in the well path length for the
investigated welbores in comparison case A.
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'Figure 48: Hook load at surface for bit at different measured depths for the wellbores in comparison
case A with scenario 1 and 2 input values (Wellplan 2013a)

7.6.2 Comparison case A (all L1 compared) — Suggested values

For the suggested values there were differences in the hook load all the way from
surface to TD for different bit depths for the different wellbores, as seen in Figure 49.
This was also expected due to the changing of the mud weight in the iterations, which
again would influence the buoyancy effect, and thus the hook load at surface, for the
different sections. The largest pick-up weight for the suggested parameter values for the
wellbores gathered in comparison case A was for the MLT3 L1 of 484.2 klbf. Compared
to the scenario 1 and 2 output this was 14.4 klbf larger. It should be noted that the
smallest pick-up weight for the suggested values was indicated to be MLT2 L1, not MLT1
L1 as for scenario 1 and 2. The MLT2 L1 for scenario 1 and scenario 2 had almost the
same hook load as MLT3 L1 for when the bit just left TD, which was expected due to
almost equally long well paths. For the suggested values, however, the pick-up force for
MLT2 L1 was indicated to be 315.9 klbf, a reduction of 139.4 klbf compared to scenario
1 and 2. The hook load for this wellbore section was also smaller than the one for MLT1
L1, a wellbore that is around 5500 ft shorter. A probable reason for that was that the
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simulation of tripping out for MLT2 L1 indicated issues with sinusoidal buckling in the DP.
It was therefore decided to apply a rotation of 120 RPM to the drillstring for the tripping
out operation for MLT2 L1. Therefore the hook load results for this wellbore section
really cannot be compared with the two others. It should also be mentioned that the
suggested mudweigth for MLT2 L1 and MLT3 L1 was set to 10.50ppg, while it for MLT1
L1 was changed to 11.20ppg, from the initial 12.40ppg for scenario 1 and 2. Therefore
the MLT1 L1 experienced more buoyancy effect resulting in less effective string weight
(refer to Eq. 10).
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'Figure 49: Hook load at surface for bit at different measured depths for the wellbores in comparison
case A with suggested input values (Wellplan 2013a)

7.7 Torque vs MD

The torque as a function of measured depth displays the torque measured at surface for
bit rotation on bottom for different depths along the wellbore. Or in other words the
surface torque for bit rotation on bottom for different TD’s along the wellbore for each
section investigated. Compared to the torque simulation results in section 7.4 the
output values will be the same for bit rotation on bottom. However, the lines in Figure
44 and Figure 45 display the torque in the string from bit at TD to the surface, while the
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graphs presented in this sub-chapter, as mentioned, presents the surface torque for
different bit depths along the well path.

7.7.1 Comparison case A (all L1 compared) — Scenario 1 and Scenario

For scenario 1 and 2 the MLT3 L1 drew most torque when bit was at TD, as seen in
Figure 50. Rotation of bit on bottom yielded 47782 ft-Ibf for that wellbore section, see
the orange line in the figure, the same as indicated in Figure 44, as expected. The rest of
the torque results for bit rotation on bottom were the same as shown in Figure 44, with
MLT1 L1 as the section drawing the least surface torque. For bit depths shallower than
the junction depth at 18150 ft MD the different wellbore sections indicated the same
amount of surface torque for same scenario. This was expected due to equal well path
and properties for the wellbores for the same scenario.

Torque vs Depth - Rotating on Bottom

Torque [ft-1bf]
0 10000 20000 30000 40000 50000 60000

5000

10000

15000

MD [ft]

20000

25000

30000

35000
« MLT1 L1 Scenario 1 = MLT2 L1 Scenario 1 - MLT3 L1 Scenario 1
MLT1 L1 Scenario 2 - MLT2 L1 Scenario 2 -+ MLT3 L1 Scenario 2

Figure 50: Surface torque experienced for different bit depths as each wellbore in comparison case A
is drilled to TD with scenario 1 and 2 input parameter values (Wellplan 2013)
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7.7.2 Comparison case A (all L1 compared) — Suggested values

By use of the suggested parameter input values the result was as presented in Figure 51.
The green line shows the MLT3 L1 torque, the red the MLT2 L1 and the blue the MLT1
L1. As it can be seen the most torque for bit rotation at TD for the comparison case A
was for the MLT3 L1, as for scenario 1 and 2 input values. That section indicated a
torque of 49029 ft-Ibf as maximum, while the lowest maximum was for the MLT1 L1 at
35883 ft-Ibf at its respective TD of 24280 ft MD. In the figure it can be seen that from
the junction point at 18150 ft MD and up towards the surface the torque appears to be
quite similar. However, as mentioned in section 7.6.2 the mud weight, which affects the
torque via Eq. 21, for the three different wellbore sections investigated in comparison
case A is not identical. For MLT1 L1 it was set to 11.20ppg, while for MLT2 L1 and MLT3
L1 is was determined to be 10.50ppg. The two latter wellbores therefore showed the
same torque from the junction to the surface due to identical drillstring design and hole
friction factor, while the MLT1 L1 gave a slightly lower result because of the smaller
buoyancy factor, and thus a smaller normal force acting between the drillstring and the
hole wall, see the Eq. 16. However, as seen in the figure, the difference between MLT1
L1, and the pair of MLT2 L1 and MLT3 L1, is hardly distinguishable. As an example, for bit
depth of 10000 ft MD the MLT1 L1 indicated a torque of 9564 ft-Ibf, while the two
others yielded the slightly higher 9659 ft-1bf, a difference of only 95 ft-Ibf.
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Torque vs Depth - Rotating on Bottom

Torque [ft-1bf]
0 10000 20000 30000 40000 50000 60000

5000

10000

15000

MD [ft]

20000

25000
30000

35000
~ MLT1 L1 Suggested Values =~ MLT2 L1 Suggested Values MLT3 L1 Suggested Values

:Figure 51: Surface torque experienced for different bit depths as each wellbore in comparison case A
is drilled to TD with suggested parameter values (Wellplan 2013)

7.8 Minimum WOB to sinusoidal buckle

Chapter 5.7 presents the minimum WOB in order to experience buckling in the string.
For this report only the sinusoidal buckling was determined to be investigated, as this is
the first order of buckling that will occur in the string if the buckling resistance at any
point in the string is exceeded.

7.8.1 Comparison case A (all L1 compared) — Scenario 1 and Scenario

In Figure 52 the minimum bit weight to experience S-buckling in the drillstring is
presented for scenario 1 and scenario 2 input parameter values for comparison case A.

For bit at bottom the minimum WOB to buckle is given by the mother wellbore. Almost
at top the buckling resistance was the lowest, at 12.5 klbf. However, by neglecting the
top sections; When bit was at TD the MLT3 L1 indicated the smallest buckling resistance
of 28.4 klbf at 26700 — 27100 ft MD. In other words, if the WOB would exceed 28.4 klbf
the string would buckle of 1° degree at this depth. The second lowest resistance against
buckling was for the MLT1 L1, with a bit weight of 35.9 klbf to buckle the string at 22000
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ft MD. The largest buckling resistance is for the MLT2 L1, with minimum WOB of 39.7
kibf at 24200 ft MD.

Minimum Weight to Sinusoidal Buckle
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Figure 52: Minimum WOB to sinusoidal buckle for the wellbore sections gathered in the comparison
case A for scenario 1 and scenario 2 input parameter values (Wellplan 2013a)

7.8.2 Comparison case A (all L1 compared) — Suggested values
For comparison case A with the suggested parameters the values are the same as for

equation 1 and equation 2 for MLT1 L1 due to identical wellbore geometry and
drillstring design.
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Minimum Weight to Sinusoidal Buckle
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'Figure 53: Minimum WOB to sinusoidal buckle for the wellbore sections gathered in the comparison
case A for scenario 1 and scenario 2 input parameter values (Wellplan 2013a)

7.9 Hole Cleaning

In order to ensure successful running of the next casing string, and to mitigate issues
with packing off and to make sure the drilling operation is as efficient as possible,
sufficient hole cleaning is important, as mentioned in chapter 5.8. The setup in Wellplan
included three EMSCO FC-2200 triplex mud pumps in parallel, each with a horsepower
rating of 2200 HP, maximum discharge pressure of 5000 psi and maximum flow rate
capacity of 348.7 gpm at 105 spm. The volumetric efficiency was assumed to be 85 %.
Together these three pumps yielded a maximum flow rate capability of 1046.1 gpm,
maximum total horsepower of 6600 HP, with a maximum system pressure loss of 5000
psi. The maximum SPP was set to 5500 psi, meaning that the mud pumps were
considered the limiting factor for maximum allowable surface pressure. This setup is the
same as for Marsk Gallant, the rig currently drilling on Ekofisk Zulu. More information
about both the rig can be found in Appendix J, with the mud pumps presented in
Appendix S.
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7.9.1 Comparison case A (all L1 compared) — Scenario 1 and Scenario

For the wellbores investigated in comparison A the minimum flow rate needed to
sufficiently clean the hole can be seen in Figure 54. The largest minimum rate for all the
wellbore sections was given to be in the 13 5/8” annulus from 5000 — 6700 ft MD. That
is in the mother wellbore, which is common for all the simulated MLT options. As
expected, the minimum flow rate was the same for same scenario in the mother
wellbore. In the 13 5/8” casing annulus a mud rate of 590.2 gpm was required to
transport the cuttings out of the hole for scenario 2, while the number for scenario 1
was 618.4 gpm. The lower value for scenario 2 is probably due to the higher rotational
speed of 195 RPM, compared to 140 RPM for scenario 1 (see Table 9). Towards the
bottom the wellbores and well paths for each of the MLT options are different, leading
to differences in the minimum flow rate to adequately clean the hole. However, it is the
largest minimum rate that dictates the requirement for the mud pumps, here given by
the 13 5/8” annulus, as described.
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Figure 54: Minimum flow rate for sufficient hole cleaning for the wellbore sections in comparison
case A with scenario 1 and 2 input parameter values (Wellplan 2013a)

7.9.2 Comparison case A (all L1 compared) — Suggested values

The trend for the suggested input parameter values is the same as for scenario 1 and 2.
The minimum flow rate needed to clean the hole was for all the three wellbores
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gathered in comparison case A given by the 13 5/8” annulus from 5000 — 6700 ft MD,
showed in Figure 55. MLT1 L1 indicated the largest minimum flow rate requirement of
667.3 gpm, while both MLT2 L1 and MLT3 L1 showed 625.5 gpm. The reason for the
difference is probably the suggested mud weight of the MLT1 L1 of 10.5 ppg, a value
that is 11.20 ppg for the two others, leading to less flow rate needed to yield the same
cleaning effect for otherwise similar parameters. As mentioned in chapter 5, Saasan
(1998) showed that the pressure loss due to friction in the annulus is the largest
contributor to cleaning of the wellbore for a deviated well. In other words the pump
rate for the mud pumps must be selected so that the resulting frictional pressure loss in
the annulus is high enough to obtain the required hole cleaning. In addition the cleaning
is dependent on the cutting bed consolidation, cutting density and shape, annular
velocity and mud properties in form of lifting capacities (Saasan 1998).
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Figure 55: Minimum flow rate for sufficient hole cleaning for the wellbore sections in comparison
case A with suggested parameter values (Wellplan 2013a)
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7.10 Pressure Losses

As mentioned in chapter 5.9 the system pressure losses should not exceed the
maximum allowable surface pressure for the given pump rate. For the simulations
performed in this report the maximum pressure at surface was given by the maximum
discharge pressure of the mud pumps of 5000 psi. The pressure losses in the well should
be designed so that the annulus pressure losses give an ECD within the drilling window
(window between pore pressure and fracture gradient lines), as well as a bit jet impact
force adequate to remove the rock being cut, without exceeding the maximum
allowable surface pressure, given either by the pumps or the SPP (Wojtanowicz 2012).

7.10.1 Comparison case A (all L1 compared) — Scenario 1 and Scenario

For scenario 1 and 2 input parameter values the system pressure losses as a function of
pump rate are shown for the wellbores in comparison case A in Figure 56. TJ losses are
not included. A trend was that the overall pressure losses for MLT2 L1 and MLT3 L1
were slightly above the values for MLT1 L1, for all variations of pump rate. The highest
pressure losses were seen for the MLT3 L1, however only 5-20 psi above the values for
MLT2 L1, dependent on pump rate. The results are as expected as the MLT3 L1 has the
longest total well path, followed by MLT2 L1 and MLT1 L1. The MLT2 L1 and MLT3 L1
has a difference in measured depth of 813.64 ft, a length that in theory should not give
too high pressure loss differences with all other parameters constant. The MLT3 L1 and
MLT2 L1 had for scenario 1 and 2 input parameter values a maximum pump rate of
487.5 gpm in order to not exceed the maximum surface pressure of 5000 psi. Put
together with the result in Figure 54, which gave a minimum flow rate of 590.2 gpm for
scenario 2 and 618.4 gpm for scenario 1 to clean the hole, it could be determined that
for scenario 1 and 2 parameter input values the hole would not be sufficiently cleaned
due to the pump rate limitations based on maximum allowable surface pressure. For
MLT1 L1 the maximum flow rate without exceeding the mudpump discharge pressure
was 506.3 gpm, also well below the required numbers given for hole cleaning.
Otherwise it can be seen than the system pressure losses were identical for both
scenario 1 and scenario 2, naturally, due to same values for the parameters making up
the input values in the Eq.s for pressure losses presented in chapter 5.9.
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Figure 56: System pressure losses for wellbores in comparison case A with scenario 1 and scenario 2
parameter input values (Wellplan 2013a)

7.10.2 Comparison case A (all L1 compared) — Suggested values

The system pressure losses, excluded the losses in the tool joints, for the suggested
input parameter values for comparison case A is presented in Figure 57. The MLT3 L1
indicated the highest losses for all of the pump rates. The small difference between
MLT3 L1 and MLT2 L1 from scenario 1 and 2 now had increased to between 50 and 70
psi, dependent on flow rate. Again the MLT1 L1 showed system pressure losses
significantly below the two others. Compared to scenario 1 and 2 input values the
overall pressure losses had been reduced by use of the suggested values for all the
wellbores. MLT1 L1 now showed a maximum flow rate of 750 gpm before exceeding the
maximum surface pressure, while MLT2 L1 and MLT3 L1 had a maximum of roughly 690
gpm. A reason for this might be the decreased mudweigh from 12.40 ppg to 11.20 ppg
for MLT1 L1, and from 12.40 ppg to 10.50 ppg for both MLT2 L1 and MLT3 L1. In
addition the rotary speed for all the wellbores were set to maximum of 195 RPM, which
will help clean the hole and reduce the frictional pressure losses in the annulus. Finally
the bit nozzles were changed from 3x(12/32)” to 3x(18/32)” to reduce the pressure
losses across the bit. That action, on the other hand, would decrease the jet impact
force for the bit, but it was a necessary trade-off in order to reduce the elevated surface
pressures (Bourgoyne et al. 1986c¢). For the suggested values the maximum possible
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flow rate without exceeding the mudpump discharge pressure would be above the
minimum flow rate given for hole cleaning given in Figure 55. For MLT1 L1the minimum
pump rate needed for hole cleaning with the suggested parameter values was 667.3
gpm, while the pressure loss graph indicated a maximum pump rate of 750 gpm at 5000
psi pressure loss. For MLT2 L1 and MLT3 L1 the flow rate requirement for cleaning was
625 gpm, while the highest pump rate before exceeding the maximum surface pressure
now showed a value of circa 690 gpm for both.
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Figure 57: System pressure losses for wellbores in comparison case A with suggested parameter
input values (Wellplan 2013a)
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7.11 Circulating Pressures vs MD

The circulating pressure is the pressure at any point in the well exerted by the flowing
mud from the mud pumps at surface, as presented in section 5.10. For a conventional,
overbalanced drilling operation the circulating pressure should be within the drilling
window as the mud exits the bit nozzle. Further is the rate of penetration and the bit-
rock interaction dependent of the pressure loss across the bit, and nozzle size selection
is important in order to optimize the bit pressure loss for optimized ROP (Bourgoyne et
al. 1986d).

In Wellplan the only option for the y-axis in the circulating pressure graph is measured
depth, rather than TVD. The pore pressure and fracture gradient lines were for the
simulations kept constant for all of the different wellbores for the three MLT options,
and for graphs plotted against TVD the PP and FG would have been constant. As the
wellbores do not have the same well paths, the measured depth will not correspond to
the same TVD for the different wellbores. The pore pressure and fracture gradient lines
will therefore not be the same for same MD for the different wellbore sections, and the
three wellbores in comparison case A could therefore not be plotted in the same plot, as
they have been so far. In order to reduce the number of graphs presented in this
chapter it was therefore decided to only show the output from the simulation for MLT1.
The rest of the wellbores for the comparison case A, as well as the output for all of the
six other comparison cases, are found in Appendix Q.

7.11.1 Comparison case A (all L1 compared) — Scenario 1 and Scenario

The circulating pressures for MLT1 scenario 1 and scenario 2 are presented in Figure 58
and Figure 59, respectively. The green, dotted line in the figures is the pore pressure,
while the red is the fracture gradient. The blue line is the circulating pressure inside the
string, the red, sold line the bit pressure loss, and the black, dotted one the annulus
circulating pressure. The horizontal, purple/pink line indicates the measured depth of
the last casing/liner string.

For MLT1 L1 scenario 1 the SPP was indicated to be 4097 psi, while for scenario 2 the
value was 7764 psi, 2764 psi above the maximum allowed surface pressure. For scenario
2, with the constraint of 5000 psi pressure loss, the pump rate would maximum could be
set at 506.3 gpm, below the required 590.2 gpm to sufficiently clean the hole (refer to
Figure 54 and Figure 56). Otherwise it can be seen that for both MLT1 L1 scenario 1 and
scenario 2 the circulating pressure in the annulus was above the fracture gradient line
for most of the openhole part, a condition that should be avoided for conventional,
overbalanced drilling, as mentioned.
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7.11.2 Comparison case A (all L1 compared) — Suggested values

Circulating pressures for MLT1 L1 with the suggested parameter input values are shown
in Figure 60. The SPP was for this wellbore section with these input values indicated to
be 4237 psi, below the maximum of 5000 psi. The pump rate for this wellbore section
was set to 680 gpm, a value above the minimum required 667.3 gpm for hole cleaning,
as given in Figure 55. Further it can be seen that the circulating pressure now fell within
the drilling window for the whole part of the openhole section, despite getting quite
close to the PP at the last casing shoe at 18600 ft MD. Between the scenario 1 and 2,
and the suggested values, the bit nozzles for MLT1 L1 was changed from 3x(12/32)” to
3x(18/32)”, decreasing the pressure loss across the bit from 2106 psi (scenario 1) and
4394 psi (scenario 2) to 858 psi.
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7.12 ECD vs MD

As for the circulating pressures the ECD in Wellplan can only be plotted against MD, not
TVD. Of the same reason as mentioned for circulating pressures in section 7.11 the
three wellbores in comparison case A could therefore not be plotted in the same plot. In
order to reduce the number of graphs presented in this chapter it was therefore
decided to only show the output from the simulation for MLT1. The rest of the

wellbores for the comparison case A, as well as the output for all of the six other
comparison cases, are found in Appendix Q.

7.12.1 Comparison case A (all L1 compared) — Scenario 1 and Scenario

The ECD for MLT1 L1 with scenario 1 parameter input values can be seen in Figure 61,
with scenario 2 input values presented in Figure 62 for the same wellbore section. As for
the circulating pressure graphs the green, dotted line represents the pore pressure, now
in equivalent density, and the red, dotted line the fracture gradient, also in equivalent
density. The pink/purple horizontal line shows the last casing shoe. The simulation
results, similarly to the circulating pressures, as expected, an indicated on that both of

the scenarios would result in an ECD above the fracture limit for most of the openhole
section, a condition that should be avoided.
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Figure 61: ECD vs MD for MLT1 L1 scenario 1 input values (Wellplan 2013a)
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7.12.2 Comparison case A (all L1 compared) — Suggested values

The ECD vs MD for MLT1 L1 with the suggested parameter input values are presented in
Figure 63. By introducing the changes from scenario 1 and 2, as described in section
7.11.2, the ECD now fell within the drilling window. At the last casing shoe the trip
margin between the ECD and the PP is around 0.16 ppg, a value that is lower than the
often used 0.5 ppg trip margin (Hyne, N.J. 1991). By using of the theory from section
5.10 the safety margin between the pore pressure and the ECD at last casing shoe
(18600 ft MD / 10076 ft TVD for MLT1 L1) becomes only 83.83 psi.
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8 Evaluation

8.1 Wellplan results for Scenario 1 and Scenario 2 parameter values

8.1.1 Scenario 1

The simulation results for the different drilling effects by use of scenario 1 input
parameter values were gathered in output graphs and analyzed. For rotation on bottom
none of the nine different wellbore sections with scenario 1 values indicated issues for
effective tension, torque, fatigue ratio, hook load or buckling. For effective tension all of
the wellbore sections investigated yielded values that were below the tensional limits
for the drillstring, as well as below the maximum tension given by the rig. The torque
values at surface for drilling on bottom gave results for all wellbore sections that were
below both the make-up torque and the top drive limitation. Further was the maximum
hook load rating for the rig of 1650 klbf static load not exceeded by any of the MLT
options. In addition, no buckling was indicated by use of scenario 1 values for rotation
on bottom.

However, for slide drilling some of the wellbore sections indicated challenges. For MLT3
L1, MLT3 L2 9.5” and MLT3 L2 8.5” sinusoidal buckling were indicates when using the
scenario 1 parameter input values, as presented in Table 13. In addition, for MLT2 L1,
the yield failure limit for tension was exceeded for tripping out operations. All of the
wellbore sections indicated larger DLS values than the recommended maximum of 3.0
degrees per 100 ft, a condition that is undesirable due to possible issues of running
casing strings and tubulars to TD. The well paths and DLS for each of the wellbore
sections are evaluated in detail in section 8.7. This issue was the same, and will be the
same, for all values of input parameters as the DLS only is a function of well geometry.
When it came to hole cleaning all the wellbore sections indicated issues. None of the
MLT options, with scenario 1 input values, gave enough flow rate to sufficiently clean
the hole. This might lead to challenges with raised circulating pressure and ECD, as well
as packing of due to excessive cuttings occupying the annulus. Ultimately the increased
pressures due to pack-offs from cuttings might lead to fracturing of the formation and
lost circulation. Finally, all the wellbores except all the MLT L2 9.5” sections, indicated
problems with the ECD for the openhole section. The reason for no issues for the L2 9.5”
sections was probably due to the relatively short section length, varying between 400
and 640 ft, resulting in small increases in the ECD due to frictional pressures, as well as a
relatively large drilling window compared to larger TVD’s. Overall, a trend for scenario 1
was too large values of ECD compared to the fracture gradient, leading to fracturing of
the formation. Again this might cause lost circulation, which can result in a kick or
underground blowout (Bourgoyne et al. 1986c).
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Table 13: Summary of issues by use of scenario 1 parameter input values (Wellplan 2013a)

Scenario 1
Wellbore -> MLT111 MLT2L1 MLT3 L1 MLT1L29.5" MLT2L29.5" MLT3129.5" MLT1L28.5" MLT2L28.5" MLT3L28.5"
S-buckling - - X (slide) - - X (slide) - - X (slide)
H-buckling - - - - - - - - -
Yield failure X (trip o)
Fatigue failure - -
DLS above 3.0 X X X X X X X X X
Hole Cleaning X X X X X X X X X
ECD issues X X X - - - X X X

Based on the simulation results and issues summarized in Table 13, it was concluded
that scenario 1 input parameter values were not recommended for any of the wellbore
sections for the three MLT options. The issues with regards to buckling and yield failure
of the pipe can be dealt with by changing the drillstring configuration. In addition is slide
drilling not likely to take place for the drilling of the MLT options on Ekofisk South?®.
Therefore these issues will probably not lead to any large consequences with regards to
the drilling process. The challenges with hole cleaning and ECD, on the other hand,
might lead to severe significances in form of fracturing of formation, kick, underground
blowout, and ultimately danger for human lives. A summary of all the output results for
all the different wellbores by using of the scenario 1 parameter values can be found in
Appendix Q.

8.1.2 Scenario 2

For the simulations by using the scenario 2 parameter input values there were, as for
scenario 1, no indications of issues for rotation of bit on bottom with regards to
effective tension, torque, fatigue, hook load or buckling. As for scenario 1 the
introduction of slide drilling yielded challenges with sinusoidal buckling. Due to the
increased WOB compared to scenario 1 now more of the wellbore sections indicated
this issue, see Table 14. Only MLT1 L2 9.5” and MLT2 L2 9.5” showed no signs of
buckling for slide drilling. For tripping out operations only wellbore MLT2 L1 indicated
issues with yield failure. This was the same for scenario 1. Due to identical well path for
all the wellbore sections for both scenario 1 and 2 the DLS challenges were the same as
for scenario 1. The flow rate for scenario 2 was increased from 450 gpm to 650 gpm for
all the MLT options. This led to a mitigation of the hole cleaning issues present for
scenario 1. On the other hand, this resulted in large system pressure losses for all the
different MLT options investigated. All the nine wellbore sections indicated a SPP above
the maximum allowable surface pressure of 5000 psi given by the mud pumps. The
larger flow rate and pressure losses resulted in increased ECD for all the wellbores,
except the MLT L2 9.5” sections (as for scenario 1), pushing the circulating pressures
even more above the fracture limit.

%8 personal communication with Thomas Maland. 2013. Stavanger: ConocoPhillips Norway
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Table 14: Summary of issues by use of scenario 2 parameter input values (Wellplan 2013a)

Scenario 2
Wellbore -= MLT1L1 MLT211 MLT3 L1 MLT1L29.5" MLT2129.5" MLT3L29.5" MLT1L28.5" MLT2L28.5" MLT3L285"
S-buckling ¥ (slide) X (slide) X (slide) - - X (slide) ¥ (slide) X (slide) ¥ (slide)
H-buckling - - - - - - - -
Yield failure - X (trip o)
Fatigue failure - - - - - - - - -
DLS above 3.0 X X X X X X X X X
Hole Cleaning
ECD issues X X X - - - X X X

Compared to scenario 1 the overall indications by use of the scenario 2 input parameter
values were that the issues with hole cleaning were mitigated. On the other hand, the
increased pump rate for scenario 2 introduced even larger challenges with the ECD at
the open hole section for all the nine different wellbores investigated, except MLT1 L2
9.5”. This increased ECD can lead to even larger lost circulation issues than for scenario
1. In addition more problems with buckling for slide drilling operations were shown. A
conclusion were made that the scenario 2 values were more extreme than the scenario
1 values yielding overall larger challenges due to the increased circulating pressures,
despite giving sufficient flow rate for adequate hole cleaning. In conflict with the
conclusion for scenario 1 parameter values, the simulations showed that for MLT1 L2
9.5” and MLT2 L2 9.5” the scenario 2 numbers successfully could be utilized without any
issues, except for a high DLS, an issue common for all the wellbore sections. Other than
that the scenario 2 input parameter values should not be used as a combination of input
values in any of the wellbores for the three MLT options. A summary of all the output
results for all the different wellbores by using of the scenario 2 parameter values can be
found in Appendix Q.

8.2 Wellplan results for suggested parameter input values

Through iteration processes in Wellplan, as described in section 6.2, a set of suggested,
individual input parameter values were determined for each of the wellbore sections for
the three MLT options investigated. As seen in Table 15 by use of these values the
simulation results indicated no issues, other than the well path specific high DLS, for
most of the wellbores. From scenario 1 and scenario 2 the bit nozzle selection was
changed from 3x(12/32)” to 3x(18/32)” in order to reduce the challenges with high
pressure losses and large ECD values in the open hole portion of the well for all the MLT
options. However, for MLT2 L2 8.5” and MLT3 L2 8.5”, the challenges related to
circulating pressures and ECD were unsuccessfully mitigated. For both of these wellbore
the BHA used in all of the other simulations gave even larger issues with respect to the
ECD in form of large values above the fracture gradient in the openhole portions, and a
combination of pump rate, mud weight and bit nozzle selection was not found that
reduced the circulating pressures towards TD. A change of BHA, with overall smaller
0D’s, was therefore tried for both of the wellbore sections. This reduced the ECD in the
annulus outside the BHA for both MLT2 L2 8.5” and MLT3 L2 8.5”, but still the best
combination of input parameters with the given setup found by this author did not fully
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mitigate the issues with regards to the ECD. As a result both of the wellbore sections
yielded an ECD below the fracture gradient for the whole length of the open hole
portion, but below the pore pressure just below the last casing shoe. This is undesirable
as it might lead to lost circulation, leading to severe concerns as kick and even blowout.

Table 15: Summary of issues by use of suggested parameter input values (Wellplan 2013a)

Suggested values
Wellbore -> MLT1L1 MLT211 MLT3 L1 MLT1129.5" MLT2129.5" MLT3129.5" MLT1L28.5" MLTZ2L28.5" MLT3L28.5"
S-buckling
H-buckling
Yield failure
Fatigue failure
DLS above 3.0 X X X X X X X X X
Hole Cleaning - - - - - - - - X
ECD issues - - - - - - - X X

In should be mentioned that the issues experienced in the simulation results with
circulating pressures falling outside the drilling window for any of the input parameter
values might not be the case in reality. As mentioned in chapter 4 and 6 the lack of
underground data information available in the area where the well paths for the MLT
options investigated in this report led to an assumption that the pore pressure and
fracture gradient could be taken from the nearby wells 2/4-Z-17 and 2/4-VB-05.
Therefore the drilling window in reality will not exactly be as presented in this report,
and for some of the wellbore sections for the MLT options the ECD issues might be
terminated in a real life situation. However, by use of the same underground data for all
of the MLT options a picture of the circulating pressure effects for all of the wellbores
could be established, independent of pore pressure and fracture gradient lines assumed.

8.3 Correlations in the results

For the three sets of input parameter values used in Wellplan a correlation of challenges
with regards to circulating pressures and large ECD values towards the total depth were
indicated. Even though the suggested parameter values to a certain extent mitigated
these issues, also for these cases there were challenges in order to obtain a sufficient
trip and kick margin of 0.5 ppg, as described in section 5.10. Naturally the results might
not be the same by use of the actual pore pressure and fracture gradient values, but all
of the wellbore sections, for all of the three input sets of parameter values, gave quite
large pressure losses, with a resulting high SPP and elevated ECD values in the openhole
portion of the well. A possible reason for this might be the long well paths for all the
MLT options, as discussed further in section 8.7. As given by the formulas for frictional
pressure losses, presented in section 5.9, the length of the wellbore will influence the
value of the pressure losses. In addition, the well paths for all of the sections are more
or less horizontal for almost the whole openhole portions. This results in stable values of
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the pore pressure and fracture gradient, due to the small increase in TVD, but
continuously increased ECD because of the increase in annular frictional pressure loss
due to increased measured depth. Eq. 42 describes this.

A reason for the large pressure losses and challenges with the elevated ECD are partly
due to the need of the relatively large flow rate in order to clean the 13 5/8” annulus, as
described in section 7.9. For all of the wellbore sections for all of the MLT options the
cleaning in the annular section of the well dictated the minimum flow rate in order to
sufficiently clean the hole. A reduction in the largest minimum flow rate would lead to
lower frictional pressure losses in the annulus, and probably partly mitigation of the
issues with excessive ECD values in comparison with the fracture gradient.

8.4 Suggestions to improvements

The casing design on Ekofisk is given by the formation, based on pressure regimes and
shallow gas zones in the underground. A change in the design for a possible future MLT
project was decided to not be economical or beneficial with regards to standardization
of rig design to fit the present setup®’. A solution, however, that would fit the casing
program used today on Ekofisk would be to tie back the 10 %" liner, set at TOE, to
surface. By doing this the cross-sectional area in the annulus would decrease, leading to
lower minimum flow rate for cleaning in the upper sections of the wells. A simulation
for scenario 1 parameter values for the MLT1 L1 wellbore with the 10 %" liner tied back
to surface indicated a reduction in the minimum flow rate to clean the hole from 618.4
gpm, as presented in Figure 54, to 410 gpm, for otherwise identical setup. This is a
reduction of around 34 %. However, a tying back of the 10 %” liner would lead to
increased cost due to increased material and necessary rig time, and might not be
economical for the project as a whole.

Another possible action that probably would help mitigate the large ECD values in the
openhole sections would be to under ream the holes. By opening the 9 %" hole sections
to 10” and the 8 4" to 9 4” the annular velocity in the annulus of these sections would
decrease, leading to a lowering of the frictional pressure losses and resulting ECD. This
can be seen by the Eq. for annular velocity given in Eq. 33, which for increased ID of the
hole will result in lower output values of the velocity. This will again influence the
selection of flow regime, and finally reduce the frictional pressure losses, also
dependent on the hole diameter, as shown in Eq. 36 — Eq. 39. Compared to the tying
back of the 10 %” liner the under reaming of the open hole sections would be both
faster and less expensive to perform, resulting in overall better project economics.

%" personal communication with T. Husby.. 2013. Stavanger: ConocoPhillips Norway
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8.5 Selection of the optimum MLT option based on the drilling process

As mentioned in Chapter 7 the simulations in Wellplan yielded a total of 270 different
simulation results. In order to easier be able to compare and evaluate the outputs a
total of seven comparsion cases were made, as discussed in chapter 7, shown in Table
12. Spreadsheets were then made to compare the different wellbore sections gathered
in each of the comparison cases, as presented in Figure 64 and Figure 65. In these
evaluation summary sheets each of the wellbore sections in the same comparison case
were compared against each other and evaluated for each of the ten drilling effects
(effective tension, torque, fatigue ratio, hook load, torque vs MD, minimum WOB to
buckle, hole cleaning, pressure losses, circulating pressures and ECD). In addition were
the wellbore geometry, in form of DLS and BUR, compared. The wellbore section that
for each of the effects in each of the comparison cases gave least indications of issues
was given a green color and 3 points. The wellbore section that gave simulation results
with the most signals of challenges was colored red and given 1 point. The wellbore
section in between would get a yellow color and 2 points. This would lead to a sum of
points for the ten drilling effects given for each of the wellbore sections for a given
comparison case. It should be noted that the circulating pressure and ECD were
weighted with 0.5 each due to description of the same effect. Added to this sum was
the evaluation of DLS and BUR. Since these two parameters are well path dependent,
and might lead to inability of the drilling of a wellbore section, the weighting was
doubled for these two effects. The best wellbores section (lowest DLS for example)
would be given 6 points rather than 3 point due to the importance of control of the DLS.
Finally the sum from the ten first drilling effects and the two wellbore geometry
parameters were added together to form the total score for each wellbore section for
all of the comparison cases, as presented in Figure 64 and Figure 65.

The idea behind the comparison cases and the distribution of points based on number
and severance of the issues indicated by the simulation results was to better compare
the different wellbore sections for the three MLT options. The comparison cases, by
dividing the wellbore sections based on different criteria, made it possible to easier
select an optimum MLT option as a whole, as well as a suggestion to wellbore section
composition to form a new MLT option. The first were made by comparing each L1, each
L2 9.5” and each L2 8.5”, and select the MLT options with highest overall score for all of
the three wellbore sections making up the MLT configuration. The suggestion of a new
MLT configuration were based on the evaluation of the separate wellbore sections,
where the L1, L2 9.5” and L2 8.5” with the highest score would be selected to form the
new MLT option.

A drawback with an evaluation of the wellbores by using the evaluation sheets in Figure
64 and Figure 65 is the lack of qualitative judgment. Even though certain evaluations of
the results were made in order to give the scores, the winning wellbore section would
not be guaranteed to be a “good” section. In addition, the issues indicated for different
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drilling effects might not be equally severe. By giving an equal weighting to all the
parameters, except the DLS, BUR and circulating pressures and ECD, critical problems
might come in the shadow of less crucial issues, but still be given the same amount of
point. Finally, the best, middle, worst score setting camouflage the true difference
between the severity of the issues for the same drilling effect indicated by the
simulation results. For instance, for comparison case C, the MLT2 L2 8.5” is for all the
drilling effects given the middle score of 2 points. In the end, the sum of point for this
wellbore section is 19, versus the 27 for the comparison case C winner MLT1 L2 8.5”. By
first eyesight the MLT1 L2 8.5” appears to be much better, or yield significantly less
issues, than the MLT2 L2 8.5”. However, the truth might have been that wellbore MLT2
L2 8.5” indicated exactly the same issues as MLT1 L2 8.5”, only with slightly higher
degree of severity. A result of this would have been that the difference between the two
wellbore sections would have been small, even though the evaluation sheet score would
indicate a large difference. With these considerations in mind, the evaluation sheets in
Figure 64 and Figure 65 should therefore be used with care and be read with a critical
eye. All the simulation results for both scenario 1 and scenario 2 input values, as well as
suggested input parameter values, can be found in Appendix Q.

8.4.1 Scenario 1 and Scenario 2 results

The evaluation summary sheet for scenario 1 and 2 for all the wellbores for the three
MLT options is presented in Figure 64. For comparison case A, where only the L1’s are
compared, the simulation results indicated that the highest score would be for the MLT1
L1. The scores (best, middle, worst) were found from the output results presented in
chapter 7. For example, the scores for the drilling effect number 3, the fatigue ratio for
bit rotation on bottom, were found from Figure 46. Here, and as presented, the worst
fatigue ratio as a trend was for the MLT2 L1. Therefore this wellbore section was given a
red color and 1 point in Figure 64. For the drilling effects MLT 1 L1 were given the best
score, except for the minimum WOB for sinusoidal buckling. In addition, the DLS were
the lowest for MLT1 L1, even though the BUR was the highest.

For comparison case B, only evaluation the L1’s going to reservoir target in layer EA3
(see Figure 17), again the MLT1 L1 gave the highest score, naturally. By only looking at
the L2 8.5” sections the highest score was given to MLT1 L2 8.5in, while for comparison
case D, where all the L2 9.5” sections were gathered, the best wellbore section was
indicated to be the MLT2 L2 9.5”. For case E, giving the best L2 8.5” section going to
layer EL, the highest score was given for MLT2 L2 8.5”. Considering all the wellbore
sections going to layer EA3 (case F), the best to drill would be MLT1 L2 8.5”. For
comparison case G, gathering all the wells leading to layer EL, the highest score was
given to MLT2 L2 8.5”. However, the MLT3 L2 8.5” section is only 1 point behind, and in
addition that wellbore indicated the least issues with regards to DLS and BUR. The
selection of the best wellbore for comparison case G would therefore be difficult to
declare based on the number give in Figure 64.
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It was decided that any conclusions from scenario 1 and scenario 2 parameter input
values would be difficult to make alone as both of these sets of values gave various
issues for most of the different wellbores. However, the overall MLT option that got
most points for scenario 1 and 2 values were MLT1 with 104 point. This value was found
by adding the scores for each of the wellbore sections (case A, C and D) in the MLT1.
Second came MLT2 with 84 points and last was MLT3 with 67 point. Comparing this
conclusion with the issues listed for MLT1, MLT2 and MLT3 for scenario 1 and 2 values in
Table 13 and Table 14 it can be seen that MLT indicated fewer overall issues than MLT2
and MLT3, supporting the conclusion made. For a new optimum composition of single
wellbore section to create a new MLT option the conclusion, by use of scenario 1 and 2
comparisons, L1 from MLT1, L2 9.5” from MLT2 and L2 8.5” from MLT1, based on
comparison cases A, C and D winners.

8.4.2 Suggested parameter values results

For the suggested parameter values the evaluations of the different wellbore sections
for each of the MLT options can be seen in Figure 65. The method of giving points was
made in the same manner as for scenario 1 and 2 in Figure 64. Here, the highest score
for comparison case A, all L1’s compared was for MLT1 L1. For comparison case B,
naturally, the winner was the same. The optimum L2 8.5” section was found to be MLT1
L2 8.5”, while the highest score for the L2 9.5” sections (case D) was for MLT2 L2 9.5”.
For comparison case E, all L2 8.5” sections going to layer EL, the highest score was given
to MLT2 L2 8.5”. By considering all wellbores leading to EA3, the evaluation yielded
MLT1 L2 8.5” as the optimum wellbore. Finally, for comparison case G, just considering
all the wellbores going to layer EL, the best to drill would be the MLT3 L2 8.5”. However,
for both MLT2 L2 8.5” and MLT3 L2 8.5” sections, as discussed in section 8.2 and
showed in Table 15, both of these two wellbore section indicated issues with the ECD
leading to underbalance just below the last casing shoe. Therefore, none of these
wellbores would be recommended to drill, even with the suggested parameter values.
For comparison case G the recommended wellbore would therefore be MLT3 L1.

A summary of the conclusions that could be drawn from the evaluation of the results for
the suggested parameter values was as listed below:

e The optimum overall MLT option would be MLT1. By adding the scores from
comparison case A, C and D, this option gave a total score of 98 points, versus 83
for MLT2 and 70 for MLT3.

e A new optimum MLT option based on a composition of the wellbore sections
with the highest scores in comparison case A, C and D, would be L1 from MLT1,
L2 9.5” section from MLT2 and L2 8.5” section from MLT1.
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e For a stacked horizontal multilateral configuration (one target in layer EA3 and
one in layer EL) the optimum solution would be L1 from MLT3 (going to EA3) and
MLT1 L2 8.5” (going to EL). The optimum L2 9.5” section would be the winner
from comparison case D, the MLT2 L2 9.5” section.

e The longer the wellbore, the larger the issues. A trend was that the shortest
wellbore for each of the comparison cases would yield the highest score.
Compared to reality this is often the case, even though the results also depend
on a range of other factors.

These two first conclusions were in correlation with the results from the evaluation of
scenario 1 and scenario 2 parameter input values. The latter, however, would for the
scenario 1 and 2 evaluation yield MLT2 L2 8.5” as the best section to drill to the target in
the EL layer.
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9 Self-Assessment

9.1 Applicability of the work
9.1.1 Application of the simulation

The performed simulations have applicability in order of providing a picture of expected
issues and challenges for a possible future drilling of the wellbores in the three MLT
options. Any signs of problems can be dealt with before they even occur. Further, the
simulation results give paths of directions on whether any of the MLT options for this
report should be followed or rejected. Finally, the output from the Wellplan simulation
can give indications on where to perform changes in the project scope and setup, for
instance with regards to the well planning, based on issues and challenges indicated.

9.1.2 Practical applicability

As mentioned in the introduction the drilling of multilateral wells has again been listed
as a possible future strategy for COPNO due to reservoir and production related matters,
as well as improved slot space utilization. Through the work with this report several
people and groups within COPNO have been put to work in order to make contributions
and perform studies on topics important for multilateral well implementation on Ekofisk.
In addition, continuous interaction with the service company Halliburton were made in
order to evaluate and determine possible junction design options to be used in a future,
possible MLT project on Ekofisk. By the deadline of this report the cooperation with
regards to the details around a possible, future MLT project on Ekofisk is still ongoing
between COPNO and Halliburton, a collaboration that was initiated based on the work
with this report. In other words, the work with this report has been of practical
applicability to COPNO in order to get ideas and thoughts on paper around a possible
future strategy out in reality in form of involvement of both COPNO employees and
contractors. In addition the work with this report has led to interaction between
different internal organizations within COPNO to come up with more united goals and
directions for a future, possible project revolving multilateral wells on Ekofisk.
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9.2 Quality and shortcomings

9.2.1 Assumptions used in the simulations

The assumptions taken in the simulations performed prior to the creation of this report
are listed in section 6.2. As mentioned, these were qualitatively determined in order to
make the simulation process as realistic as possible. However, for software simulations
there will always be various sources of errors compared to reality, based on both
assumptions and calculating models utilized in the program.

From the reservoir group in COPNO six different targets were given. For the task given
for this report it was assumed that the targets would give the same reservoir
performance and production rates. This was done is order to more easily being able to
compare and evaluate the drillability of the nine different wellbores in the three MLT
options. In reality the comparison of different well paths, with different geometry and
length, will be difficult, as there is no simulation base to compare with. Also, the
selection of the MLT option would for a real case be made based mostly on economics,
in form of net present value calculations for the project as a whole, meaning that
wellbore reservoir exposure and expected production rates probably would be given a
higher importance. The drilling process, with optimum MLT option based on the highest
possibility of success rate, would be built into this selection, but only to consider the
drilling operation, with constraints and limitations as given in this report, is a
simplification.

The simulation results presented in this report is dependent further on a range of
assumed values. A change in the assumptions would change the results, based on
degree of dependence. The most significant changes would probably be for the ECD
effects, evaluated with respect to the pore pressure and fracture gradient from the
nearby wellbores 2/4-Z-17 and 2/4-VB-05. These are not the actual PP and FG lines for
the underground area for the three investigated MLT options, and the conclusions from
the evaluations on issues for drilling, as presented in Table 13, Table 14 and Table 15, as
well as Figure 64 and Figure 65, might change for changed values of pore pressure and
fracture gradients.

To assume the same BHA for 9 %" and 8 %" sections, only with different bit sizes, was a
simplification. The ECD, as given by frictional pressure loss in the annulus, is dependent
of the annular cross-sectional area. The OD of the components in the BHA for the two
hole sized would be somewhat different, resulting in different values for parameters
dependent on cross-sectional area in the annulus. Dependent on hole section length this
assumption might yield more or less significant errors to the calculations.

The assumed friction factors of 0.18 for both open and cased hole sections might be a
source of error. Simulations were performed for increased friction factors, 0.3 for open
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hole and 0.25 for cased hole (Wellplan default values), and most of the wellbore
sections that indicated no buckling conditions or yield failures for the 0.18 value now
showed issues. It should be pointed out that the correct friction factors are hard to
determine, and that to assume a constant value for a section in the well in most cases is
a simplification (Samuel 2010). The value of 0.18 used in the simulations performed in
this report was based on previous reverse-calculations performed on Ekofisk by
Midtgarden (2010).

Finally, for the hydraulic simulations performed in Wellplan no tool joint pressure losses
were included. Dependent on hole size in comparison with OD of the TJ and cuttings
diameter the expulsion of TJ losses might or might not give significant sources of errors.
For the 8 }4” sections test-simulations were performed, where the outer diameter of the
tool joints were set to 8.25”. For cuttings diameter of 0.125” the increase in ECD due to
frictional pressure losses in the annulus were quite significant. For simplification means
the TJ effect was neglected for the simulations performed in this report.

9.2.2 Simulations performed

In Wellplan only simulations by use of the Torque and Drag, and Hydraulics, module
were performed. A more complete analysis should probably have been done, also using
the other built-in modules in the software, in order to get a more complete picture of
the issues and challenges related to the drilling of the wellbore sections for the three
MLT options investigated.

9.2.3 Input parameters in the Wellplan software

For the initial simulations with scenario 1 and scenario 2; to only consider two sets of
parameter values, one with all lower limit values and one with all higher values, was a
simplification. In reality there would be 16 different combinations for a setup with four
adjustable parameters (WOB, RPM, ROP and flow rate) and two different values for
each parameter. However, to investigate 16 different scenarios for nine different
wellbore sections on ten different drilling effects would result in 1440 separate
simulation outputs only for scenario 1 and 2, which would have resulted in an extensive
amount of graphs and data to analyze. It was therefore, for this report, decided to check
only two scenarios, one with only lower limit values and one with only higher limit
values.

In addition it would probably not have been necessary to perform simulations on both
parameter sets (scenario 1 and scenario 2). The results indicated the same trends for
both scenarios, yielding that the conclusions and evaluations would have been more or
less the same if the simulations had been done only for one set of parameter values
initially. At the same time the two-set simulation verified that trends, and the scenario 2
values backed up the results from the initial simulations with scenario 1 input parameter
values.
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9.2.4 lterations in Wellplan to find the suggested input drilling parameter values

The iterations in Wellplan were performed by using the Torque and Drag, and Hydraulics,
modules only. If the other modules, presented in Appendix N, had been utilized as well,
a better picture of the value for the suggested parameters could probably have been
established. The decision of only using the two modules mentioned was therefore a
simplification. In addition it should be noted that the suggested values only are what
they are, namely suggested, and that other input values also might work. The result
might be different for slightly other sets of parameter values.

For the iterations to find the suggested input parameter values the bit nozzle size were
changed for all wellbores in order to reduce the surface pressure. The bit nozzle size
selection was based experiences from well 2/4-Z-17, and on the constraint of max
surface pressure of 5000 psi. According to Bourgoyne et al. (1986c) the jet nozzle
selection can be optimized in a lot of ways, one being to select nozzle size so the SPP
gets equal to max surface pressure (5000 psi for Maersk Gallant). For this thesis more or
less two different settings were used, either 3x12 or 3x18, dependent on what would
give SPP less than, but closest to, maximum surface. So the bit nozzle size was optimized
to a certain point, but could, as a further work, be optimized more.

9.2.5 Investigated drilling effects

The twelve investigated effects for drilling, as presented in chapter 7, were selected
mainly due to the possibility of simulating these in Wellplan. By use of different
software the selected parameters could have changed to include more, or less, effects
than investigated in this report. In addition, not all of the effects in reality probably will
have equally high importance for the drilling process.

9.2.6 Using of the Wellplan software for simulation of multilateral wells

For the simulations performed in this report in order to come up with the results
presented in chapter 7 and to perform the evaluation in this chapter, the Wellplan
software was used. Over the last years, as described by Nesland (2012) the industry has
been introduced to a lot of powerful drilling simulation software, including the Wellplan
suite. These programs can be very useful in detecting problems with the well design
and/or the planned drilling of a well before they even occur.

A challenge with using Wellplan as a tool for simulation of multilateral wells was the lack
of possibility to get rate of penetration as an output. Backwards simulation, where a
desired output of ROP was set, therefore was performed. By doing this, the required
input values to reach this penetration rate could be determined, a method that seemed
a bit unrealistic at the time of simulations. Another issue was the challenge with
regards to tying on the side branch, or lateral 2. The last casing shoe for the 9.5” section
in L2 would be the pre-drilled hole in the 10 %" liner at 18150 ft MD. However, an actual
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casing shoe would not be set at this depth. In Wellplan, however, the only method of
displaying the lateral 2 was to add a casing shoe at depth of 18150 ft MD. On the other
hand, by knowing that this shoe in fact would be the window in the 10 %” liner, the
software didn’t cause any issues with regards to the simulations other than graphical.
Also, since the Wellplan software is not created to perform simulations on MLT
configurations the whole multilateral has to be created in three separate cases in the
software; one for the mother wellbore, one for lateral 1 and one for lateral 2. There is
no build-in function that enables the user to create a MLT setup in the very same case.
This is really not an issue, but causes some challenges with regards to overview and
comparison of the different wellbore sections for the MLT option. Finally the Wellplan
lacks the possibility of comparing different wellbore sections from different wells in the
same graphs for the same drilling effects (effective tension, torque etc.). The only
method of comparing two, or more, representative wellbore sections, as for instance
MLT1 L1, MLT2 L1 and MLT3 L1, is to manually copy the numbers behind the graphs in
Wellplan over to Excel, or similar mathematical software. This is time-consuming and it
is easy to lose track of data. In addition, the complexity of the program and the range of
different modules also made it challenging to exploit all the functions with the limited
training, and technical support, that was provided.

In order for Wellplan to be more convenient to use for simulations of MLT
configurations a function, making it able to compare similar wellbore sections, for
different wells should be implemented. In addition an own MLT module should be
created, making it possible to evaluate different junction designs and to create hole
sections and setup specifically for multilateral wells. With that said, from the work
performed in Wellplan during the preparations to this report it was concluded that the
use of Wellplan was useful for detecting of problems for the planned drilling operations,
and to investigate the possible MLT options in order to come up with an optimum
option based on evaluations.

9.2.7 Applied Well paths

As mentioned previously in this chapter challenges with the circulating pressures and
ECD effects were experienced for the simulations performed. For long horizontal, or
high-inclination, wells the ECD will increase for increased measured depth due to
increased annular frictional pressure losses, see Eq. 42 and section 5.2. For the same
wells the TVD will remain more or less constant, resulting in the same values for pore
pressure and fracture gradient. For long horizontal sections issues with regards to
fracturing might occur to the elevated ECD effect. This was probably the issue for the
wellbore sections investigated in this report. Compared to other well drilled in the area
in Ekofisk the wellbores for the three MLT options are quite long (Maxwell 2013),
ranging between 23950 ft MD and 32942 ft MD. Normally, as the length of a well
increases, the issues and challenges increases accordingly®®.

%8 personal communication with T. Husby. 2013. Stavanger: ConocoPhillips Norway
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In addition to the length of the wellbores the DLS levels of all the wellbore sections
probably will represent challenges. As mentioned earlier the maximum dog leg severity
is often considered to be around 3.0 degrees per 100 ft, even though larger values
sometimes can be applied due to the use of special equipment and new technology. The
DLS for the wellbores applied in this report ranges from around 4 to 6.42 degrees per
100 ft, values that normally are considered too high. Even though well planning on
Ekofisk is a challenge due to issues mentioned in section 5.11, as well as a lot of already
existing wells, the well paths for the three MLT options for the simulations in this report,
both with regards to length and geometry in form of DLS, probably should be optimized
further in order to reduce the total length.

9.2.8 Comparison of the MLT options based on the point system in the evaluation

As mentioned in section 8.4, to determine which wellbore is good and which is not
based on point system might yield some errors. The points were given based on
qualitative analysis, but by giving a set amount of points for best, middle and worst,
there can be some errors that are might not that big if only compared qualitatively,
without giving points. In addition, by giving equal weighting to all the parameters,
except the DLS, BUR and circulating pressures and ECD, critical problems might come in
the shadow of less crucial issues, but still be given the same amount of points. With
these considerations in mind, the evaluation sheets in Figure 64 and Figure 65 should
therefore be used with care and be read with a critical eye.

9.2.9 The work process

A lot of the early work with this report was done in cooperation with employees in both
COPNO and Halliburton. In a hectic industry it was often challenging to be able to gather
the necessary resources in order to discuss important factors and topics for this report.
Therefore, in order to keep a continuously flow of the work process, shortcuts and
assumptions sometimes had to be taken, leading to more or less significant sources of
errors.

9.2.10 Simulations of junction design option 1 (FlexRite Level 5)

As mentioned in chapter 4.4 the decision was made to only investigate junction option 2,
with IWS. Ideally the simulations performed in Wellplan, that was for this junction
design, should have been done also on junction design option 2, and should be included
as further work.
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9.3 Possible future improvements and further work

9.3.1 Future improvements

There are several future, possible improvements for the work performed in this report.
First of all the list of assumptions in section 6.2 could be shortened. The maybe most
important there is to obtain the actual underground information, including pore
pressure and fracture gradient, in order to perform more accurate simulations and
evaluations on hydraulic effects.

In addition, the different Wellplan modules can be utilized better in order to include
more factors and effects to the investigations and evaluations. The optimization process
for the suggested values, including bit nozzles and BHA design, can also be improved in
the future. Finally, an optimization of the well paths is needed in order to create more
realistic wellbore sections for the MLT options.

9.3.3 Further Work

In addition to the future improvements mentioned in the previous sub-chapter future
work include simulations on the wellbores for the different MLT options also with
junctino design option 1 (FlexRite Level 5). This design will give slightly different hole
sizes compared to junction design option 1 for the wellbore sections in lateral 2, as
presented in Figure 19, including 8 4” from junction to TOE and 6 %" in the reservoir. A
comparison between the two junction design options with regards to simulation results
should be done.

The completion, stimulation and intervention requirements for a MLT option on Ekofisk
should be investigated. This should be put in light of what junction design option that
could be selected, and how that would influence the requirements.

Based on the issues presented in chapter 8 with regards to circulating pressures and
elevated ECD effects, future simulations should include both the effect of tying back the
10 %” liner to surface and of under reaming the 9 %” sections to 10” and the 8 %"
sections to 9 74"

Finally, further work could include an economic analysis on the net present value, and
discuss the feasibility of different MLT options, as well as the one recommended in this
report, based on the drilling process, as well as reservoir performance, production rates,
investment cost, project organization and management and other factors.
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10 Conclusions

Based on the work preparing this report, as well as from the progress of making it, some
major conclusions were established. These describe, in majority, the simulation results
from Wellplan and the following evaluations, in addition to the achievements obtained
through the work process, as well as recommendations to future improvement and
suggestions to further work in the field.

e The recommended type of multilateral based on the reservoir targets given
would be a planar dual-lateral, or forked, multilateral, as shown in Figure 70. A
setup with a horizontal, stacked multilateral indicated a smaller possibility of
future success with regards to the drilling process, given the well path design and
configurations used in this report.

e Based on the non-pressure tight junction design the junction placement should
be in a stable formation in the overburden, 200 — 300 ft above TOE. In
cooperation with the overburden group in COPNO the junction depth was
determined to be 9958 ft TVD.

e Based on simulation results from the Wellplan software the optimum
multilateral well configuration based on the given six reservoir targets was
indicated to be MLT1. This option yielded the least amount of issues during
drilling. In addition, based on the shorter well path for both lateral 1 and lateral
2, this MLT option would probably lead to lower cost and faster drilling of the
well compared to MLT2 and MLT3.

e Arecommended composition of separate wellbores to form a new MLT option
would include lateral 1 from MLT1, the 9 %" lateral 2 section from MLT2 and the
8 14" lateral 2 section from MLT1. These wellbore sections indicated fewer
challenges with regards to the drilling process than the comparable sections for
the same hole sections.

e The longer the wellbore, the larger the issues. A trend for the results from the
simulations was that the shorter wellbores indicated fewer issues, with smaller
significance, compared to the longer ones. This conclusion point was expected
based on analysis of data from previous, actual drilling operations.

e For all the MLT options challenges with regards to large annular circulating
pressures and ECD effects were encountered. The well designs and well path
lengths, for all of the three MLT options, put together with casing setting depths
and sizes to give minimum flow rate for hole cleaning, induced large
requirements of pump rate, leading to issues with elevated ECD and challenges
with regards to fracturing of the formation. In addition the DLS for all the
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wellbore sections was higher than the 3.0 degrees per 100 ft that normally is
considered the maximum allowed. Optimization of the well paths for the
wellbore sections leading to the reservoir targets for the MLT options should be
performed in order to mitigate any challenges with regards to elevated ECD
effects and DLS.

Together with Halliburton a possible junction design option was created to
perform simulations on, involving a non-pressure tight junction (TAML Level 4)
and IWS in the mainbore/lateral 1.

For the selection of a stacked, horizontal multilateral configuration (one target in
layer EA3 and one in layer EL), the optimum wellbore sections to drill, based on
the results from the Wellplan simulations, would be L1 from MLT3 (going to EA3)
and MLT1 L2 8.5” (going to EL). The optimum L2 9.5” section would be the MLT2
L2 9.5” section.

The Wellplan software can be utilized to simulate the drilling process of a
multilateral well configuration. However, certain challenges were encountered,
leading to a recommendation of certain future improvements and
implementation to the software. These can be summarized as the adding of a
function that makes it possible to compare similar wellbore sections,
implementation of an own MLT module for junction design evaluations and the
transformation of ROP as an input parameter to an output parameter value.

The work with this report has led to increased involvement and initiation around
a possible, future project including multilateral well technology in the Ekofisk
field.

Future improvements includes the implementation of actual underground data
to the simulation base, optimization of the created well paths and BHA design, as
well as utilization of the different Wellplan modules in order to perform a better
evaluation of the simulation results.

Suggestions to further work involve the simulations on the junction design
option 1 for the three MLT options. In addition, the effects of under reaming the
9 14" sections to 10” and the 8 4" to 9 %4” could be investigated. Mapping of the
completion, stimulation and intervention requirements for a future multilateral
well options should be performed, and a final economic analysis could be
executed in order to find the finances revolving the drilling process for a MLT
option, with regards to reservoir performance, production rates and junction
design.
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Nomenclature

Roman

Symbol

m Mass

n Revolutions of pipe

q Flow rate

r Radius

A Area

A Cross-sectional area inside pipe
A Cross-sectional area in annulus
A Flow area across bit nozzles
Cq Discharge coefficient

F Lateral force on TJ

Fy Normal force

F, Stability force

F, Force in x-direction

F Force in y-direction

L Length

L, Half-length between TJ’s

N Normal force

Ng. Reynolds number

P Frictional pressures losses
P Pressure inside pipe

P, Pressure outside pipe

S, Axial stress

S, Radial stress

S, Tangential stress

T Tensile strength

Tex Effective tension in the pipe
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Unit, Field (SI)
[M],1bf (kg)
[T, rom(-)
[L"’/T],gpm(lpm)

L], t(m)

)
[ML/T?],Ibf (N))



—

real

—

=

—

N

> -
g 8

< < < < <

<

Greek

Real tension in th pipe
Tangential shear stress
Radial shear stress

Axial shear stress
von-Mises equivalent stress
Drillpipe velocity

Resultant velocity

Velocity x-direction

Velocity y-direction

Symbol

SN S I R

Inclination
Azimuth

Friction factor
Plastic viscosity
Dog-leg angle
Density
Tension
Azimuth

Yield point

Inclination

Abbreviations

CcT
ID
KM
ML
oD
PL
SF
TJ
™

[ML/T?],Ibf (N))

[M/LT?], psi(Pa

[M/LT?], psi(Pa

[M/LT?], psi(Pa
P

[L/T], ft/hr(m/s
[L/T], ft/hr(m/s
[L/T], ft/hr(m/s
[L/T], ft/hr(m/s

)
)
)
[M /LTz],psi( a)
)
)
)
)

Unit, Field (SI)
[deg], deg (rad)
[deg], deg (rad)

[M /TL],cp(Paxs)
[deg], deg (rad)

[M /L], ppg (kg /m?)
[ML/T?],Ibf (N)

[deg], deg (rad)

[ M /L2 ],Ibf /100 1t* (Pa)
[deg], deg (rad)

Coiled Tubing
Inner Diameter
Kick Margin

Multi Lateral
Outer Diameter
Production License
Safety Factor

Tool Joint

Trip Margin

151



YP
BBL
BHP
BLF
BUR
CTD
DLS
EOR
KWM
LWD
MLT
MPD
NCS
NGL
NPB
P&A
RIH
ROP
RSS
R&D
SCF
SPP
TFA
TOE
UBD
BSMF
IADC
OPEX
POOH
TAML
CAPEX
COPNO

Yield Point

Barrel

Bottom Hole Pressure

Buckling Limit Factor

Build Up Rate

Coiled Tubing Drilling

Dog Leg Severity

Enhanced Oil Recovery

Kill Weight Mud

Logging While Drilling
MultiLateral Technology
Managed Pressure Drilling
Norwegian Continental Shelf
Natural Gas Liquids

Neutral Point of Buckling
Plugging & Abandonment
Running In Hole

Rate Of Penetration

Rotary Steerable drilling Systems
Research & Development
Standard Cubic Feet

Stand Pipe Pressure

Total Flow Area

Top of Ekofisk

Underbalanced Drilling

Bending Stress Magnification Factor
International Association of Drilling Contractors
Operational Expenditures

Pull Out Of Hole

Technical Advancements of Multi Laterals
Capital Expenditures
ConocoPhillips Norway
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Appendix

For this report the appendix has been used for supporting material of secondary

importance, as well as for gathering of graphs and figures not reasonable to include in
the main text.
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Appendix A: Offshore Daily Rig Rates

Floating Rigs

Table 16: List of average day rates for floating rigs (WD = Water Depth) (Rigzone 2012)

Rig Type Rigs Working Total Rig Fleet Average Day Rate
Drillship <4000° WD | 6 8 $229 000
Drillship 4000'+ WD | 63 75 $457 000
Semisub <1500° WD | 9 15 $267 000
Semisub 1500’+ WD | 72 91 $295 000
Semisub 4000+ WD | 96 112 $415 000

Jackup Rigs

Table 17: List of average day rates for jackup rigs (Rigzozne, 2012) (IC = Independent Cantilever, IS
= Independent Spud, MC = Mat Cantilever, MS = Mat Supported, WD = Water Depth) (Dockwise
2011)

Rig Type Rigs Working Total Rig Fleet Average Day Rate
Jackup IC <250’ WD | 39 54 $79 000
Jackup IC 250 WD 46 62 S84 000
Jackup IC 300" WD 100 134 $90 000
Jackup IC 300+ WD | 131 157 $154 000
Jackup IS <250' WD | 6 9 --

Jackup IS 250" WD 7 9 $75 000
Jackup IS 300" WD 3 6 $60 000
Jackup 1IS300°+ WD | 1 2 $70 000
Jackup MC <200’ | 2 11 $40 000
WD

Jackup MC 200+ | 11 23 $72 000
WD

Jackup MS <200’ | 2 3 -

WD

Jackup MS 200+ |6 15 $52 000
WD
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Appendix B: A historical perspective of multilateral wells

In 1859 the first well in history deliberately drilled to find oil was created in Titusville,
Pennsylvania, by the American Edwin L. Drake. In the years to follow, especially in the
1870’s, the oil production in the USA increased rapidly due to the drilling of new wells,
mostly in Pennsylvania. With the invention of the internal combustion engine and the
manufacturing of the first cars around year 1900 the demand for oil and gas continued
to increase (Oil Region Alliance 2013). As a result of this a lot of new techniques and
methods in drilling for hydrocarbons were invented and patented over the next couple
of decades. Most of these new ideas were rather bold and ambitious at that time and
could not be performed in practice due to lack of either skills or technology. This was
also the case when the first patent on multilateral technology was filed in 1929 (E&P
Magazine 2007).

Although often thought of to be a technology of recent time, the history of multilateral
wells with this reaches more than 80 years back. In the years to follow this first patent a
range of various versions on this type of well dawned, all on paper, see Figure 66. During
the 1930’s several attempts to drill multilateral wells were performed, and many credit
the Canadian engineer Leo Ranney to be the first to successfully implement the
technology to the oilfield. In 1939 he and his men drilled an 8 ft vertical well for then to
move equipment and personnel downhole and kick off horizontal sections from the
bottom of the initial hole (E&P Magazine 2007).
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Figure 66: Technical drawings of the first patents on multilateral well technology (E&P Magazine
2007)

Despite the efforts in the 30’s the world’s first, true multilateral well was not drilled
until 1953. That year a nine-branch multilateral well, with laterals reaching from 262.5 ft
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to 984 ft, was drilled in Bashkiria, Soviet, now Bashkortostan, Russia, under the
supervision of the Soviet petroleum engineer Alexander Grigoryan. His pioneer well,
displaced in Figure 67, produced almost 17 times the amount of the single wellbores
nearby, while only costing around 1.5 times more. Despite this, however, the well only
produced around 700 barrels of oil per day. The main reason for that was the lack of
directional drilling technology, and Grigoryan’s nine laterals therefore, in reality, were
drilled more or less blindfolded as an experiment (E&P Magazine 2009).
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Figure 67: The world’s first multilateral well drilled in Soviet in 1953 (E&P Magazine 2007)

B.1 The development of multilateral wells — Introduction of the TAML standard

Even though the multilateral well in Soviet had taken an interest in the global oil
industry the wells drilled in the years to follow were mostly conventional single wellbore
wells. Commodity prices were low, and it was therefore important to maximize the
return on investment on each well slot, especially offshore. The best way of doing this,
according to most companies, was to stick with well-known and well-proven technology,
and avoid innovative and new methods that possible could result in failure and
additional expenditures (E&P Magazine 2007). That, however, changed in the start of
the 1970’s with the introduction of the Logging While Drilling (LWD) technology.
Wireline tools, a method which at that time traditionally had been used for surveying
and downhole data acquisition, often failed and were problematic to use at high
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deviations. Even though limitations with control and slow telemetry, the real-time data
information, possibility of logging in any direction, toughness and finally high deviation
and horizontal well capabilities, soon made the LWD tool favorable compared to the
more time-consuming and delicate wireline tool (Colombia University 2008). Now the
driller had the ability of real-time steering of the bit, and the possibility of navigating
and placing the wellbore more precisely close to the targets suddenly made multilateral
wells a feasible solution in many cases (E&P Magazine 2009).

Despite the introduction of LWD there was yet a big challenge to overcome in the leap
from single wellbores to multi-branched deviated, and even horizontal, wells. This was
the junction design, or in other words the technology and strategy tied to the place in
the mother wellbore where the different laterals are kicked off and diverge. Not only did
the companies face issues and challenges in creating and establishing the junctions, and
making them stable and prevent them from failing, they also experienced complications
with regulatory authorities in form of safety and integrity approvals (E&P Magazine
2009). As the amount of multilateral wells steadily increased on a worldwide basis
during the 80’s, an initiative was therefore taken in the early 90’s to form a group to
share knowledge and creating a classification of different junction types, levels and
technologies. The result of this, presented in 1997, was TAML, or Technical
Advancements of Multi Laterals, a classification system and set of standards defining the
complexity and functionality of different junction types and designs (E&P Magazine
2009). This system divides the complexity of the junctions into six levels, as seen in
Figure 9, 1 being the simplest and 6 the most complex (Frailja et al. 2002). In addition
the functionality of the junctions is classified, although rarely referenced (Weatherford
2006). Normally the functionality of the junction completion, as well as technical
challenges and cost, increases with increased level. The functionality classification can
be in terms of whether it is a new or existing well, number of junctions, well type, type
of completion above the packer, re-entry possibilities and type of control and
monitoring options of the well and junction (E&P Magazine 2007). The different
functionality classifications are listed in whole in Appendix C. During the 90’s both the
industry and different governing authorities accepted TAML as the new classification
standard, and since then a common effort has been made to develop and utilize
multilateral well technology across companies and countries (E&P Magazine 2009).
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Appendix C: TAML functionality classifications for Multilateral Well
junctions

The TAML standard lists both the complexity level of the multilateral well junction as
well as the functionality level. When describing junctions the latter is rarely used, and
most commonly only the complexity level (1 — 6) define the type of junction used in a
multilateral well (Weatherford 2006). Never the less, knowledge about the functionality
classification can be useful and, when familiar, will provide a lot of information about
both the well and junction. Below follow the TAML functionality classification of a
junction in a multilateral well.

Table 18: TAML functionality classification — well description (Weatherford 2006)

New or existing well N = New
0 =0Id
Number of junctions 1,2,3,4 etc.
Type of well PN = Producer, Natural Lift

PA = Producer, Artificial Lift
IN = Injection Well

Completion type above packer S = Single Bore Completion
D = Dual Bore Completion

Table 19: TAML functionality classification — junction description (Weatherford 2006)

Connectivity number This is equal to the complexity ranking
(Level 1 — Level 6) and will describe the
type of junction.

Accessibility TR = Tubing Re-entry

Flow control SEL = Selective Production

These functionality classifications are then put together to form complete description
strings of both the multilateral well and the junctions. An example of this can be “Level
3 / 0-2-PA-S / 3-TR-SEL”. The level of a multilateral well, if more than one junction,
corresponds to the junction with the highest level of complexity (TAML 2002). For this
example “Level 3” indicates this is a multilateral well with at least one junction of level 3
complexity. The “/” indicates we now are describing the well, and “O” means this is an
old well. The “PA” shows the well is a producer on artificial lift, with a Single Bore
Completion (“S”). The next “/” then tells us we are shifting from describing the well to
describing the junction. “3” should be the same number as the complexity ranking,
while “TR” represents Tubing Re-entry. Finally “SEL” indicates this is a junction with
possibilities for Selective Production.
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Appendix D: Applications of Multilateral Wells

A multilateral well is a type of well design with two, or more, lateral branches tied
together to the mother wellbore via one, or more, junctions. A design like this often
have additional initial investment, and might also be more technical challenging, require
more experience and expertise, and take longer to drill, compared to a single well, but
the upsides are in many cases large.

D.1 Maximizing of reservoir exposure and production while reducing drawdown

Although not a new application of multilateral well technology the reservoir exposure
and maximizing of production is probably the most common reason for selecting
multilaterals in the industry today. Compared to a single-wellbore design a multilateral,
via its branches, makes it possible to expose the wells from each slot to larger parts of
the reservoir (Crouse 1996). And with more contact between the reservoir and the
wellbore the inflow rate in each lateral can be lower, and thus the expected drawdown
reduced, compared to single horizontal, deviated or vertical wellbores. This principle is
presented in Appendix D. As a result of this water or gas coning can be reduced, and it
takes longer before breakthrough from either is experienced, derived in Appendix E,
thus increasing the lifetime of the reservoir section®. In addition, due to this, and with
more of the pay zone covered, the recovery factor can be increased (Frailja et al. 2002).

Another element that can make a multilateral well beneficial compared to a single well
is the flowing friction. A horizontal well section has limitations when it comes to flowing
friction pressure, and if the length is too long the inflow to the wellbore can be limited
by friction between the hydrocarbon flow and either borehole or casing, dependent on
completion method. The principle behind this is shown in Appendix F. By replacing the
horizontal section with a multilateral well with two, or more, shorter, adjacent lateral
branches, as shown in Figure 68, with equal total reservoir exposure as the single
wellbore section the inflow can be spread and thereby the frictional pressure losses can
be reduced (Frailja et al. 2002).

% personal communication with G. Liland. 2013. Stavanger: Halliburton Scandinavia AS

166



Horizontally fanned
latarals

~——

Figure 68: Horizontally fanned laterals can reduce friction pressure drop compared to a single, long
horizontal wellbore section (Frailja et al. 2002)

However, if comparing a multilateral with two arms to a system with two, single wells,
instead of only one, the production rate, in the North Sea, on average is about 85 %. The
reason for this is that the multilateral well can be considered as one well with more
reservoir contact than each of the two, single wellbores. The result of this, as mentioned,
is reduced drawdown, and thereby a slight reduction in inflow rate. Yet, this way of
producing a reservoir, with the benefits with regards to water and gas coning and
breakthrough, will in most cases increase both the lifetime and ultimate recovery of a
field, as well as yielding more stable production rates*’. Two examples of the latter can
be seen in Figure 8, both COPNO-wells drilled with MLT from 2004. Both wells show a
more stable rate and lower decline than what is expected. The two steep drops in the
picture on the right hand side are before acid stimulation®™.

D.2 Reduction in CAPEX and operating cost

The drilling and completion of a multilateral well with two branches in the North Sea
today are on average 1.3 times more expensive than a single well drilled to the same
target®2. This is also the case for other locations around the world (Woodside 2012).
Compared to a single well a multilateral well therefore in almost all cases will yield
higher initial investment, but has the potential, in long terms, via more reservoir
exposure and longer lifetime, as explained, to be more economical and result in higher
return per well slot.

However, multilaterals are in most cases selected and drilled as an alternative to two, or
more, single wellbores. The advantages when it comes to reservoir exposure and
drawdown reduction with ML’s, as presented in Section 4.1.1, might be achieved by
doing exactly this, namely drilling more wells to TD. However, by this action, the
expenditures, in most cases, are elevated compared to a multilateral system (Crouse
1996). Compared to one single well two wellbores to TD in the North Sea, if drilled
without problems, in most cases will result in around two times the cost, as expected

1031 personal communication with G. Liland. 2013. Stavanger: Halliburton Scandinavia AS
121314 personal communication with G. Liland. 2013. Stavanger: Halliburton Scandinavia AS
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(often, though, this number is more in the area of 1.6-1.8 due to the gaining of
experience and possibility of drilling optimization when drilling the second well (Nesland
2012). Compared to a two-branched multilateral, however, at the average of 1.3 times
the cost of a single well, that is less cost efficient®. If the additional necessary drilling
and completion equipment, number of risers, casing strings and wellheads and other
topside equipment, as well as operating expenditures, needed for two, or more, single
wells, compared to a multilateral, is included in the calculation, experience from the
North Sea show that ML’s on average only require 1.15 times the CAPEX compared to a
single wellbore®*, Thus, if the desire is to obtain more or less the same reservoir
properties in terms of exposure, production, drawdown, recovery factor and lifetime, a
multilateral well design in many cases can reduce the capital expenditures, or
investment cost, by more than 40 % compared to a single-wellbore system.

D.3 Slot and subsea template utilization

By drilling a multilateral well with for instance two laterals compared to two, single wells,
it is quite obvious that one slot space is saved. This second slot on the platform, or in a
subsea template for that matter, again can be used to drill another multilateral. This
way it is possible to obtain the reservoir exposure, with all the benefits that brings, by
using only two, instead of four, slots*>.

D.4 Minimizing the environmental impact

For onshore applications fewer wells means less footprint in form of reduction of space
requirements for wellheads and other necessary equipment needed per well. Drilling of
multilateral wells onshore therefore can help reducing the environmental impact
(Crouse 1996). This is, to a certain extent, also valid offshore, where more ML’s means
less space requirements on the platform, or rig, and thus reduced need for supplies
being transported to back and forth from land (Frailja et al. 2002).

D.5 Mitigation of shallow drilling risk

With fewer wells drilled to TD the risk associated with any issues or problems at shallow
depths, or in fact above the junction depth, is reduced. With MLT the major part of the
drilling to the target is only performed once (Crouse 1996). Using of MLT therefore can
help increasing the safety for the operating crew, while minimizing the risk of
undesirable events that ultimately can lead to fatalities and/or environmental disasters
(Frailja et al. 2002).

% personal communication with R. Watts. 2013. Stavanger: ConocoPhillips Norway AS
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Appendix E: Modern aspects of Multilateral Well technology

The first patents and theoretical versions of multilateral wells in the 1920’s and 1930’s
were all designed in order to increase the oil production. The engineers and early
pioneers understood that by creating branches, or arms, out from the main wellbore
into the formation the reservoir exposure would be higher and thus the production
would increase. The main issue at that time, however, was the lack of available
knowledge and technology to go from paper to practice. That changed with Grigoryan’s
first true multilateral well in 1953, but the drilling methods and well construction
techniques at that time were still so simple that only basic wells could be made (Frailja
et al. 2002). In the 1990’s, however, especially through the introduction of the TAML
standard in 1997, the industry experienced the creation of new well construction
techniques and completion methods. Now it was possible to drill and complete complex
and previously challenging designs of multilateral wells and thus opening this well
construction method to new aspects and applications (Frailja et al. 2002).

E.1 Natural Fractured Reservoirs

With the increased focus on multilateral wells and the introduction of the TAML
standard during the 1990’s the industry managed to increase the complexity and
construct, and complete, more advanced types of laterals. This makes it today possible
to drill both the mother-wellbore and the different branches vertical, high-deviated or
even horizontal. In addition, the technology on the different downhole steering tools
makes it conceivable to place, steer and design the main wellbore and the laterals
almost as desired (Frailja et al. 2002).

In natural fractured reservoirs, if the fracture orientation is unknown, this ability to
create and design multiple, agile well-branches that to a larger extent can intersect the
fractures and more exactly be placed where it is necessary to maximize production, as
shown in Figure 69, is often an advantage compared to single wellbores and even
hydraulic fracturing methods. On the other hand, if the fracture orientation is known,
the interaction between the reservoir and the wellbores can be maximized by placing to
branches of a multilateral opposed each other (Frailja et al. 2002).
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Figure 69: MLT applied in a natural fractured reservoir (Frailja et al. 2002).
E.2 Laminated formations and layered reservoirs

For this type of reservoirs a crucial factor in order to maximize the reservoir contact, and
thus production, is vertical and horizontal contact. Lamination, or layering, in a
formation means that the pay zones are divided into horizontal divided, adjacent, layers
(About Geology 2013), as pictured in Figure 70. In order to effectively drain a reservoir
like this there is a need for several vertically stacked, horizontal wellbores. However, the
time spent on drilling and completion, as well as the requirement for a large amount of
wellheads, separate casing strings and risers and topside equipment, would make a
solution with separate main wellbores quire costly. A possible technique in areas like
this would be to drill a multilateral well with horizontal branches that diverge into a
common main wellbore. This would reduce the investment cost and maximize the
reservoir exposure at the same time (Frailja et al. 2002).

Figure 70: MLT applied in a laminated, or layered, formation (Frailja et al. 2002)
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E.3 Low-permeability zones

Reservoirs with low permeability often require a large contact with the wellbore in able
to be produced economically. Most often these types of zones are penetrated with
horizontal wells, instead of vertical or deviated, due to a higher productivity index (Dellu
et al. 1996). Multilateral wells, by larger reservoir exposure from each well slot,
therefore can increase the productivity, as well as the economy, of a low-permeability
reservoir.

E.4 Distinct, separated reservoir compartments and satellite fields

In some reservoirs, with distinct, separated reservoir compartments, as shown in Figure
71, the drilling of multilateral wells may be the only economic viable solution in order to
produce the otherwise bypassed reserves. In addition, in many fields around the world
multilateral well technology has made it possible to include small pockets of
hydrocarbons and satellite reservoir parts to the mother-wellbore system, as presented
in Figure 72. These situations, where an own wellbore from the rig or platform not
would be economical due to either too small reserves or a location too far away, will
help increasing the recovery rate in a field and thus add valuable return on investment
for the project (Frailja et al. 2002).

Figure 71: Reservoir with separated reservoir compartments penetrated by a multilateral well with
three branches (Frailja et al. 2002)
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Figure 72: Satellite field being drained by a multilateral well (Frailja et al. 2002)

E.5 Heavy-oil deposits and depleted zones

Heavy oil reservoirs are often produced by injecting steam to the reservoir via horizontal
wells. This makes the oil less viscous, and it therefore flows more easily into the
producing wellbore (Mohebati et al. 2010). By the utilization of MLT in such areas this
enhanced oil recovery (EOR) method is optimized by better reservoir contact, as shown
in Figure 73. In addition, other sources of unconventional hydrocarbons, such as shale
gas or coal bed methane (CBM), often can be found in thin layers, and multilateral wells
therefore can increase the recovery factor by placing of the branches horizontally in
these beds (Frailja et al. 2002).

For depleted zones, or mature fields, like the Ekofisk field, multilaterals can help
maintaining the production rates and ultimately increase the total recovery. By
exploiting each slot to the maximum the remaining, remote reserves can be accessed,
and the overall reservoir coverage and contact can be maximized, while keeping the
cost at a minimum. In addition, as mentioned before, the gas and water coning, if any,
can be reduced to prevent breakthrough of any of these substances to the producing
wellbores. This way the lifetime of a field can be extended, often many years beyond
what was expected (ConocoPhillips 2013f).
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Figure 73: MLT applied in a heavy oil deposit, either as producer or steam injector (Frailja et al.
2002)

E.6 Coiled Tubing Drilling of Multilateral Wells

In 1964 Bowen Tool used a workover coiled tubing unit to drill a new wellbore. At that
time this method had only been used for workovers and well interventions, and the
event by that marked the beginning of what today is referred to as Coiled Tubing Drilling,
or simply just CTD (Crouse 1996). Just like for any other operation using CT the drilling
application make use of a thin, long, continuous steel pipe rolled onto a reel at the
surface. The pipe cannot be rotated, so downhole mud motors have to provide
rotational force to the bit. In addition a large, separate hydraulic workover unit is
required in order to install casing strings (Crouse 1996). Some of the advantages of CTD
are no need for connections, meaning faster overall ROP, reduced formation damage,
improved reservoir contact, improved well control, the possibility for slim- and micro-
hole drilling, and the possibility to drill underbalanced all the time (Patricksson 2012).

Despite the advantages over conventional, jointed pipe drilling, this method is not being
used too extensively around the world today. A possible reason for this is the slow-
turning oil-industry, that in many cases cling on to existing and old technology that have
yielded great success rates for decades>®. Development and investment in CTD, however,
is continuously ongoing by all the major service companies, and a future, possible
application for coiled tubing drilling might be the drilling of multilateral wells (Crouse
1996).

% 17 personal communication with G. Liland. 2013. Stavanger: Halliburton Scandinavia AS
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Appendix F: Types of Multilateral Wells configurations utilized in the
industry today

The dawning of more multilaterals in the industry during the 1990’s, as well as the
development of the TAML classification in 1997, in many ways revolutionized the
multilateral well technology. From pretty simple configurations, often with only one
lateral, openhole completed, or with some sort of slotted liner or sand screen, the
industry today have a wide variety of multilateral well designs and configurations that
can be utilized®”.

F.1 Stacked horizontal, or fishbone

A stacked horizontal multilateral well configuration, also called a fishbone well, can be
seen in Figure 74. This design consists of a vertical or deviated mother wellbore, with
horizontal branches separated vertically*. Suitable applications for the stacked
horizontal ML are layered, or laminated, formations, such as the Austin chalk formation
in Texas and Louisiana, USA, where there is a need for exposure in many adjacent,
horizontal layers (Bosworth et al. 1996).
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Figure 74: Example of a stacked horizontal well from the Austin chalk formation in Texas, USA
(Bosworth et al. 1998)

F.2 Forked, fanned or dual- and tri-lateral

Forked multilaterals are named due to their shape, with two or three, or even more,
branches reaching into the reservoir like the prongs of a fork. This type of configuration

% personal communication with R. Watts. 2013. Stavanger: ConocoPhillips Norway AS
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is beneficial in areas where there is a desire to reduce the flowing friction into the
wellbore, and spread the exposure into shorter, parallel wellbore sections instead of
one long, as discussed in Section 4.1.1 Examples of forked multilaterals can be seen in
Figure 68, Figure 75, Figure 76 and Figure 77. The two latter, as well as the one in Figure
68, are also called planar dual- and planar tri-laterals. This is due to the horizontal
landing of the branches (Crouse 1996).

Figure 75: Example of a forked ML (Bosworth et al. 1996)

.

Figure 76: 3D and top view of a forked/planar dual-lateral (Crouse 1996)

=
Y

Figure 77: 3D and top view of a forked/planar tri-lateral (Crouse 1996)

F.3 Radial fan, multibranched or chicken foot

The multilateral well configuration known as the radial fan has, in the same way as the
forked ML, got its name from the appearance on the drawing table, seen in Figure 78
and Figure 79. From a more or less vertical motherbore the three, or even more,
different laterals reach out into the formation like the blades of a fan. Another popular
name on this ML well design is chicken foot, where the branches instead are imagined
to represent the toes of the animal®*. However, most of the vendors in the market today

% personal communication with R. Watts. 2013. Stavanger: ConocoPhillips Norway AS
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more technically describe this as a multibranched well, due to its many arms”’. This type
of ML-design is mostly used in areas where the reservoir has a somewhat flat and circle-
shaped form, allowing the chicken foot well to increase the wellbore exposure
compared to drilling only one horizontal or deviated well in the area. Another
application is heavy oil deposits (Frailja et al. 2002).

4\5

Figure 78: 3D example of a chicken foot, or multibranched, multilateral well (Bosworth et al. 1996)

Figure 79: Top and 3D view of a radial tri-lateral, also referred to as a radial fan or chicken foot ML
(Crouse 1996)

F.4 Planar opposed

[/ /
A

Figure 80: Example of a planar opposed multilateral well, 3D and top view (Crouse 1996)

The planar opposed multilateral is a configuration where the branches are laid out
horizontal, facing away from each other, as shown in Figure 80. As for the radial fan, or
chicken foot, this design can increase the reservoir-wellbore contact in thin reservoirs
with a close to square shape (Crouse 1996).

“% personal communication with G. Liland. 2013. Stavanger: Halliburton Scandinavia AS
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F.5 Dual opposing laterals

For low permeability or naturally fractured reservoirs a dual opposing lateral
configuration, as presented in Figure 81, can be a good solution (Frailja et al. 2002). This
type of design to a larger extinct can interact with the fractures thus creating a
connecting flow path for the hydrocarbons from reservoir to the surface. The dual
opposing lateral, at the same time, just as the radial fan design, also can be utilized in
heavy oil deposits where high wellbore exposure are necessary, or flat and circle shaped
reservoirs (Crouse 1996).

/A

Figure 81: A dual opposing lateral ML design (Bosworth et al. 1996)

F.6 Planar, offset quadrilaterals

The planar, offset quadrilateral (or tri-lateral if only two branches) is a ML design that
gathers all the branches in the horizontal plane on the same side of the motherbore. By
doing this less directional drilling is required to orient the laterals in the desired
direction to effectively spread the wellbores to maximize the reservoir contact. As for
the planar opposed design this configuration often is used in quadrangle, but more
rectangular-shaped, reservoirs (Crouse 1996).

YA

L b

7z

Figure 82: Example of at planar, offset quadrilateral (Crouse 1996)

F.7 Stacked, or inclined, tri-laterals

The design of this type of multilaterals is comparable to the planar, offset tri-lateral, but
the branches are facing away from the motherbore in the vertical direction instead of in
the horizontal plane. Figure 83 are showing this with the top view in the upper right
corner. This configuration can be drilled instead of separate, vertical wellbores in
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reservoirs with tall and thin pay zones, where vertical reservoir contact are more
important than horizontal exposure®.

Figure 83: Stacked, or inclined, tri-lateral, 3D view and top view (Crouse 1996)

F.8 Other configurations

In addition to the multilateral well designs mentioned there are today a large variety of
different configurations and shapes. The major service companies all have their own
systems and technologies, and in most cases the wells can be customized and designed
based on the customer’s need. Most of the configurations listed in this thesis have their
basis from the late 90’s in relationship with the work regarding the TAML standard. New
multilateral wells drilled today therefore often fall outside any of the general
classifications presented here, but in many cases they still can be somewhat related to
one, or more, of the configurations (Crouse 1996). The dawning of the many new,
specific configurations was the reason why these presentations of the different old
configurations were decided to be put in the appendix rather than in the main report.

*! Personal communication with R.Watts. 2013. Stavanger: ConocoPhillips Norway
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Appendix G: Stepwise installation of the Junction design option 1

In this following appendix nine of the total 18 installation steps for the junction design
option 1 are presented, see Figure 84 to Figure 92. These nine are carefully selected in
order to reduce the number of overall figures, while keeping the necessary information
amount.
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Junction Scenario 1 (FlexRite Level 5 Junction) - Step %: Complete mainbore reservoir section

- T

Pl led winiiow i

i oower

Steps:

+ Complete mainbore reservoir section with openhole completion
method
» lsolate mainbore

75t @m A

A
Figure 84: Step 5 — Junciton design option 1 (Figure made by this author)
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Junction Scenario 1 {FlexRite Level 5 Junction] = Step 7. Drill B % lateral section to TOE

13 G

Steps:

& Drill 8 %" lateral section to TOE

LT whipstock

B ‘x) 8 %" open hole
— e
— _
— —_
———] [ E—
7 Lner g 10 M \

Figure 85: Step 7 — Junciton design option 1 (Figure made by this author)
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lunction Scenario 1 [FlexRite Level § Junction] - Step 8: Run 7 3/4” liner and cmt.

Steps:

+ Run73/4" liner
v Cement liner Lo below cut point
« Set packer

LT whipstock.

73/4" liner

———] m— e
——— ——
— m—
75w Liner @ 10 M l

Figure 86: Step 8 — Junciton design option 1 (Figure made by this author)
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Junction Scenaria 1 {Flexfize Level 5 lunctian) - Sten 9: Ol 6 " leteral reserveir section ta 7D

Steps:

+ Reduce mudweight
 Drill & %" lateral reservair section to TD

T whignnek \\

73/&" liner
" '

— m— \\
——— —
] _—
—] ——
788" Lner § 70 ‘ l

Figure 87: Step 9 — Junciton design option 1 (Figure made by this
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author)

1{Fexhin 15 Junctior) - Step 12: Stimul section

CE

Steps:

= Stimulate lateral reservoir section

MLT wheputionn,

rg e g A

5" Liner @ 1D

Figure 88: Step 12 — Junciton design option 1 (Figure made by this author) |
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Jumiction Scenaclo 1 (FexRive Level S Junction] - Step 14: Retrieve MLT whipstock

1148 +

Steps

+ Increase mudweight
+ Retriave whipstock
» Retrieve plug in mainbore

\ + Retrieve plugin lateral

o

e

Figure 89: Step 14 — Junciton design option 1 (Figure made by this author) '
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Junction S¢enarie 1 (Flesfite Level 5 Junction) - Step 15: Run deflector and e back 10 liner PBR

.

Steps:

* Ru deflector
+ Tie back to 10 %" liner PER

x

1l gro A

Figure 90: Step 15 — Junciton design option 1 (Figure made by this author) "
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lunezion Scenarka 1 [Flexfite Leved 5 bunction) = Step 16: Run FlexRine MA Level § lunction system

Steps:

+ Run Flexdlite MA Leval 5 system with LDS seal stinger
» Junction tied back ta 5" liner in lateral

734" liner

y

—_— —
————] e
—_—— e
150 e g A k

5" Liner @D

Figure 91: Step 16 — Junciton design option 1 (Figure made by this author)
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required using drop balls

Figure 92: Step 18 — Junciton design option 1 (Figure made by this author)
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Appendix H: Stepwise installation of the Junction design option 2

In this following appendix eight of the total 18 installation steps for the junction design
option 2 are presented, see Figure 93 to Figure 100. These nine are carefully selected in
order to reduce the number of overall figures, while keeping the necessary information
amount.
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Junction Scenario 2 (IWS) - Step 5: Perforate and isolate mainbore reservoir section

13 58"

Steps:

+ Perforate mainbore
+ [solate mainbore

Pl e it
i e

— —_—
——— m————
— —
—_ [ —

Tserlnerg o k

Figure 93: Step 5 — Junction design option 2 (Figure made by this author)
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Junction Scenario 2 [IWS) = Step 7: Drill 9 %" lateral section to TOE

13 G

Steps:

« Drill 9 %" lateral section to TOE

LT whipstock

l____‘x) 9 %" open hole
— e
— _
— —_
———] [ E—
7 Lner g 10 M \

Figure 94: Step 7 — Junction design option 2 (Figure made by this author)
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Junction Scenark 2 (IWS) = Step &: Run 8 5/8" expandable and cmt.

Steps:

& Run 85/8" expandable (post-exp: Nom 0D 9.555", Nom ID 8.6",
Drift 1D 8.5147)
» Cement expandable

MAT whipstock

858" expandable

— e
———— e
— m—
—] m—

758 Loer @ TD. M k

Figure 95: Step 8 — Junction design option 2 (Figure made by this author)
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Junction Scenario 2 [IWS] - S2ep 5: Drill 3 %™ lateral reservoir section to TD

Steps:

+ Reduce mudweight
 Drill 8 %" lateral reservoir section to 7D

MLT whigatock

#5/8" expandable

\ .
\
N
—_— = \
\\
B \\
S N §

Figure 96: Step 9 — Junction design option 2 (Figure made by this author)
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Junczion Scanario 2 [IWS) - Step 12: Stimutase faveral ressrvalr saction

148,

Steps:

+ Stimulate lateral raservoir section

T whitexd,

£5/8" mepandable

mm.‘

——

Figure 97: Step 12 — Junction design option 2 (Figure made by this author)
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lunction Seenalo 2 [IWS) - Step 13: Ml 8 515" expandabi iner

148,

Steps:

 Pump hi-visc. pillin lateral
* Mill out 8 5/8" expandable

T whitexd,

mm.‘

——

Figure 98: Step 13 — Junction design option 2 (Figure made by this author)
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Juretion Scenaria 7 (IWS) - Step 15 Retriews MAT whipiaock

1350,

Steps:

+ Washover lateral liner
+ Retrieve whipstock
foriies mpucd + Retrieve plug in mainbore

o

157 e M l

TH¥ Liner @ TD\'

Figure 99: Step 15 — Junction design option 2 (Figure made by this author)
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Bunction Scenario 2 (WS} - Step 18: Stimuiate mainbore neservir section

Staps:

+ Stimulate mainbore a5 required

T 5/8" Liner @ TD

Figure 100: Step 18 — Junction design option 2 (Figure made by this author)
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APPENDIX I: Wellplanning on Ekofisk

Note: The following appendix is written purely based on personal communication with
Leif Inge Ramsdal, wellplanner in Halliburton, April 2013.

1.1 Introduction

Wellplanning is an integrated task, and different groups within the company will be
giving input the well path has to be designed after.The key departments involved in the
Wellplanning on Ekofisk is the Wellplanner (WP), Geology Department (GGRE), Drilling
Engineers (DE) and the Directional Drilling Coordinators (DD Coordinator).

1.2 Planning procedure

The targets for a wellbore are created based on where the geologist thnks there can be
oil. Based on this the wellplanner will be asked to create a well path from a given slot
number. By use of the simulation software Compass the targets, for the given wellbore,
are then plotted. It is important that the correct height reference is used, for COPNO
this is RKB.

1.3 Challenges

Possibly the largest challenge on Ekofisk is the number of wells drilled. The most
important is to drill a well that is both drillable and that will avoid other wells. The
avoiding of other wells is called anticollision. Other challenges in the Greater Ekofisk
area is to ensure that the tangent section will be casing drilling (Ekofisk kilo have casing
drilling from ~ 4800'TVD to ~ 5200°TVD), and there is a max inclination of 75 degrees to
hit the top Ekofisk formation. There is also a need of around 500 ft down to the top
Ekofisk formation, as a string has to be set 2/3 into Vale, which is the formation above
top Ekofisk.

1.4 The concept of Anticollision

The definition of anticollision is given by Compass (2013b) as: “Anticollision can be used
to check the separation of surveyed and planned Wellbores from offset wells.
Anticollision provides spider plots, ladder plots, traveling cylinder, and printouts of well
proximity scans. Any anticollision scans may be run interactively with planning,
surveying or projecting ahead. All anticollision calculations are integrated with Wellbore
uncertainties that are shown on graphs or reported as separation ratios. Warnings may
be configured to alert the user when the Wellbores converge within a minimum ratio or
distance specified by company policy.”

For any new well on Ekofisk the anticollision is the first to be checked. The accuracy of a
scan is based on the tools used (Gyro, MWD). The uncertainty is higher in old wells, as
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outdated survey tools were used then. For these old surveys the ellipsis of uncertainty is
larger, and the wellbore will for a longer section be within the scanned anticollision
value.

The separation factor, given by Figure 101, is important for the scanning of anticollision.
Based on this factor a separation factor view plot can be calculated, as showed in Figure
102. The area the scan will cover is pre-defined before scanning, and is usually decided
by company regulations. SF = 1.0 means that the uncertainty ellipses of the reference
well (plan) and offset well is intersecting each other. The intersected area becomes
larger and larger with decreasing SF below 1.0.

CSF Collision Function

Cerrhined EOTT of
hathiaralls (%)

Conbined
wrell Tadii

i
Figure 101: Separation Factor (SF) (Compass 2013b)

The guidelines for different values of separation factors for COPNO are presented in
Table 20 and Table 21 for major and minor collision risks, respectively.

Table 20: Major collision risk based on separation factor (SF)
Proximity Ratio, Rp Planning Drilling Notes

Drilling operations must cease until one
of the below requirements is met:

% Plug back drilling well to a safe point
where Rp>1.0

Less than 1.0 Stop Take immediate action to increase Rp
other than drilling ahead

Not permitted Redefine potential collision to "Minor
Collision Risk" and follow QRA
procedures.

Drilling operations should take swift,
positive action to change drilling

Between 1.0 and 1.5 Act ST
direction, increase survey accuracy or
other actions to increase Rp=>1.5
Between 1.5 and 2.5 Caution Continuously monitor Rp both onshore
Acceptable and offshore. Review the action plan for
Between 2.5 and 3.0 the possibility that Rp = 1.5
Monitor
Up to and including | Include in Routine directional drilling and
4.0 Collision Scan monitoring
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Major risk elements are defined as producers and injectors (collision may lead to a
catastrophe for environment and humans)

Table 21: Minor collision risk based on separation factor (SF)

Proximity Fatio, Bp. Planning Drilling Hotes
Less than 1.0 Acceptable but Caution Full Fizk analysis iz performed:

anly permitted when Rigkit. meeting performed

there is full rizk Mitigation agreed

analysis performed Signed approval by Chief engineer
ar delegate.
A devistion must be entered into
SAP
Mliticgation:

Well is not producing or injecting
el in guestion is satisfactorily
plugged and abandoned around
zone of interest. (Alsothe case
when sidetracking from original
weell)

Well iz in ancther clearly definable
formation than the drilled well.
Error models for wells in gquestion
have been checked and werified.

HZE and financial risk is desmed
minor after discussions and agreed
mitigation in Figkit. meeting

Between 1.0 and 1.5 | Acceptable but hdonitar Continuously monior Fp, including
only permitted when project ahead.
there is full rizk There is a rizk of magnetic
analysis performed interference if well in guestion is

cazed or that a fish exists, sothe
magnetic parameters need to be
monitored.

Between 1.5 and 2.5 | &cceptable ronitor There is a rizk of magnetic
interference if well in guestion is
cased or that a fish exists, sothe
magnetic parameters need to be
monitored.

Greater than 2.5 Acceptable Acceptable

Minor risks are wells that are P&A-ed or shut-in (collision will only cause mechanical
damage).

30 L'

et

o

1

2
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] v i

g 1 Lawld

= Tiawiz

g 0 - Lowll

& |

s 4

0.0 —— — — —— |
o] [ ] [} ) o] [ ] [} ) ] [ ] [} o] ] [ ]
= ) ) fan] = ) ) fan] L) ) ) L) L) )
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Measured Depth [ft] = - - - -

Figure 102: Separation plot (Compass 2013a)
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APPENDIX J: Maersk Gallant specifications

Below is the specification for the rig Maersk Gallant listed in Table 22. A picture of
Mazersk Gallant can be seen in Figure 103.

Table 22: List of sEecifications for Mersk Gallant iMaersk 2013i

Class Lloyd’s Register of Shipping
Work area North Sea
Hull dimension 78.2 mx90.3 m x 10.8 m (257 ft x 296 ft x 35
ft)

Length of legs 175.3 m (575 ft)
Rated water depth up to 125 m (410 ft)
Rated drilling depth 7,620 m (25,000 ft)
Variable load 5,000 t including hook load
Cantilever reach 19.3mx4.6 mx4.6 m(63.3 ft x 15 ft x 15 ft)
Power supply 5 Caterpillar 3516 DITA
Well control equipment 15,000 psi hp/ht
Cranes 2 Liebherr BOS 50/1100, 1 BOS 34/930
Cement pump 15,000 PSI (on free placement)
Hoisting equipment capacity 1,650,000 Ib (static hook load)
Drawworks 1LTV Emsco C-3, type 11, 3,000 hp
Top drive 1 Varco TDS-6S
Mud pumps 3 Emsco FC-2200 triplex pumps
Bulk mud capacity 260 m3 (9,100 ft3)
Bulk cement capacity 160 m3 (5,650 ft3)
Liquid mud capacity 5,035 bbl, slurry 1,880 bbl
Accommodation 100 people

=

Figr 103: Picture of Marsk Gallant (Marsk 2015' -
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The top drive on Maersk Gallant is of the type Varco TDS-6S. At rotational speed of 195
RPM (max) the maximum torque is 60000 ft-Ibf (Scribd 2013).
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Appendix K: Setup for the mother wellbore

As mentioned in chapter 5 a common mother wellbore was assumed for all the three
MLT options. In order to perform any simulations on the nine wellbore sections for thre
three options the mother wellbore had to be established in Wellplan. As mentioned, it
was early in the project face determined that this base case had to be realistic, meaning
it had to be as identical as possible to the designated area in the Ekofisk South where
the simulated multilaterals were decided to be placed. The creation of the mother
wellbore was based on the actual nearby well 2/4-2-17.

The vertical section of the well path for the mother wellbore down to the junction point
can be seen in Figure 104, with the geothermal gradient in Figure 105.

1000
LEGEND
— ertical Section

2000 /

3000

4000

5

5000

TVD (i)
L1111

6000

i

7000

A

8000

/

g000

7

10000 =

-14000 -13000 -12000 -11000 -10000 -g000 -6000 -5000 -4000 -3000 -2000 -1000 o

-8000 7000,
Vertical Section (ft)

Figure 104: Mother wellbore well path vertical sections to TOE (Wellplan 2013a)
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& Geothermal Gradient || Geothermal Gradient
Standard |Add\tmna|| Plot |

4’ Geothermal Gradient LI LI

Standard | additional Plot Standard | Additional Plot

Surface Ambient: BNl F ] s B Ll 71.60 0 —Dlugline 43180 % Mean Sea Level = 171.9
Mudiine: 4000  °F = =
= 1000 =
Temperature at Well TVD = ';-,- S000
o a
" Tempersture @ [7883.02 ft 18177 °F = 200 =
& Gradent 150 “FA00R = i 10000
@ T LEGEND
E‘J 2000 —+H LEGEND = Geotiemal G adkt
I I | |
T T T T
a0 100 150 50 100 150
Temperature (°F Temperature (°F
P P

o] I Cancel I Apply | Help | OF, I Cancel | Apply | Help | oK I Cancel | Apply: | Help |
Figure 105: Geothermal gradient input in Wellplan for the mainbore (Wellplan 2013a)

To ease the required flow rate to achieve appropriate hole cleaning a booster pump was
decided to be installed at the bottom of the riser. This would have an injection rate of
100 gpm. By doing this the minimum pump rate for cuttings transport would not be
limited by the riser annulus, but by downhole sections. The booster pump setup can be
seen in Figure 106. For the rest of the appendix, for simplicity, only the figures from the
hole sections, pipe schematic, wellbore schematic and mud data are presented. In
Wellplan no simulations were performed on the mother wellbore, and therefore only
the setup, by using of the input modes shown in the figures in this appendix, were used.
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#* Rizer Details . ? | x|

Rizer Outer Diammeter |23.?5E| i

Rizer Inner hameter I'I 3.750 I

V¥ Booster Purmp

Injection Depth [MD] |1 #1.60 s
Injection Temperature |4D.DD F
Injection Rate |1 0.0 apm

¥ Riser Depth Calculation

Type of Riser I"-.-"ertical ﬂ Teneien
Offset | i

Flex Angle [Lower] 000 :

Approximate ‘Weight I ppt

Tatal Rizer Length (M) |1 71.60 ft

Copy Bizer wellpath caleulations towellpath Editor ’“‘l

“Selecting thiz aption will avenarite survey stations in the wellpath

editor with the calculated wellpath pointz

k. I Cancel Apply | Help |

Figure 106: Riser booster pump configuration for both Scenario 1 and Scenario 2 (Wellplan 2013)
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K.1 Drilling of the 20” x 17 %" hole section

Rizer, 171.60

171 60 ft Wiellhesd (171 .60 ft)
Mean Sea Level (171 60 1t)

Mudiine (431 80 ft)
24 in, 303 ppf, ¥_56,, 524.00 it

B35 60 ft

20in, 129 ppf, ¥-70,, 865.00 ft
1560.60 ft

©H 20,000 in, 188300 ft
344360 1t

Figure 107: Schematic of hole sections with drillstring for the 20” x 17 % drilling in mainbore (to
scale) (Wellplan 2013a)

n E ditar
Hole Mame: |1 7 1/2" Hole Section Import Hole Section |
Hale Section Depth (MD): |3443.ED ft I Additional Columns
6.251 : Effective Hole 5
Section Type Measur[xfatt]j Dl Le[?t?th 1D D[i:f]t Dia[mz]ater Friction Factor Llne‘[aébtlﬁﬂacwty Itemn D escription
(in] in
1 Riser 171.60 171.60 18.750 0.3415 | Riser
2 Caszing 595.60 524.00 21.500 21.500 21.500 0.4490| 24 in, 303 ppf, ¥_56,
3 Cazing 1560.50 865.007) 18.780 18.750 18.780 0.3415| 201, 129 ppf, X-70,
4 Open Hole 344360 1883.00 20.000 20.000 0.3886
B
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Figure 108: Overview of the hole sections at the input page in Wellplan for 20” x 17 %" drilling in
mainbore (Wellplan 2013a)

- Sting Iitialzation Library
Sting Name [Z-26 17 1/2" x 20" GF assembly Expot
Sting MD}: [3443.60 ft Speclr [ToptoBattom ~|  Impart Sting Impatt |
P—— Lo | MessasdOaph ™ © el e——
Diil Pipe 2631.79 #3179 5625 5301 2644 Dl Pipe, 6.5625 in, 25.44 ppf, 5135, FH
Heavy 'weight 270,00 2901.7 525 500 4.43| Heavy Weight Dril Pipe. B.625 in, 64.43 ppl. 5.
Drill Collar 4.00 2905.7 000 812 .15 Dl Coller, 5000 n, 145,15 ppf, 5,
Diill Collar .00 29847 250 812 .15 Dl Collar, 8250 n, 146,15 ppt, 5,
Ja 34.00 EiFEN 000 000 258 | Accekeralor
Drill Collar 8,00 3177 %50 312 615Dl Collar, 8250 in, 146.15 ppf, 5.
Jar 3300 315079 5,000 3000 132.56(8 Jar
ill Collsr 122.00 327279 20 a2 146,15 Dl Collar, 8.250 in, 146.15 pef. 5.
il Collar 390 227669 500 810 46,15 il Collar, 5.500 in, 1465.15 pf. 5.
0 il Collar 30.00 500 000 216.30(51/214 3 - 216.9% Dl Collan
7 il Collar 300 500 000 220,00 Float Sub w/non parted flapper
z il Collar 530 500 375 230,00 | Splt Flow Circ Sub (40 80 spit]
3| Stabilicer 823 9500 2810 256,00 Integral Blade
4 WD 790 500 35 20,00 | Downhole Scrieen
5 D T0.20 500 000 1430E JZHOC
B WD 5.41_| 500 375 12.70(91/2 HCIM Collar
7 abilizer 4.00 500 375 26,00 Infine Stabilzer (IL5]
5 |MwD 437 500 375 13.20(3 1/2 WD
R ) 764 9500 2375 250,00(3 1/2 EWP-P4 Colla
T |MwD 5 nil 9500 2375 201.70|31/2 DGR Collr
T |MwD 25,00 500 125 208.40(9 1/2 E vade: Gwro
2| Undencamer 1343 500 800 267.00 | Undenzamer, 9,500 n, 267.00 pf, ¥ 150, 3 172 Aleg, P
3 |DiilCollar 520 750 500 120,00 Giew-Filct 9500 Flex Colar
4| Stabiier 351 ] 625 375 156,45 | Gieo Pilct 95000
5| Stabilicer 451 3427.10] £25 375 155 45| Gieo-Pilct 9500_1
26| Dl Collr 1369 3440&{ 9625 2375 155 45| Gieo-Pilct 95002
7 |Bit 281 344360 17.500 795 53| Tricone - (w/restrictor plate in sleeve]

Figure 109: Drillstring design for the drilling of the 20” x 17 %2 hole section in the mainbore
(Wellplan 2013a)
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2631 79 Drill Pipe, 6.625 in, 26 44 ppf, 5-135, FH, 263179

2901 79 f Heaywy Weight Drill Pipe, 6625 in, 64 .43 ppf, S, 270.00
2605 79 Drvill Collar, 500000, 14615 ppf, 5,, 4.00
2094 79 # Drvill Callar, 8250000, 14615 ppf, =, B9.00 fi
Accelerator, 34 .00 f
woEFat T
] Crrill Callar, 5250000, 146,15 ppt, 5, 59.00
1T Foqd
& Jar, 33.00 ft
HMsoFad T . .
[ Drill Collar, 5250000, 14615 ppf, 5, 122.00
IAT2F0q4 |
Dvill Collar, 9500000, 14615 ppf, 5, 3.00
I2TEED 1t |
Q1028 3 - 2169 Drill Collar, 30.00
F306 69 1t
—  Float Sub winon ported flapper, 3.00
30969 1t
[ Split Flosee Circ Sub (40 : 80 zplit), 590
J31559 1t
Integral Blade, .29 1t
3326801t
Diovenhole Screen, 790
3334701
QAR2HDC, 1020
344 .85 1t
912 HCIM Callar, 5.41 1t
35039 1t
Inline =tabilizer (IL=Y, 4.00
3354 301t
12PnD, 437 1t
I3EETT 4
912 BAR-P4 Collar, 764 1
I3E6.4 1t
912 DGR Collar, 5.04 1t
33T A5 1t
912 Evader Gyrao, 25.00 ft
3396 .45 1t
Underreamer, 9500000, 267 .00 ppf, V-1350, 3102 Reg. Pin, 1343 1t
340985 1t
Gen-Pilat 9600 Flex Collar, 9.20 i
341908 it
Geo-Pilat 9500_0, 351
32259 1
Geo-Pilat 9500 _1, 4 51 1t
2701
Gen-Pilot 9600_2, 1369 1t
344079 1t
Tricone - (wivrestrictor plate in sleeve), 281 f
3443 60 1t

Figure 110: BHA Schematic for the drilling of 20” x 17 %" hole section in mainbore (non-deviated,
not to scale) (Wellplan 2013a)
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|1EI.4EI E]als]

IHerscheI-BquJey

Led L
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Figure 111: Mud program for the drilling of the 20” x 17 %" hole section in mainbore (Wellplan

2013a)

209




K.2 RIH with 17” liner

Rizer, 171 B0 1t

171 60 # Wigllhead (171 60 )
Mean Sea Level (171 .60 1)

Mudiine (431 580 ft]
24 in, 303 ppf, ¥_56, 524.00 ft

E95.60 ft
20in, 129 ppf, ¥-70,, 565.00 ft
156060 ft
20 in Open hole, 1553.00
344360 ft

Figure 112: Schematic of hole sections with string for running of the 17” liner in mainbore (to scale)
(Wellplan 2013a)

Hole sections presented in Figure 108 for the 17” liner.

210



~ Stiing
Sitring Mame  [Z26 plan 17" Linei Expart
String MD}:  [3443.60 ft Specly: [ToptoBottom | Import Sting Import
E—— B e o E = e —
1 Dill Fipe: 983.60 983.60 6625 5,901 36,32 | Dnil Fine FiZ- B.6250 in, 27.7 pef, 5136, FH, P
2 Heavy Weight 270.0 125360 5625 4,000 86.90| Heavy ‘Weight Diil Pipe Odfjell el Services, 6.625 in, 74.65 ppf
3 Dl Fipe 2190.00| 344360 17.000] 16.137| 77.50|Liner 17 in. 77.5 ppf. P_110, Hyd 521. NEW

Figure 113: String design for the running of the 17 liner in the mainbore (Wellplan 2013a)

95360 ft

2] Heawy Wizight Drill Pipe Odfjell Well Services, 6625 in, 74.65 ppf, 27000

i Crill Pipe R2- 662530 in, 27.7 ppf, 3-133,FH, P, 86360 1
=
|

1233.60 1

Liner 17 in, 77 5 ppt, P_110, Hyd 521, NEW, 219000 1t

344360 1t

Figure 114: Component schematic for the running of 17 liner in mainbore (to scale) (Wellplan
2013a)

Mud as presented in Figure 111.
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K.3 Drilling of the 16” hole section

Riser, 171 .60 ft

Wiellhead (171 60 ft)

Mean Sea Level (17160 ft)
Mudiine (431 50 )

24in, 303 ppt, ¥_56,, 524.00 ft

171 601t

635 60 ft

201, 129 ppf, ¥-70,, 790.00

1485 B0 ft

17 in, 77.5 ppt, P_110,, 2064.00 #

3549 60 1t

16 in, Open Hols, 3100.40 ft

BES0.00 ft

Figure 115: Schematic of hole sections with drillstring for the 16” drilling in mainbore (to scale)
(Wellplan 2013a)

Haole Name: 16" Hole Section Impart Hole Section

Hole Section Depth (MD},  [ES50.00 it ¥ Addiional Columrs
Shoe Hezsued Effeciive Fiole
St Tz ezt Begtn|| - Lenln ) Depth | D Dismeter | Friction Factor | - Capaciy E e e éam
it 1t o i) &= (bl )
I 3 THED T8 03415 Rt
7| Casing £55 60 52400| 7 21500 26,000 04450 24 in, 303 ool .56,
3 |Casing 145,60 73000/~ 148560 18750 18.750 2000 03418 20, 129 ppl. %70,
4 [Casing EE] 0400/~ FEED CAFT T 17 000 02526 T7in, 775 pet, P10,
5 |OpenHole 850,00 310040/~ 16,010 16,0010 02467 .01 n. Dpen Hole

Figure 116: Overview of the hole sections at the input page in Wellplan for 16” drilling in mainbore
(Wellplan 2013a)

~Sting alion Library
String Name [7-25 16" GF assembif Export
Stiing (M} [5E50.00 it Specify. [ToptoBotom | »|  Impart Sting Import |
St T LE[TF]‘“ M“S“'[‘,'ﬁ =T Ef] Eg] "{;‘j‘]h‘ i Bmrem
Diil Pipe 3956.20 3956.20 6.625 26,44 Dl Pipe, 6.625 i, 26,44 pp, 5195, FH
Diil Pipe 653,00 4615.20 6.625 30,62 Dl Pipe, 6625 in, 0,62 pe, 5135, FH
Dl Fipe 1270.00 5885.20 £.625 33.05 | Diil Fipe, 6.625 n, 3305 ppf, 5135, FH
Heawy Weight 275.00 6160.20 £.625 7.07 | Heawy Weight Dl Fipe, .626 in, 79.07 ppf, 5.
Dl Collar 382 616382 £.000 143.03 R Over Sub
Diil Collar 2300 625282 8.250 160,60 | Diil Collar, 8250 in, 16060 ppt, 5.
Jai 3320 6286.02 125 152,618 Megaton Energiser
Dil Collar 23.00 6375.02 50 160,60 | Dl Collar, 8250 in, 16060 ppt, 5.
Ja 2366 6404.68 50 158,03 |8 Megaton Jar
Dil Collar 12200 655,68 50 160,60 | Dl Collar, 8250 in, 16060 ppt, 5.
Dl Collar =0 6530.4 625 223.88 % Over Sub
(12 |Dil Colar 3075 6561 500 216.50/9 172 3 - 216.9% Diil Collar
Stabilizer ] B568.67 5 223,88 Ineg ol lads
il Collar 300 B571.67 217,48 |Float Sub
WD 7 B573.77 217.48 | Downhole Seieen
WD 1 6583 211.80/91/2 Short HOC
WD 6595 . 212.70/91/2 HCIM Collat
Stabilizer [GEE . 226,47 Infine Stablizer (IL5]
e 6603, . 13.20)91/2 PWD
T 4 6611.39 12.00|91/2 EwR-P4D Callar
T 504 6616.43 . 01.70|91/2 DGR Collar
il Collar 9.20 6625.63 6.750 500 2 co-Pilot 3600 Flex Collar
Stabilizer 7.83 6633.15 625 375 156,45 | Geo-Piot 9600_0
[24 | Diill Collar 1021 6B43.67 625 375 156,45 | Geo-Pilot 9600_1
[25__|Stabilizer 383 6647.30 625 375 156,45 | Geo-Pilot 9600_2
Bit 270 6650.00 15.950 217.00 | POC - Long Giauge

Figure 117: Drillstring design for the drilling of the 16” hole section in the mainbore (Wellplan
2013a)
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Drill Fipe, 6625 in, 26.44 ppf, S-135, FH, 3956.20

305620 ft
4615.20 ft Crill Pipe, 6625 in, 3062 ppf, 5-135, FH, B59.00
5885-20 it Crrill Pipe, 6625 in, 33.05 ppf, 5-135, FH, 1270.00 1t
- EEI.EIZI it Hesryy Weight Drill Pipe, 6625 in, 79.07 ppf, =, 275.00 1t
- 53-82 " H-Cwer Sub, 362
5252-82 it Crvill Collar, 5250000, 160,60 ppf, =, 89.00 fi
BleE.0Z . — & Megaton Energizer, 33.20 f
Crrill Collar, 5250000, 160,60 ppf, =,, 59.00
Ears02 i T
8 Megaton Jar, 2966 1t
G404 65 T
[~ Drill Collar, 3.250 in, 16060 ppf, =,, 122.00
BS26 BE ft
[ K-Ovver Sub, 380 1t
Ga30.45 ft
[~ 9102 ¥ 3 - 216.9% Drill Collar, 30.75 ft
Ga61 .23 ft
ﬁ Irtegral Blade, 7 .64
Ga65.87 ft
[ Float Suk, 3.00 i
Ga71 .87 it
Daovwnhiole Screen, 790
Ga7a.TY it
9142 Short HOC, 1020 ft
BES29.97 ft
9142 HCIM Caollar, 5.41 1t
559535 ft
Inline Stablizer (ILS), 4.00
BS99 35 ft
Q12 D, 437 ft
BEO3.TS ft
91,2 BAR-P4D Collar, 7 .64 1t
GE11.39 1t
91,2 DGR Collar, .04 1t
BE1E6.43 ft
Geo-Pilot 9600 Flex Collar, 9.20 i
GE25 .63 ft
Geo-Pilot 9600_0, 7.53
BE3ZATH
Geo-Pilot 9600_1, 10,21 1t
GE4367 1
Geo-Pilot 9600_2, 363
BE47 .30 ft
PDC - Long Gauge, 2.70 1t
GES0.00 fi

Figure 118: BHA Schematic for the drilling of 16” hole section in mainbore (non-deviated, not to
scale) (Wellplan 2013a)
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Fluid Editar

I:il:uraryl Activate |

13.0ppg Versatec (co., %
13.0ppg Versatec (co.,
Fluid #1
11.1 ppg versatec
Seawater

4°13.0ppq Mersatec
EMS 4000 14,4
EMS 4600 14.4 {copy)
10.4ppg Versatec

13.0ppg Versatec {co,, -
1 | | v

Mud Density

Rhealogy Maodel
Rheology Data
Temperature
Plastic Wiscosity

Yield Paint

I 13.00 u]als]

IHerscheI-EquJey LI
=l

IFann Data

F0.00 “F

69,62 cp
12,799 IbF100F:2
B

00675 Ib*s~njfLz

— Fluid Plak —Fann Data
Shear Save RPMs as Defaulk
w  Good Data Points et —
= . Speed Dial
& 000E0 (rpm] [
i ]
T 00060 - T 1 00| 140.00
a] ] 2 300 35.00
% oond ] RELE 3 200 6500
L) - ]
& ] /’ 4 100 43.00
0.0020 4] B 16.00
o8 B 3 12.00
00000 Fmm———r— 7
i} 200 <00 GO0 aoo 1000
Shear Rate (1isec)
I Zancel Apmly Help |

Figure 119: Mud program for the drilling of the 16 hole section in mainbore (Wellplan 2013a)
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K.4 RIH with 13 5/8” casing

1T1ED T

695 B0 f

1435 60 ft

3549 60 7

B6:30.00 1t

Riser, 171 60 ft
Wiellhead (171 60 f)
Mean Sea Level (171 B0 ft)

Mudling (431,80 )
24in, 303 ppf, ¥_56, 524.00 ft

20in, 123 ppf, %-70,, 790,00 #

17 in, 77.5 ppf, P-110,, 2084.00 ft

16 in, Open hole, 310040 1

Figure 120: Schematic of hole sections with string for running of 13 5/8” casing in mainbore (to scale)

(Wellplan 2013a)

Hole sections presented in Figure 112.

~String Iniiali

String Hame [135/8" casind

Sting (MD}:  [6650.00

ft

Specify [ToptoBatem | Import Sting

Libray
Export

Impert

Secton Tre Lol il I 3 e pom—
1 Dl Pipe 50,00 6625 5.901 36.32 | Diil Pipe R2- 6.6250 in, 27.7 ppf, 5135, FH. P
Dl Pipe 6600.00 5650 DD\ 13625 12,375 88,20 | Casing 13.625 in. 88.2 ppf. L_80. Blus, NEW

Flgure 121: String design for the running of the 13 5/8” casing in the mainbore (Wellplan 2013a)
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5000 ft Dril Pipe R2- 6.625h in, 27.7 ppf, 5-135, FH, P, 50.00 ft

Casing 13.625 in, 58.2 ppf, L_80, Blue, NEVY, E500.00 ft

£650.00 ft

Figure 122: Component schematic for the running of 13 5/8” casing in mainbore (to scale) (Wellplan
2013a)

Mud as presented in Figure 119.

K.5 Drilling of the 12 4” hole section

Paser, 171 601
LET-T Wielend (171 £0 )
Msah Sea Lavel (171,60 1)
Mol (£31 50 1)

35BN, 687 ped, L_B0_ 4TS 40 R

EASH00 A

1235, Cpes bk, 12350 00 1

30000 1t

Figure 123: Schematic of hole sections with drillstring for the 12 %" drilling in mainbore (to scale)
(Wellplan 2013a)
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Hole Mame: 121/4" Holg| Impork Hale Section
Hele Section Depth (MD): | 18300.00 ft ¥ Addtional Calumns
Shoe Measured B.251 Effective Hole

St e Meawﬁ' Dl "E[,"ﬁth T D[e’:;]m EE] D[i:’]‘ Dia[::Tter iR Fogian L‘“e[agjfff]a‘:"y E"[‘;jss iz Bt
1 Riser 171.60 17160 18.750 011 0.34% Riser
2 Casing BER0.00 EA7E40 | BE50.00 12378 12250 12378 011 01483 136/8in, 88,2 ppf, L_80,
3 Open Hole 18900.00 1225000 | 12.250 12.250 0.1458 0.00{12.25 in, Dpen hole
] |

mainbore (Wellplan 2013a)

=
Figure 124: Overview of the hole sections at the input page in Wellplan for 12 ¥+ drilling in

Figure 125:

Drillstring design for the drilling

2013a)
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ditor
~Sting
Sting Mame [DD-Master Frojsct- WLT Mainbore - 1225 GF FDC| Expon
Sting (MD) 1830000 it Specify: [ToptoBotiom ~|  Import Sting =
ST e e o = [ —
1 Diill Pipe. 3924 Be 23 EI_DNII Pipe R2- b 620in, 27 7 ppf. 5136, FH, P
Diill Pipe. 1108942 3365 | Drill Pipe R2- b 6260 in, 27.7 ppf, 5135, FH, P
Oiill Pipe. 1236942 3E. 32|Dnll Pipe R2- E625b in, 27 7 ppf, 5135, FH, P
Heawy Weight 1284942 50,81 | Heawy Weight Dril Fipe 20800, 5 in, 43.70 ppf
Diil Pipe 19026, 22,90 Diil Pipe A2 5 in, 19.5 pe, 5135, NC50 DSTJ, P
Heaw Weight 19396, 5081 | Heav Weiaht Dril Pipe 20800, 5 in, 49.70 ppf
Diil Collr 18477, 5030 Dl Colla .25 in, 8,25 » 281251n, 6 5/8 REG
Ja 18510 5013 Accelerater
Dl Collar 18500 50.30 Dl Colla .25 1n. 625 # 281251, 6 5/8 AEG
0 Jdar 1853013 47.22]0a
1 Oill Collar 1874961 B0 30| Drill Collar 8,26 in, 8 26 » 28120in, B 5/8 REG
Stabilizer 47.22Integral Blade Stabiliser
Cill Collar 147 22 | Flnat Sub with non ported flapper Float
MWD 71.30| Dowrhle Screen
[15__[MwD 9 PaM HOC
Stablizer HF Collar 3050
HF Collar 30K5 1
i Stablizer HF Colar 30K5_2
Stablizer tabizer (L5] 175C J0KS]
MWD N Collar
MWD 82.40|8ALD Collar w/PCAL_0
Stabilizer 8240|8410 Collar w/PCAL_T
WD 133.30|8 HCIM HF
MWD 1884484 FWD HF
[2 MWD 1884391 G HF 25KSI
Stablizer 1 1885 EH 7.01 [Inine Stabilizer (LS
WD 214 1886505 00(8 EWR-P4 Collar 175C 25K5]
il 187 mesg{ P-PHOVER H/C]
il Colls 557 18875.69 00 Geo-Piot 9500 Flex Collar
tabilizer 787 7888 15| G Piot 9600_0
Oill Collar 1047 1885623 45| Geo-Pilot S600_1
[32 Stabilizer 337 QEEEET] 45| Geo-Pilot 9600_2
x] Bit 1 llﬁl 1830000 147, ZZlPDIyEwsta\llnE Diamond Bit, 1.635 irf

of the 12 ¥ hole section in the mainbore (Wellplan



Crill Fipe R2- 6625 in, 277 ppf, 5-135, FH, P, 9924 56 ft

1?3;3'22 : Crill Pipe R2- 6.625c in, 27 .7 ppf, 5-135, FH, P, 1164 86 ft
1735542 tt Drill Pipe R2- 6,625k in, 27 .7 ppf, 5-135, FH, P, 1270.00 f
12449'42 # Heawy Wieight Drill Pipe 20500, 5 in, 49.70 ppf, 90,00 1t
18026.42 1t Drill Pipe R2- 5in, 19.5 ppf, 5-135, MCS0 DSTJ, P, 5577.00 1
18385.42 " Heayy Wieight Drill Pipe 20800, 5 in, 49.70 ppf, 360.00
18477 65 1t Drill Collar §.25 in, 525 = 2.8125in, 6 545 REG, 91.24 1t
18510.51 " Accelerator, 32.95
: Drill Collar 8.25 in, 525 = 2.8125in, 6 545 REG, 89.76 #t
18600.37 Lo 2976
12?33'1513 2 Drill Collar §.25 in, 525 % 2.8125in, 6 545 REG, 119.45 t
18?5?.22 " Irtegral Blade Stakilizer, ¥ 61 1t
18?59.29 " Float Sub with non ported flapper Float, 2.07
' Dowenhole Screen, 719 ft
1876645
& Pab HOC, 10.20 ft
18776 .65
5 ¥BAT HF Collar 30KSI_0, 7.72
18754 .40 1t
& ¥BAT HF Collar 30KSI_1, 7.53
18791 .93 1t
5 ¥BAT HF Collar 30KSI_2, 5.28 1t
1879721 #t
Inline Stakilizer (ILS) 175C 30KSI, 4.00 ft
18801 21 1t =
- = & CTH Collar, 17 52 ft
1881873 1 =
= & ALD Collsr wiPCAL_0, 751 ft
18626 24 1 Y s
L £ 8ALD Collar wiPCAL_1, 850 ft
18835.04 1t =
— & HCIM HF, 5.42 1t
18540 46 =
= & PWD HF, 437 ft
19544 83 1t =
= & DGR HF 25K31, 5.07 ft
18549.90 1 P
L4 J— Inline Stabilizer (ILS), 4.00 #t
18853.90 1 =
— & EvR-P4 Collar 175C 25KS1, 12.14 1t
1986604 1 =
= & P-P KOWER (HIC), 167 ft
18867 .91 1t .
15576 58 ft ’!. Zeo-Pilot 9600 Flex Collar, 397 ft
Zeo-Pilot 9600_0, 7.87 1t
18854 76 .
15695 9% Zeo-Pilot 9600_1, 1047 ft
Geo-Pilot 9600_2, 337 1t
18535 .60 1t
Palycrystalline Diamond Bit, 1.635in?, 1. .40 ft
18900.00 1t

Figure 126: BHA Schematic for the drilling of 12 ¥4 hole section in mainbore (non-deviated, not to
scale) (Wellplan 2013a)
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Fluid Editor

Libraryl .ﬁ.ctivatel rud Density

13.0ppg Yersatec (co.

Rhealogy Model

-
! —

|14.4EI E]als]

IHerscheI-BquJey

Led L

13.0ppg Wersatec (co., Rheclogy Data IFann Data
Fluid #1 Temperature 115,00 “F
11.1 ppq Yersatec
Seawater Plastic Wiscosity 40,65 cp
13.0ppg Yersatec Yield Paink 12,613 |BF 1 00FE2
4-EMS 4600 14,4 75
EMS 4600 14.4 {copy) R
10.4ppg Versate: 4 00351 bt s~myFL2
13.0ppa Yersatec (co,, =
1 | »
—Fluid Plok —Fann Data
Shear Save FPMs as Default
% Good Data Paoints e —
T DO Speed Dial
= ] [rprm] [']
i ] el 1 BOO[ 9600
& 00040 2 300/ 6O.00
5 : / 3 200 47.00
& o020 ] =4 4 100 3300
1 / 5 B 1400
] G 3 13.00
00000 e ————— 7
1] 200 <0 Goo aoo 1000
Shear Rate (1/zec)
I Cancel apply Help |

Figure 127: Mud program for the drilling of the 12 %" hole section in mainbore (Wellplan 2013a)
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K.6 RIH with 10 %” liner

e

Miears Son Lirved (171 60 1)
Mucine (431 40 1)

1358 i, 65,2 ppt, L_B0,, BATB A0 N

E8E0.00 1

12:36 In, Open nole, 12250.00 1

1890000 1

Figure 128: Schematic of hole sections with string for running of 10 % liner in mainbore (to scale)
(Wellplan 2013a)

Hole sections presented in Figure 124.

Libray

Stting Name [10 3/4" Line{ Export
String (MO [18300.00 ft Specily: | ToptoBottom _~ | Import Sting Import |

 Sting Inifalizatior

Length Measured Depth (i3] D Weight
Saction Typs i o # i o Item Discrption
1 il Pipe 021 a0z 525 44 Diil Fipe, 5.625 in, 26,44 ppf, 5135, FH
il Pipe £59. 4680, 525 .05 Dril Fipe, 5.625 in, 30,05 ppf, 5135, FH
il Pipe 1270, 5950, 525 .05 Diil Fipe, 5.625 in, 33,05 ppf, 5135, FH
il Pipe 700, 5650, 000 | .83 Diil Fipe, 5.000 in. 20,83 ppf, 5135, NCSO ST
il Pipe 12250, 19900, 938 | 598 .80 Liner 10 3/4 in, 55.5 pp, TH-110 55, Blue DL 5C 5B, NEW

Figure 129: String design for the running of the 10 %" liner in the mainbore (Wellplan 2013a)

Drill Pipe, 6,625 In_ 26 84 ppe, 5135, Fr_4021 001

«
-eJ;$: Ol Ppe, G525 in, 2008 pet, 5135, P, 5800 %

Dl Pipe, 6,625 In,_33 05 por, 5135, 7 127000 1t
sEOOR
885000 1 Dl Pipm, 5,000 i, 20 B3 ppt, 5135, HCSO DT, 700.00 0

Lirver 10354 In, 555 ppd, TH110 55, Biue DL 5C 50, MEW, 1225000 71

1890000 %

Figure 130: Component schematic for the running of 10 % liner in mainbore (to scale) (Wellplan
2013a)

Mud as presented in Figure 127. As presented in chapter 4, the 10 %" liner for the
mother wellbore would be sat 2/3 into Vale at TOE. The junction would be placed at
18150 ft MD in this liner.
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Appendix L: Setup for each of the nine wellbore sections in the MLT
option

L.1 Making of the simulation base for MLT1 L1 for junction option 1

From the junction point in the mother wellbore the MLT1 option would split into two
separate wellbores, making it a multilateral well, with Lateral 1 being the mainbore and
Lateral 2 being the side branch. The motherbore from surface, as described in Appendix
K, would be drilled with a 12 %4” bit to TOE, and a 10 %” liner would be installed 2/3 into
Vale at TOE. The mainbore, or Lateral 1, would from there be drilled with an 9 %” PCD
long gauge bit down to TD at 24280 ft MD in Ekofisk. The hole sections were created in
Wellplan according to this, as presented in Figure 131.

Hele Mame: 3 1/2 ok Section gt ol Sosion
Hole Secten Depth MO}, |260000 1y F addtenal Cokmns

T Sroe Meansed | Gz Eftective fice g
Hoanaed Degth Lo o s Lineas Capschy
Tapend? Degth ) Dameter Finclon Fascor g
] [ (1] 4 Wl il [ inl [ I
T B TFE] [E7E)

e ki
anng EE50.00 TR BE50.00 12375
]

I
2250 2

10600 00 NS\l 1000 00 4.7 965 an
i a

(Wellplan 2013a)

Then the drillstring for this section had to be created. A challenge for the simulation of
the drilling of the multilateral wells from Z-26 to be investigated in this thesis was that
there were little, or no, information about the underground in the specific area planned
to place the wells. It was therefore assumed that the properties for the area where
these multilateral wells would be drilled could be compared to the properties in the
area where the actual well from the neighboring slot Z-17 had been drilled. This well
was drilled in April 2013 (Maxwell 2013). All the six different wellbores simulated in this
thesis would therefore identical BHA for equal hole sizes, with basis in the actual string
used when COPNO drilled Z-17, and in after advise from both Halliburton and drilling
engineer in ConocoPhillips Gunnar Namtvedt. The drillstring for MLT1 Lateral 1 can be
seen in Figure 132. This drillstring would be unique for MLT1 L1 in the way that the
length of the top DP section would be designed in order to reach TD, but otherwise
similar to all the other 9 %4” sections drilled in the eight other wellbores.
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T EEEEEEEEEEEEEEEEE——
Samg Innskzoten e

St Hamn [ 26 517" P ey MLTT LT Expost |
SmgMDL [2xmom N Sgocty [Toowtonm =]  IngosSting et l
Tangth Hastiead Dy oo o e
AN, | i | | il | il | . s Ll |
[Ord e I a2 | T | S| 2906 | E 5 5065 - 27, N 12 ATH, 51
i Fom #5900 TRETS| 501 | 335 Dl Pgm Fi- A5 i, 377 ppl, §.135,FH.P
ind o RF T (=3 | % 2|04 Pgn HE B B, 27 1 pgd, 5105, FH P
ont Pge | 5000 4z 50 (0 e K2, 5000 1, 1450 ped, 135, FM D5 T
oy Wesght %10) 5000 1000 £.90(55 Y WD 1433 NCSON
[ 00 [0 4000 F010[ 1/2% 4 - 7010 il Cole
1w ET 50| 70| G
Gl ok | [ 73z BN 1 72 Dl Gl
2w Esm) 20| w2 b

Ol Cola 12mf B500| 282 17006 1/2 ¥ 28125 - 3178 Dull Coler
Ol Caly 00| 6750 2250| 108,40 | Flost Sk
B 65 4350 ) 168 3 e P
Mt &0 B0 ] T2 00 Db St
M 1000, [0 10| D€ WA HOL
MWD »nw G750 1305 106.10|& 34 GEO-TAP_O
Ssbdoer 1.00 7m0 1505 106106 34 GEO-TAP_ |
e 190 (3] F000) 1700 e Sl [1L5]
MWD TH (X1 13E| W 51|E VALTH Colw
£l K B0 1En| 0,30 € 40 ALD Coda_0
Susblizer 318 &750) 1.300] 104.30 |6 V4 ALD A
MWD WM 750 1520 109,40/ 34 ADF) Colar / WCIH
M [ ) 1500, 57 606 344 DGR Colw
i o 2 B[ 15| NI | A Corrermsion Sudi
Shablzes 18 LX) k=) 782 Fier Firamet [wied]
pwn am 6750 A1) 102,80 GF* Flex 5 344 DM Codar
Sisbdoer 706 | 143 113,00 Gee-Plot 7600_0

P [ 123 EL) 14w 1% 00 ekl TR0
& L] 3500 | 3101 18| PEIC  Loreg G

Figure 132: DriIIstring design for the dfilling of the 9 %” hole section from junction to TD for MLTL
Lateral 1 (Wellplan 2013a)

Overview of the well schematic and BHA for the drilling of the 9 %" section from
junction to Ekofisk TD for MLT1 Lateral 1 are shown in Figure 133 and Figure 134,
respectively.

Fiser, 1TLED R
Vil (17160 1)
Mears Soa Lewed {171 60 1)
Dedater Purg, 1711607
Muting (431 50 %)

150 i, 2 et L0 GATRA R

el

V0134 i, 555 pol, TH-1 80 55, Bl DL 5 S8, NEW, 1195000

9172 in coenbcle, S550 00

)

060000 71
Mz000N

Figure 133: Well schematic for the drilling of the 9 %4 hole section from junction to TD for MLT1
Lateral 1 (Wellplan 2013a)

222



14062 .91
14721 .91
15991 .91
23491 .91
23554 91
235884 91
239179

2397991

A At a R

24011 .91 1t

2413391 1t

24136 .91 ft

2414316 ft

2414916 ft

24153916 ft

24186.03 ft

24187 .03 1t

24185 .93 1t

2420083 ft

2420615 ft

2421557 ft

2423971 1t

24244 26 ft

24246 26 ft

2424514 ft

24257 35 ft
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Figure 134: Initial BHA schematic for the drilling of the 9 %" hole section from junction to TD for
MLT1 Lateral 1 (Wellplan 2013a)
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The well path for the wellbore from surface to junction point, presented more in detail
in Appendix L, is shown in Figure 104. For the drilling of the 9 %4” section from the
junction point to TD in Ekofisk for MLT1 Lateral 1 the path is, naturally, identical down to
the junction point. From there on the well path is unique for this lateral down to total
depth in the reservoir. In cooperation with Leif Inge Ramsvik in Halliburton the well path
from the junction point to TD for Lateral 1 in the MLT1 option was created in the
Compass software based on the target specified in Figure 17. The vertical section is
presented in Figure 135 and the plan view in Figure 136. The tortuosity applied to the
well path is shown in Figure 137. The sine wave configuration, with top at 12500 ft MD,
magnitude of 0.5 degree, angle change period of 500 ft and depth interval of 30 ft are all
default inputs in Wellplan and assumed to be valid for the simulations to be performed
for the drilling of the 8 14" section for MLT1 Lateral 1. The inclination and azimuth
plotted against measured depth for the whole well path from surface to TD for the
drilling of the 9 %" section for MLT1 Lateral 1 are presented in Figure 138 and Figure 139,
respectively.
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Figure 135: Well path vertical section for the drilling of 9 %4 section from junction to TD for MLT1
Lateral 1 (Wellplan 2013)
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Figure 136: Well path plan view for the drilling of 9 %" section from junction to TD for MLT1
Lateral 1 (Wellplan 2013)
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Figure 137: Well path tortuosity input for the drilling of 9 % section from junction to TD for MLT1
Lateral 1 (Wellplan 2013)
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Figure 138: Well path inclination with tortuosity for the drilling of the 9 %2 section from junction to
TD for MLT1 Lateral 1 (Wellplan 2013)
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Figure 139: Well path azimuth with tortuosity for the drilling of the 9 %2 section from junction to TD
for MLT1 Lateral 1 (Wellplan 2013)

The geothermal gradient for the section to be drilled is presented in Figure 140. As no
data collection had been done in the area at the time of simulation the underground
temperature was assumed to be equal to the measurements from Z-17.

226



NN BET AT

Figure 140: Geothermal gradient for the underground for drilling of the 9 % section from junction
to TD for MLT1 Lateral 1 (Wellplan 2013a)

L.2 Making of the simulation base for the eight remaining wellbore sections

The creation of the simulation bases were done in the same manner for each of the nine
different wellbore sections making up the three different MLT options. For simplicity,
only the figures from the creation for MLT1 L1 was, as shown in Appendix L.1, were
decided to include in this report. The process of setting up the setup were, however,
quite similar for all the remaning eight wellbore sections. The desired figures for the
eight remaining wellbores not showed here can be provided by the author upon request.
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Appendix M: The Wellplan software

Wellplan, as described by Nesland (2012), is made up of, and based around, seven
different modules, as seen in Figure 141. These are Torque and Drag analysis, Hydraulics
analysis, Surge and Swab analysis, Well Control analysis, Critical Speed analysis,
Bottomhole Assembly analysis and Stuck Pipe analysis. In addition there is a module for
input of general well data, as shown in Figure 142. A list of features of what is covered in
the modules can be found in Appendix N.
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Figure 141: Overview of the different modules in Wellplan (Wellplan 2012)
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(Wellplan 2012)

M.1 Torque and Drag Analysis

This module focuses mainly on the measured weights and torques in different aspects of
drilling and at different depths in the well. Results from tripping in and out, slide drilling,
backreaming and rotating on and off bottom is then used to determine whether a well,
or a portion of the well, is drillable or not. In addition buckling, and type of buckling
(helical, sinusoidal, transitional or lockup), can be analyzed. Based on these results
consideration must be done if it is necessary, or desired, to change the design of the
well. These changes can be in the drillstring, casing strings, tieback strings, tubing
strings, coiled tubing strings or liners (Halliburton/Landmark 2008).

M.2 Hydraulics Analysis

The hydraulics of a well can be analyzed using the Hydraulics module. Based on the
selection of one of the rheological models (Bingham, Plastic, Power Law, Newtonian or
Herschel Bulkley, the pressure losses in the well will be calculated. From this the
selection of bit and jets will be made for optimum bit hydraulics, the minimum flow rate
for cleaning of the hole and the maximum flow rate for avoiding turbulent flow is
determined, as well as surge and swab hydraulic pressures. In addition an evaluation of
the rig operational hydraulics can be done (Halliburton/Landmark 2008).

M.3 Well Control Analysis

Based on oil, water or gas influx (gas being default) Well Control analysis can be done.
The influx volumes are calculated, and evaluations of the results from an influx are
presented. Both maximum inflow volumes and maximum safe drilling depths are
determined. From this the user are guided in the selection of casing setting depths and
kill sheets are automatically generated. A weakness of this module is the lack of
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dispersed gas modeling as only single bubble methane influx can be analyzed
(Halliburton/Landmark 2008).

M.4 Critical Speed Analysis

In this module, by evaluating the resonant rotational speeds in revolutions per minute
(RPM) by use of the Forced Frequency Response (FFR) technique, the critical rotating
speeds are determined. Several features are considered in this analysis to more
accurately represent the downhole environment and determine the areas of high stress
concentration in the well, including intermittent contact/friction, buoyancy, finite
displacement, 3D lateral bending vibrational response of the Bottomhole Assembly
(BHA), axial, lateral and torsional vibrations, damping and mass effects
(Halliburton/Landmark 2008).

M.5 Bottomhole Assembly Analysis

This module, made up of a static “in-place” condition and a “drillahead” non-static
condition, is used to predict build and drop in the BHA. By including factors as WOB,
sizes in the drillstring and formation type, the behavior of the BHA is analyzed. Due to
the complexity of the many non-controllable parameters affecting the BHA, these
predictions are very complex. As a result of this the Bottomhole Assembly modules uses
Finite Element Analysis (FEA), a method that breaks the overall calculations into tiny
elements solving each one separately (Halliburton/Landmark 2008).

M.6 Stuck Pipe Analysis

The stuck point is determined using this module. At this location in the well the forces
acting on the drillstring are calculated, and both the overpull without yielding the pipe,
as well as the measured weight necessary to set the jars, are analyzed. Based on these
results suggestions of how to react, and what actions to do topside, in order to achieve
the conditions desired at the back-off point are given. A limitation in this module is in
the yield strength analysis where fatigue is not considered (Halliburton/Landmark 2008).
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Appendix N: List of features in the Wellplan modules

Table 23: List of features in the Wellplan modules (Halliburton/Landmark 2008)

General Well Data Input Module

Integration between Wellplan software
modules

Defining the hole section

Defining the drillstring and
components

Defining well path and tortuosity
Defining wellbore fluids

Torque and Drag Module

Analytical methods of T&D

Stiff string and soft string models
Mechanical limitations

Tripping and drilling modes
Defining friction factors

Analyze T&D at TD

Analyze T&D at other depths
Examine effective and true tension
Examine fatigue

Determine the torque acting on the
string

Investigate the buckling possibilities
Investigate solution to T&D issues

Hydraulics Module

Examine hole cleaning at various pump
rates

Investigate effects of ROP on hole
cleaning

Determine pressure losses

Determine annular velocity

Input of circulating system information
Investigate required horsepower

ECD check

Hydraulics optimization

Surge and Swab Module

Analyze transient surge/swab
pressures and ECD’s
Generation of a trip schedule

Well Control Module

Investigate well control
Determine predicted kick type
Estimate influx volume and kick
tolerance

Evaluate pressures as a kick is
circulated out

Predict a safe drilling depth
Generate a kill sheet
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Critical Speed Module

Determine critical rotational speeds
Examine the stresses acting on the
workstring at various ROP’s
Determine type of stress and where it
occurs

Examine string displacements

Review bending moments

Bottom Hole Assembly Module

Predict BHA build and drop

Evaluate BHA contact points along the
wellbore

Analyze the effect of various WOB and
ROP combinations on BHA
performance

Stuck Pipe Module

Estimate a stuck point for specified
surface conditions and string sketch
Determine loads required to set and
trip a jar

Determine load required to yield the
pipe
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Appendix O: Setting up initial drilling parameter values, Scenario 1 and
Scenario 2, for input in Wellplan

0.1 Common setup values valid for both Scenario 1 and Scenario 2

BHA

It was assumed that equal hole sizes would have equal BHA, bases on the actual BHA
used when drilling the neighboring well Z-17. The difference in the drillstring for each of
the six possible wellbores would be length of the drill pipe in order to get to TD. The
BHA used for each of the wellbores is presented in the making of each simulation base
in Appendix L.

Drilling fluid properties

The drilling fluid properties for both Scenario 1 and Scenario 2 for the initial simulations
were set based on the underground data from well 2/4-A-21, a closely offset well, as
well as experience from the drilling of Z-17*, and a mud weight of 12.4 ppg was
selected as the initial suggestion for the simulations to be performed, as presented in
Figure 143. The other properties of the drilling fluid were all extracted from the drilling
of Z-17.

*2 personal communication with G. Namtvedt. 2013. Stavanger: ConocoPhillips Norway
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Figure 143: Drilling fluid properties for the drilling of the 9 %4 section from junction to TD in
Ekofisk for MLT1 Lateral 1 (Wellpan 2013)

Rig specific setup and pipe modeling

The traveling assembly weight was set to 24.7 klbf, which corresponds to the actual
weight rating at Maersk Gallant, the rig planned to drill all the wells on Ekofisk Zulu®.
Then the buckling limit and contact force normalization length were determined to be
1.0 and 31.0 ft, respectively. The Buckling Limit Factor, or BLF, is a multiplier applied to
the buckling Eg. used in Wellplan. A BLF of 1.0, as was assumed for these simulations,
means that the buckling conditions will follow the Eq., while a higher or lower value
than 1.0 will increase or reduce, respectively, the buckling limit of the material
investigated (Wellplan 2013b). The contact force normalization is the length of the
reported contact forces in the well (Wellplan 2013b). For both scenarios this length was
set to be 31 ft to report the force per length of pipe. Further the “use bending stress
magnification” box was checked off. The Bending Stress Magnification Factor, or simply

“3 Personal communication with T. Gaup. 2013. Stavanger: ConocoPhillips Norway
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BSFM, presented in 45, is defined as the absolute curvature value in the pipe body
divided by the curvature of the hole axis.

BSEM — Curvature ;.poq (45)
Curvature, . i

To more accurately calculate the bending stresses in a pipe with a TJ larger than the OD
of the body of the pipe the BSFM can be applied as a multiplier. For such a case, when
the string is subjected to compressional or axial load, the hole axis curvature will be less
than the maximum curvature of the DP. Therefore local max curvatures, represented
through the BSFM, can be input to yield more accurate calculations of the bending
stresses of the pipe body. With the BSFM box checked off the magnifier will be applied
to the calculation of the von Mises stress off the pipe in the Wellplan analysis (Wellplan
2013b). The sheave friction correction was ignored and assumed to be irrelevant for the
total torque and drag calculations. The same was the case for the viscous torque and
drag. This is the additional drag force applied to the system due to the downhole
hydraulic effect of the drilling fluid on the pipe. Further was the soft string model used,
and therefore was the stiff string model box left unchecked. The soft string models the
drillstring as a cable, rather than a stiff pipe. This modeling makes the soft string able to
carry axial loads, but not bending moments. As a result of this the cable is assumed to
constantly be in contact with the wellbore at all times, thus ignoring the bending
moments and radial clearance. The cable is divided into sections, where each section
contributes to increased weight, drag and torque. The ignored moments in soft string
model resulting from bending will impact the total tension indicated in the string
(Midtgarden 2010). The stiff string model, on the other hand, accounts for tubular
stiffness in bending, stiffness modified for compressive forces, single point weight
concentrations and tubular joint to hole wall clearance. It models the string in 30 ft
sections and calculates the force on the side at the center, which again is transformed
into the torque and drag computations. Compared to the soft string model the stiff
string model typically yields a slightly lower drag value due to the straightening out of
the pipe and wellbore through doglegs. At the same time, for wellbores with many, and
especially high, doglegs, the stiff string model often can increase the drag output due to
more pipe being modeled to move against the borehole (Wellplan 2013b).

The block and torque ratings are rig specific, see Figure 144. For Marsk Gallant the
hoisting capacity is 1 650 klbf and max torque, given by the rotary table (Varco TDS-6S)
is 60000 ft-lbf. Neither of the values are used in any calculations in Wellplan, but will be
present in result graphs to easier see the constraints. A detailed presentation of Maarsk
Gallant is presented in Appendix J. The three last boxes, maximum WOB rotating (no
sinusoidal buckling), maximum WOB rotating (no helical buckling) and maximum
overpull using % of yield, were all checked off. The first of these is used to calculate the
largest WOB the string can handle before sinusoidal buckling occurs, as described in

235



chapter 5.7. The second is for helical buckling. The last, the maximum overpull using %
yield, is used to compute the maximum drag weight, or overpull, the rig will encounter
during tripping out before yielding the pipe. The percentage indicated gives the
maximum extra weight above the static hook load that can be accepted (Wellplan
2013b). In this case it was assumed that a 10 % safety margin was needed, so the
maximum allowable overpull would be 90 % of the yield strength of any section of the
pipe at a given depth.
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Figure 144: Torque and Drag Setup Data used for both Scenario 1 and Scenario 2 (Wellplan 2013a)

Torque at bit
Based on measurements performed by Midtgarden (2010) a constant torque at bit of
2500 ft-Ibf was assumed, as presented in chapter 6.
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Tripping speeds and friction factors

The tripping in and tripping out speed was set to 60 ft/min, based on default settings in
the Wellplan software. The friction factors for both openhole and casing were set based
on work performed by Midtgarden (2010), where it was showed, via reverse-
calculations data from actual drilling on Ekofisk, that a friction factor of 0.18 was
appropriate for both cases.

Circulating System

The circulation system was set up based on the actual mud pumps on Marsk Gallant. A
total of three ESCO FC-2200 triplex pumps are installed on the rig, each with a maximum
discharge pressure of 5000 psi at speed 105 spm and 3.907 gal/stroke. A volumetric
efficiency of 85 % was assumed, resulting in @ maximum pump rate of 348.7 gpm per
pump. Further it was assumed that the three pumps would be installed in parallel, so
that total max horsepower rating and total maximum pump rate would increase to 6600
hp and 1046.1 gpm, respectively. The maximum SPP on Maersk Gallant is 5500 psi**. The
rig specifications and details regarding the pumps there are found in Appendix AAAAA
and Appendix BBBBB, correspondingly. It was further assumed a surface equipment
pressure loss of 100 psi. This value was set based on typical pressure losses in surface
equipment, but will in real-life vary with total length, number of bends and sizes of the
equipment45. The simulations would therefore not calculate the pressure loss in the
surface equipment, but instead add this pre-determined value to the total system loss.

* Personal communication with T. Gaup. 2013. Stavanger: ConocoPhillips Norway
*® personal communication with S. Tarressen. 2012. Lindesnes: Acona Wellpro
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Figure 145: Circulating system setup for both Scenario 1 and Scenario 2 based on Marsk Gallant
specifications (Wellplan 2013)

Run Parameters for Torque and Drag at Other Depths than TD analysis
The run parameters were determined to be divided into 100 ft sections, with start at
surface and end at TD for each respectable wellbore section for the three MLT options.

Bit data

The bit data for the drilling of all the 9 4” sections in the six different wellbores, with
nozzle count and size giving the Total Flow Area (TFA), was specified based on the bit
used for drilling of the 8 4" section on Z-17. This would of course represent a source of
error. Further was the same bit used for the three 8 4” section for the MLT options. The
input page, with a print screen from the Z-17 Well Report in Maxwell, is presented in
Figure 146. By copying the bit configuration from the Z-17 it was assumed, as an initial
consideration, that these values could be valid and usable also for all the 8 4" and all
the 9 %4” section to be drilled.
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Figure 146: Initial bit and nozzle configuration for the drilling of all the 8 ¥4 sections in the MLT
options. For the 9 % section the BHA had the same design, but larger bit diameter, naturally
(Wellplan 2013; Maxwell 2013)

Rock properties

The cuttings diameter and density were both assumed to be equal to the Wellplan
default input of 0.125” and 2.5 sg, respectively. The bed porosity was selected to 36.0 %,
an assumed value within the actual Ekofisk rock porosity range of 25 — 45 %, as
mentioned in Chapter 2.

Transport analysis data for hydraulic effects
For both Scenario 1 and Scenario 2 a calculation interval was set to 100 ft MD, with start
at surface and end at each of the six wellbores respective TD's.

Riser setup with booster pump

For both scenarios a booster pump would be installed in the riser to ease the cuttings
transport in this section. For the 9 4" section and scenario 1 parameter values in MLT1
L1 the minimum pump rate for hole cleaning was 618.4 gpm in the riser annulus. With a
booster pump of 100 gpm installed the requirement to lift the cuttings would be
reduced leading to sufficient hole cleaning in the 13 5/8” annulus. The booster pump
configuration can be seen in Figure 106.
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0.2 Scenario 1 parameter input values

WOB and Torque at bit for Torque and Drag analysis

The WOB for Scenario 1 was the lower limit in the Halliburton recommendations when
drilling Z-17. For all sections this would mean a WOB of 10 klbf. The torque at bit and
tripping in/out values, as discussed, would be equal for both Scenario 1 and 2, at 2500
ft-Ibf and 60 ft/hr, respectively. For the slide drilling the WOB for Scenario 1 is also 10
klbf, even though not likely to a utilized method for the drilling of the MLT options.
Backreaming overpull was determined to be 8 klbf. A summary of the WOB and Torque
at bit values for Scenario 1 for all sections to be simulated is shown in Figure 147.

& node Data - Mormal Analysis ; ? I x I

— Drilling

WOB D verpull Torgue at Bit

v Ruotating On Battom |1EI.EI kI IEEEIEI.EI fr-Ibf
[+ Slide Crilling |1EI.EI kIbf IEEEIEI.EI -l
[+ Backreaming IE.EI kIbt IEEIEIEI.EI ft-lbf

[+ Fotating Off B aottom

— Tripping
Speed Pk

v Tripping ln EO0.0 ftAmir IEI rpm
[+ Trippirg Dut E0.0 Ftrnir IEI TR

— Frction Factars
& Hole Section Editar

" Advanced Advanced |

] | Cancel || Apply I Help

Figure 147: Torque and Drag Setup with WOB, torque at bit and tripping speed for Scenario 1
(Wellplan 2013)

Transport analysis data for Hydraulic simulations

For both Scenarios a calculation interval of 100 ft MD was set. For scenario 1 the pump
rate would be 450 gpm and ROP 25 ft/hr. The rotary speed would be 140 rpm, as
mentioned. The initial 450 gpm was based on the lowest value in the Z-17
recommendations from Halliburton of pump rate between 450 - 650 gpm for the drilling
of the 8 %4” section there (Maxwell 2013). In Wellplan ROP is an input variable rather
than an output variable. This means that instead of getting a penetration rate based on
other input values, a desired ROP is set and then Wellplan gives an output of what the
other input values have to be in order to be able to achieve the set ROP, which may lead
to challenges (Nesland 2012). For the drilling of the reservoir section on Ekofisk the ROP
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most often varies between 30 and 40 ft/hr*®. As an conservative value an ROP of 25
ft/hr was therefore set for Scenario 1. These initial transport analysis input data for
Scenario 1 are shown in Figure 148.

& Transport Analysis Data LILI

— lnput

Rate of Penetration; |25.E| ft e
Rotary Speed: |'| 40 rpm
Pump R ate: |45|1 0 gprm

— Additional |npuk

Cuttingz Diameter; IF i
Cuttings Density: W 30
Bed Porozity: IW z
MO Calculation Inkeryal: IW ft

™ Retums at Sea Flaar

k. I Cancel Amply | Help |

Figure 148: Transport analysis data initial setup for Scenario 1 (Wellplan 2013)

0.3 Scenario 2 parameter input values

WOB and Torque at bit for Torque and Drag analysis

For Scenario 2 the WOB would be 25 klbf, presented in Figure 149, the higher limit of
the interval Halliburton recommended for the actual drilling of Z-17. The torque at bit
for each operation would be the same as for Scenario 1.

“% Personal communication with G. Namtvedt. 2013. Stavanger: ConocoPhillips Norway
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' Mode Data - Mormal Analysis 7 I x I

— Drilling

W OB D werpull Torque at Bit

[+ Raotating On Bottom IEE.EI kb |25EIEI.EI ft-Ibf
v Slide Diilling IEE.EI klbf |25EIEI.EI f-Ikaf
[+ Backreaming |2EI.EI kb |2EIEIEI.EI ft-lbf

[+ Ratating OFf Bottom

— Tripping
Speed R Pk

[+ Tripping In IEEI.EI ftrmin IEI TP
[+ Trippirg Dut G0.0 ftArmiiry IEI rpm

— Friction Fachars
* Hole Section Editar

 Advanced Advanced |

k. I Cancel | F¥u]m 1 | Help

Figure 149: Torque and Drag Setup with WOB, torque at bit and tripping speed for Scenario 2
(Wellplan 2013)

Transport analysis data for Hydraulic simulations

A pump rate of 650 gpm was selected for Scenario 2. The ROP was set to 40 ft/hr, with a
rotary speed of 195 rpm, see Figure 150. The rotational speed while drilling was
recommended to be between 140 and 250 rpm for well Z-17 (Maxwell 2013). However,
the maximum rotary speed for the topdrive on Maersk Gallant is 195 rpm, and for
Scenario 2 this value was selected instead of 250 rpm. As for Scenario 1 the calculation
interval would be 100 ft.
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& Transport Analysis Data LILI

— lnput
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Figure 150: Transport analysis data initial setup for Scenario 2 (Wellplan 2013)
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Appendix P: Iteration processes in Wellplan to find the suggested
parameter input values

In this appendix a rough presentation of the iteration processes performed in Wellplan
for each of the nine wellbore sections in order to end up with a set of suggested
parameter values. As it can be seen the iteration process presentation here is quite
rough, and only takes into account the major steps that were performed. In addition
only short form of language has been used, rather than writing the whole sentence as
one. This is not good practice for a report, but for the presentation of the iterations in
this Appendix is was assumed to be of no larger significance, and equally well point out
the important results as whole sentences.

P.1 MLT1 L1

For MLT1 L1 the suggested parameters are as listed in Table 24.

Table 24: Suggested parameter values for MLT1 L1

WOB = 25 kibf

RPM = 195

ROP = 25 ft/hr

Flowrate = 680 gpm

MW =11.20 ppg

New bit nozzle config: 3x(18/32) instead of 3x(12/32)

(Contingency: Tieback 10 3/4" Liner to surface without changing BHA)

The iteration process from the start parameters equal to scenario 1 values were as given
below:

1) Startet off with scenario 1 values.

ECD above frac limit. Decide to reduce MW.

2) Set MW at 11.10 ppsg.

ECD just below PP at last csg shoe.

3) Check hole cleaning requirement. 717.1 gpm needed to clean 13 5/8" annulus. Set
pump rate to 680 gpm. Increase RPM from 140 to 195 to improve hole cleaning.

Min flowrate for hole cleaning is now 674.8 gpm.

4) Check ECD again. ECD within the drilling window, however close to the PP at last csg
shoe (a bit too close).

5) Check SPP. SPP is 7664.77 psi, above the max of 5000 psi surface pressure.

6) Change from 3x12 bit nozzles to 3x18 bit nozzles to reduce SPP.

SPP is now 4210.42 psi.

7) Increase MW to 11.20 ppg to not go UB just below last csg shoe.

Min flowrate is now 667 gpm. | have set pumprate of 680 gpm.

8) Check summary loads for WOB 10.
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No issues.

9) Increase WOB to 25.

S-buckling for slide drilling. No other issues. Set WOB for slide drilling to 15 klbf. WOB
for rot on bottom (which is what is investigated) is set to 25 klbf.

P.2 MLT1 129 %"

Table 25: Suggested parameter values for MLT1 L2 9 %%”

WOB = 25 kibf

RPM = 195

ROP = 25 ft/hr

Flowrate = 620

MW =12.1 ppg

New bit nozzle config: 3x(18/32) instead of 3x(12/32)

(Contingency: Tieback 10 3/4" Liner to surface without changing BHA)

Tripping in/out speed: 60 ft/hr

Tripping in/out rotary: 0 RPM

WOB slide / back: 25 / 20 klbf.

The iteration process for the MLT1 L2 9 4” section was as following:

1) Started off at Scenario 1 parameters.

2) Check ECD.

The ECD is within the drilling window, quite in the middle. So for faster ROP the
overbalance should be less, so more optimum would be if the ECD was closer to the PP
line. However, a trip margin should be added to the PP to take prevent UB due to surge
pressures when tripping out. The TM is often 0.5 ppg above pore pressure. Estimates
vary from 1 - 2% of the MW added to the PP*’.

3) Check hole cleaing requirements.

Min flowrate is 618 gpm.

4) Increase pumprate to 620 gpm. Increase ROP to 195 to help cleaning the hole.

Min flowrate is now 581 gpm.

5) Check ECD again.

ECD can be reduced more for faster ROP. At last csg shoe ECD is 13.18 ppg, could be
reduced to 12.80 ppg.

Reduce MW to 12.1 ppg. ECD is now good.

6) Check min flowrate.

This is now 602 gpm, less than pumprate set to 620 gpm.

7) Check SPP.

This is 6656 psi, higher than the max surface pressure of 5000 psi.

8) Choose 3x18 nozzles instead of 3x12.

SPP is now 3526 psi.

*" Personal communication with S. Tarressen. 2013. Lindesnes: Acona Wellpro
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9) Check Load Summary.
For WOB 10 klbf no issues. Increase WOB rot on bot to 25 klibf. Still no issues.

P.3MLT1L28 %"
Table 26: Suggested parameter values for MLT1 L2 8 ¥%”

WOB = 25 kibf

RPM = 195

ROP = 25 ft/hr

Flowrate = 640gpm

MW =11.1ppg

New bit nozzle config: 3x(18/32) instead of 3x(12/32)

(Contingency: Tieback 10 3/4" Liner to surface without changing BHA)

WOB slide: 15 kibf

WOB back: 20 klbf.

Trippin in/out: 60 ft/min, 0 RPM

The iteration process for the MLT1 L2 8 4” section was as following:

1) Start off with Scenario 1 parameters.

2) Check ECD. It is too high, as the FG line is crossed towards bottom.
3) Check min flowrate.

This is 614 gpm.

4) Increase pump rate to 600 gpm. Set RPM to 195 for help cleaning hole. Decrease MW
to 10.4 ppeg.

Min flowrate now 629 gpm.

5) Check ECD again.

ECD now a bit too low at last csg show. UB by ca 0.4ppg.

6) Increase pump rate to 640 gpm.

ECD still a bit too low at last casing shoe.

7) Increase MW to 11.1 ppg.

Min flowrate now 582.6 gpm. ECD is totally within the drilling window, with a clearance
above PP at last csg shoe of around 0.3 ppg.

8) Check load summary.

No issues at WOB 10 kibf.

9) Increase WOB to Scenario 2 values.

Now S-buckling for slide drilling.

10) Decrease WOB for slide to 15 klbf. Now no issues.

11) Check SPP.

With 3x12 nozzles it's 7666 psi, above max surface of 5000 psi.

12) Select 3x18 nozzles.

Now SPP is 4606 psi.
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P.4MLT211

Table 27: Suggested parameter values for MLT2 L1

WOB = 25 kibf

RPM = 195

ROP = 25 ft/hr

Flowrate = 640 gpm

MW = 10.5 ppg

New bit nozzle config: 3x(18/32)

(Contingency: Tieback 10 3/4" Liner to surface without changing BHA)

Tripping out RPM: 120

WOB slide: 10 kibf

WOB back: 20 klbf

The iteration process for the MLT2 L1 section was as following:

1) started off at Scenario 1 parameters. Check ECD.

The ECD is too high, and will frac the formation below around 26000 ft MD.

2) Select MW 11.1 ppg.

ECD now looks fine, except crossing the frac line towards TD around 28000 ft MD.

3) Check min flowrate. This is 623.5 gpm for selected MW.

4) Set pumprate to 620 gpm. Increase RPM to 195 to improve hole cleaning.

Min flowrate is now 585.5gpm, given by the 13 5/8" annulus.

5) Check ECD again. Too high towards TD.

6) Reduce pumprate to 580 gpm and MW to 10.9ppg.

ECD looks better, but still above frac limit towards TD.

7) Reduce MW to 10.6 ppg.

Now ECD is more or less within the drilling window, but appears to just go UB just below
last csg shoe (BAD), and just above the frac limit in the bend at around 28500 ft MD
(BAD).

8) Check min flowrate. Min flowrate is 618.7 gpm.

9) A trend is that the ECD becomes more "vertical" if the MW is reduced and the pump
rate is increased. End up with MW 10.5ppg and pumprate 640 gpm.

ECD is now below FG at all times, and just on the limit of PP at last csg shoe (risky, but
OK for now).

10) Check SPP.

This is 7380 psi with 3x12 nozzles, above max surface pressure of 5000 psi.

11) Change to 3x18 bit nozzles.

SPP is now 4485 psi.

12) Check min flowrate. This is 625.5 gpm. The set pumprate of 640 gpm will clean the
hole sufficiently.

13) Check Load summary. WOB is 10 klbf fot rot on bottom (From Scenario 1).

For tripping out the yield strenght and the maximum overpull using % of yield is
exceeded.
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14) Set rotaional speed while tripping out to be 120 RPM.

Now the issue is gone. The rotary while tripping out reduces the drag force (vis med
ligning, jf h@yaviksboring)

15) Increase the WOB from 10 to 25 klbf.

S-buckling for slide drilling. Reduce WOB for slide drilling to 10 klbf. No issues.

P.5 MLT2 129 %"

Table 28: Suggested parameter values for MLT2 L2 9 ¥~

WOB = 25 kibf

RPM = 195

ROP = 25 ft/hr

Flowrate = 620gpm

MW =12.1 ppg

New bit nozzle config: 3x(18/32) instead of 3x(12/32)

(Contingency: Tieback 10 3/4" Liner to surface without changing BHA)

Scenario 2 values for slide, back osv.

The iteration process for the MLT2 L2 9 4” section was as following:

1) Check ECD.

ECD is within drilling window, but could be lower for faster ROP.

2) Check min flowrate.

Min flowrate er 618 gpm.

3) Increase pumprate to 600 gpm. Increase RPM to 195 to help cleaning.
4) Check ECD again.

Still within drilling window, but a big high.

5) Decrease MW to 12.0ppsg.

6) Check min flowrate.

Min flowrate is 609.3 gpm.

7) Increase pumprate to 620 gpm.

8) Check ECD.

ECD look fine, but a bit low at last csg shoe. Only 0.05 ppg above PP.
9) Increase MW to 12.1 ppg.

10) NOw ECD is OK, around 0.15 ppg above PP line.

11) Min flowrate is 600.2 gpm, lower than set pumprate of 620 gpm.
12) SPP with 3x12 nozzles is 6653.26 psi, higher than max surface pressure of 5000 psi.
13) Change to 3x18 nozzles.

Now SPP is 3522.9 psi.

14) Check Load Summary.

No issues for Scenario 1 parameters.

15) Increase to Parameter 2 values.

No issues.
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P.6 MLT2 L2 8 %5"

Table 29: Suggested parameter values for MLT2 L2 8 ¥%”

WOB = 25 kibf

RPM = 195

ROP = 25 ft/hr

Flowrate = 640gpm

MW = 10.8 ppg

Changed BHA.

New bit nozzle config: 6x(18/32) instead of 3x(12/32)

(Contingency: Tieback 10 3/4" Liner to surface without changing BHA)

WOD slide: 3 kibf

Rest WOB parameters Scenario 2.

The iteration process for the MLT2 L2 8 4” section was as following:

1) Start off with Scenario 1 values

2) Check ECD

ECD too high, crosses FG line around 25500 ft MD.

3) Reduce MW to 11.1 ppg.

ECD still too high. Crosses the frac limit around 26500 ft MD now.

4) Reduce MW to 10.4 ppg.

Now ECD almost within drilling window, but still a bit too high and crosses the FG
towards the bottom.

5) Reduce MW to 9.8 ppg.

Now ECD does not cross the FG line, but will be UB contra the PP line at last csg shoe.

6) Check the min flowrate.

This is 713.3 gpm.

7) Increase pumprate to 680 gpm. Increase RPM to 195 to clean the hole better.

Min flowrate is now 671.5 gpm.

8) Check ECD.

Within for most of the openhole section, but UB below last csg shoe and above the FG
towards TD (See figure).

9) Decided to change BHA for this MLT2 L2 8.5in Section.

Conclusion: Should change BHA to get down the rapid changes in the EDC, or underream
the hole to 9 1/2". Not suggested to drill this section.

10) BHA changed to 8 1/2" assembly in Wellpan library. NOT checked if DP can be
delivered by Maersk Gallant. Not suggested to drill this section.

11) Check ECD.

Now there is no sudden jump in the ECD line due to shorter BHA, with 6.5" OD instead
of 6.75" OD, reducing the ECD.

Now ECD a bit too low.

12) Increase MW to 10.8 ppg. Flowrate reduced to 640 gpm. Min flowrate needed is 630
gpm.
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ECD now within drilling window for most of openhole. Never crosses the FG line, but is
UB just below last csg shoe, but better than for last BHA.

Not to recommend still due to UB at last csg shoe.

13) Check SPP.

This is 8251psi with string nozzles 3x12. Too high with respect to max surface pressure
of 5000 psi.

14) Change to 3x18nozzles.

Still too high, now SPP of 5274 psi.

15) Change to 6x18 nozzles.

NOw SPP is 4724 psi.

16) Check Load Summary.

With Scenario 1 parameters there is S-buckling for slide drilling.

17) Increase all the parameters to Scenario 2, except slide drilling, which is reduced to 3
kibf (small). No issues.
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P.7MLT3 L1

Table 30: Suggested parameter values for MLT3 L1

WOB = 25 kibf

RPM = 195

ROP = 25 ft/hr

Flowrate = 640 gpm

MW = 10.5 ppg

New bit nozzle config: 3x18

(Contingency: Tieback 10 3/4" Liner to surface without changing BHA)

WOB slide: 5 kibf

WOB back: 20 klbf

Tripping in/out rotation: 0 RPM

The iteration process for the MLT3 L1 section was as following:

1) Start off with parameters from Scenario 1.

2) Check ECD.

ECD too high. Falls above FG below around 19800 ft MD.

3) Reduce MW to 10.5 ppg.

Now ECD is within the drilling window, but too close to the PP at just below last csg shoe.
4) Check min flowrate. Min flowrate is 665.6 gpm for MW 10.5ppg.

5) Increase pumprate to 620 gpm. Increase RPM to 195 to increase hole cleaning.

Min flowrate now is 625.5 gpm.

6) Check ECD again. Better now. Within the drilling window, with some small margins
(too small) at each side.

7) Increase pumprate to 630 gpm.

ECD is totally within the drilling window. Margin at TD to FG is around 0.03 ppg (a bit
small). Margin to PP at last csg shoe around 0.22 ppg (OK?)

8) Check SPP.

This is 7445 psi with 3x12 nozzles, higher than max surface pressure of 5000 psi.

9) Select 3x18 bit nozzles.

SPP is now 4551 psi.

10) Check load summary.

S-buckling for slide drilling with WOB 10 klbf. Reduce to 5 klbf WOB for slide drilling to
remove issue.

11) Increase WOB rot on bot from 10 klbf to 25 kblf.

No issues.
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P.8 MLT3 L2 9 %"

Table 31: Suggested parameter values for MLT3 L2 9 ¥%”

WOB = 25 kibf

RPM = 195

ROP = 25 ft/hr

Flowrate =610 gpm

MW =12.1 ppg

New bit nozzle config: 3x(18/32) instead of 3x(12/32)

(Contingency: Tieback 10 3/4" Liner to surface without changing BHA)

WOB values: Scenario 2

The iteration process for the MLT3 L2 9 4” section was as following:

1) Start off with Scenario 1 values.

2) Check ECD.

ECD within drilling window, but could be closer to PP for faster ROP.
3) Reduce MW to 12.1 ppg.

Now ECD better and closer to PP for faster ROP.

4) Check min flowrate.

This is 640.5 gpm.

5) Increase pumprate to 610 gpm. Increase RPM to 195 for better cleaning.
Min flowrate is now 602 gpm.

6) Check ECD.

Look fine. A margin (trip) of 0.16 ppg above PP at last casing shoe.
7) Check SPP.

This is 6475 psi for 3x12 nozzles, which is above the max of 5000 psi.
8) Change to 3x18 nozzles.

SPP is now 3444 psi.

9) Check Load Summary.

No issues for Scenario 1 WOB values.

10) Increase to Scenario 2 WOB values.

No issues.
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P.9 MLT3 L2 8 5"

Table 32: Suggested parameter values for MLT3 L2 8 ¥2”

WOB = 25 kibf

RPM = 195

ROP = 25 ft/hr

Flowrate = 500 gpm

MW = 10.7 ppg

New BHA to overcome ECD.

New bit nozzle config: 3x(18/32) instead of 3x(12/32)

(Contingency: Tieback 10 3/4" Liner to surface without changing BHA)

Tripping in RPM: 120 RPM (to overcome S-buckle)

Slide WOB: 0 (not possible)

The iteration process for the MLT3 L2 98 72” section was as following:

1) Start off with Scenario 1 values.

2) Check ECD.

The ECD is way too high. Due to the long horizontal section the ECD rises dramatically
after the last csg shoe.

3) Reduce MW to 10.8 ppg.

ECD is now around 0.2 ppg above PP at last csg shoe, but rises to cross the FG line
around 22000 ft MD.

4) Check min flowrate.

This is 640 gpm.

5) Increase pumprate to 610 gpm and RPM to 195 to help cleaning.

Min flowrate is now 602.3 gpm.

6) Check ECD.

Again ECD is fine from last csg shoe down to around 21800 ft, where the FG is crossed.
Recommend NOT to drill this section with this BHA.

7) Decided to change BHA. Change to same as for MLT2 L2 8.5in.

8) Check ECD. Now better. Almost within drilling window for whole openhole section.
Just above FG at TD, and just below PP at last csg shoe.

9) Set MW at 10.7 ppg. Set pumprate at 500 gpm. This to get ECD within drilling window.
10) Check ECD.

NOw ECD more or less within drilling window. Never exceed the FG, but no kick margin
at TD. At last casing shoe just UB compared to PP (BAD).

However, in order to get this a pumprate of 500 gpm had to be set. Min flowrate is
637.7 gpm, so bed height over 2 inches outside 13 5/8" annulus.

11) Check SPP.

This is 5721 psi, more than max of 5000 psi.

12) Change to 3x18 nozzles.

Now SPP is 3921 psi.

13) Check Load Summary.
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S-buckle for borth trip-in and slide.

Set RPM for tripping in to 120 RPM. Set WOB for slide to 0.5 kIbf. Still S-buckle. Slide
drilling not possible for this section! Uncheck slide drilling.

14) Rest of WOB set to Scenario 2.

No issues.

As it could be seen both MLT2 L2 8 5” and MLT3 L2 8 }4” showed indications of issues
with regards to the circulating pressures and ECD, and the BHA was changed for both
wellbores. With the new BHA, due to shorter length and average smaller OD, the
challenges partly disappeared, but not fully. In addition, the pipe selected to in Wellplan
had not been validaded towards the possible drilling equipment on the rig, Maersk
Gallant.
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Appendix Q: Simulation results

In this appendix chapter all the simulations results from all the comparison cases are
presented. The evaluation of each of the graphs shown here lead to the evaluation
summary sheets displayed and discussed in chapter 8.

Q.1 Effective Tension

Effective Tension - Rotating on Bottom -
Comparsion Case B
Tension [kibf] (negative values indicate compression in [kibf])
-50 0 50 100 150 200 250 300
0 Il 1 Il 1 Il NP R —
5000
10000
— 15000 -
£
[=)
= 20000
25000
30000
35000
—+— MLT1 L1 Scenariol —=— MLT1 L1 Scenario 2 MLT2 L1 Scenario1l ——MLT2 L1 Scenario 2

Figure 151: Effective tension scenario 1 and 2 comparison case B (Wellplan 2013a)
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Effective Tension - Rotating on Bottom -
Comparsion Case C

-50 0 50 100 150 200 250 300

—+—MLT1 L2 8.5in Scenario 1 —=—MLT1 L2 8.5in Scenario 2 —— MLT2 L2 8.5in Scenario 1
——MLT2 L2 8.5in Scenario 2 —+— MLT3 L2 8.5in Scenario 1 —=— MLT3 L2 8.5in Scenario 2

Figure 152: Effective tension scenario 1 and 2 comparison case C (Wellplan 2013a)
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Effective Tension - Rotating on Bottom -
Comparsion Case D

-50 50 100 150 200 250

—+—MLT1 L2 9.5in Scenario 1 —=—MLT1 L2 9.5in Scenario 2 —— MLT2 L2 9.5in Scenario 1

——MLT2 L2 9.5in Scenario 2 —+— MLT3 L2 9.5in Scenario 1 —=— MLT3 L2 9.5in Scenario 2

Figure 153: Effective tension scenario 1 and 2 comparison case D (Wellplan 2013a)
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MD [ft]

Effective Tension - Rotating on Bottom -
Comparsion Case F

Tension [kibf] (negative values indicate compression in [kibf])
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Figure 154:; Effective tension scenario 1 and 2 comparison case F (Wellplan 2013a)
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Effective Tension - Rotating on Bottom -
Comparsion Case G

-50 0 50 100 150 200 250 300

L al 1 1

—+—MLT2 L2 8.5in Scenario 1 ——MLT2 L2 8.5in Scenario 2 —+— MLT3 L2 8.5in Scenario 1
—+—MLT3 L2 8.5in Scenario 2 ——MLT3 L1 Scenario 1 —=— MLT3 L1 Scenario 2

Figure 155: Effective tension scenario 1 and 2 comparison case G (Wellplan 2013a)
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Figure 156: Effective tension suggested values comparison case C (Wellplan 2013a)
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Figure 157: Effective tension suggested values comparison case D (Wellplan 2013a)
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Figure 158: Effective tension suggested values comparison case F (Wellplan 2013a)
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Figure 159: Effective tension suggested values comparison case G (Wellplan 2013a)
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Q.2 Torque
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Figure 160: Torque scenario 1 and 2 values comparison case B (Wellplan 2013a)
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Torque - Rotating on Bottom - Comparison Case C

Rotational Torque [ft-1bf]
0 5000 10000 15000 20000 25000 30000 35000 40000 45000

0 1 1 1 1 | II Il |

5000

10000

15000

MD [ft]

20000

25000 -

30000

35000

—+—MLT1 L2 8.5in Scenario 1 —=—MLT1 L2 8.5in Scenario 2 —+— MLT2 L2 8.5in Scenario 1
——MLT2 L2 8.5in Scenario 2 —+—MLT3 L2 8.5in Scenario 1 —»— MLT3 L2 8.5in Scenario 2

Figure 161 Torque scenario 1 and 2 values comparison case C (Wellplan 2013a)
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Torque - Rotating on Bottom - Comparison Case D
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Figure 162: Torque scenario 1 and 2 values comparison case D (Wellplan 2013a)
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Torque - Rotating on Bottom - Comparison Case F
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Figure 163: Torque scenario 1 and 2 values comparison case F (Wellplan 2013a)
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Figure 164: Torque scenario 1 and 2 values comparison case G (Wellplan 2013a)
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Figure 165: Torque suggested values comparison case C (Wellplan 2013a)
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Torque - Rotating on Bottom - Comparison Case D
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Figure 166: Torque suggested values comparison case D (Wellplan 2013a)
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Torque - Rotating on Bottom - Comparison Case F

Torque [ft-lbf]
0 5000 10000 15000 20000 25000 30000 35000 40000 45000 50000
0 1 1 al 1 1 ay 1 1 ]

5000

10000

15000

MD [ft]

20000

25000

30000

35000

—=—MLT1 L1 Suggested Value —=—MLT2 L1 Suggested Values —=— MLT1 L2 8.5in Suggested Values

Figure 167: Torque suggested values comparison case F (Wellplan 2013a)
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Figure 168: Torque suggested values comparison case G (Wellplan 2013a)
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Q.3 Fatigue Ratio
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Figure 169: Fatigue ratio scenario 1 and 2 values comparison case C (Wellplan 2013a)
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Figure 170: Fatigue ratio scenario 1 and 2 values comparison case D (Wellplan 2013a)
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Figure 171: Fatigue ratio scenario 1 and 2 values comparison case F (Wellplan 2013a)
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Figure 172: Fatigue ratio scenario 1 and 2 values comparison case G (Wellplan 2013a)
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Figure 173: Fatigue ratio suggested values comparison case C (Wellplan 2013a)
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Figure 174:

Fatigue ratio suggested values comparison case D (Wellplan 2013a)
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Fatigue Ratio - Rotating on Bottom - Comparison
Case F

Fatigue Ratio [-]
-0.1 0 0.1 0.2 03 0.4 05
1

0.6 0.7 0.8

D

MD [ft]

—=—MLT1 L1 Suggested Values —«—MLT2 L1 Suggested Values —«— MLT1 L2 8.5in Suggested Values

Figure 175: Fatigue ratio suggested values comparison case F (Wellplan 2013a)
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Fatigue Ratio - Rotating on Bottom -
Comparison Case G
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Figure 176: Fatigue ratio suggested values comparison case G (Wellplan 2013a)
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Q.4 Hook Load
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Figure 177: Hook load scenario 1 and 2 values comparison case C (Wellplan 2013a)
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Figure 178: Hook load scenario 1 and 2 values comparison case D (Wellplan 2013a)
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Figure 179: Hook load scenario 1 and 2 values comparison case F (Wellplan 2013a)
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Figure 180: Hook load scenario 1 and 2 values comparison case G (Wellplan 2013a)
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Figure 181: Hook load suggestev values comparison case C (Wellplan 2013a)
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Figure 182: Hook load suggestev values comparison case D (Wellplan 2013a)
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Figure 183. Hook load suggestev values comparison case E (Wellplan 2013a)
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Q.5 Torque vs MD, Minimum WOB and Hole Cleaning

Based on the amount of figures in this report the simulation results for these effects
were decided to taken out. The Torque is already given in Q.2, the minimum WOB not
indicated to be an issue for any of the wellbores for rotating on bottm and the hole
cleaning given by the 13 5/8” annulus in all wellbore sections. Due to this all of these
drilling effects were not presented in this appendix. All graphs, however, can be given
based upon request.
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Q.6 Pressure Losses
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Figure 184: Pressure losses scenario 1 and 2 values comparison case C (Wellplan 2013a)
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Figure 185: Pressure losses scenario 1 and 2 values comparison case D (Wellplan 2013a)
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Figure 186: Pressure losses scenario 1 and 2 values comparison case F (Wellplan 2013a)
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Figure 187: Pressure losses scenario 1 and 2 values comparison case G (Wellplan 2013a)

292




System Pressure Losses - Comparison Case C

7000 3K

Pressure Loss [psi]
iy
8
S

0 T T T T T T T 1
0 100 200 300 400 500 600 700 800

Pump Rate [gpm]

=—4—MLT1 L2 8.5in Suggested Values
== MLT2 L2 8.5in Suggested Values
=f=MLT3 L2 8.5in Suggested Values

—li—Max Surface Pressure (mudpumps Meersk Gallant)

Figure 188: Pressure losses suggested values comparison case C (Wellplan 2013a)
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Figure 189: Pressure losses suggested values comparison case D (Wellplan 2013a)
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Figure 190: Pressure losses suggested values comparison case F (Wellplan 2013a)
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Figure 191: Pressure losses suggested values comparison case G (Wellplan 2013a)
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Q.7 ECD and Circulating Pressures

In order to reduce the number of figures in the report only ECD effects are shown in this
Appendix.

C) MLT1 12 8.5 vs MLT2 L2 8.5 vs MLT3 L2 8.5 (all L2 8.5in compared)
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Figure 192: ECD for scenario 1 and 2 values comparison case C (Wellplan 2013a)
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Figure 193: ECD for scenario 1 and 2 values comparison case D (Wellplan 2013a)
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Figure 194: ECD for scenario 1 and 2 values comparison case F (Wellplan 2013a)
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(G) MLT2 L2 8.5 vs MLT3 L1 vs MLT3 L2 8.5) (all EL compared)
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Figure 195: ECD for scenario 1 and 2 values comparison case G (Wellplan 2013a)
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Figure 196: ECD for suggested values comparison case C (Wellplan 2013a)
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Figure 197: ECD for suggested values comparison case D (Wellplan 2013a)
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Figure 198: ECD for suggested values comparison case F (Wellplan 2013a)
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Figure 199: ECD for suggested values comparison case G (Wellplan 2013a)
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Appendix R: Ekofisk South

The Ekofisk south project has a net present value of 29 050 million NOK. The first
production in the area is expected in December 2013, while the first water injection, via
the 2/4-VB, came in June 2013, although not scheduled until September 2013 (Maxwell
2013). The licence in the area expires in 2028, but the estimated have showed
production until 2049. In order to ensure optimal long-term development and
hydrocarbon recovery, the PL 018 licensees have designed the Ekofisk South facilities to
maximize resources and value over the field life without regard for short-term value
maximization within the current license period (ConocoPhillips 2013f).
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Figure 200: Project scope of the current ongoing development of the Ekofisk South area
(ConocoPhillips 2013f)
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Figure 201: Map showing the Ekofisk south area, with the waterflood expansion area marked in blue
(ConocoPhillips 2013f)
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APPENDIX S: Mudpump configurations

The mud pump currently available on Maersk Gallant is marked with bold
letters in the table below. The maximum mud pump pressure is 5000 psi, with
a maximum displacement of 1.215 gpm with liner of 9” (American
Manufacturing 2012).

Table 33: The F-series mudpumps for the manufacturer EMSCO (Sunry Petro)

Model F-500 F-800 F-1000 F-1300 F-1600 FC-2200

Max. liner sizex 170x191 170x229 170x254 180x305 180x305 203x356
stroke (mm)
Rating strokes 165 150 140 120 120 105
(rpm)
Rating Power  373(500) 596(800) 746(1000) 969(1300) 1193(1600) 1640(2200)
KW (HP)
Gear Ratio 4286:1 4.185:1 4.207:1 4.206:1 4.206:1 3.521:1

Lubricating Pressure and Splash
System
Suction Inlet 8" 10" 12" 12" 12" 12"
Flange
Discharge 4" 5" 5" 5" 5" 5"
Outlet Flange
Diameter of 139.7 177.8 196.9 215.9 215.9 254
Pinion Shaft
mm
Weight (Kg) 9770 14500 18790 24572 24791 38460
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