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Abstract

In this thesis the productivity of well 25/8-D-1 AH T3 in the Jette �eld has been evaluated
by estimating the productivity index. The productivity index has been estimated in two
ways; with the use of a pseudo-steady state model and multi-rate tests. It was observed that
the well su�ers from a poor Productivity Index (PI), with a low and unstable production
due to slugging. A sensitivity analysis was performed on several input parameters in order
to investigate the reasons for the poor PI. The sensitivity analysis gave indications to
what kind of well intervention measures which may be reasonable to implement in order
to increase the productivity.

Six cases of well intervention measures were implemented and simulated with
Schlumberger's simulation propriety ECLIPSE 100. The cases consist of in�ll drilling and
acid squeeze. All six cases showed an increase in Recovery Factor (RF); 1-30% increase
from the basecase. The new well paths were designed with the Petrel software to obtain
an optimized connection factor, giving a smoother wellbore location in the grid blocks.
Up to four completion options have been suggested for the cases, where the most optimal
options have been considered to be a barefoot solution or a an openhole completion with
standalone metal mesh screens, in�ow control devices and swell packers (as well 25/8-D-1
AH T3). The Net Present Value (NPV) was calculated for all cases and completion
options with the basis of the costs and revenue, and have been used to evaluate the
sustainability of the well intervention measures.

The in�ll drilling measures consist of laterals towards north, east and west of Well D. It
is observed, from the simulations, that the laterals towards east give highest increased oil
RF compared to the basecase; 29.2%. Acid squeeze gives an increased oil RF of 9.8%.
The costs of the drilling and completion operations were calculated using all inclusive day
rates. Assessed risks and unforeseen time delays due to conditions like hole instability
and cleaning, well control, stuck pipe, etc. were included in the probability distribution.
Almost all cases were found to obtain a positive NPV, being pro�table. Case 2 and Case
3, with laterals towards east, are found to be the most pro�table cases.





Sammendrag

I denne avhandlingen er produktiviteten til brønn 25/8-D-1 AH T3 i Jettefeltet blitt
evaluert ved å estimere produktivitetsindeksen. Produktivitetsindeksen har blitt estimert
på to måter; ved bruken av en pseudo-stabil tilstandsmodell og ved bruk av �erratetester.
Det ble funnet at at brønnen ikke produserer optimalt; en lav produktivitetsindeks. Det
ble også observert at det er en lav og ustabil produksjon grunnet slugging. En
sensitivitetsanalyse ble utført på �ere av inputparameterene for å undersøke hva som
fører til den lave produktivitetsindeksen. Sensitivitetsanalysen ga indikasjoner på hvilke
typer brønnintervensjonstiltak som kan være mulig å innføre for å øke produktiviteten.

Seks tilfeller av brønnintervensjonstiltak ble iverksatt og simulert med Schlumbergers
simuleringsprogram ECLIPSE 100. Tiltakene består av boring av �ere brønnbaner og
syrestimulering. Alle de seks tilfellene viste en økning i oljeutvinningsfaktor; 1-30%
økning fra nåværende tilfelle. De nye brønnbanene ble utformet med programvaren Petrel
for å oppnå en optimal forbindelsesfaktor, noe som gir en jevnere brønnbaneplassering i
rutenettblokkene. Opp til �re kompletteringsalternativer har blitt foreslått for tiltakene,
der de mest optimale alternativene har blitt anslått å være en barfot løsning og/eller en
åpenhulls komplettering med metall sandskjermer, kontrollenheter for innstrømning og
svellbare packere (slik som brønn 25/8-D-1 AH T3). Netto nåverdi har blitt beregnet for
alle tiltakene og kompletteringsalternativene, på grunnlag av beregnede kostnader og
inntekter, og har blitt brukt til å vurdere bærekraften i tiltakene.

Boretiltakene består av brønngrener mot nord, øst og vest for brønn 25/8-D-1 AH T3.
Fra simuleringene er det observert at grenene mot øst gir høyest økt oljeutvinngsfaktor
sammenlignet med nåværende tilfelle; 29.2%. Syrestimulering gir en økt
oljeutvinngsfaktor på 9.8%. Kostnadene for bore- og kompletteringsoperasjonene ble
beregnet ved hjelp av alt-inkluderende dagrater. Vurderte risikoer og uforutsette
forsinkelser på grunn av forhold som hullustabilitet og renhold, brønnkontroll og fastsatt
utstyr, osv. er inkludert i sannsynlighetsfordelingen. Nesten alle tiltakene ble anslått til å
oppnå en positiv netto nåverdi, å være lønnsomme. Tiltak 2 og Tiltak 3, med grener mot
øst, er anslått å være de mest lønnsomme tilfellene.
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1 Introduction

Oil and gas are life important energy resources where the industry is constantly being
pushed beyond existing boundaries to supply the growing demand. It is unlikely that the
industry will make su�cient new reserve discoveries, and/or develop existing resources
fast enough to maintain production levels (as per 2013) for an extended period of time.
This can be attributed to the increasing complexity of the remaining reserves, and
escalating costs of developing these resources for production (Naterstad 2013). The trend
of increasing consumption along with decreasing discoveries and dwindling producing
resources has prompted the need for technological development and research. Recent
years increase in oil prices have made deep water drilling and subsea �eld development
technology economically viable, extending this window.

On the Norwegian Continental Shelf (NCS) the RF is high compared to the world average
RF; it is estimated to 46% (as of April 2013) (Oljedirektoratet 2013). Even with a currently
high RF important resources are left. Increasing average RF on the NCS by one per cent
may yield more than 300 BNOK in additional revenues, provided current (as of 24.04.2014)
oil prices (approximately 110 USD/BBL) (Labastidas Avila et al. 2013). Despite of the
technological developments in the recent years with deep water drilling and subsea �eld
development, it seems apparent that the most reasonable way of gaining this extra per cent
is to recover the already available resources. This may be done by implementing Improved
Oil Recovery (IOR) measures. IOR includes both well intervention and Enhanced Oil
Recovery (EOR).

In order to decide on whether or not a �eld and its producing wells are candidates for
IOR a thorough analysis of the production is necessary. The analysis may help to decide
on which IOR measure(s) to implement. The productivity of a well is de�ned by the PI
and is useful for describing its relative potential (Winther 2013). The PI, along with a
sensitivity analysis, can give an indication of whether or not the well should be worked-
over. Conversations with industry people has indicated that a good well has a productivity
index of 30-60 Sm3/day/bar 1 (Winther 2013). Typical examples of work-over measures
in wells with poor PI may include well stimulation, drilling of side-tracks or multi-laterals,
perforating, or scale removal.

1Personal communication with Jean-Christophe Barbier. November 2013. Trondheim: Weatherford

Petroleum Consultants AS
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The Jette �eld is a subsea developed oil �eld in the Southern part of the North Sea,
connected to the Jotun �eld. Jette's resources would not have been possible to produce
without the already existing infrastructure in the area. It is developed with two horizontal
producers, 25/8-E-1 H and 25/8-D-1 AH T3. Both the wells have gas lift. The �eld
started its production the 19th of May 2013, and has experienced ample challenges during
its producing life. One of the challenges is the low PI of the wells, particularly of well
25/8-D-1 AH T3. In Productivity Index in Horizontal Wells (Winther 2013) the PI of
25/8-E-1 H was estimated by the use of a model for horizontal wells in closed reservoir,
multi-rate tests and build-up tests, and con�rmed through in�ow- and lift performance
curves. It was found that the oil production in the well is highly dependent upon gas lift
rate, and that the productivity index was most sensitive to formation height, well deviation
and horizontal permeability. The objective in this thesis is to evaluate the additional well,
well 25/8-D-1 AH T3, for well intervention measures.

The productivity index in this thesis will be calculated by the use of a pseudo-steady
state model and multi-rate tests, and veri�ed with a correlation between lift performance
curves and in�ow performance curves (Winther 2013). In order to determine which type
of well intervention measure to implement, a thorough investigation of production
history, log analysis, well path survey, production system, well test analysis and reservoir
geometry, along with a sensitivity analysis, are needed. The data made available to
produce the results in this report include log data, well tests, geometry of the production
system, and production data from appraisal- and producing wells. The calculation of the
parameters have to be made from empirical correlations or in software like WellFlo and
PanSystem. With the use of the simulation propriety ECLIPSE 100 the future
productivity and pro�tability of di�erent well intervention measures may be evaluated,
making it easier to decide on which measures to implement.

This thesis starts with a theoretical part in Chapter 2-5, which includes some
de�nitions, an introduction to reservoir simulation and history matching, and a
presentation of IOR and di�erent measures within IOR and well intervention. As
horizontal wells and their productivity indices are highly relevant in this thesis, theory
about horizontal well technology, productivity index and well testing are described in
Appendix B. The theory is taken from the project report Productivity Index in
Horizontal Wells (Winther 2013). Chapter 6 introduces the �eld and in Chapter 7

the productivity of well 25/8-D-1 AH T3 is evaluated, and di�erent IOR measures are
considered. Chapter 8 and 9 describes the simulation model, and the validation and
history matching of the model. Well design, the simulation of well intervention measures
and the results are presented in Chapter 10 and 11. Finally, an economic analysis,
conclusions and ideas for future work are presented in Chapter 12- 14.
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2 Previous Work

In September 2013 Det Norske Oljeselskap requested Weatherford Petroleum Consultants
to carry out an in-depth study of the Jette wells 25/8-D-1 AH T3 and 25/8-E-1 H. The
purpose of the study was to perform production performance diagnostics, identify measures
to enhance the production, and evaluate well intervention opportunities. In addition to a
study performed by Weatherford Petroleum Consultants, three students performed studies
related to the Jette Field. The three student tasks consisted of a study of the productivity
and future challenges of well 25/8-E-1 H, a theory study of well intervention measures in
well 25/8-D-1 AH T3 and a simulation study of upscaling the existing simulation model.

The study performed by Weatherford Petroleum Consultants included the features below
mentioned.

• Identi�cation of root causes of production related problems in 25/8-D-1 AH T3.

• An evaluation of the e�ectiveness of clean-up, production and lift performance in
25/8-E-1 H to provide guidance for optimization/enhancements and potential future
intervention measures.

• A proposal of a new well test program and analysis of the results with respect to
in�ow and lift performance, �ow capacity and skin.

• A de�nition of alternative well intervention measures.

The study revealed ample challenges which initiated the need for several in-depth studies;
it was observed that well 25/8-D-1 AH T3 had challenges with poor productivity and could
possibly be a candidate for well work-over. The production system was suspected to have
a poor design, and simulations of an improved design was recommended. Well 25/8-E-1 H
was found to have an adequate production rate.

The �ndings in the study performed by Weatherford Petroleum Consultants decided the
main topic of this master thesis; an in-depth evaluation of well 25/8-D-1 AH T3 in regards
well intervention measures. Also, other studies have been initiated after the �rst study;
Weatherford Petroleum Consultants was hired to conduct Phase 2 and Phase 3 of the
study, and one student carries out a history matching study of the upscaled model. Some
of the �ndings from the parallel projects are presented in Section 6.6. The development of
knowledge and understanding of the �eld has been an ongoing process. When the project
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was initiated, much of the information available was deemed inadequate or inaccurate.
Thus, working on this project has been a matter of aiming for a moving target. The reader
should take this into consideration.
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3 Basic De�nitions

Arti�cial Lift

Arti�cial lift is a method used to lower the producing Bottom Hole Pressure (BHP) to
increase the drawdown in order to obtain a higher production rate from the well. Arti�cial
lift can be used to generate �ow from a well in which no �uids are being produced or
to increase the �ow rate from a producing well. Most oil wells require arti�cial lift at
some point in the life of the �eld (Petrowiki 2014a). Arti�cial-lift systems use a range
of operating principles, including rod pumping, gas lift and Electric Submersible Pumps
(ESP). (Petrowiki 2014a)

Gas Lift

Gas lift is an arti�cial method in which gas is injected into the lower part of the
production tubing. The bottomhole �owing pressure reduces when the injected gas mixes
with producing �uids, decreasing the �owing pressure gradient in the production string.
The production rate is increased by reducing wellbore �owing pressure. The injection gas
is typically conveyed down the tubing-casing annulus and enters the production train
through a series of gas-lift valves. (Golan & Whitson 2003)

Lift Curves

Modelled curves of a well and/or pipeline which calculates the pressure drop in the given
well and/or pipeline.

Improved Oil Recovery

IOR is commonly used to describe any process, or combination of processes, that may
be applied to economically increase the cumulative volume of oil that is recovered from a
reservoir at an accelerated rate (Eoga 2014).

Enhanced Oil Recovery

An oil recovery enhancement method using sophisticated techniques that alters the original
properties of the oil (Schlumberger 2014c). EOR increases reserves by mobilizing residual
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oil trapped by capillary forces and oil that is too viscous to be e�ectively produced by for
example water �ooding. The key processes are chemical-, miscible-, and thermal �ooding.
(Hite et al. 2013)

Well Intervention

A well intervention, or well work, is any operation carried out on an oil or gas well during
or at the end of its productive life, which alters the state of the well and/or well geometry,
provides well diagnostics, or manages the production of the well. (Naterstad 2013)

Side-Track

A sidetrack is a secondary wellbore drilled away from the original wellbore. To sidetrack,
a hole (called a window) is made in the casing above the obstruction. The well is then
plugged with cement below the window. Special drill tools, such as a whipstock, bent
housing, or bent sub are used to drill o� at an angle from the main well. This new hole is
completed in the same manner as any well after a liner is set. (OSHA 2014)

Multilateral Well

A well that has more than one branch radiating from the main borehole. Multilaterals
can be relatively simple dual-opposing laterals, or complex multi-branched wells. With
a multilateral well it is possible to produce from several reservoir zones simultaneously.
(Schlumberger 2014f)

Milling

The use of a mill or similar downhole tool to cut and remove material from equipment or
tools located in the wellbore. Successful milling operations require appropriate selection of
milling tools, �uids and techniques. The mills, or similar cutting tools, must be compatible
with the �sh materials and wellbore conditions. The circulated �uids should be capable of
removing the milled material from the wellbore. (Schlumberger 2014e)

Dog Leg

An abrupt turn, bend or change of direction in a survey line, a wellbore, or a piece of
equipment. Dog-legs can be described in terms of their length and severity and quanti�ed
in degrees or degrees per unit of distance. (Schlumberger 2014a)

Drainage Shape

Drainage shape is the shape of the area that is drained by a well. The shape of the area is
a�ected by total no-�ow boundaries, representing a boundary along which no �uid enters
the drainage area, for example faults and very tight sediments. Di�erent geometries for
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CHAPTER 3. BASIC DEFINITIONS

the drainage shape have been developed, also considering the location of the well inside.
Shape factors are used to correlate the location of the well inside the drainage shapes.
(Dake 2001)

Multiple Rate Test

Tests conducted at a series of di�erent �ow rates for the purpose of determining well
deliverability, typically in gas wells where non-Darcy �ow near the well results in a rate-
dependent skin e�ect. Multiple-rate tests are sometimes required by regulatory bodies.
(Winther 2013)

Pressure Buildup Test

The most popular transient well test. The test involves a well which has produced for a
period of time. The analysis is easier if su�cient production time has occurred for the well
to reach stabilization. After the production period, the well is shut-in. The bottomhole
pressure during the shut-in period are monitored and recorded. A standard buildup test
normally lasts tens of hours to several days. (Winther 2013)

Permeability

Permeability is a property of the porous medium and is a measure of the capacity of the
medium to transmit �uids (Skjæveland & Kleppe 1992). Permeability is a tensor that in
general is a function of pressure. In addition, permeability is dependent upon saturation
history, wettability, temperature, viscous-, capillary- and gravitational forces and pore
geometry (Winther 2013). The permeability often varies spatially by several magnitudes,
and such heterogeneity may in�uence any IOR process.

Formation permeability may be determined or estimated on the basis of core analysis, well
tests, production data, well log interpretations, or correlations based on rock parameters.
(Skjæveland & Kleppe 1992)

Permeability Anisotropy

Anisotropy is de�ned as a predictable variation of a material with the direction in which
it is measured, which can occur at all scales (Winther 2013). In rocks, the variation
between permeability observed in vertical and horizontal permeability is anisotropy. This
is often found where platy minerals, such as clays, align parallel to depositional bedding
as sediments are compacted.

Skin Factor

The skin factor, S, is a dimensionless number representing the degree of formation
damage caused by the positive pressure di�erential between the wellbore and formation
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while drilling, which leads to an invasion of the latter by drilling mud whose solid
particles are retained in the pores close to the wellbore thus reducing permeability in the
restricted region (Dake 2001). It may also be caused by swelling of clay.

A positive skin value indicates some damage or in�uences that are impairing well
productivity. A negative skin value indicates enhanced productivity, typically resulting
from stimulation (Winther 2013). The value for the skin factor is highly dependent on
the value of the permeability-thickness product, kh.

For simplicity, skin may be divided into mechanical skin and formation skin. Mechanical
skin is the reduction in permeability in the near-wellbore area resulting from mechanical
factors such as the displacement of debris that plugs the perforations or formation matrix
(Winther 2013). Formation skin is due to the �ow from the reservoir to the wellbore caused
by pressure di�erence. The mechanical skin is often positive, while the formation skin is
negative.

Pseudosteady-State Flow

In pseudosteady-state �ow there is a no-�ow outer boundary. Typically, no-�ow boundaries
result from the pressure of o�set producing wells and/or geological barriers such as faults
and pinchouts (Golan & Whitson 2003). The outer boundaries are in�uencing the pressure
in the wellbore and this results in a stable rate of pressure decline throughout the system.

Steady-State Flow

Constant-pressure outer boundary, representing the boundary along which reservoir
pressure is maintained at its initial value. The constant-pressure boundary condition is
usually caused by either water in�ux from a very large aquifer, or by water or gas
injection in o�setting wells, or any combination of the three. This is usually called
steady-state �ow. (Golan & Whitson 2003)

Bullheading

The most common method of a contingency well kill. Forcing �uids in the pipe into the
formation at a pressure higher than the pore pressure and sometimes higher than the
fracturing breakdown pressure. Used to displace a kick out of the pipe when wellbore and
wellhead pressure limits permits. (Petrowiki 2014b)
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4 Reservoir Simulation

Reservoir simulation has become an integral part of the oil and gas industry over the last
50 years (Samier 2011). Reservoir simulations may help to make large capital decisions, to
estimate reserves, and to diagnose and improve the performance of producing reservoirs.
Some of the incentives for undertaking reservoir simulation studies are listed in Table 4.1.

Table 4.1: Incentives for reservoir simulation, from Franchi (2006).

• Cash �ow prediction
• Coordinate reservoir management activities
• Evaluate project performance - understand reservoir behavior
• Model sensitivity to estimated data - determine the need for additional data
• Estimate project life
• Predict recovery versus time
• Compare di�erent recovery processes
• Plan development on operational changes
• Select and optimize project design
• Maximize economic recovery

Simulating may be de�ned as assuming the appearance of without the reality (Petrowiki
2014c). Simulation of petroleum reservoir performance refers to the construction and
operation of a model whose behavoir assumes the appearance of actual reservoir behavoir.
The model is a set of equations that, subject to certain assumptions, describes the physical
processes active in the reservoir (Petrowiki 2014c). Although the model itself lacks the
reality of the reservoir, the behavior of a valid model simulated, assumes the appearance
of the actual reservoir.

The blocks in the horizontal direction in a simulation model are usually in the order of
hundreds of meters due to the run time of the model. This implies that the reservoir model
only has the capacity of showing the most signi�cant properties of the actual reservoir and
not at the desired one-metre scale. Petrophysical properties, pressure and saturations are
assumed to be constant over a signi�cant rock volume in the order of 100m x 100m x 10m.

There is a wide selection of available commercial reservoir simulators with di�erent
capabilities and solution techniques. In the following, the Schlumberger reservoir
simulation software, ECLIPSE 100, will be described.

9



4.1. ECLIPSE 100

4.1 ECLIPSE 100

The ECLIPSE industry-reference simulator o�ers the industry's most complete and robust
set of numerical solutions for fast and accurate prediction of dynamic behavior for all types
of reservoirs and development schemes. The ECLIPSE simulator has been the benchmark
for commercial reservoir simulation for more than 25 years due to its extensive capabilities,
robustness, speed, parallel scalability, and unmatched platform coverage. (Schlumberger
2014b)

The name ECLIPSE was originally an acronym for "ECLs Implicit Program for
Simulation Engineering" (Wikipedia 2013). ECLIPSE 100 is a fully implicit, three phase,
three dimensional, general purpose black oil simulator with gas condensate option. The
program can be used to simulate one, two or three phase systems (NTNU 2014). Some of
the model features available in ECLIPSE 100 are listed in Table 4.2. In addition to the
features listed in Table 4.2 ECLIPSE 100 contains multiple special extensions, for
example Polymer, Multi Segment Well and Coal Bed Methane options. (Lorentzen 2013)

Table 4.2: Model features available in ECLIPSE 100, from Lorentzen (2013) page 3.

• Variety of grid geometry options such as corner point, block-centered and radial
• Able to model all recovery mechanisms
• Possibility of subdivision of reservoir into regions of di�erent rock/�uid properties
• Local grid re�nements
• Both dual porosity and dual permeability formulation option for fractured reservoirs
• Fault modeling with non-neighbouring connections
• Numerical and analytical aquifer modeling
• Miscible �ood modeling for three components
• Non-Darcy �ow
• Tracer, brine and API tracking
• Rock compaction
• Hysteresis

The ECLIPSE simulator is the most feature-rich and comprehensive reservoir simulator
on the market, covering the entire spectrum of reservoir models, including black oil,
compositional, thermal �nite-volume and streamline simulation (Schlumberger 2012a).
As ECLIPSE 100 provides a wide range of features and special extensions it is a natural
choice for simulator of conducting simulations on.

4.2 A Reservoir Model

Reservoir simulations are built on reservoir models that include petrophysical
characteristics required to understand the behavior of the �uids over time (Schlumberger
2014k). Reservoir models can be used to examine the �ow of �uids within the reservoir
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CHAPTER 4. RESERVOIR SIMULATION

and from the reservoir, and are used for prediction and understanding of reservoir
performance.

Reservoir models are created from static geological models containing up to tens of
millions grid blocks. The model incorporates all the static geologic characteristics of the
reservoir, which include the structural shape and thicknesses of the formations within the
subsurface volume being modelled, their lithologies, the initial saturation and the
porosity and permeability distribution. Porosity and permeability often vary from
location to location, resulting in heterogeneity (Schlumberger 2014j). The more accurate
model, the more grid blocks are needed.

4.3 History Matching

Once the objectives which will be incorporated in a reservoir model are de�ned, the
development of the model proceeds in three stages; the history matching stage, the
calibration stage and the prediction stage. The calibration stage provides a smooth
transition between the history matching stage and the prediction stage. (Franchi 2006)

History matching is the act of adjusting a model of a reservoir until it closely reproduces the
past behaviour of a reservoir (Schlumberger 2014d). If a coarse study is being performed,
the quality of the match between observed and calculated parameters does not need to
be as accurate as it would for a more detailed study. The tolerance of a coarse study
is ± 10% drawdown, whilst for a study of greater reliability it should be reduced to ±
5%, or even less (Franchi 2006). The accuracy of the history matching depends on the
quality of the reservoir model and the quality and quantity of pressure and production
data (Schlumberger 2014d). A model may be considered reasonable if it does not violate
any known physical constraints.

The important stages in history matching are data preparation, matching strategy, key
history matching parameters, evaluation of the history match, deciding on a match and
to test the reasonableness of the match. Among the data variables matched in a typical
black oil or gas study are pressure, production rate, Water Oil Ratio (WOR), Gas Oil
Ratio (GOR), and tracer data if it is available. More specialized studies, such as
compositional or thermal studies, should also match data unique to the process, such as
well stream composition or the temperature of produced �uids (Schlumberger 2014d).
Production performance depends on input variables such as permeability distribution and
�uid properties. The goal of the history match is to �nd a set of input variables that can
reconstruct �eld performance. However, the uniqueness of a selected model is always a
challenge in a successful history matching; there may exist several, very di�erent
solutions to the history match, not violating any known physical parameters. The
uniqueness of history matching results in practice can be assessed only after individual
and technical experience and/or by repeating history matching with di�erent reservoir
models (Ra�ee 2011). The uniqueness problem arises from many factors. Most notable of
these are unreliable or limited �eld data, interpretation errors, and numerical e�ects
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(Schlumberger 2014d).

Once a model has been history matched, it can be used to simulate future reservoir
behaviour with a higher degree of con�dence, particularly if the adjustments are
constrained by known geological properties in the reservoir. (Schlumberger 2014d)
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5 Improved Oil Recovery

In today's society it is observed an increasing demand of petroleum as the consumption is
increasing. The trend of a steady increase is illustrated in Figure 5.1. On the other hand,
estimates of new discovered reserves have decreased steadily since 1970 (Labastidas Avila
et al. 2013). The declined production, decreasing amount of new discovered reserves and
high costs of green �eld developments prompt the need for an increase in the recovery
factor at the already developed �elds.

Figure 5.1: Forecasted world oil consumption, from Labastidas Avila et al. (2013), page 28.

The current, as of 2013, world average oil RF from oil �elds is estimated to 30-35% (Eni
2014), whereas the recovery factor at the NCS is estimated to 46% (Oljedirektoratet 2013).
This means that as much as 50-70% of the original oil in place is left when ending the
production. Good reservoir properties have strongly contributed to the high RF on the
NCS. In addition, extensive research, water and/or gas injection, 3D and 4D seismic data,
systematic data collection for better reservoir understanding and drilling more wells than
planned, technological development and close monitoring by the authorities have been
important to increase the recovery (Oljedirektoratet 2011b). To this end, technological
development and research are paramount (UiS 2014).

The primary measure of achieving increased recovery is by IOR. IOR recovers additional
oil beyond �uid expansion, rock compressibility, gravitational drainage, pressure decline
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5.1. SUBSEA OPERATED FIELDS

and natural water- or gas drive. It may include chemical, mechanical, physical, or
procedural processes, or a combination of the di�erent methods. In this sense, IOR
includes both EOR and well intervention. EOR consists of chemical and/or thermal
processes, for example thermal �ooding, surfactant injection and water-alternating-gas
injection. Well intervention may for example include in�ll drilling, scale removal and
hydraulic fracturing. EOR technologies are speci�cally designed to a�ect mostly the
immobile oil that remains in the reservoir, while IOR strategies can be used to recover
more of the remaining mobile oil and/or immobile oil. (Eoga 2014).

The potential for a later commitment to IOR is determined largely by the original
development solution (Osmundsen 2011); either subsea development or topside
development. Hence, it is important to carefully consider the choice of development with
regards to later operations.

5.1 Subsea Operated Fields

Subsea production systems refer to production systems situated under water on the sea
�oor (Naterstad 2013). The complexity of subsea production systems can range from
single satellite wells tied back to Floating Production Storage and O�oading (FPSO)
units, to several wells in a subsea template. Small, deep and/or remote �elds may be
opened up for production with a subsea production system. A subsea facility can be a
good solution where the distance to land or to existing platforms is short, and where a
platform-based development would not be pro�table. In recent years an increase of subsea
wells are observed, leading to more production from subsea wells than from platform wells
(Oljedirektoratet 2011a). See Figure 5.2.

Figure 5.2: Total production from subsea installations and �xed installations. There is
observed a decrease in �xed installations and an increase in subsea installations. From
Oljedirektoratet (2011a).
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CHAPTER 5. IMPROVED OIL RECOVERY

When developing a subsea production system, the initial investment, Capital Expenditure
(CAPEX), is lower than that of a topside operated �eld. The operating costs, Operational
Expenditure (OPEX), remains higher throughout the service life of the �eld. This may
make a subsea operated �eld more expensive to operate than a topside operated �eld.
An important characteristic of subsea solutions is that they simplify a phased delineation
and development of �elds, and thereby normally provide an earlier start to production
with the gathering of useful information. They usually involve pre-drilling, so that plateau
production is reached quicker. Faster development and shorter time to plateau production
almost always increase net present values. The recent years' high oil prices have made
subsea �eld development technology economically viable. (Naterstad 2013)

Figure 5.3 shows the RF for both subsea operated �elds and platform operated �elds.
Subsea wells normally underperform platform wells in RF with 15-20% (Iversen 2012).

Figure 5.3: Average recovery factors for topside operated �elds vs. subsea operated �elds.
From Osmundsen (2011), page 5.

5.2 Subsea Well Intervention

Well intervention is an IOR strategy which alters the state of the well and/or the well
geometry. The operations are carried out on a well during, or at the end of, its productive
lifetime. Examples of operations that may be performed include logging, perforating,
milling and underreaming to remove wellbore scale, see Figure 5.4. (Kratz 2011)

Subsea well interventions are observed to be limited as compared to platform well
interventions, see Figure 5.5. This may lead to a growing value gap between platform
wells and subsea wells. Poor access and technology are some of the factors limiting the
subsea well interventions, thus it is a key factor to develop the knowledge and new
technology (Iversen 2012). See Figure 5.6.
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5.2. SUBSEA WELL INTERVENTION

Figure 5.4: Examples of well intervention operations, from Kratz (2011), page 5.

Figure 5.5: Production pro�le improvement on platform wells/land wells undergoing well
intervention compared to subsea wells, from Haraldseide (2011), page 10.
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CHAPTER 5. IMPROVED OIL RECOVERY

Figure 5.6: Closing the value gap may be acheived by developing knowledge and technology,
from Iversen (2012).

Historically, subsea well interventions were usually performed using tethered �oating
drilling rigs anchored to the sea �oor. As technology is developed, water depth increases,
well head design evolves and well construction changes, intervention also evolves and
demand grows (Kratz 2011). This implies a trend towards utilizing lighter vessels for
data gathering and light interventions such as logging (Naterstad 2013). Still, well
interventions of subsea developed production systems are more cost intensive than
topside operated production systems. An improvement measure on a subsea well often
requires �ve times the earnings potential than would be needed for an intervention in a
platform well (Osmundsen 2011). Vessel availability, cost and the logistics involved in
moving suitable vessels from �eld to �eld are some of the factors limiting operators from
maintaining optimal production rates at all times (Naterstad 2013). Later commitment
to IOR based on a dedicated drilling rig will normally have greater potential than
platforms without such facilities or than subsea solutions where a mobile rig must be
chartered each time an intervention is needed (Osmundsen 2011).

Well intervention operations are commonly divided into Light Well Intervention (LWI),
Medium Well Intervention (MWI) and Heavy Well Intervention (HWI). The di�erence is
the equipment used; which operations which can be done. The main operation methods
are wireline, Coiled Tubing (CT) and jointed pipe.
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5.2. SUBSEA WELL INTERVENTION

5.2.1 The Drilling Riser

A drilling riser is required in conventional drilling operations and heavy well intervention
operations such as recompletions. The drilling riser provides the conduit through which to
run the drill string and returning drilling �uids, as well as a structure to attach hydraulic
and electrical control lines for the BOP (Schlumberger 2013a). See Figure 5.7. The riser
may be considered a temporary extension of the wellbore to the surface.

Figure 5.7: Marine drilling riser, from Schlumberger (2013a).

Only the heavier vessels and rigs are able to operate with a conventional drilling riser,
due to the riser's complex constructions and weight, and that it requires a certain amount
of �exibility and heave compensation in order to compensate for wave-induced motion
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CHAPTER 5. IMPROVED OIL RECOVERY

(Naterstad 2013). Production riser types are roughly divided into high pressure risers and
low pressure risers, signifying the construction's capacity to withstand pressure. (Naterstad
2013)

Riserless Light Well Intervention (RLWI) units are vessels which perform well intervention
measures with the use of cables instead of the riser. These measures are commonly referred
to as RLWI. RLWI are optimal for installation and manipulation, repair and scale removal
of some equipment, �uid sampling, re-perforations, zone isolation and chemical treatment.
RLWI has been performed successfully in the North Sea up to 600 metres. (Haraldseide
2011)

5.2.2 Well Intervention Operations

Light Well Intervention

LWI includes wireline services using a subsea lubricator system. Subsea wireline lubricator
systems do not require workover riser packages. Hence, these systems are easily used with
monohull vessels. (Naterstad 2013)

Examples of wireline operations include �shing, logging, setting and retrieval of valves,
installation of gas lift systems and ESP, perforations, setting or removing of plugs and
gauge cuttings. The interventions performed by wireline are limited by weight and energy.

Medium Well Intervention

MWI consists of CT, performed using a workover riser package via a semisubmersible or
jack-up rig. Riserless CT systems are also being developed, to further decrease the cost of
subsea well intervention and allow monohull vessels to use this technology. (Sandheep &
DeWalt 2003)

Examples of CT operations include �shing, logging, perforating, acidizing/stimulating,
proppant �ll, nitrogen injection, Through Tubing Rotary Drilling (TTRD) and cementing.

Heavy Well Intervention

HWI involves jointed pipe operations using derricks and hydraulic workover units, both of
which requires the use of conventional rigs and a conventional riser (Naterstad 2013).

Examples of jointed pipe operations include �shing, plugging and abandonment,
acidizing/stimulating, setting and retrieval of valves, perforating, TTRD and cementing.

Figure 5.8 illustrates examples of vessels and rigs which may be used to perform LWI,
MWI and HWI.

Some intervention methods are limited depending on equipment or downhole conditions.
For example, some �sh may be retrievable by wireline, while others may not. Table 5.1
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shows a brief comparison of intervention conveyance methods, taken from Subsea Well
Intervention Operations on the Norwegian Continental Shelf (Naterstad 2013).

Figure 5.8: Examples of vessels and rigs which may be used to perform di�erent well
intervention measures, from Fjærtoft & Sønstabø (2011), page 8.
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CHAPTER 5. IMPROVED OIL RECOVERY

Table 5.1: Comparison of intervention conveyance methods, from Naterstad (2013), page
25.

5.2.3 Well Intervention Measures

In�ll Drilling

Once a �eld has produced for some time, it might be desirable to drill additional wells,
sidetrack existing wells, replace damaged wells, or convert existing wells to multi-lateral
wells in order to improve the recovery. This is commonly referred to as in�ll drilling
(Naterstad 2013). In�ll drilling increases the reservoir-to-well-exposure, hence increasing
the reservoir drainage area, and enables widely spaced reservoir compartments to be
targeted, optimizing economic extraction of oil and gas. In�ll drilling might not be
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possible using conventional drilling technology if depletion of the reservoir has reduced
the reservoir pressure to the point where the mud window is closed. (Naterstad 2013)

Sidetracking can be done at di�erent locations in the well. A sidetrack can be made through
existing reservoir completions in order to drain the same reservoir. Making a multilateral
well, or a new sidetrack, can be done by placing a whipstock in the existing well and kick
o� in another direction. Milling of the existing casing at the kick o� point is necessary.
The whipstock can be perforated afterwards to open up for production from both wells.

Through-Tubing Drilling and Completion (TTDC) is a generic term for drilling sidetracks
in existing producers and injectors, and covers both Coiled Tubing Drilling (CTD) and
TTRD (jointed pipe), including installing the associated lower completion, typically liners
or screens, see Figure 5.9. (Statoil 2008)

Figure 5.9: Illustration of a sidetracked well with through-tubing drilling, from Statoil
(2008).

Through-tubing drilling is a slim-hole side-tracking technique currently used on o�shore
wells to inexpensively drill marginal targets, with a kick-o� point in existing production
liner or completion tubing. The main advantage of the technology is that new reservoir
sections can be reached without having to remove the existing X-mas tree, the completion
or the production casing, thereby reducing operational time signi�cantly compared to a
"standard" slot recovery or side-track (Statoil 2008). TTDC-wells are particularly useful
for accessing pockets of isolated oil and gas in mature �elds.

Through tubing drilling has limited reach, due to sliding friction and the buckling limit of
the tubing used; TTRD has a limited reach of 3500 ft from kick-o� point, while CTD has
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a limited reach of approximately 2500 ft (Naterstad 2013).

Acid Squeeze

The potential of a well may be limited due to skin damage. Skin damage may be induced
by drilling �uids, clean-up �uids and the interaction of clay with water. Formation rocks
contain clay, which has a tendency to swell in contact with water. Skin damage induces
reduced rock permeability near wellbore.

Squeeze is an application of pump pressure to force a treatment �uid, for example acid, or
slurry into a planned treatment zone. The intention of acid treatments is to dissolve the
sediments and mud solids that are inhibiting the permeability of the rock and stimulate
the productivity of the well (Naterstad 2013). In most cases, a squeeze treatment will be
performed at downhole injection pressure below that of the formation fracture pressure.
In high-pressure squeeze operations, performed above the formation fracture pressure, the
response of the formation and the injection of treatment �uid may be di�cult to predict.
(Schlumberger 2014m)

Acid squeeze is done by using carefully placed specialized tools �tted on a CT string or a
drill pipe string. It can also be performed using supply vessels with appropriate tanks and
pumps, pumping the well full of chemicals. (Naterstad 2013)

Scale Removal

Scale is de�ned as a deposit or coating on the surface of the metal, rock or other material.
It is caused by a precipitation of solids due to a chemical reaction with the surface (usually
CaCO3 and/or BaSO4), a change in pressure and/or temperature, or a change in the
composition of a solution. In severe conditions scale creates a signi�cant restriction, or
even a plug, in the production tubing, see Figure 5.10. (Schlumberger 2014l)

Figure 5.10: Scale can severely impede �ow by clogging perforations or forming a thick
lining in the production tubing, from Schlumberger (2014l).
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As scale precipitates accumulate, the e�ective diameter of the tubing decreases, causing
pressure loss along the well and associated reduced productivity. Scale can be removed,
either by using milling tools �tted on a drill string, CT string or wireline, or chemical
treatment of the well, depending on the composition and severity of the precipitates.
(Naterstad 2013)

Methanol and Glycol Injection

Gas hydrates are a well-known problem in natural gas processing and transmission
pipelines when natural gas and water exist at speci�c conditions. This is particularly true
at high pressures and low temperatures (Moshfeghian & Taraf 2008). One of the methods
to prevent hydrates from forming is by injecting alcohols and/or glycols into the gas
stream to move the hydrate-formation conditions to lower temperatures and higher
pressures (inhibition). The inhibitor may be distributed as aqueous phase, vapor
hydrocarbon phase or liquid hydrocarbon phase.

Methanol and Glycol (MEG) may be used as inhibitor. In a typical MEG regeneration
prevents hydrates from forming (Moshfeghian 2007). The purpose of the injected MEG
is not to "dehydrate" the gas, but to prevent formation of hydrates. The MEG absorbs
only a small amount of water vapor from the gas with normally used MEG concentrations,
80-85 weight%. (Moshfeghian 2007)

Perforations

To perforate a well is to create holes in the casing or liner to achieve e�cient communication
between the reservoir and the wellbore. Formation �uids may enter the production tubing,
or materials may be introduced to the annulus through the holes. The characteristics
and placement of the perforations can have signi�cant in�uence on the productivity of
the well (Schlumberger 2014h). Therefore, it is important to ensure e�cient creation of
the appropriate number of perforations, perforation size and orientation. The perforations
are usually made by means of projectiles, discharging jets or shaped explosive charges
(Naterstad 2013). A perforating gun assembly with the appropriate con�guration of shaped
explosive charges is lowered downhole, either by means of wireline, tubing or coiled tubing.

Recompletion

Many wells have multiple productive zones. The need for recompletion rises after the
well has produced all of the oil or gas from the original completed zone (U.S. Emerald
Energy Company 2012). It is common practise to complete one zone at a time, to avoid
production from several layers and introducing the possibility of cross�ow (Naterstad 2013).
Due to pressure reduction in the already produced zone, the well is normally recompleted
in a zone above the initial completion. This is usually the least complicated and least
expensive method. (U.S. Emerald Energy Company 2012)
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The process of recompletion is similar to completing the original well. In the act of
replacing the original completion interval and preparing a di�erent reservoir interval in
the same producing well, the existing tubing is pulled, followed by plugging o� the
previously producing zone. The new zone is perforated and a new production tubing is
placed. (U.S. Emerald Energy Company 2012)

Hydraulic Fracturing and Pulse Fracturing

Hydraulic fracturing involves injection of a �uid with a relatively low rate of loading. This
results in a two-winged vertical fracture extending outward from the well, approximately
180◦ apart and oriented perpendicular to the least principle rock stress. The �uids usually
contain water, proppant and a small amount of nonaqueous �uids designed to reduce
friction pressure while pumping the �uid into the wellbore.

The potential penetration of the hydraulic fracture can be tens to hundreds of meters (in
tight shales) due to the creation of a single fracture and the ability to pump large volumes of
�uids at relatively low rates (Advanced Resources International 2013). Hydraulic fracturing
creates high-conductivity communication with a large area of formation and bypasses any
damage that may exist in the near-wellbore area.

Pulse fracturing is characterized by peak pressures exceeding both the maximum and
minimum in-situ stresses, also creating a radial fracture pattern. Pulse fracturing involves
much rapid energy discharge, creating a series of vertical fractures, up to 7-8 m in length
(in tight shales), propagating radially outward from the wellbore (Advanced
Resources International 2013).

The primary di�erence between hydraulic fracturing and pulse fracturing is the rate at
which energy is applied to the formation to create fractures. See Figure 5.11.
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Figure 5.11: Comparison of created fracture geometries for rock fracturing techniques, from
Advanced Resources International (2013), page 3.
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6 Jette

The Jette �eld lies within production license PL027D (Lysne & Nakken 2013), in block
25/7 and 25/8, 180 km west of Haugesund and six km south of the ExxonMobil operated
Jotun �eld. The location is shown in Figure 6.1. Det Norske Oljeselskap ASA is the
operator with an ownership of 70%, and their partner, Petoro, has an ownership of 30%
(Winther 2013). The �eld is divided into Jette North and Jette South.

Figure 6.1: The Jette �eld is located 180 km west of Haugesund, and six km south of the
Jotun �eld. From Rodrigues et al. (2013a), page 12.

27



6.1. GEOLOGY

The exploration wells, 25/8-17 and 25/8-17 A, proved oil and gas in the Paleocene
sandstones, Heimdal formation, in the Jetta prospect in October/November 2009. Well
25/8-17 showed an undersaturated oil column of 27 m at a vertical depth of 2100 m, and
the sidetrack well 25/8-17 A showed a thin gas cap over the oil column (Brenna et al.
2012). The water depth is 126-128 m, with a relatively �at sea bottom (Winther 2013).
The �eld is developed with two horizontal wells, well 25/8-D-1 AH T3 and 25/8-E-1 H,
hereafter referred to as Well D and Well E respectively. Both of the wells are drilled in
Jette South, due to unexpected challenges while drilling (Winther 2013).

The Jette �eld is in the Heimdal Formation, in the Rogaland Group. It is of Cenozoic age,
56-66 million years. (Winther 2013)

6.1 Geology

The Rogaland Group, consisting of Baler, Sele, Lista, Heimdal and Ty formations, is at
an estimated depth from 1892 m True Vertical Depth (TVD) Mean Sea Level (MSL) to
2170 m TVD MSL (Brenna et al. 2012). Jette is producing from the distal parts of the
Paleocene Heimdal formation, a sand-rich, deep-marine, turbidity system in the Upper
Heimdal formation (Winther 2013). This is part of the same formation as the Tau West
structure produced at Jotun (Lorentzen 2013). The shale in the Sele and Lista formations
poses as the cap rock, with a thickness of 80-100 m. (Nakken et al. 2010)

Jette is structurally downfaulted from the Utsira High, and is a combination of a structural-
and a stratigraphical trap (Brenna et al. 2013b). As Jette, Jotun contains both di�erential
compaction traps and a stratigraphical trap (Winther 2013). These are seen as Elli and
Elli South four-way dip closures and Tau West in Figure 6.2. The stratigraphical trap
in Jette is observed towards the main fault in north-east, in the Jette/Tau area, as the
sands pinch out. Several faults were initially located at Jette, but there is a high degree
of uncertainty with regards to faults (Lorentzen 2013). See Figure 6.3.

6.1.1 Stratigraphy

The lithologies in Jette include claystone, tu�acecous claystone, sandstone, siltstone and
local limestone stringers, with main facies roughly divided into High Density Turbidities
(HDT), Low Density Turbidities (LDT), green shales and black shales.

The reservoir facies at Jette re�ect the settling environment, a deep-marine, turbidity
system, where the di�erent submarine fan systems are separated by biostratigraphically
correlatable and laterally extensive anoxic black shale intervals. These intervals mark the
periods of basin shutdown. The submarine fan systems are characterized as amalgamated
sandy debris and high density turbidities are interbedded with turbidite. The
depositional setting of the reservoir sands are strongly in�uenced by sandstone mounding
of the underlying Ty- and lower Heimdal formation along the main fault trend at Jette.
(Brenna et al. 2013b)
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Figure 6.2: Jette area map. The Jotun/Tau/Jette closures are drawn and parameters for
the Jotun �eld listed, from Brenna et al. (2012), page 15.

Figure 6.3: Trap con�guration of Jette and Jotun including possible faults, from Lorentzen
(2013), page 33.
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The periodic black shale intervals are identi�ed in both logs and seismic data, and are
recognized as zone boundaries. Sand injections are observed in the shale layers, which may
provide considerable vertical connectivity allowing e�ective vertical drainage while areally
extensive basin muds retard water break through (Brenna et al. 2013b). Pockets of sands
may also be found, sealed with black shale.

The HDT sand is recognized as the main reservoir facie, and is believed to be characteristic
for both Z1 and Z2 layers. It is of good reservoir quality, with massive, well sorted,
amalgamated turbidities. The LDT is of moderate reservoir parameters, and is associated
with turbidite �ow, lower energy, �ner grained turbidities and classical non-amalgamating
turbidities (Brenna et al. 2013b).

The thicknesses of the periodic layers vary from 4-10 m.

6.2 Reservoir

The highly heterogeneous reservoir is found at approximately 2060 m TVD MSL. The
permeability of the reservoir sands are in mD region. The targeted sands, Z1 and Z2 layer,
pinches out towards north-east. The Oil-Water Contact (OWC) is de�ned at 2091 m TVD
MSL, and the questionable Gas-Oil Contact (GOC) is expected at 2068 m TVD MSL.

Based on observations from neighbouring �elds, which are assumed to have the best
pressure support in the North Sea (Winther 2013), it is expected water-drive at Jette,
resulting in that the initial reservoir pressure is maintained throughout the production
period. As the reservoir depletes, the water will move in from the aquifer below and
displace the oil. The initially found gas cap at Jette is not expected to give any pressure
support. This is based on the uncertainty whether there exists a gas cap or not. This is
discussed further in Section 6.6.

As seen in Figure 6.4 the blue arrows indicate aquifer support from west and the white
outlines indicate estimated drainage areas (Winther 2013).

The initial reservoir pressure and temperature is 196.7 bara and 83.6 ◦C. The GOR is
estimated to 80-100 Sm3/Sm3, and the Bo to 1.346 Rm

3/Sm3. The Bubble Point Pressure
(PBP ) was initially assumed to be 172.3 bara, and as of today (11.02.2014) estimated to
114.7 bara. This rises questions as to the existence of the gas cap.

Both the net gross and the porosity is smaller than what are estimated at the Jotun �eld,
indicating poorer reservoir quality. The net gross is 20-26% and the porosity is assumed
to be 24-25%. kh is estimated with a geometric average of 14-27 mD ∗m (Winther 2013).
Table 6.1 summarizes the reservoir parameters of Jette.

The latest resource estimate indicates Stock Tank Oil Initially In Place (STOIIP) of 11.2
MSm3, and technical recoverable reserves of 1.039 MSm3 (Lorentzen 2013).
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Figure 6.4: Aquifer pressure support in the Jette �eld. The blue arrows indicate aquifer
support from west, and the white outlines indicate estimated drainage areas. From Winther
(2013), page 33.

Table 6.1: Reservoir parameters.

Parameter Unit
Reservoir pressure 196.7 bar
Bubblepoint pressure 114.7 bar
Reservoir temperature 83.6 ◦C
Porosity 0.25
Oil density 838.6 kg/m3

Water density 1,041 kg/m3

Salinity 60,000 mg/l

6.3 Field Development

The Jotun �eld is located around six km north of Jette. Jotun has been in production
since 1999 and is of this date (11.02.2014) in late tail production. The status of Jotun
and its nearby location a�ected the chosen development of Jette; Jette was found to be
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of insu�cient size to warrant topside production facilities, thus it would not have been
pro�table to produce without the already existing infrastructure in the area. Jette was
developed as a subsea structure with two satelite wells tied back to Jotun B with a six km
long pipeline. The production from both Jotun and Jette are commingled at Jotun B, and
transferred to Jotun A for processing and export (Winther 2013). The oil in the two �elds
are similar in composition, which made the chosen development easier. The connection of
the two wells from Jette extends the lifetime of the Jotun �eld.

The production from the wells is through two 8 in. pipelines, tied to the Pipeline End
Manifold (PLEM), see Figures 6.5 and 6.6. The commingled production is then routed
through a 8 in. pipeline, connected to a 12 in. vertical riser at Jotun B. Topside Jotun B
the diameter of the pipeline is reduced back to 8 in., which may be an unfortunate design
as it is a very e�ective slug generator. At Jotun B the rates of oil, gas and water are
measured at the Multiphase Flow Meter (MPFM), before it is routed through either a 10
in production line or a 10 in. test line to the FPSO unit Jotun A.

Figure 6.5: Jette �eld layout, from Krogstad & Barbier (2014), page 4.
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Figure 6.6: Field overview over the subsea installations, from Brenna et al. (2011), page
4.

Gas lift is installed in both the wells. The two wells can share a total gas lift rate of 200 000
Sm3/day, where the highest gas lift rate is to the well which will give the highest production
(Winther 2013). A gas lift allocation is performed every third month to optimize the gas
lift process. The gas in the gas lift comes from Jotun B (Winther 2013). Jette started to
produce in May 2013 and has, with the current tie-in arrangement, an estimated lifetime
of 10 years.

6.3.1 Wells

The main objective was to develop the �eld with two horizontal producers, 25/8-A-1 AH
in Jette South and 25/8-B-1 H in Jette North, to produce oil from the upper reservoir
zones, that is layer Z1 and Z2 (Brenna et al. 2012). The initial plan of 25/8-D-1 AH was
to land the well at a vertical depth of 2100 m TVD Rotary Kelly Bushing (RKB) and
drill horizontally for 1974 meters to the planned Target Depth (TD) at 4499 m Measured
Depth (MD) RKB. Well 25/8-B-1 H was planned to be drilled after 25/8-D-1 AH to obtain
more information about the �eld and update further horizontal well trajectory. The initial
plan was to land the well at a vertical depth of 2100 m MD RKB and drill horizontally
for 1634 meters to the planned TD at 4217 m MD RKB. Geosteering was vital for both
wells to ensure as much sand as possible in these intervals due to shallow, thin sand layers.
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(Brenna et al. 2012)

Challenges during drilling of both the horizontal wells led to that both the wells were drilled
in Jette South. Jette South was prioritized based on an assessment of the sands here were
better de�ned; of better reservoir quality (Winther 2013). The description of Well E, in
Section 6.4, is taken from the project Productivity Index in Horizontal Wells (Winther
2013). Both the wells were drilled with oil based mud.

6.3.2 Gas Lift System

The gas used for gas lift comes from the Jotun �eld. The injection gas is conveyed down
the tubing-casing annulus and enters the production train through the deep set Gas Lift
Valve (GLV). See Figure 6.7.

Figure 6.7: Flow chart Jette subsea, from Brenna et al. (2013a), page 11.

6.4 E-1 H

Well E is the longest of the two production wells. It was originally planned that this well
were to be drilled in Jette North, but due to di�culties and better reservoir quality it was
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drilled in Jette South. Both production wells are shorter than planned due to formation
stability problems during drilling and completion.

The inclination of the well is approximately 86 degrees. Its horizontal section is mainly in
Heimdal Z2 and a short interval in the clay rich Heimdal Z5. (Winther 2013)

6.4.1 Well Completion

An 9 1/2 in. openhole section of 1220 m was drilled in Well E and the total length
was completed with standalone mesh screens and Inlet Control Devices (ICD's). Packers
were not installed in Well E due to di�culties during the completion. The standalone
mesh screens were installed to prevent sand production. See Appendix C for �gure of
completion of the well.

Well E is currently gas lifted with one unloading valve located at 968.21 m TVD RKB and
one main injection valve at 1514.35 m TVD RKB. The lift gas can deliver a maximum
pressure of 135 bar. (Winther 2013)

6.5 D-1 AH T3 Well

25/8-D-1 AH was drilled as a side track to the observation well 25/8-D-1 H to TD at
3794 m MD. Due to severe hole collapse problems and not being able to circulate, the
�rst production well proved unsuitable to be completed as a producer (Brenna et al.
2012). Numerous issues lead to the drilling of two more side-tracks, in which the last was
considered successful, well 25/8-D-1 AH T3. 3535 m MD RKB, TD, was reached on the
29th of August 2012.

It was observed severe overbalance during drilling, 120 bar, and Equivalent Circulation
Density (ECD) was 1.53-1.54 Speci�c Gravity (SG), using WARP mud. The WARP was
displaced with Low-Solids Oil-Based Mud (LSOBM) in order to clean the well while setting
the screens (Rodrigues et al. 2013a). Numerous attempts of running screens were made,
but due to experienced tight spots the screens were set at 2977 m MD RKB with a hanger
at 1804.3 m MD RKB. A triconic bit with a single run motor was a part of the completion,
and was left at 2977 m MD RKB (Rodrigues et al. 2013a). This lead to a shorter reservoir
section than intended of approximately 500 m, from 2418.50 m MD RKB to 2799 m MD
RKB.

6.5.1 Well Completion

Even though an 8 1/2 in. openhole section of 1115 m was drilled in Well D, only 560 m
was completed. A 5 1/2 in. production tubing was installed, and the well was completed
with standalone metal mesh screens with in�ow control devices and three slip-on swell
packers. Ezeeglyder centralizers are on all joints. Due to the di�culties during drilling
and completion, only two of the packers are situated in the openhole section, while the
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uppermost swell packer is placed inside the 9 5/8 in. production casing. Morphisis swellable
packers were used, with a maximum di�erential pressure of 35 bar. Som zonal isolation
is obtained due to the installation of swell packers. The depth of the three packers are
described in Table 6.2. The standalone mesh screens were installed to prevent sand
production. See Appendix C for �gure of completion of Well D.

Table 6.2: Depth of the three swellable Morphisis packers. Maximum di�erential pressure
per packer is 35 bar.

Packer Measured Depth True Vertical Depth
# 1 2153 m MD RKB 2013 m TVD RKB
# 2 2546 m MD RKB 2099 m TVD RKB
# 3 2821 m MD RKB 2110 m TVD RKB

The well is gas lifted with one unloading valve at 1034.86 m TVD RKB and one main
injection valve at 1588.34 m TVD RKB. The lift gas can deliver a maximum pressure of
135 bar (Winther 2013).

6.5.2 Well Clean-up

At the stage of the packer setting, the swell packer had been in the well for 5-6 days, mostly
exposed to LSOBM. It is expected that the swell packers may have expanded to the Outer
Diameter (OD) of the well, with this time of exposure. Together with the OD centralizers
on each screen joint at the lower completion, the swell packers introduce restrictions to
mud returns through the annulus. This is particularly the case of the uppermost swell
packer which was placed in the 9 5/8 in. casing. (Lysne & Nakken 2013)

In order to displace mud in the well, the reservoir section was displaced to LSOBM using
a 2 7/8 in. inner string Drill Pipe (DP) with swab cups and stinger. In the mud
displacement period a pressure increase of 10 bar, from 120 bar to 130 bar, was observed
while maintaining circulation at 500 Liters Per Minute (LPM) over a two hour period
(Naterstad 2013). When pulling the string out of the polished bore receptacle, the
pumping pressure, while pumping at 290 LPM, decreased from 85 to 22 bar (Lysne &
Nakken 2013). This implies that a pressure loss of 63 bar was recorded from the mud
motor, bit and sand screen assembly at this stage. The magnitude of this pressure loss is
by far higher than what is recorded earlier in the operational sequence (Naterstad 2013).

The well was left with LSOBM until clean-up before production. Well cleaning prior to
production is established by reviewing production data and �uid density logs. Figure 6.8
shows produced liquid volumes from the well and pipeline during clean-up. Figure 6.9
shows �uid density pro�les between the wellhead pressure sensor and downhole P/T-gauge.
Figure 6.9 are supposed to show peaks in the vicinity of the �uids in the well at the
commencement of clean-up (Lysne & Nakken 2013).
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Figure 6.8: Produced liquids at Jotun B (MPFM) compared to volumes in Well D and the
pipeline to Jotun B, from Lysne & Nakken (2013), page 24.

Figure 6.9: Density of �uid in tubing (BHP-WHP) and annulus (CBP-CHP) between
wellhead an P/T-gauge compared to densities of �uids in Well D at start of clean-up, from
Lysne & Nakken (2013), page 25.
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CBP is the Casing Bottom Pressure and CHP is the Casing Head Pressure. The �gures
indicate that the clean-up period may have been far too short. Figure 6.9 do not show
any peaks in the density, which may indicate that the drilling and completion �uids have
largely been left downhole. The �uids may be produced over time.

6.6 Production

The recovery strategy is based on reservoir depletion, combined with gas lift on the wells.
Water injection is not considered, as it is assumed a strong pressure support from the
underlying aquifer. Table 6.3 speci�es the design capacity of the commingled production
from Jette which can be processed at Jotun A.

Table 6.3: Design capacity of the commingled production from Jette.

Production parameter Field design capacity
Maximum oil rate 3,500 Sm3/day
Maximum �uid rate 5,500 Sm3/day
Maximum total gas production 400,000 Sm3/day
Minimum arrival pressure at Jotun B 20 Sm3/day
Maximum water production 5,000 Sm3/day
Total gas lift rate 200,000 Sm3/day

The subsea chokes are not fully open, but in some kind of choke back position at all
times. This is not very e�ective and prevents the wells from producing to their potential
(Winther 2013). It is not expected any problems with precipitation of wax or hydrates
during production, as the gas used for gas lift has been dried prior to injection (Lorentzen
2013). The umbilicals, as seen in the completion schemes in Appendix C, supplies methanol
to prevent hydrate deposition during maintenance stops. Hydrates in the pipeline may form
at 9 ◦C at Jette 1. Sand production is recognized as a challenge during the production due
to low permeability and high drawdown.

6.6.1 Production History

The commingled oil, water and gas rates at Jette from 19th of May 2013 to April 2014
are given in Figure 6.10. The coloured area below the curves are commingled liquid
production rate. The framed areas in Figure 6.10 are periods of build-up testing.

Since the start of production on the 19th of May 2013, the Jette �eld has experienced
several challenges. Challenges were initiated already at the development of the �eld in
regards drilling and completion of the wells. The challenges experienced during production
led to studies of production optimization and well intervention, which has helped clarify

1Personal communication with Marit Kristin Krogstad. April 2014. Trondheim: Weatherford

Petroleum Consultants AS
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Figure 6.10: Commingled oil, water and gas rates at Jette, from May 2013 to April 2014.
The coloured area below the curves are liquid production rate. The green line shows the
commingled gas production rate. The framed areas indicate periods of build-up testing.

problems and given a better understanding of the characteristics of the �eld. Some of the
measures taken in the study is the analysis of build-up tests and �uid sampling.

Initial Understanding of Jette

No core samples, no downhole �uid samples of the two horizontal producers and insu�cient
3D were gathered in the initial investigation. The wells were logged, but due to the
lack of core samples the depth of the logs were not calibrated with the depth of core
samples. The lack of important data led to an understanding of Jette as a continuation of
Jotun considering geology and �uid properties. The low initial investment has led to high
operating costs, as challenges and a need for a better understanding rose.

The initial understanding of Jette was as a heterogeneous, high permeable Darcy sand
reservoir with a questionable gas cap. A strong aquifer was assumed, as observed at the
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Jotun �eld. Initially, ample faults were anticipated, but no faults were included in further
analysis of the �eld and in the geological model.

During the autumn of 2013 several challenges were experienced;

• Slugging and instability in production.

• Optimization of gas lift rate due to limitations of design.

• High Water Cut (WC).

• Lower production than estimated, especially from Well D (estimated PI of 1
Sm3/day/bar).

• High drawdown in Well D from start of production.

Slugging Challenge

The �eld was developed as seen in Figure 6.6, and the two producing wells have been
completed as seen in Appendix C. The production �uids from the two wells �ow through
an 8 in. pipeline, and further into a 12 in. riser after the riser base. This design is
unfortunate with regards to a smooth production. Liquid is not able to �ow at steady
rates up the riser, and is accumulated at the riser base. The accumulation leads to a
�owback from the riser base into the pipeline. Gas pressure is building up behind the
liquid accumulation, leading to a slug of oil and gas being pushed up the riser. (Winther
2013) The pressure �uctuations due to the slugging may a�ect the gas lift system; for
periods there is no production registered by the MPFM at Jotun B. When the slug enters
the 12 in. riser from the 8 in. pipeline, the velocity is reduced to 44% of the velocity
in the pipeline (Lysne & Nakken 2013). As the slug �ows up through the riser, the gas
piston behind it is working its way through the liquid slug, making the liquid sweep out
less e�cient than if the riser was 8 in. The reduced diameter back to 8 in. at the top of
the riser e�ectively reduces the velocity of the liquid slug and let the gas bypass even more
liquid. This event may be observed in Figures 6.11 and 6.12.

Figure 6.11: Pressure �uctuations observed at the MPFM, 24.10.2013. From Lysne &
Nakken (2013), page 30.
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Figure 6.12: Oil rate, water rate and gas rate measured at the MPFM, 24.10.2013. The
�uctuations indicate slugging.

Figures 6.11 and 6.12 indicate slugging. It should be noted that the gas slug behind the
liquid slug has bypassed a lot of liquid as it is entering the MPFM at the same time as the
liquid. The time series in the �gures have a span of 60 minutes. The riser diameter has a
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clear impact on productivity; after the �rst two slugs that can be observed in the �gures,
there are a period of six minutes without any liquid production from the pipeline. This is
reducing the productivity potential of Jette and should be addressed in order to optimize
the production.

Fluid Samples and PVT Analysis

The �uid samples taken at initial stages show a great variation in bubble point pressures
and solution gas-oil ratios as seen in Figure 6.13.

Figure 6.13: Overview of �uid samples and PVT analysis, from Lysne (2014a).

Pressure Volume Temperature (PVT) analysis from well 25/8-17 indicated a bubblepoint
pressure of 114.7 bar and a solution gas-oil ratio of 87-94.9 Sm3/Sm3, while a separator
sample taken at Jotun A indicated a bubble point pressure of 146.5 bar. Samples from
well 25/8-D-1 H indicated a bubble point pressure of 172.3 bara and a GOR of 90-100
Sm3/Sm3. With a variation in bubblepoint pressure as high as 60 bar a high degree of
uncertainty is introduced. The large variations in the PVT data may be caused by poor
sampling or great variations within the reservoir. Initially, one �uid system for the entire
reservoir was chosen with a GOR of 90-100 Sm3/Sm3 and a bubble point pressure of 172.3
bara.

The di�erences in PVT data may indicate that there are several �uid systems within the
reservoir. This may be possible due to faults and compartmentalization.
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Development of Buildup Tests

Pressure build-up tests were performed in July, August, October, December and March
for both Well E and Well D, see Figure 6.14. The tests are of various quality due to the
duration of the tests.

Figure 6.14: Build up tests for both Well E and Well D from July 2013 to December
2013/March 2014. The build-up tests indicate good pressure support around Well E and
depletion around Well D. From Lysne (2014b).

It is observed from Figure 6.14 that all the build up tests follow the same trend. The tests
for Well E may indicate good pressure support in the reservoir. This is observed by the same
behaviour of the tests; all the tests builds up from the same respective pressure towards
initial reservoir pressure. The tests for Well D may indicate depletion of the reservoir. This
is observed by the decreasing pressures with time. All the build-up tests follow the same
trend, building up with equal gradients towards di�erent reservoir pressures. It is observed
that the new reservoir pressures are lower than the previous one. In Figure 6.14 this trend
may be observed by comparing the latest test, from December 2013, with earlier tests.

The build-up tests give an expression of two di�erent, segregated systems, whereas the
area around Well E experiences pressure support, while the area around Well D is being
depleted. This may be attributed to the possibility of several �uid systems, where as the
reservoir may be compartmentalized.
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Mass Balance and Allocation

The production from the two horizontal producers are commingled, measured topside Jotun
B. As there are no separate measures of each well's production (except during the multi-
rate testing), it has been challenging to survey the production of each well. Build-up tests
and multi-rate tests is used to estimate the productivity of each well.

The instrument measuring the gas lift rate was initially out of operating range, which
led to insu�cient measurements of the gas lift rates. Hence, the amount of injected gas
was uncertain, and no gas mass balance could be calculated. Sensitivity studies estimated
higher gas production than anticipated, which indicates higher gas lift rates and possible
more gas production from the reservoir. The reservoir gas may be produced from Well D,
where indications of a development towards a saturated oil reservoir has been detected.

Field Development

The �eld is in constant development and new challenges occur rapidly. The development
is mentioned brie�y below.

• October 2013: Well D had initially a PI of 1 Sm3/day/bar, but after a rapid start
up during build-up testing in October 2013 the PI increased to 4 Sm3/day/bar. The
rapid start may have loosened sand and/or remaining mud downhole.

• October 2013: The expected ”Darcy” sands is found to have permeability in the
”milli”Darcy range.

• October 2013: It is suspected that the productivity if Well D may su�er from poor
clean-up, clogging the well and decreasing its productivity. It is also suspected that
after the rapid start the well gained a longer producing interval; the well was initially
suspected be clogged below the second packer, but later cleaned and clogged below
the third packer. This indicates that the well mainly produce from the area around
the heel.

• February 2014: Flow oscillations was observed, which may be a cause of slugging.
Maintaining high gas rates in the system may be e�ective to suppress the �ow
oscillations, but high gas rates are not bene�cial with regards to oil production as
they may choke back the well due to high friction along the �ow line. The slugging
has been shown to not be severe and not detrimental to production. (Krogstad &
Barbier 2014)

• February/March 2014: Well D has been shown to produce better than Well E. Well
E has high water production.

• March 2014: PVT analysis, build-up tests and mass balance calculations indicates
that the reservoir consists of several compartments with di�erent �uid systems. Well
E and Well D may not be producing from the same pocket; it is indicated that
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the reservoir around Well E has strong pressure support from the aquifer, while the
reservoir around Well D is being depleted and has probably become saturated.

• March 2014: The reservoir sand layers are below seismic resolution; the seismic
indicates coherent sand layers. The latest analysis indicates incoherent sand layers.

• March 2014: In January 2014, when each well was producing alone, the simulated
optimal gas lift rate with regard to production was:

� Well E: oil production of 400 Sm3/day with approximately gas lift rate of 96,000
Sm3/day.

� Well D: oil production of 290 Sm3/day with approximately gas lift rate of
192,000 Sm3/day.

When both wells produce together, with optimal gas lift rates, the total oil production
is 550 Sm3/day. As it was shown that the wells produce better alone than together
(choking each other), an alternating production was, in March 2014, initiated to
bene�t the most out of each well. During the alternating production Well D was
observed to su�er with low production rate, leading to a riser temperature of 10 ◦C.
As the temperature got critically close to the temperature of hydrate formation, 9 ◦C,
both wells were put on production simultaneously. During the alternating production
Well E had issues with high water production.

• April 2014: New and much longer build-up tests have been performed on both wells.
The goal of performing longer tests is to see if possible boundaries/faults near Well
D can be observed, supporting the hypothesis of a compartmentalized reservoir.

6.7 Uncertainties in the Field Development

There are a lot of uncertainties pertaining to the �eld and �eld development at Jette.
This is mainly due to the lack of data; core samples and su�cient �uid samples. Data
taken at an early stage deviates from the latest assumptions, indicating discrepancies. The
uncertainties need to be considered in later stages and taken into account. The most
important uncertainties are mentioned below.

• Initially, there where indications of a gas cap. The assumption of a gas cap was taken
from the evaluations of the logs from well 25/8-17 A. Neither the build-up tests or
the production data con�rm the existence of a gas cap.

• The presence of faults is uncertain. Early investigations revealed indications of several
faults. During the later stages, the producing area have been assumed to be virtually
fault-free.

• The stratigraphy and zonation may be di�erent than expected. For example, the
shale layers may be more extensive than anticipated, and make small pockets of
sands which make up small producing zones.
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• The pressure support from the underlying aquifer is initially expected to be high
overall the �eld. Shale barriers or poor transmissibillity may reduce the pressure
support.
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7 Productivity Evaluation of Well D

It is essential to evaluate the productivity of the well before considering to implement
IOR-measures. The productivity and a sensitivity analysis may help to indicate what the
well responds to and which IOR measures may be implemented. In order to be able to
calculate the productivity, a better understanding of the reservoir extension, drainage area
and well path are needed. This may be obtained from petrophysical logs, production data
and downhole measurements.

7.1 Input Data

A better understanding of the production geometry helps in the evaluation of the
productivity. It is essential to have an understanding of where the producing well is
placed, how the well looks like and how big its drainage area may be.

7.1.1 Layer Thickness

Well D is estimated to produce from layer Z1 at the heel and layer Z2 in the rest of
the interval. To get a better understanding of the layering, and their respective height,
petrophysical logs from neighbouring wells have been evaluated. Figures 7.1 and 7.2

show the placement of Well D and its neighbour wells; the producingWell E, the exploration
wells 25/8-17 and 25/8-17 A, and the side-track well 28/8-D-1 H.

The vertical exploration wells can be used to better estimate the layer thickness than
the horizontal wells, due to their normal penetration of the layers (Winther 2013). In
Productivity Index in Horizontal Wells (Winther 2013) the thickness of Z2 near Well E
was estimated. Estimated thickness of layer Z2 was 10 m. Table 7.1 gives a summary of
the height distribution of layer Z2 throughout the reservoir.

As seen in Table 7.1 and Figures 7.1 and 7.2 the Z2 layer pinches out towards north-east.
When assuming a linear relationship, an average layer thickness of layer Z2 in the area of
Well D is estimated to 7.7 m. As the layer thickness is based on assumptions it will carry
uncertainties.

Well 25/8-17 is the most south-western well in Jette South, the region in focus. The well
intersects layer Z1 at approximately 2066 m TVD MSL, as seen in Figure 7.3. The net
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Figure 7.1: Position of the Jette wells in the Petrel model (side view). From Winther
(2013), page 46.

Figure 7.2: Position of the Jette wells in the Petrel model (top view). From Winther
(2013), page 46.
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Table 7.1: The thickness of layer Z2 in the producing Well E, the exploration wells 25/8-17
A, 25/8-17 and the side-track 25/8-D-1 H.

Well Net height
25/8-17 20 m
E-well 10 m

25/8-17 A 7.8 m
25/8-D-1 H 5 m

pay is assumed to be 4 m from the log.

Figure 7.3: In well 25/8-17 the net pay of layer Z1 is assumed to be 4 m. From (Det
Norske Oljeselskap 2013).

Well 25/8-17 A lies close to Well D. Since it is less inclined than Well D it is more
appropriate to estimate layer thickness from this well than from Well D itself. As seen in
Figure 7.4 the well intersects layer Z1 at approximately 2043 m TVD MSL. The net pay
is estimated from the log to 3.1 m.

Furthest north-east in Jette South is well 25/8-D-1 H. It intersects Heimdal Z1 at around
2059 m TVD MSL. The estimated net pay from the log is 1.7 m. See Figure 7.5.

Table 7.2 summarizes the estimated net pays from the logs.

The distribution of the layer thickness supports the theory of a pinch-out towards north-
east. As seen in table 7.2, layer Z1 also pinches out towards north-east. When assuming a
linear relationship, and weighting of the nearby 25/8-17 A well, an average layer thickness
of Z1 in Well D is assumed to be 2.9 m.
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Figure 7.4: In well 25/8-17 A the net pay of layer Z1 is assumed to be 3.1 m. From (Det
Norske Oljeselskap 2013).

Figure 7.5: In well 25/8-17-D-1 H the net pay of layer Z1 is assumed to be 1.7 m. From
(Det Norske Oljeselskap 2013).

Table 7.2: The thickness of Z1 in the exploration wells 25/8-17 A, 25/8-17 and the side-
track 25/8-D-1 H.

Well Net height
25/8-17 4 m
25/8-17 A 3.1 m
25/8-D-1 H 1.7 m
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The estimated layer thicknesses of Heimdal Z1 and Heimdal Z2 for Well D is summarized
in Table 7.3.

Table 7.3: The estimated layer thickness of Heimdal Z1 and Heimdal Z2 for Well D.

Layer Net height
Z1 2.9 m
Z2 7.7 m

Several shale layers are observed in well 25/8-D-1 H. These layers might extend to the sand
layers which Well D intersects, creating smaller sand zones and possibly sealed pockets,
creating an uncertainty in the estimated net layer height.

7.1.2 Producing Length

The net pay of Well D is estimated to 240 m using the composite log. This corresponds with
a visual inspection of the Computer Processed Interpretation (CPI) log. See Figure 7.6.

Figure 7.6: The estimated net pay is 240 m in Well D. From (Det Norske Oljeselskap
2013).

In Figure 7.6 it is observed that the net pay length of 240 m is from layer Z2, given the
TVD and assumed location of the layers. The log indicates that layer Z1 in the area of
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Well D is shaly, and hence not a productive zone. Well D may still produce from layer Z1,
due to drawdown in the surrounding reservoir, leading to a �ow from layer Z1 to the sandy
intervals in layer Z2.

7.1.3 Drainage Area

The drainage area of the well is dependent upon permeability, layer height, well length,
reservoir boundaries, well radius, porosity and compressibility. As there is no available
seismic data which may identify closed boundaries, and the logs indicate smooth layers,
the well tests have been used to estimate the minimum drainage radius.

None of the well tests taken in Well D are su�ciently long enough to reach pseudo-steady
state or steady state, see Figure 6.14. Without any identi�cation of pressure boundaries,
the drainage radius, re, may not be found directly, but have to be estimated. In the
October tests, which are the tests run longest and thus have shown to be the best so far,
the radius of investigation is 140 m. This may indicate that the pressure boundaries have
to be at least 140 m away from the wellbore.

The estimate of re will be uncertain as there is a wide range of possible drainage radii
which may be assumed. The drainage radius of the well is considered to be at least 140
m. Short well length, green and black shale intrusions in the reservoir sands and poor
permeability contributes to a smaller drainage area. If no faults are assumed, as initially
anticipated in the Jette model, the drainage area may be bigger than with existing faults.
This should be taken into consideration when evaluating the drainage area.

7.2 Well Characteristics

7.2.1 Well Path

The wellpath is highly tortuous, as can be seen in Figure 7.7. There is a generally high
Dog Leg Severity (DLS) often surpassing 3◦/30 m for relative long intervals at a time
(Naterstad 2013). See framed section in Appendix D.

In general, DLS greater than 3◦/30 m is not recommended (Naterstad 2013). The
di�culties associated with doglegs which were experienced during the lower completion
are mentioned below.

• The bottom hole assembly components got suck as they were pulled through some
sections. This may be due to a keyseat, a worn spot caused by repeated abrasion by
the drillstring in a particular location of the dogleg (Schlumberger 2014a).

• Di�culties to work the production liner into place may be due to the high dogleg
which creates curved sections (Schlumberger 2014a).
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• Di�culties of getting stuck during drilling may be due to friction. Excessive doglegs
increase the overall friction of the drillstring (Schlumberger 2014a).

The tight spots that were observed during the running of the lower completion were
responded to with high torque, increased weight on bit and up to 15 ton overpull. This
was in order to �nalize the well. Eventually, the well was only completed to 2977 m MD
RKB. The attempts to work the production liner into place may have caused damage to
the lower completion.

Figure 7.7: The wellpath of Well D.

7.3 Pressure Buildup Tests

Figure 7.8 shows all build-up tests in Well D since the start of production in May 2013
in detail. The drawdown di�ers for the di�erent tests, as may be seen in Figure 7.8.

Segregation is seen in all the tests during the �rst hour after shut-in, see Figure 7.8, except
in the test from 16.10.2013 to 18.10.2013. Segregation can be explained by gas bubbles
from below the liquid in the liquid column which slowly rise up through the well. Due to
expansion of the gas, the liquid falls down and is pushed into the reservoir. This trend is
expected in a gas lift well. No such segregation, as in the �rst October test, may indicate
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Figure 7.8: All build-up tests in Well D since start of production, from (Lysne 2014b).

a smaller liquid column and hence, a possibility of poorer oil production. This hypothesis
may explain the poor repeatability of the tests. From the buildup tests it is observed that
the reservoir is depleting, as mentioned in Section 6.6.

Two build-up tests were performed on Well D in October, the �rst from 16.10.2013 to
18.10.2013, and the second from 21.10.2013 to 22.10.2013. In the time slot between the
two build-up tests, a build-up test on Well E was performed. This is seen in Figure 7.9.

The tests from October are the most representative tests so far (as of February 2014); the
duration of the previous tests have been too short to obtain the most important parameters
from the analysis. Weatherford Petroleum Consultants performed a build-up test analysis
in October 2013. The tests were evaluated in PanSystem. Input parameters used in the
evaluation are shown in Table 7.4. Production data, that is the rate history, was also
used as input parameters.
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Figure 7.9: Data of Well D. Two build-up test periods are seen from 16.10.2013 to
18.10.2013 and from 21.10.2013 to 22.10.2013. In between, a build-up test on Well E
was performed.

Table 7.4: Input parameters in the well test analysis.

Parameter Data
Layer height 7.7 m
Oil Formation Volume Factor 1.346 Rm3/Sm3

Oil viscosity 0.567 cp
Well radius 0.108 m

Match of First Build-up Test, 16.10.2013-18.10.2013

Figure 7.10 shows the evaluation of the �rst build-up test.

Oscillating pressure is observed in the test period from the start to around one hour, see
Figure 7.10. As the oscillation is observed so early in the test the behaviour is most likely
not attributed to the reservoir itself, but may be a phenomenon in the well or near the
wellbore. The e�ect dissipates after one hour. Due to pressure oscillations, the latter part
of the test was used for matching purposes, as this was assumed to be more representative.
This means that the values for vertical permeability, wellbore storage and skin are subject
to a higher degree of uncertainty (Lysne & Nakken 2013). The match from the latter part
of the test is given in Table 7.5.
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Figure 7.10: The build-up test with its evaluation, 16.10.2013-18.10.2013. From Lysne &
Nakken (2013), page 55.

Match of Second Build-up Test, 21.10.2013-22.10.2013

Figure 7.11 shows the evaluation of the second build-up test.

No oscillation were observed in the second well test, see Figure 7.11. The late stage trend
is the same as for the �rst build-up; both stop while in linear �ow without indicating the
start of a pseudo-radial �ow. The match from the second well test is given in Table 7.5.

As may be observed in Figures 7.10 and 7.11 perfect matches could not be obtained.
The mismatch might be due to changing wellbore storage e�ects. Also, there might be
something wrong with the model, for example rate input. Pseudo-steady state or steady
state regimes were not reached, due to insu�cient well test duration.

The initial reservoir pressures found in the well tests deviate from the reservoir pressure
measured downhole. This may indicate that the well is producing from a sealed pocket,
where depletion is a major factor. With a sealed pocket, the aquifer do not give any, or
little, pressure support.

The producing length found from the logs deviates from the producing length from the
well tests. This may be due to wrong net-to-gross factor, uncertainties in the logs or the
well test model.

The parameters obtained from the second test are more bene�cial than those obtained from
the �rst test, due to the oscillation in test 1. Still, the parameters from the analysis should
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Figure 7.11: The build-up test with its evaluation, 21.10.2013-22.10.2013. From Lysne &
Nakken (2013), page 56.

Table 7.5: Output parameters from PanSystem.

Parameter Well Test #1 Well Test #2
Producing well length 300 m 300 m
Skin 5 1
Skin pressure drop 5.1977 bar 1.6365 bar
Pseudo-radial skin -5.5395 -5.7367
Horizontal permeability 3.2 mD 13 mD
Vertical permeability 2.5 mD 4 mD
Initial reservoir pressure 160.947 bar 150.991 bar

be treated with caution as there are a lot of uncertainties in the analysis. Pseudo-radial
�ow do not occur in any of the two tests, giving poor estimates of k and h. This creates a
non-uniqueness problem, and a range of di�erent solutions exist, which are equally viable.
The poor estimates of kh leads to poor estimates of producing well length, L, vertical
permeability, kv, and S. Due to the uncertainties and the deviation in results in the
build-up tests, one, or both of them, might be wrong.
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7.4 Production Data

Production data measured at surface and at P/T-gauge were used as input data when
calculating the productivity index. The production data varies with time; BHP, gas lift
rate and choke opening change with rate of �ow. In order to �nd the most accurate picture
of the production, that is an area without too much oscillation and varying rates, the data
have been plotted, see Figure 7.12 (Winther 2013). This may reduce the uncertainty in
the choice of data. Production data from October 2013 has been used, as the longest and
most qualitative pressure build up tests were performed at the point in time.

The most representative data are found when the well has produced stable for some period
1. A stable production is found late in a given period, and also, the variations of the
parameters are small. (Winther 2013)

The two framed areas are the most representative points for the multi-rate tests considering
the variations in choke opening, BHP and gas lift rate, see Figure 7.12. Well E is shut in
during the multi-rate tests to obtain the production data for Well D.

Figure 7.12: Graphics of the production data in Well D, showing the opening of the choke,
the bottomhole pressure and the gas lift rate. The framed periods are the chosen multi-rate
tests.

7.5 Estimation of the Productivity Index

The productivity index of Well D is calculated directly from the multi-rate tests and with
the use of a pseudo-steady state model. The main di�erence of the two above mentioned

1Personal communication with Jean-Christophe Barbier. November 2013. Trondheim: Weatherford

Petroleum Consultants AS
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methods is the input data used in the calculations. The multi-rate tests use rate and
pressure only, while the pseudo-steady state model takes the reservoir extension and
properties, and production geometry into account. This assures a quality control of the
calculations and the estimated PI. The build-up tests provide additional input data for
the pseudo-steady state model.

To test whether the assumptions and calculations are representative, the calculated data
from the multi-rate tests are used as input data in in�ow- and lift performance models.
The combination of these methods makes sure of quality control, and may help to �nd
deviations from expected PI.

The analysis of the build-up tests indicate a depleting reservoir. This contradicts the initial
assumption of an active aquifer giving pressure support. In the following, the PI has been
calculated with both a reservoir pressure of 197 bar and 151 bar. The reservoir pressure
found in the second well test is chosen as input, as it is considered the most reliable. This
may give an indication on the state of the reservoir.

7.5.1 Multi-Rate Test

The PI was estimated with the use of data from two multi-rate tests in October 2013, both
with a reservoir pressure of 197 bar and 151 bar. The input data and results are shown in
Tables 7.6 and 7.7.

Productivity Index Estimated With Reservoir Pressure of 197 Bar

Table 7.6: PI calculated from the two multi-rate tests, 197 bar reservoir pressure.

Test data FBHP Pres Liquid rate Oil rate Liquid PI Oil PI
Test number [bara] [bar] [Sm3/d] [Sm3/d] [Sm3/d/bar] [Sm3/d/bar]

1 99 197 507 421 5.2 4.3
2 102 197 435 351 4.6 3.7

The average liquid PI is 4.9 Sm3/day/bar, and average oil PI is 4.0 Sm3/day/bar for the
tests with 197 bar reservoir pressure.

Productivity Index Estimated From Well Test Results

When calculating the PI with the use of the reservoir pressure found in the second well
test, 151 bar, the calculated PI doubles when compared to the results found in Table 7.6,
see Table 7.7.

The average liquid PI is 9.3 Sm3/day/bar, and average oil PI is 7.6 Sm3/day/bar for the
tests with 151 bar reservoir pressure.
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Table 7.7: PI calculated from the two multi rate tests, 151 bar reservoir pressure.

Test data FBHP Pres Liquid rate Oil rate Liquid PI Oil PI
Test number [bara] [bar] [Sm3/d] [Sm3/d] [Sm3/d/bar] [Sm3/d/bar]

1 99 151 507 421 9.8 8.1
2 102 151 435 351 8.9 7.2

7.5.2 Pseudo-Steady State Model

Data from build-up tests, log evaluation and drilling reports are used as input in the
pseudo-steady state model. The input data have been considered constant.

A rectangular drainage area and well placement are used as seen in Figure 7.13. The
drainage areas used in the calculations are estimated from the relations discussed in
Subsection 7.1.3.

Figure 7.13: The reservoir schematic.

Productivity Index Estimated With Reservoir Pressure of 197 Bar

It is observed from the log of Well D that the well penetrates only the sand layers from
Z2. This indicates that this is the producing layer. Table 7.8 contains input data used in
the pseudo-steady state model to calculate PI. Average well deviation has been used.

The data used for estimating the drainage area, see Figure 7.13, and its results, are given
in Table 7.9. It is assumed that the well is in the middle of the producing layer, and that
the oil formation volume factor and oil viscosity are constant.

Di�erent combinations of the sides of the drainage area may give the same productivity.
This may indicate that the drainage area is approximately in the area of 600.000-900.000
m2.
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Table 7.8: Input data considered constant.

Parameter Symbol Unit
Reservoir height h 7.7 m
Well radius rw 0.108 m
Well length L 240 m
Well deviation θ 88 deg
Well location zw 3.85 m
Skin along the well s 1
Horizontal permeability kh 13 mD
Vertical permeability kv 4 mD
Oil Formation Volume Factor Bo 1.346 Rm3/Sm3

Oil viscosity µ0 0.567 cp

Table 7.9: Productivity Index calculated with a pseudo-steady state model.

xe ye xw yw Drainage area PIoil CA

[m] [m] [m] [m] [m2] [Sm3/d/bar] [-]
800 800 400 400 640.000 3.9 31.0

Productivity Index Estimated From Well Test Results

The results from the second well test are used as input in the pseudo-steady state model.
See Table 7.10. Average well deviation has been used.

Table 7.10: Input data considered constant.

Parameter Symbol Unit
Reservoir height h 7.7 m
Well radius rw 0.108 m
Well length L 300 m
Well deviation θ 88 deg
Well location zw 3.85 m
Skin along the well s 1
Horizontal permeability kh 13 mD
Vertical permeability kv 4 mD
Oil Formation Volume Factor Bo 1.346 Rm3/Sm3

Oil viscosity µ0 0.567 cp

With a reservoir depleting as rapidly as found in the well tests it is expected that the actual
drainage area of the well may be smaller. It is assumed that the well is in the middle of
the producing layer, and that the oil formation volume factor and oil viscosity is constant.

The small drainage area indicates a poor reservoir-to-well exposure.
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Table 7.11: Productivity Index calculated with a pseudo-steady state model.

xe ye xw yw Drainage area PIoil CA

[m] [m] [m] [m] [m2] [Sm3/d/bar] [-]
300 300 150 150 90.000 7.5 31.0

It is observed that the PI estimates from the multi-rate tests correlates with that of the
pseudo-steady state model.

7.6 In�ow Performance Relation

The In�ow Performance Relationship (IPR) curves and the Tubing Performance
Relationship (TPR) curves have been simulated and matched by using the WellFlo
modeling tool. The OLGA Steady State model has been used for �ow correlation of the
lower and upper completions of the well, and the IPR curves are based on a Vogel model
with coe�cient of 0.2. The TPR curves are generated on the basis of the �owing
conditions from each of the tests (Winther 2013). Two simulations have been performed,
one based on a reservoir pressure of 197 bar and estimated well length from logs, and one
based on the results from the second well test.

Productivity Index Estimated With Reservoir Pressure of 197 Bar

Table 7.12 shows the input data used in the WellFlo model.

Table 7.12: Input data used in the model in WellFlo, 197 bar reservoir pressure.

Test Liquid WC Gas lift GOR GOR & PI BHP Pres

rate rate GL liquid
# [Sm3/d] [Sm3/d] [Sm3/Sm3] [Sm3/Sm3] [Sm3/d/bar] [bar] [bara]
1 507 0.17 100 471 99 238 5.2 62.19 197
2 435 0.19 76 776 105 218 4.6 65.5 197

The BHP is measured at P/T-gauge. The Bottomhole Temperature (BHT) is 83.6 ◦C in
both tests. Note that a constant reservoir pressure, no depletion, is assumed for all cases.

The IPR curve describes the in�ow performance from the reservoir. From the in�ow
performance curve the maximum �ow rate, or Absolute Open Flow (AOF), performance
may be found, which is obtained with maximum drawdown. The AOF from the reservoir
is 650-750 m3/day for both the tests. See Figures E.1 and E.2, in Appendix E.

Figures 7.14 and 7.15 show the in�ow- and lift performance curves for both multi-rate
tests. The in�ow curve has an initial pressure of 166 bar, the static pressure at P/T-gauge.
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Figure 7.14: In�ow- and lift performance curves. The in�ow curve is the blue line and the
lift performance curve is the red line. First multi-rate test, reservoir pressure is 197 bar.
From WellFlo (Weatherford 2012b).

Figure 7.15: In�ow- and lift performance curves. The in�ow curve is the blue line and the
lift performance curve is the red line. Second multi-rate test, reservoir pressure is 197 bar.
From WellFlo (Weatherford 2012b).
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Productivity Index Estimated From Well Test Results

Table 7.13 shows the input data used in the WellFlo model.

Table 7.13: Input data used in the model in WellFlo, 151 bar reservoir pressure.

Test Liquid WC Gas lift GOR GOR & PI BHP Pres

rate rate GL liquid
# [Sm3/d] [Sm3/d] [Sm3/Sm3] [Sm3/Sm3] [Sm3/d/bar] [bar] [bara]
1 507 0.17 100 471 99 238 9.8 62.19 151
2 435 0.19 76 776 105 218 8.9 65.5 151

The BHP is measured at P/T-gauge. The BHT is 83.6 ◦C in both tests.

The AOF from the reservoir is 900-930 m3/day for both the tests. See Figures E.3 and
E.4 in Appendix E. Maximum drawdown is 151 bar.

Figures 7.16 and 7.17 show the in�ow- and lift performance curves for both multi-rate
tests. The in�ow curve has an initial pressure of 120 bar, the static pressure at P/T-gauge.

Figure 7.16: In�ow- and lift performance curves. The in�ow curve is the blue line and the
lift performance curve is the red line. First multi-rate test. From WellFlo (Weatherford
2012b).

As seen in �gures 7.14, 7.15, 7.16 and 7.17 the calculated operating points, the intersection
between the IPR and TPR curves, do not coincide with the measured data. Both calculated
rates and downhole pressures deviate from the measurements at P/T-gauge and the MPFM.
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Figure 7.17: In�ow- and lift performance curves. The in�ow curve is the blue line and the
lift performance curve is the red line. Second multi-rate test. From WellFlo (Weatherford
2012b).

The deviation is as much as 20% for the BHP. A sensitivity analysis is performed in
Section 7.8.

7.7 Uncertainties

In the project report Productivity Index in Horizontal Wells (Winther 2013) a similar
productivity calculation was performed on Well E. Some of the uncertainties mentioned
below are from that respective project.

Reservoir Parameters

• An uncertainty in drainage radius may lead to an uncertainty in drainage area as the
drainage area is estimated from the drainage radius. The shape of drainage area also
contributes to an uncertainty in the drainage area.

• The layer thicknesses, used as input data in PanSystem, are estimated from logs.
The layer thickness is proportional to the horizontal permeability; this may lead to
an uncertainty in the horizontal well permeability found from the analysis of the
build-up tests.

• The logs from the nearby wells may not be representative for estimating the layer
thickness in Well D. There might be faults, anticlines or compartmentalization,
indicating that the layers do not follow the "trend" in the area around Well D.
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• Measured initial temperature and pressure are average values. These may vary within
the reservoir, and a�ect the �uid parameters and drawdown.

Fluid Parameters and Composition

• Rate history: the oil production rate history is an important parameter in a build-up
test model, as it is used to calculate the horizontal permeability. An error in the rate
history may a�ect the results of the build-up test analysis. With only the cumulative
production rate given, the rate history carries high uncertainties.

• Production data: the measurement of the production data may be uncertain due
to uncertainties in �ow measurement devices. Major factors contributing to the
�ow measurement uncertainties are �uid �ow condition, construction tolerances in
meter components, uncertainty of secondary devices/instrumentation, data reduction
and computation, predictability in de�ning the physical properties of the �uid, and
tolerances in prediction of coe�cient of discharge. These systems should have a lower
uncertainty than ±10%. (LEVON-Group et al. 2009)

• Viscosity, gas solubility, �ow rate, �uid density, and oil and water saturation are
�uid parameters which vary with temperature and pressure. These parameters may
contribute to uncertainties in the calculations, as average values are used.

• Uncertainties in reservoir pressure lead to di�erent drawdown and PI values. This
may lead to wrong assumptions in permeability, reservoir extension, aquifer support
and geology in the area around Well D.

Wellbore Geometry

• Irregularities, tortuosity, in the wellbore may lead to possible uncertainties in its
dependent parameters. These parameters are for example well radius and �uid �ow
friction loss. Friction loss in the horizontal section is ignored in the calculations of
the PI, which leads to a slightly higher drawdown. This may lead to too optimistic
PI estimates. The observed dog leg of Well D is high, indicating that this may cause
some wrong estimates.

• The deviation of the well may vary with the length of the well, and in the previous
calculation an average deviation is used. As will be shown in the sensitivity analysis,
the productivity index is highly dependent upon the well deviation. The deviation
will also vary due to tortuosity in the wellbore.

• In addition to varying well deviation along the well, the reservoir layer height may
vary. This may lead to an uncertainty in the well location, and the drainage area if
no-�ow boundaries are assumed. The shape factor may also change.

• The mechanical skin may have another value than estimated. This may a�ect the
productivity of the well.
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Models

The equations and software used might carry uncertainties as they follow certain
correlations.

• Equations are simpli�ed and theoretical, not taking changes over time into account.

• The software, WellFlo and PanSystem, calculate the best possible match with regards
to the input parameters. The match in data may not be good and give uncertain
output data.

• Uncertainties in CPI logs as these are computer processed.

• The lack of information from the two well tests, the di�erence in segregation and the
mismatch may create uncertainties in output values. The lack of information of when
and/or where pseudo-radial �ow occurs, in PanSystem, may create uncertainties in
the horizontal permeability, vertical permeability, producing well length and skin.

7.8 Sensitivity Analysis

7.8.1 In�ow Performance Relation

Well Head Pressure (WHP) and subsea choke opening are normally used as allocation
parameters to allocate the oil production rate. At the Jette �eld, there are a few
circumstances preventing the use of these two parameters. The primary reason is that
gas lift will by far exceed the WHP and the choke opening e�ect. It is possible to have a
large range of oil production rates from a well and yet a constant WHP due to the gas
lift. The chokes should be in a maximum open position after start-up, and the �ow from
the wells should rather be controlled by gas lift. (Winther 2013)

At Jette it can be assumed that there is a strong relationship between gas lift rate and
liquid production. It can also be assumed that with a given productivity index for the
well, the pseudo-steady state liquid production is directly proportional to the drawdown.
Hence, it is recommended to use BHP and/or gas lift rate as allocation parameters. There
are reasons to believe that liquid production rate is strongest linked to gas lift rate since
the BHP will change with water cut. (Winther 2013)

The challenge in Well D is to get a match with the BHP. The same trend of pressure match
is observed for both reservoir pressures and their respective PI; from multi-rate test 1, the
BHP is found to be too high and the producing rates too low, while in multi-rate test 2
the BHP is found to be too low and the rates too high. This may indicate that the gas
lift rates or GOR are not correct. A sensitivity analysis were done at the tests, altering
the gas lift rate, the GOR and the Inner Diameter (ID) of the well. It is assumed that the
previously calculated PI's are correct.
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The sensitivity analysis for the di�erent parameters, with associated plots are shown in
Appendix E, in Subsection E.2.1. It is observed in the �gures that by altering the gas
lift rates and the GOR a good match may be obtained. Altering the ID has little impact
on the results.

Gas Lift Rates

Figures 7.18 and 7.19 summarize the results from the sensitivity analysis.

Figure 7.18: Gas lift rate sensitivity, for both tests with 197 bar reservoir pressure.

Gas-Oil Ratio

Figures 7.20 and 7.21 summarize the results from the sensitivity analysis.

Inner Diameter in Reservoir Section

Figures 7.22 and 7.23 summarize the results from the sensitivity analysis.
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Figure 7.19: Gas lift rate sensitivity, for both tests with 151 bar reservoir pressure.

Figure 7.20: GOR sensitivity, for both tests with 197 bar reservoir pressure.
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Figure 7.21: GOR sensitivity, for both tests with 151 bar reservoir pressure.

Figure 7.22: Inner diameter sensitivity, for both tests with 197 bar reservoir pressure.
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Figure 7.23: Inner diameter sensitivity, for both tests with 151 bar reservoir pressure.

7.8.2 Pseudo-Steady State Model

Sensitivity analysis has been performed at both the tests with reservoir pressure of 151 bar
and 197 bar, with the use of the pseudo-steady state model. The drainage area, formation
height, well deviation, skin along the well, horizontal permeability and vertical permeability
were altered in the analysis. It was found that formation height, horizontal permeability
and well deviations are the sources of the highest uncertainty. The uncertainty varies from
20% to 230% for these parameters. The high uncertainties show how important it is to
estimate the PI with di�erent methods to be able to con�rm/decon�rm hypotheses.

The sensitivity analysis for the di�erent parameters, with associated plots are shown in
Appendix E, in Subsection E.2.2. Figures 7.24 and 7.25 summarize and show the
sensitivities relative to each other. In the �gures it is seen that the formation height, well
deviation and horizontal permeability have the highest deviation. The sensitivity analysis
is presented in spider plots.
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Figure 7.24: The �gure shows the sensitivities relative to each other, with a reservoir
pressure of 197 bar. It is seen that formation height, well deviation and horizontal
permeability have the highest deviation.
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Figure 7.25: The �gure shows the sensitivities relative to each other, with a reservoir
pressure of 151 bar. It is seen that formation height, well deviation and horizontal
permeability have the highest deviation.

7.9 Results and Hypotheses

Tables 7.14 and 7.15 summarize the calculated oil PI from the multi-rate tests and the
pseudo-steady state model, both for a reservoir pressure of 197 bar and 151 bar.

Table 7.14: Productivity index calculated with di�erent methods, reservoir pressure of 197
bar.

Method Average oil PI
Multi-rate test 4.0 Sm3/day/bar
Pseudo-steady state model 3.9 Sm3/day/bar

As seen from Table 7.14 the PI deviates with 2.5%. In Table 7.15 the PI deviates with
1.3%.

The build-up tests gave con�icting results from the estimated initial reservoir pressure,
with a reservoir pressure of 150-160 bar. As a part of the quality control two cases were
evaluated in the calculation of the PI; a case with reservoir pressure of 197 bar and a
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reservoir pressure of 151 bar. The latter o�er a smaller drawdown and hence, a higher
PI-value.

Table 7.15: Productivity index calculated with di�erent methods, reservoir pressure of 151
bar.

Method Average oil PI
Multi-rate test 7.6 Sm3/day/bar
Pseudo-steady state model 7.4 Sm3/day/bar

A match was obtained for both cases from the multi-rate tests, mathematical model and
IPR evaluation. It is observed that to be able to obtain a match, the gas lift rates or GOR
have to be increased drastically, with up to 200%. This indicates that the allocation of these
two parameters may be poor, and/or that the measurements are uncertain. Hypotheses
for the cause of the poor PI and uncertainties in regards reservoir pressure are listed below.

• The sand screens may be plugged due to the long exposure to LSOBM and di�culties
during the completion, as described in Section 7.1 and Section 6.5. The PI may be
lower due to a higher mechanical skin.

• While drilling the reservoir section of Well D, the ECD was in the range of 1.53 to
1.54 SG. This corresponds to about 120 bar overbalance while drilling with WARP
mud. However, the build-up tests do not give a skin value that represents the
induced formation damage. In case of plugged sand screens, the formation damage
skin derived from the build-up analysis will also be in�uenced by the pressure drop
across the screens. The skin caused by the plugged sand screens will most likely be
dominant, that is much greater that the formation skin.

• The results from the two build-up tests di�er from each other. The results may
indicate that one, or both, of the tests are poor, or that something has happened
in between. The poor clean-up described in Section 7.1 implies that amounts of
drilling and completion �uids may be produced during production. Some drilling and
completion �uids may have been produced during the clean-up, leading to di�erent
results in the analysis. A clean-up of the well may lead to longer producing length
in the well, and hence, a greater PI.

• The well might be located in a closed compartment, isolated from the rest of the
reservoir, and the aquifer. The presence of faults and compartments may explain the
poor PI and the small drainage area estimated from the pseudo-steady state model,
and hence, the low oil rate, the low WC and the reservoir pressure obtained from
the well tests. Faults may also explain the di�culties during drilling, as the tension
increases in the proximity of the faults. An isolation of the producing zone leads to
depletion of that respective zone.

• The well may be packed o� below the middle swell packer due to poor clean-up and
plugged sand screens. The large amounts of drilling and completions �uids that have
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not been cleaned up may be located in the toe of the well, below the middle swell
packer. Consequently, the sands above this swell packer may be the zone that have
contributed to production of the well. If this sand is only a thin upper sand layer in
the formation, the sand can potentially have been partially depleted. From the logs,
it is observed that this upper sand is less favourable compared to the sands below
the swell packer. This leads to a smaller PI value due to smaller producing length
and drainage area.

• The swell packers, which have a maximum di�erential pressure of 35 bar, may collapse
in presence of high pressure di�erential and contribute to production in periods. This
may lead to variations in observed PI.

• There might be wax or buildup of scale in the well constricting the �ow due to reduced
tubing diameter, and hence smaller BHP and lower producing rates.

7.10 Measures to Improve the Productivity Index

It is clear that the well has a poor PI due to complications during completion and poor
clean-up giving a short e�ective producing well length and poor drainage area. The PI is
assumed to improve with the implementation of well intervention measures. An evaluation
of the challenges in the well and possible measures are discussed below.

• If Well D is located in a compartment, hydraulic/pulse fracturing may be an
opportunity to open up for production in surrounding sand layers. The perforations
will most likely be long enough to penetrate the surrounding shale, reaching sands.
On the other hand, the fracturing may lead to increased water production if the
fractures reaches the OWC, and is thus not considered bene�cial in the long run.

• Acid squeeze and scale removal may reduce the e�ect of plugging and/or poor clean-
up. CaCO3 is highly soluble in HCl, hence acidizing may remove particles clogging
intake jets in the ICDs. These measures may increase the PI of the well. These
measures are considered to be bene�cial.

• In�ll drilling, either by re-drill and re-completing the original well path of Well D,
drilling a side-step or making a multilateral may be good option. In�ll drilling and/or
optimization of well placements and completions may give increased reservoir-to-well
exposure, thus be able to produce from the surrounding sands.

75



7.10. MEASURES TO IMPROVE THE PRODUCTIVITY INDEX

76



8 Simulation Model

To increase the accuracy of simulation models it is required to increase the number of
grid blocks. Very large numbers of grid blocks are impractical when performing dynamic
simulations due to the amount of computations required to solve the �ow equations
(Lorentzen 2013). A model with less grid blocks will reduce the simulation time and
increase model performance.

The simulation model provided by Det Norske Oljeselskap ASA was upscaled to obtain
a reduction in run time. Upscaled models will always try to mimic the basecase. The
resulting upscaled model has a good match in oil production rate, cumulative production
of phases and average �eld pressure compared to the basecase model provided by Det
Norske Oljeselskap ASA. After a history matching process of the upscaled model, it will
be used as a basecase for further simulations. The upscaled model is taken from Dynamic
Reservoir Modeling of Jette (Lorentzen 2013).

8.1 Description of the Upscaled Model

The Jette dynamic reservoir model was upscaled in Petrel. Upscaling of properties is the
process of generating an average value of each property to represent multiple �ne grid blocks
within one large grid block resulting from upscaling. Single phase upscaling was performed
on static properties such as porosity, permeability, scaled connate water saturation and
scaled maximum capillary pressure. The Jette dynamic reservoir model is based on the
geological model created by Det Norske Oljeselskap. The grid was coarsened by a factor
one to three, see Table 8.1.

Table 8.1: Layering and upscaling ratio of upscaled model.

Basecase model Upscaled model
Zone Layers Ratio Layers Ratio

Z1, Z2, Z5 60 n/a 20 3
Ty Upper 5 n/a 5 1

Sum 65 n/a 25 2.6

The number of grid blocks are given in Table 8.2.
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Table 8.2: Number of grid blocks in the upscaled model.

Basecase model Upscaled model
Number of grid blocks 744 510 286 350

Number of active grid blocks 478 214 247 834

The upscaled model is an adequate match of the basecase model, and the simulation time
is halved. Homogenization is the main cause of mismatch between the upscaled model and
the basecase (Lorentzen 2013).

Jette is modeled in three dimensions with a black oil formulation containing three phases,
gas, oil and water. The reservoir is initially undersaturated, but starts producing gas as
the reservoir pressure is lowered below the bubble point pressure. Simulation starts on the
20th of May 2013 and runs until 1st of January 2020. (Lorentzen 2013)

The dimensions of the upscaled model is 166x69x25. Lateral dimensions of the cells are
25 m in horizontal, X and Y, directions, and vary from around a meter to around eight
meters in vertical, Z, direction. See Figure 8.1.

Figure 8.1: Jette upscaled simulation model illustrated with pressure, from S3GRAF
(Sciencesoft 2013).
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8.1.1 Geology

As above mentioned, the Jette dynamic reservoir model is based on the geological model
created by Det Norske Oljeselskap. This can be seen in Figure 8.2 where the top horizon
of the dynamic reservoir model is positioned on top of the static geological model. The
same features can be seen in the upscaled model.

Figure 8.2: The Jette dynamic reservoir model is imposed on top of the geological model,
taken from Petrel (Schlumberger 2013c).

The zone of water saturated sands and zone of cap rock are not included in the reservoir
model as these will have no in�uence on reservoir behavior. (Lorentzen 2013)

The model is divided into six stratigraphic layers according to the characteristics of Jette's
facies. The layers are seen in Figure 8.3.

As written in Section 6.1 the main facies at Jette are divided into HDT, LDT, green
shales and black shales. In the logs it is observed that layer Z1 contains mostly LDT sand,
layer Z2 contains mostly HDT sands and also some LDT sands. Heimdal Z5 contains
large amounts of black shale, and Ty Upper is a mixture of sands. Layer Z1 and layer
Z2 are the most interesting zones as these are above/at the OWC. These observations
are implemented in the reservoir model. The di�erent layers are modeled with di�erent
values of permeability and porosity, where low values indicate facies of poorer reservoir
characteristics and higher values of better reservoir characteristics. Thin layers of shale
in between the sands are modeled with zones of lower permeability. The distribution of
horizontal permeability is shown in Figure 8.4.
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Figure 8.3: Stratigraphic layers in the reservoir model, taken from Petrel (Schlumberger
2013c).

Figure 8.4: Horizontal permeability distribution in the reservoir model, taken from Petrel
(Schlumberger 2013c).
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Jette was initially assumed to have many faults, but these are not implemented in the
model.

8.1.2 Reservoir Properties

The model is initialized with an active aquifer with an OWC at 2091 m TVD. There is
no gas cap as the reservoir is estimated to be undersaturated. Bubble point pressure is
estimated from the used PVT-model to 170.5 bara, reservoir pressure is 195.9 bar (at 2091
m TVD). See Table 8.3 for model reservoir properties.

Table 8.3: Model reservoir properties.

Parameter Unit
Reservoir pressure 195.9 bar
Reservoir temperature 82.9 ◦C
Bubblepoint pressure 170.5 bar
Oil density 815 kg/m3

Water density 1,041 kg/m3

Gas density 1.09722 kg/m3

Salinity 60,000 mg/l
Bo 1.346 Rm3/Sm3

µo 0.506 cp
Horizontal permeability 195.8 mD
Vertical permeability 65.7 mD
Porosity 10%

The resulting oil in place from initialization is 5,974,723 Sm3. The active aquifer is
estimated to give good pressure support. Hence, the gas-oil capillary pressure is set to
zero. This assumption is valid as almost no gas will evolve in the reservoir due to the
reservoir being undersaturated. (Lorentzen 2013)

The model includes two producing horizontal wells, well E-1H and well D-1H. The wells
have Vertical Flow Performance (VFP) tables included to account for the �ow between
reservoir and surface due to production by use of gas lift. The wells are connected to the
grid according to the well trajectory entered in the geological model. Well e�ciencies are
included to be 89.9% the �rst year of operations and 92.8% after this period. Both wells
are producing from layer Z2. The skin factor is set to 0.

8.2 Representation of Jette

The upscaled model was scaled according to the basecase model and not to the Jette
production data, hence the model might not represent the real Jette production.
Figures 8.5, 8.6, 8.7 and 8.8 show comparisons between the upscaled model and the
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real measured data. Figure 8.5 shows the �eld liquid production rate, Figure 8.6 shows
the �eld oil production rate, and Figures 8.7 and 8.8 show the wells bottom hole
pressures. In the upscaled model historic data are used as input to August 2013.

Figure 8.5: A comparison of the �eld liquid production rate from the upscaled model and
the measured data. The upscaled model di�ers from the measured data.

Figure 8.6: A comparison of the �eld oil production rate from the upscaled model and the
measured data. The upscaled model di�ers from the measured data.
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Figure 8.7: A comparison of the bottom hole pressure in Well D from the upscaled model
and the measured data. The upscaled model di�ers from the measured data.

Figure 8.8: A comparison of the bottom hole pressure in Well E from the upscaled model
and the measured data. The upscaled model di�ers from the measured data.

As seen in the plots, it is observed that the results of the upscaled model di�ers from the
measured data, despite historic data as input. It is also observed in the model that Well D
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has too low WC in comparison with real production data. This may imply that the model
itself is not representable for the Jette �eld.

8.3 Uncertainties

The current reservoir model is not a good match compared to the observations at the
Jette �eld, and need improvements in initialization before further use. Uncertainties in the
model are listed below.

• The permeability of the reservoir is assumed too high. The average horizontal
permeability in the upscaled model is 195.8 mD and the average vertical
permeability in the upscaled model is 65.7 mD, whereas the estimated horizontal
permeability is 13 mD and the estimated vertical permeability is 4 mD, taken from
well test analysis.

• The assumed location of the wells in the reservoir may be incorrect. This will be an
uncertainty in all simulation models and is not explicit for this model. It may lead to
wrong predictions of stratigraphy and geological characteristics, and in production
rates.

• The e�ect of the aquifer may not be representative.

• Geostatistics have been used to populate the grid. This may lead to a wrong
distribution of permeability and porosity.

• The PVT model used for the initialization may be incorrect. An incorrect PVT model
may contribute to a wrong bubble point pressure and hence, gas in the reservoir.

• The VFP tables for the wells may be incorrect, not giving the right combination of
production rates and pressures in the system.

History matching of the model may reduce the uncertainties, and give a model more alike
the Jette �eld.
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There are ample factors that may a�ect the estimated cumulative production and
production rates found with simulation due to the set-up of the model. The input data
used in a model is often subjective and chosen at a certain time where there may not be
su�cient data. As these input data may o�er great uncertainty, they need to be validated
based upon the latest data.

The initial model was found to be a poor reservoir model as compared to the production
history of Jette and the development of knowledge. The model does not include faults and
fractures, several �uid systems or the depletion of the reservoir around Well D. The initial
model is not representative for the Jette �eld, but an imaginary Jette �eld. Without the
new knowledge of the �eld, the initial model was still found to be too positive with regards
to permeability and not representative for the observed production data. In the initial
model, the drainage area around Well E, and its productivity, is too pessimistic, and the
drainage area around Well D, and its productivity, is too optimistic.

As the initial model was intended to be representative for Jette, the model will be used for
future simulations after it is �nalized. In order to �nalize the model for simulations and
reduce the uncertainties, a coarse history match of the upscaled model was performed. In
addition to implementing updated PVT data and lift curves, the model has been made
more realistic in regards to permeability and productivity of the two producing wells. No
changes have been made to the faults, amount of �uid systems or the aquifer support.

9.1 PVT

The original PVT model input in the simulation model is based on a mixture of three
Modular formation Dynamics Tester (MDT) samples from pilot well 25/8-17-D-1 H. The
mixture was to give a representative average of the oil in place. Data from the original
PVT model used to initialize the reservoir model is given in Table 9.1.

With a modelled bubble point pressure of 170 bara (in the upscaled model) an
inconsistency is observed between the simulated and real production data. The results
from the simulation show a higher produced gas rate than what is measured at Jotun B,
with the gas lift rate taken into account. Thus, it is likely that the bubble point pressure
in the PVT model is too high, which introduces uncertainties in the simulation model.
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Table 9.1: Data from the original PVT model from pilot well 25/8-17-D-1 H.

Parameter Symbol Unit
Reservoir pressure pres 195.7 bara
Reservoir temperature Tres 82.9 ◦C
Bubble point pressure pbp 172.3 bara
Solution gas-oil ratio Rso 125 Sm3/Sm3

Oil Volume Factor Bo 1.346 Rm3/Sm3

Gas Oil Ratio GOR 90-100 Sm3/Sm3

Oil density ρo 691 kg/m3

Oil viscosity µo 0.399 mPa*s

Other �uid samples taken earlier show a great variation in bubble point pressure and
solution gas-oil ratio as seen in Figure 6.13.

The �uid sample from the observation well 25/8-17 was chosen as input in the new PVT
model. The mentioned �uid sample is (as of 11.04.2014) one of the most tested samples,
that is Constant Mass Expansion (CME) test, viscosity measurement, Di�erential
Liberation Expansion (DLE) and multistage separation test. The main results from the
PVT analysis is given in Tables 9.2, 9.3, 9.4 and 9.5. It is estimated that these tests
are more representative as the bubble point pressure is lower and hence, more
representative for the production data.

Table 9.2: Single stage separation.

Bottle no. Sampling depth GOR ρSTO M Gas gravity
[m MD RKB] [Sm3/Sm3] [kg/m3] [kg/kgmol]

TS-101404 2094 87.7 838.6 195.4 0.980

Table 9.3: Constant mass expansion of MDT oil sample.

Bottle no. TRES PBP κ Viscosity at PBP

[ ◦C] [bar] [bar−1] mPas
TS-101404 83.6 114.7 2.048*10−4 0.518

Table 9.4: Di�erential liberation expansion.

Bottle no. Rs Bo at PBP ρRESO M Calc. density at PBP

[Sm3/Sm3] [m3/Sm3] [kg/m3] [kg/kgmol] [kg/m3]
TS-101404 94.6 1.3678 844 202.3 708.5

The results from the PVT tests were used as input parameters in PVTsim and PVT�ex
in order to make PVT models to be used in both ECLIPSE and WellFlo. When matching
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Table 9.5: Three stage separation.

Bottle no. GOR/Rs BoatPBP ρSTO M Calc. density at PBP

[Sm3/Sm3] [m3/Sm3] [kg/m3] [kg/kgmol] [kg/m3]
TS-101404 81.9 1.310 836.5 190 710.3

the PVT models the aim is to match the data from the PVT analysis. Description of the
work �ow in PVTsim and PVT�ex can be found in Appendix F. Results of the PVT
modeling are shown in Table 9.6.

Table 9.6: Data from the new PVT model after analysis.

Parameter Symbol Unit
Reservoir pressure pres 196.7 bara
Reservoir temperature Tres 83.6 ◦C
Bubble point pressure pbp 117.3 bara
Oil density ρo 816.7 kg/m3

Oil viscosity µo 0.764 mPa*s
Oil formation volume factor Bo 1.164 Rm3/Sm3

As seen in Table 9.6, the two PVT models are quite similar. The bubble point is the largest
change, with a deviation of approximately 60 bar.

9.1.1 Uncertainties

• The �uid sample might not be the most representative for both the wells. If the
reservoir is compartmentalized, separating the two producing wells, there may be
di�erent �uid parameters for the �uid produced from the two wells.

• As the model is not perfectly identical to the MDT sample, but deviates with some per
cents, the new parameters may contribute to further uncertainties during simulation.

• Uncertainties from the analysis of the MDT sample will follow in the PVT model.

9.1.2 PVT Modeling Software

PVTsim

PVTsim (calsep 2013), developed by calsep, is one of the industry's leading PVT
simulation packages. PVTsim allows the possibility to combine reliable �uid
characterization procedures with robust and e�cient regression algorithms to match �uid
properties and experimental data. The �uid parameters may be exported to produce high
quality input data for reservoir, pipeline and process simulators. (calsep 2008)

PVTsim is compatible with Schlumberger's reservoir simulation software ECLIPSE.
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PVT�ex

PVT�ex software (Weatherford 2012a) is a simulation engine based on industry-accepted
theory applied to well-de�ned algorithms which result in the capability to predict the
relevant �uid properties. The design of the software enables engineers to develop and
manage accurate �uid descriptions which can be shared among other Field Office
application modules to ensure consistent and improved calculations. That is, PVT�ex is
compatible with Weatherford's Field O�ce WellF lo software. (Weatherford 2013a)

9.2 Lift Curves

VFP tables, or lift curves, in Eclipse o�er the most �exible, and potentially the most
accurate, means of determining the pressure drop across each segment of the well.
Interpolating the pressure drop from a table is considerably faster than calculating it
from a multi-phase �ow correlation. VFP tables should be constructed for a
representative length of tubing at the appropriate angle of inclination, using a suitable
multi-phase �ow correlation. Standard VFP tables give the BHP as a function of �ow
rate, the Tubing Head Pressure (THP), the water and gas fractions, and optionally the
Arti�cial Lift Quantity (ALQ) (Schlumberger 2012b). VFP tables normally describe the
combined e�ect of friction and hydrostatic pressure losses along the representative length
of tubing.

Two new lift curves have been made with the use of the WellFlo modeling tool; one for
Well D and one for Well E.

Fluid parameters, reference depth, reservoir characteristics, wellbore deviation and
equipment, gas lift data, and surface characteristics have been used as input parameters
when building the lift curves in WellFlo. The work �ow is described in Appendix G.
The latest PVT model, described in Section 9.1, is used as PVT input.

The lift curves are exported as an ECLIPSE input �le. The lift curves will, as earlier
mentioned, be used to determine the pressure drop.

9.2.1 Results of New Lift Curves

The lift curves have been validated by a comparison with the original lift curves from
Det Norske Oljeselskap. The input data used when comparing the lift curves, and the
comparison of the lift curves for Well D are shown in Figure 9.1.

As seen in sub�gure 9.1a the new lift curves for Well D are more pessimistic than the original
lift curves for lower rates. At higher rates, the original lift curves are more pessimistic,
contributing to a higher pressure drop.

The comparison of the lift curves, and the input data used when comparing the liftcurves,
for Well E are shown in Figure 9.2.
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(a) Comparison of lift curves. The primary table is the new lift curve.

(b) Input data used for comparison.

Figure 9.1: Comparison of the new lift curves and the original lift curves by Det Norske
Oljeselskap. Well D. Taken from Petrel (Schlumberger 2013c).

Figure 9.2a shows that the new lift curves for Well E are quite similar to the original lift
curves. At the smallest THP the new lift curves are slightly more pessimistic than the
original. As the THP normally is higher than that, the most pessimistic curves will not
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a�ect the pressure drop.

(a) Comparison of lift curves. The primary table is the new lift curve.

(b) Input data used for comparison.

Figure 9.2: Comparison of the new lift curves and the original lift curves by Det Norske
Oljeselskap. Well E. Taken from Petrel (Schlumberger 2013c).

The pressure drop in both wells calculated with the new lift curves also corresponds well
with the pressure drop calculated with the mechanical �ow equation for pipelines.
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9.2.2 Validation of New Lift Curves

In ECLIPSE, the lift curves will be used to calculate the BHP in both wells, while the
THP is the constraint. With a �xed THP at 30 bara the new and the original lift curves
have been compared in regards to BHP, total oil production and liquid production rate.
See Figures 9.3 and 9.4.

Figure 9.3: Comparison of the new lift curves and the original lift curves by Det Norske
Oljeselskap. Well D. The black lines show the BHP, the blue lines show the liquid production
rate and the red lines show the total oil production.

The original lift curves for Well D give higher pressure drop in the wellbore, leading to a
lower calculated BHP (at 01.01.2020 22.6% lower). This leads to greater liquid production
rate, and greater total oil production. The original lift curve for Well D is more pessimistic
than the new according to pressure drop, but more positive in regards production, see
Figure 9.3.

For Well E, the lift curves are quite similar giving production results with small deviation,
see Figure 9.4. The BHP in the new lift curves, at 01.01.2020, is 1.0% lower than for the
original lift curves. The total oil production, while using the new lift curves, is 0.8% higher.

91



9.2. LIFT CURVES

Figure 9.4: Comparison of the new lift curves and the original lift curves by Det Norske
Oljeselskap. Well E. The black lines show the BHP, the blue lines show the liquid production
rate and the red lines show the total oil production.

9.2.3 Uncertainties

• The implementation of the models in WellFlo may be too simpli�ed, hence not
representative for the real case.

• The input parameters from the multi-rate tests may be uncertain, leading to
propagating uncertainties in the model.

• WellFlo might carry uncertainties as it follow certain correlations.

• The measurement of the production data may be uncertain due to uncertainties in
�ow measurement devices.

• The friction factor in the wells may di�er, giving uncertainties in pressure drop due
to friction.

• The PVT model may not be representative. Uncertainties from the PVT model will
follow in the calculations of the pressure drop from the lift curves.
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9.2.4 Lift Curve Modeling Software

WellFlo

Weatherford's Field O�ce WellFlo software (Weatherford 2012b) is a well-modelling
application with design and analysis features for both naturally �owing and
arti�cially-lifted wells (Weatherford 2013b). It incorporates calculations for multiphase
�ow through pipes, restrictions and other well components such as completions, pumps
and gas-lift valves. The software supports an extensive catalogue of well equipment
including tubing, casing, gas-lift valves, motors, cables, ESP and Progressing Cavity
Pumps (PCP) from various manufacturers. (Weatherford 2013b)

9.3 History Matching of Model

As the model is not representative for the Jette �eld, a coarse history matching process
has been performed in order to better represent the well's production history. In addition
to implementing a new PVT model and lift curves, the permeability around the wells and
the well productivity have been controlled by the use of multipliers. The alterations have
been made in ECLIPSE. The history match is described below.

• A new PVT model, as described in Section 9.1, was implemented.

• New lift curves for the two horizontal wells were implemented. The lift curves are
described in Section 9.2.

• Well E was found to be too pessimistic from the simulation model. In order to
increase its production both the horizontal and vertical permeability in the sands
around Well E were doubled by the use of permeability multiplier. The productivity
of the well was increased with the use of the keyword WPIMULT .

• It was indicated in the production history in Section 6.6 that parts of Well D is
blocked, non-producing intervals. Parts of the well was cleaned in October 2013 by
a rough start-up following a shut-in, giving a better production. This measure was
implemented in the completion data of the well, and is observed by the small "peak"
in production in October 2013, see Figure 9.9. The well was initially completed
down to the second swell packer (2546 m MD RKB), and opened up down to the
third swell packer (2821 m MD RKB) in October 2013.

• Well D was found to be too optimistic from the simulation model. In order to decrease
its production both the horizontal and vertical permeability in the sands around Well
D were halved by the use of a permeability multiplier. The productivity of the well
was decreased with the use of the keyword WPIMULT .

Figures 9.5, 9.6, 9.7 and 9.8 show comparisons of the �eld liquid production rates, the
�eld oil production rates, and the bottom hole pressures in Well D and Well E, between the
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upscaled model, the history matched model and measured data. In the history matched
model historic data are used until January 2014. The production is constrained by THP,
which is considered to be the least varying parameter.

A good match of the �eld liquid production rate is observed in Figure 9.5. The rate from
the history matched model is slightly pessimistic compared to the measured data which
may, indicated from Figure 9.6, be caused by low WC. Figure 9.6 indicates a too positive
oil production rate as compared to the measured data. The bottom hole pressures, seen in
Figures 9.7 and 9.8, are almost spot on. This is expected as the model is controlled with
BHP in the historic period. Water production is not matched.

Figure 9.5: A comparison of the �eld liquid production rate of the measured data, the
upscaled model and the history matched model.

It is observed that the history matched model gives a better match given the measured data
than the upscaled model. The deviation in drawdown is found to be ± 10%; qualifying to
be a coarse history match, making the model usable for further simulations. As the match
is considered to be su�cient given the constraints of model quality, the history matched
model will be used in future simulations in this thesis. It should be noted that as the model
do not, given the production history and �ndings, represent the Jette �eld any more, the
following IOR measures simulated with this model will be assumed to represent a Jette X
case.

Figure 9.9 and Figure 9.10 show the production data of the new basecase model when
simulated to 01.01.2020. The production data are given for Well D and the �eld.

94



CHAPTER 9. VALIDATION AND HISTORY MATCHING

Figure 9.6: A comparison of the �eld oil production rate of the measured data, the upscaled
model and the history matched model.

Figure 9.7: A comparison of the bottom hole pressure in Well D of the measured data, the
upscaled model and the history matched model.
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Figure 9.8: A comparison of the bottom hole pressure in Well E of the measured data, the
upscaled model and the history matched model.

Figure 9.9: Oil rate, water rate, GOR, cumulative oil production and cumulative water
production for the basecase model of Well D.
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Figure 9.10: GOR, recovery factor, cumulative oil production and cumulative water
production for the basecase model of the �eld.
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10 Well Design

The evaluation of the productivity in Well D indicates a need for implementing improved
oil recovery operations. In Section 7.10 the well intervention operations, described in
Section 5.2, were evaluated for Well D. The evaluation indicates that in�ll drilling and
acidizing may improve the PI of the well. Multilaterals may increase the reservoir-to-well
exposure, improving the drainage area of the wells. Acidizing may clean the well, giving
longer in�ow area to the well.

The laterals are designed in Petrel (Schlumberger 2013c). The procedure is described in
Appendix H. The only alteration regarding the laterals in the input �les for simulation
are in the �le with completion data.

The focus in the design of the wells have been on the well path in the reservoir layers itself,
and not outside the reservoir layers. The well path from the main well to the connections
in the reservoir layers may be di�erent than what is shown in the following �gures.

10.1 Reservoir Properties and Drilling Targets

The targeted sands around Well D, layer Z1 and Z2, are estimated to have net pay
thicknesses of 1-8 m. Shale intervals are observed in the sands. In terms of thicknesses,
the main targets seem to be quite narrow.

The ability to hit these targets depend on good stratigraphic control, a reliable geomodel
and the accuracy of directional surveying while drilling. Keeping the well within the pay
intervals throughout the whole length of the reservoir section may be a challenge. An
overall risk evaluation will evaluate the uncertainties.

As it is indicated that the reservoir consists of several compartments and �uid systems
having di�erent reservoir pressures, the possibility of drilling into depleted zones involves
an extra wellbore instability risk during drilling. Depletion of the reservoir will magnify
both the e�ective stresses acting around the borehole as well as the stress anisotropy.
Normally depletion and induced stress changes lead to a greater risk of borehole failure
both in terms of collapse and induced fracturing. (Nakken et al. 2010)

Depletion calls for a lower mud weight and/or Managed Pressure Drilling (MPD) systems,
to be used to avoid formation damage due to �ltrate invasion. However, due to the stress
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alterations the necessary reduction in mud weight may not be permissible due to the
increase in e�ective stresses and their anisotropy. Consequently, depletion narrows the
applicable mud weight window. (Nakken et al. 2010)

Reservoir depletion also increases the risk of sand production and may thus limit well
productivity either through �ow restrictions induced by sand control measures or by
sand-free rate limitations for perforated liner completions (Nakken et al. 2010). The low
permeability around Well D, and its high drawdown, increases the risk of sand
production.

10.1.1 Targets

The targets for the multilaterals are shown in Figure 10.1. The zones with the most oil
accumulation, that is being the most attractive targets, are situated towards the north,
west and east of Well D.

Figure 10.1: The �gure shows the oil saturation at Jette and possible targets. The aquifer
moves from west towards east. Taken from S3GRAF (Sciencesoft 2013).

In order to maximize pay zone exposure and avoid premature water break-through, it is
important to maintain distance to the OWC, placing the wells high up in the layers and

100



CHAPTER 10. WELL DESIGN

also with distance to the active aquifer coming from west.

10.2 Drilling and Completion

Zones with high oil accumulation were targeted when designing multilaterals. Two wells
with a single lateral were designed, north of Well D and east of Well D, and two multilaterals
were designed. The two multilaterals are east of Well D and west of Well D.

When making the multilateral wells, side-tracks are drilled from the original well. In order
to make the multilaterals, the tubing in Well D has to be pulled followed by placing a
whipstock. The side-tracks are kicked o� in another direction. Perforating the whipstock
afterwards opens up Well D for production.

TTDC is not possible for Well D as the tubing is 5 1/2 in. only. The small size of the
tubing makes it impossible to drill through, and still obtain a hole of su�cient size 1.

10.2.1 Well Completion

The proposed well completions are based on experience from the Jette production wells
and other subsea wells. The objective is to make the well design as simple as possible.
Di�erent completion solutions have been considered as shown in Appendix I. The
di�erent completion options are openhole completions with screens and swell packers (like
the completion of Well D), a barefoot completion, and a cemented and perforated liner
completion. The suggested completion options and completion sketches are made simple
meant to serve as options and illustrations. The technicalities regarding the completions
are not the main focus.

Case 1: Single Lateral North

Oil accumulation was shown north-east of Well D, see Figure 10.1, which has been estimated
to be a good area for a lateral. In order to maximize pay zone exposure and avoid premature
water break-through, the lateral was placed high up, in layer Z1. It is not expected to
experience early water break-through from the aquifer, as the aquifer is coming in from
the west. Figure 10.2 shows the location of the lateral relative to Well D. Figure 10.3
shows the lateral and Well D relative to each other, seen from the east side.

The well is assumed to kick-o� from Well D in the 9 5/8 in. casing, below the gas lift
mandrel and P/T-gauge. The length of the lateral in the reservoir section is 700 m, with
the last point at 3176.4 m MD RKB.

1Personal communication with Jafar Abdollahi. April 2014. Trondheim: Weatherford Petroleum

Consultants AS
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Figure 10.2: The location of the lateral towards north (purple well) relative to Well
D, viewed from the top. The side-track is kicked-o� from Well D. Taken from Petrel
(Schlumberger 2013c).

Figure 10.3: The location of the lateral towards north (purple well) relative to Well D,
viewed from the side. The lateral is located high up in the productive layers. Taken from
Petrel (Schlumberger 2013c).
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Case 2: Single Lateral East

Oil accumulation was shown east of Well D, see Figure 10.1, which has been estimated to
be a good area for a lateral. In order to maximize pay zone exposure and avoid premature
water break-through, the lateral was placed high up, in layer Z1. It is not expected to
experience early water break-through from the aquifer, as the aquifer is coming in from
the west. Figure 10.4 shows the location of the lateral relative to Well D. Figure 10.5
shows the lateral and Well D relative to each other, seen from the east side.

Figure 10.4: The location of the lateral towards east (yellow well) relative to Well D viewed
from the top. The side-track is kicked-o� from Well D. Taken from Petrel (Schlumberger
2013c).

The well is assumed to kick-o� from Well D in the 9 5/8 in. casing, below the gas lift
mandrel and P/T-gauge. The length of the lateral in the reservoir section is 1100 m, with
the last point at 3568.7 m MD RKB.

Two completion options are suggested for Case 1 and Case 2, described below.

Option 1: New lateral completed as original Well D; standalone metal mesh sand screens,
ICD's and swell packers.

Option 2: New lateral completed with a cemented and perforated liner.

Option 1 is assumed to be the best choice as sand production is recognized as a challenge
in the production. High drawdown and low permeability contributes to sand production.
See Appendix I for completion sketches.
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Figure 10.5: The location of the lateral towards east (yellow well) relative to Well D, viewed
from the side. The lateral is located high up in the producing layers. Taken from Petrel
(Schlumberger 2013c).

Case 3: Multilateral East

As mentioned previously, the area east of Well D has been estimated to be a good area for
a side-track due to oil accumulation. A multilateral was designed to penetrate this area,
with one lateral in layer Z2 and one lateral in layer Z1. Figure 10.6 shows the location
of the multilateral relative to Well D. Figure 10.7 shows the multilateral and Well D
relative to each other, seen from the north and in open space. As seen in Figure 10.7 the
well closest to Well D is in layer Z1 while the well furthest away from Well D is in layer
Z2. The lateral in layer Z1 is completed in ECLIPSE as the longest of the two laterals.

The wells are assumed to kick-o� from Well D in the 9 5/8 in. casing, below the gas lift
mandrel and P/T-gauge. The length of the lateral placed in layer Z1 is 1000 m, with the
last point at 3533.6 m MD RKB. The length of the lateral placed in layer Z2 is 300 m,
with the last point at 3697.3 m MD RKB.
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Figure 10.6: The location of the two side tracks towards east relative to Well D viewed from
the top. The well pictured with a yellow line is situated in layer Z1, while the well pictured
with a purple line is situated in layer Z2. Taken from Petrel (Schlumberger 2013c).
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(a) Side view. (b) Open space-view.

Figure 10.7: The location of the two laterals towards east relative to Well D. The well
pictured with a yellow line is situated in layer Z1, while the well pictured with a purple line
is situated in layer Z2. Taken from Petrel (Schlumberger 2013c).

Case 4: Multilateral West

A good area for production, with su�cient oil accumulation, was shown west of Well D.
The oil zone is close to the incoming water aquifer, leading to a greater risk of early water
break-through. A multilateral was designed to penetrate this area, with one lateral in layer
Z2 and one lateral in layer Z1. Figure 10.8 shows the location of the multilateral relative
to Well D. Figure 10.9 shows the multilateral and Well D relative to each other, seen
from the north and in open space. As seen in Figure 10.9 the well closest to Well D is in
layer Z1 while the well furthest away from Well D is in layer Z2. The lateral in layer Z1 is
completed in ECLIPSE as the longest of the two laterals.

The wells are assumed to kick-o� from Well D in the 9 5/8 in. casing, below the gas lift
mandrel and P/T-gauge. The length of the lateral placed in layer Z1 is 1000 m, with the
last point at 3806.6 m MD RKB. The length of the lateral placed in layer Z2 is 300 m,
with the last point at 3320.3 m MD RKB.

For both Case 4 and Case 5 the deepest lateral will be drilled �rst, followed by the lateral
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in layer Z1. The suggested completion solutions for the multilaterals are mentioned below.

Option 1: Both laterals are completed with the same type of completion as Well D;
standalone metal mesh sand screens, ICD's and swell packers.

Option 2: Both laterals are completed with a cemented and perforated liner.

Option 3: The deepest lateral is completed with the same type of completion as Well D,
and the shallowest with a barefoot completion. Sand screens and packers are installed
by the kick-o� point of the shallowest lateral in Well D.

Option 4: The deepest lateral is completed with a cemented and perforated liner, and
the shallowest has a barefoot completion. Sand screens and packers are installed by
the kick-o� point of the shallowest lateral in Well D.

A barefoot solution is the least expensive choice, but su�ers the disadvantage that the
sandface is unsupported and may collapse. The �rst and third completion options are
considered to be the best choices as sand production is recognized as a challenge in the
production. See Appendix I for completion sketches.

Figure 10.8: The location of the two side tracks towards west relative to Well D viewed from
the top. The well pictured with a purple line is situated in layer Z1, while the well pictured
with a yellow line is situated in layer Z2. Taken from Petrel (Schlumberger 2013c).
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(a) Side view. (b) Open space-view.

Figure 10.9: The location of the two laterals towards west relative to Well D. The well
pictured with a purple line is situated in layer Z1, while the well pictured with a yellow line
is situated in layer Z2. Taken from Petrel (Schlumberger 2013c).
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11 Implementing And Simulating Well

Intervention Measures

The unfortunate design of the production system, with a 8 in. pipeline connected to a 12
in. riser, may lead to severe slugging and pressure �uctuations, and cause signi�cant loss
in production. The 12 in. riser is further connected to an 8 in. piping topside Jotun B
which makes the design more unfortunate. To overcome, or reduce, the e�ect of slugging
a replacement of the 12 in. riser with a 8 in. riser was simulated. Opening the entire well
length, single-laterals, multilaterals and acidizing are measures of well intervention which
have been implemented and simulated.

When simulating ECLIPSE uses average values over a longer interval of time to save time.
This leads to the fact that ECLIPSE is not able to properly simulate the pressure di�erences
in the riser when changing from 12 in. riser to 8 in. riser. Due to errors in the lift curves
for pipelines found in the WellFlo program, the replacement of riser can not be simulated
in WellFlo either. OLGA, being a transient simulation tool, is able to resolve the �ow
changes in wells and pipelines with time. The well intervention measures are simulated
with the use of ECLIPSE 100, and the slugging e�ects in the pipeline are simulated with
the use of OLGA.

11.1 Simulation Cases

11.1.1 Case 1: Single Lateral North

A side-track to Well D was designed to drain the area north of Well D. See Figures 10.2 and
10.3. The lateral is placed high up, in layer Z1, to avoid premature water break-through.

11.1.2 Case 2: Single Lateral East

A side-track to Well D was designed to drain the area east of Well D. See Figures 10.4 and
10.5. The lateral is placed high up, in layer Z1, to avoid premature water break-through.
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11.1.3 Case 3: Multilateral East

A multilateral was designed to drain the area east of Well D, with one lateral in layer Z2
and one lateral in layer Z1. See Figures 10.6 and 10.7. The lateral in layer Z1 is the
longest of the two laterals.

Case 3a: Well D Shut

Well D has in the production history shown to be a poor well. A scenario where Well D is
shut is simulated. The two new laterals are still producing as normally.

Case 3b: Producing Layer Z1 Only

In case of early water break-through, a scenario where the lateral placed in layer Z2 is
shut is simulated. This may help estimate the time of water break-through in the di�erent
layers. In Figure 10.7 this is observed by shutting of the well marked with purple color.
Well D is open.

11.1.4 Case 4: Multilateral West

A multilateral was designed to drain the area west of Well D, with one lateral in layer
Z2 and one lateral in layer Z1. See Figures 10.8 and 10.9. The lateral in layer Z1 is the
longest of the two laterals.

Case 4a: Well D Shut

Well D has, in the production history, been shown to be a poor producing well. A scenario
where Well D is shut is simulated. The two new laterals are still producing as normally.

Case 4b: Producing Layer Z1 Only

Early water break-through is suspected in the lateral placed in layer Z2. This is due to the
aquifer coming in from the west towards east. A scenario where the lateral placed in layer
Z2 is shut is simulated in order to see the e�ect of water break-through and help estimate
the time of water break-through in the di�erent layers. In Figure 10.9 this is observed by
a shutting of the well marked with yellow color. Well D is open.

11.1.5 Case 5: Open Interval

The planned and drilled well length of Well D was to 3535 m MD RKB, but the well
was only completed to 2977 m MD RKB. In ECLIPSE, this is simulated by shutting the
completions below 2977 m MD RKB. When simulating the production from the entire well
interval all the completions are opened up in the simulation model. Figure 11.1 shows
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how Well D is located in the reservoir. The well in Figure 11.1 represents the well when
all the completions are open.

Figure 11.1: The location of Well D in the reservoir model. The well represents Well D
with completed interval to 3535 m MD RKB. Taken from Petrel (Schlumberger 2013c).

The completion of the well will be as originally planned for Well D; openhole with sand
screens and swell packers.

11.1.6 Case 6: Acidizing

Acid squeeze, or acidizing, may be performed in several ways, as described in
Subsection 5.2.3. As there does not exist any proper zone isolation in Well D, acidizing
will be performed by pumping the well full of chemicals, using a supply vessel. This will
also be cost e�ective.

Acid stimulation is modelled by opening all the completions down to the triconic bit at 2977
m MD RKB, and doubling the productivity of the well. The doubling of the productivity
is an assumption which carries uncertainties as the results are highly dependent upon well
productivity.
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11.2 Simulation Constraints

Constraints for the simulations are listed below. The history matched model has been
used.

• Start date for well intervention measures is June 1, 2015. This gives a reasonable
time to prepare for and implement the measures. Well D is assumed to be producing
during this period.

• The wells are constraint with THP = 30 bar. The number is based on historic data,
where the THP is found to be quite stable. The BHP is estimated by the use of the
lift curves in the model.

• The lift curves cover the production area of the new wells.

• The liquid rate of the new wells do not exceed the capacity of the commingled
production at Jotun hence, a liquid rate limit is not implemented.

• The production is simulated from the reservoir up to the well head.

• The simulations are run from 20.05.2013 to 01.01.2020.

• Open completion. No completion are taken into account.

11.3 Results From Simulation

11.3.1 Case 1: Single Lateral North

The results from the simulations for Well D and its lateral are shown in Figure 11.2, and
the results for the �eld are shown in Figure 11.3. The results for Case 1 are summarized,
and compared to the basecase, in Table 11.1.

With a lateral drilled towards north of Well D the simulated cumulative oil production of
Well D is 1,136,200 Sm3 at the end of simulation, 01.01.2020. As shown in Table 11.1 this
implies a 44.5% increase of the basecase. The �eld cumulative oil production is 1,868,100
with a lateral towards north, a 21.7% increase of the basecase. The oil recovery of the �eld
is 29% (21.7% increase from the basecase).

The water production in Well D increases with 125.6% as compared to the basecase, and
has a WC at 61.0%. The increase in water production in Well D does not a�ect the �eld's
water production signi�cantly as Well D initially has a low WC.
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Figure 11.2: Results from Well D from the simulation with a single-lateral north of Well D.
The oil rate, water rate, GOR, cumulative oil production and cumulative water production
are plotted.
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Figure 11.3: Results from the �eld from the simulation with a single-lateral north of Well
D. The GOR, recovery factor, cumulative oil production and cumulative water production
are plotted.

Table 11.1: Estimated production from Well D with a lateral towards north. The results
are compared with the basecase.

Parameter Unit Basecase Case 1 Deviation
WOPT D Sm3 785,658.6 1,136,201 +44.5%

WWPT D Sm3 43,661.8 99,021.8 +125.6%
WGPT D Sm3 6.7*107 9.8*107 +44.7%
WWCT D fraction 0.25 0.40 +61.0%
FOPT Sm3 1,532,319 1,868,091 +21.7%

FWPT Sm3 1,878,561 1,948,082 +3.1%
FGPT Sm3 1.3*108 1.6*108 +21.9%
FOE fraction 0.24 0.29 +21.7%

FGOR Sm3/Sm3 85.5 85.8 +0.3%

WOPT is the Well Oil Production Total, WWPT is the Well Water Production Total,
WGPT is the Well Gas Production Total, WWCT is the Well Water Cut Total, FOPT is
the Field Oil Production Total, FWPT is the Field Water Production Total, FGPT is the
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Field Gas Production Total, FOE is the Field Oil E�ciency (RF), and FGOR is the Field
Gas-Oil Ratio.

11.3.2 Case 2: Single Lateral East

The results from the simulations for Well D and its lateral are shown in Figure 11.4, and
the results for the �eld are shown in Figure 11.5. The results for Case 2 are summarized,
and compared to the basecase, in Table 11.2.

Figure 11.4: Results from Well D from the simulation with a single-lateral east of Well D.
The oil rate, water rate, GOR, cumulative oil production and cumulative water production
are plotted.

Well D with a lateral towards east has a simulated cumulative oil production of 1,232,400
Sm3 at the end of simulation, 01.01.2020. This is an increase of 56.8% from the basecase,
see Table 11.2. The �eld cumulative oil production is 1,938,000 Sm3 (an increase of 26.3%).
With an increase of 26.3% in cumulative oil production the recovery factor becomes 30.0%
(26.3% increase of the basecase).

The cumulative water production in Well D increases with 30.4% as compared to the
basecase. As the cumulative oil production has a signi�cantly higher increase, the WC
decreases with 34.0%.
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Figure 11.5: Results from the �eld from the simulation with a single-lateral east of Well D.
The GOR, recovery factor, cumulative oil production and cumulative water production are
plotted.

Table 11.2: Estimated production from Well D with a lateral towards east. The results are
compared with the basecase.

Parameter Unit Basecase Case 2 Deviation
WOPT D Sm3 785,658.6 1,232,350 +56.8%

WWPT D Sm3 43,661.8 57,241.6 +30.4%
WGPT D Sm3 6.7*107 1.1*108 +58.6%
WWCT D fraction 0.25 0.16 -34.0%
FOPT Sm3 1,532,319 1,938,039 +26.3%

FWPT Sm3 1,878,561 1,910,164 +1.1%
FGPT Sm3 1.3*108 1.7*108 +27.4%

FOE fraction 0.24 0.3 +26.3%
FGOR Sm3/Sm3 85.5 86.5 +1.1%
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11.3.3 Case 3: Multilateral East

The results from the simulations for Well D and its laterals are shown in Figure 11.6, and
the results for the �eld are shown in Figure 11.7. The results for Case 3 are summarized,
and compared to the basecase, in Table 11.3.

Figure 11.6: Results from Well D from the simulation with a multilateral east of Well D.
The oil rate, water rate, GOR, cumulative oil production and cumulative water production
are plotted.

The area east of Well D has been shown to be a good producing area with the single lateral.
The multilateral towards east is expected to have a signi�cant increase in production. As
observed in Figure 11.6 the cumulative oil production, at 01.01.2020, is 1,282,700 Sm3,
which is an increase of 63.2% from the basecase. This gives a �eld cumulative oil production
at 1,983,600 Sm3 (29.2% increase) and a �eld recovery factor of 31%.

The multilateral produces slightly more water than the single lateral, with an increase of
58.0% in cumulative water production. The water cut increases with 11.6%, which gives
an increase of �eld cumulative water production of 1.7%. This is considered negligible.
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Figure 11.7: Results from the �eld from the simulation with a multilateral east of Well D.
The GOR, recovery factor, cumulative oil production and cumulative water production are
plotted.

Table 11.3: Estimated production from Well D with two laterals towards east. The results
are compared with the basecase.

Parameter Unit Basecase Case 3 Deviation
WOPT D Sm3 785,658.6 1,282,669 +63.2%

WWPT D Sm3 43,661.8 69,348.8 +58.0%
WGPT D Sm3 6.7*107 1.1*108 +64.4%
WWCT D fraction 0.25 0.28 +11.6%
FOPT Sm3 1,532,319 1,983,612 +29.2%

FWPT Sm3 1,878,561 1,922,982 +1.7%
FGPT Sm3 1.3*108 1.7*108 +30.1%
FOE fraction 0.24 0.31 +29.2%

FGOR Sm3/Sm3 85.5 86.7 +1.4%
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Case 3a: Well D Shut

For Case 3a the results from the simulations for Well D are shown in Figure 11.8, and
the results for the �eld are shown in Figure 11.9. The results for Case 3a and Case 3b
are summarized, and compared to the basecase, in Table 11.4.

Figure 11.8: Results from Well D from the simulation with a multilateral east of Well D,
with Well D shut. The oil rate, water rate, GOR, cumulative oil production and cumulative
water production are plotted.

When shutting the original well a small decrease in cumulative oil production is observed,
as compared to the multilateral towards east with the original well open and producing.
The decrease is small, indicating that the production in the two laterals increase. Well
cumulative oil production is 1,258,900 Sm3, a 60.1% increase from the basecase. Field
cumulative oil production is 1,961,000 Sm3 (an increase of 27.6%). Field oil recovery is
30% (an increase of 27.8%).

When shutting the original well the cumulative water production decreases with 37.3%.
This shows that the water moves from west towards east and hence, delaying the water
break-through when shutting the well closest to the incoming aquifer. The well WC has
decreased with 31.3%.
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Figure 11.9: Results from the �eld from the simulation with a multilateral east of Well D,
with Well D shut. The GOR, recovery factor, cumulative oil production and cumulative
water production are plotted.

Table 11.4: Estimated production from Well D with two laterals towards east. The results
are compared with the basecase.

Parameter Unit Basecase Case 3a Deviation Case 3b Deviation
WOPT D Sm3 785,658.6 1,258,938 +60.1% 1,230,516 +56.5%

WWPT D Sm3 43,661.8 27,531.6 -37.3% 65,114.0 +48.3%
WGPT D Sm3 6.7*107 1.1*108 +61.7% 1.1*108 +58.1%
WWCT D fraction 0.25 0.17 -31.3% 0.28 +11.0%
FOPT Sm3 1,532,319 1,960,976 +27.8% 1,930,629 +25.8%

FWPT Sm3 1,878,561 1,880,962 -0.5% 1,918,849 +1.5%
FGPT Sm3 1.3*108 1.7*108 +28.7% 1.7*108 +26.8%
FOE fraction 0.24 0.30 +27.8% 0.298 +25.8%

FGOR Sm3/Sm3 85.5 86.6 +1.2% 86.6 +1.2%
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Case 3b: Producing Layer Z1 Only

For Case 3b, the results from the simulations for Well D are shown in Figure 11.10,
and the results for the �eld are shown in Figure 11.11. The results are summarized and
compared to the basecase in Table 11.4.

Figure 11.10: Results from Well D from the simulation with a multilateral east of Well D,
with the deepest lateral shut. The oil rate, water rate, GOR, cumulative oil production and
cumulative water production are plotted.

It is observed a decrease in cumulative oil production compared to both Case 3 and Case 3a
when shutting the lateral placed deepest, in layer Z2. The well cumulative oil production is
1,230,500 Sm3, an increase of 56.5% from the basecase. The �eld cumulative oil production
is 1,930,600 Sm3, an increase of 25.8% from the basecase, which gives an �eld oil recovery
factor of 29.8%.

An increase in water production, as compared to Case 3a, is expected as the original
lateral is in this case producing; the original lateral is placed closer to the incoming aquifer
hence, experiencing earlier water break-through. The well cumulative water production has
increased with 48.3% compared to the basecase, with a WC of 28%. As Well D initially has
a very low water production, the increase in �eld cumulative water production is negligible,
1.5%.
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Figure 11.11: Results from the �eld from the simulation with a multilateral east of Well
D, with the deepest lateral shut. The GOR, recovery factor, cumulative oil production and
cumulative water production are plotted.

11.3.4 Case 4: Multilateral West

The results from the simulations for Well D and its laterals are shown in Figure 11.12, and
the results for the �eld are shown in Figure 11.13. The results for case 4 are summarized,
and compared to the basecase, in Table 11.5.

In Figure 11.12 and Table 11.5 it is observed that the increase in well cumulative water
production is greater than the well cumulative oil production. This indicates that with a
multilateral towards west an earlier water break-through is experienced. The well
cumulative oil production is 946,700 Sm3 (20.4% increase of the basecase), and the well
cumulative water production is 139,000 Sm3 (216.8% increase of the basecase). The well
WC is 41%. Field cumulative oil production increases with 9.4% from the basecase which
gives a �eld recovery factor of 26% (an increase of 9.4% from the basecase). The �eld
cumulative water production increases with 5.2%, which is considered as negligible.

The multilateral towards west is expected to have a poorer oil production than the
multilateral towards east due to the close location to the incoming aquifer. Also, the
reservoir properties in the model may be poorer in this area.
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Figure 11.12: Results from Well D from the simulation with a multilateral west of Well D.
The oil rate, water rate, GOR, cumulative oil production and cumulative water production
are plotted.
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Figure 11.13: Results from the �eld from the simulation with a multilateral west of Well
D. The GOR, recovery factor, cumulative oil production and cumulative water production
are plotted.

Table 11.5: Estimated production from Well D with two laterals towards west. The results
are compared with the basecase.

Parameter Unit Basecase Case 4 Deviation
WOPT D Sm3 785,658.6 946,744.3 +20.4%

WWPT D Sm3 43,661.8 139,060.8 216.8%
WGPT D Sm3 6.7*107 8.1*107 +20.5%
WWCT D fraction 0.25 0.41 +64.4%
FOPT Sm3 1,532,319 1,678,768 +9.4%

FWPT Sm3 1,878,561 1,987,902 +5.2%
FGPT Sm3 1.3*108 1.4*108 +9.4%
FOE fraction 0.24 0.259 +9.4%

FGOR Sm3/Sm3 85.5 85.6 0.0%
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Case 4a: Well D Shut

For Case 4a the results from the simulations for Well D are shown in Figure 11.14, and
the results for the �eld are shown in Figure 11.15. The results for Case 4a and Case 4b
are summarized, and compared to the basecase, in Table 11.6.

Figure 11.14: Results from Well D from the simulation with a multilateral west of Well D,
with Well D shut. The oil rate, water rate, GOR, cumulative oil production and cumulative
water production are plotted.

In the case with the original well shut, the well cumulative oil production decreases as
compared to the multilateral with Well D producing. The well cumulative oil production
is 820,800 Sm3, an increase of 4.4% from the basecase. The �eld cumulative oil production
increases by 1.6% from the basecase, giving a �eld oil recovery factor of 24%. This is an
increase of 1.6% from the basecase.

The cumulative water production increases more than the cumulative oil production. Well
cumulative water production increases with 108.7% compared to the basecase, giving an
increase in well WC of 41.8%. The �eld cumulative water production increases with 2.6%.
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Figure 11.15: Results from the �eld from the simulation with a multilateral west of Well
D, with Well D shut. The GOR, recovery factor, cumulative oil production and cumulative
water production are plotted.

Table 11.6: Estimated production from Well D with two laterals towards west. The results
are compared with the basecase.

Parameter Unit Basecase Case 4a Deviation Case 4b Deviation
WOPT D Sm3 785,658.6 820,784.4 +4.4% 988,546.8 +25.7%

WWPT D Sm3 43,661.8 91,611.4 +108.7% 98,924.1 +125.3%
WGPT D Sm3 6.7*107 7.0*107 +4.5% 8.5*107 +25.8%
WWCT D fraction 0.25 0.35 +41.8% 0.34 +36.9%
FOPT Sm3 1,532,319 1,560,060 +1.6% 1,697,781 +10.7%

FWPT Sm3 1,878,561 1,939,235 +2.6% 1,951,102 +3.2%
FGPT Sm3 1.3*108 1.3*108 +1.7% 1.5*108 +10.7%
FOE fraction 0.24 0.24 +1.6% 0.262 +10.6%

FGOR Sm3/Sm3 85.5 85.5 -0.1% 85.5 0.0%
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Case 4b: Producing Layer Z1 Only

For Case 4b, the results from the simulations for Well D are shown in Figure 11.16,
and the results for the �eld are shown in Figure 11.17. The results are summarized and
compared to the basecase in Table 11.6.

Figure 11.16: Results from Well D from the simulation with a multilateral west of Well D,
with the deepest lateral shut. The oil rate, water rate, GOR, cumulative oil production and
cumulative water production are plotted.

When shutting the deepest lateral, in layer Z2, the well cumulative oil production increases
with 25.7% from the basecase, and the �eld cumulative oil production increases with 10.6%
from the basecase. This gives a �eld oil recovery factor of 26% (an increase of 10.6% from
the basecase).

The well cumulative water production increases with 125.3%, giving a WC of 34%. The WC
has decreased as compared to Case 4 and Case 4a due to the higher increase in cumulative
oil production. It is shown that by shutting the deepest well, more oil is produced as
compared to water.
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Figure 11.17: Results from the �eld from the simulation with a multilateral west of Well
D, with the deepest lateral shut. The GOR, recovery factor, cumulative oil production and
cumulative water production are plotted.

11.3.5 Case 5: Open Interval

The results from the simulations for Well D are shown in Figure 11.18, and the results
for the �eld are shown in Figure 11.19. The results for Case 5 are summarized, and
compared to the basecase, in Table 11.7.

As observed in Figure 11.18 and Table 11.7 opening Well D down to 3535 m MD RKB the
well's cumulative oil production is 954,700 Sm3, an increase of 21.4% from the basecase.
The �eld cumulative oil production increases with 9.8%, giving a �eld oil recovery factor
of 26%.

Well cumulative water production increases with 465.8% from the basecase, giving an
increase of 11.0% in �eld cumulative water production from the basecase. The WC of the
well is 51%. This is an increase of 102.7% from the basecase.
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Figure 11.18: Results from Well D from the simulation of Well D opened to 3535 m MD
RKB. The oil rate, water rate, GOR, cumulative oil production and cumulative water
production are plotted.

The IOR measure of opening the interval down to 3535 m MD RKB is found not to be
possible; the triconic bit left at 2977 m MD RKB is not millable 1. Hence, it is not possible
to drill further down, opening the well interval. As Case 5 is not possible, it will not be
further discussed.

1Personal communication with Jafar Abdollahi and Tarje Livik Naterstad. May 2014. Trondheim:

Weatherford Petroleum Consultants AS
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Figure 11.19: Results from the �eld from the simulation of Well D opened to 3535 m
MD RKB. The GOR, recovery factor, cumulative oil production and cumulative water
production are plotted.

Table 11.7: Estimated production from Well D with open intervall to 3535 m MD RKB.
The results are compared with the basecase.

Parameter Unit Basecase Case 5 Deviation
WOPT D Sm3 785,658.6 954,719.6 +21.4%

WWPT D Sm3 43,661.8 248,401.1 +465.8%
WGPT D Sm3 6.7*107 8.2*107 +21.2%
WWCT D fraction 0.25 0.51 +102.7%
FOPT Sm3 1,532,319 1,684,933 +9.8%

FWPT Sm3 1,878,561 2,097,678 +11.0%
FGPT Sm3 1.3*108 1.4*108 +9.7%
FOE fraction 0.24 0.26 +9.8%

FGOR Sm3/Sm3 85.5 85.5 -0.1%
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11.3.6 Case 6: Acidizing

The results from the simulations for Well D are shown in Figure 11.20, and the results
for the �eld are shown in Figure 11.21. The results for Case 6 are summarized, and
compared to the basecase, in Table 11.8.

Figure 11.20: Results from Well D from the simulation of acidizing of Well D. The oil rate,
water rate, GOR, cumulative oil production and cumulative water production are plotted.

The simulation of acidizing the well gives an increase in Well D's cumulative oil production
of 21.1% from the basecase; the cumulative oil production is 952,900 Sm3. The �eld's
cumulative oil production is 1,685,300 Sm3, an increase of 9.8% from the basecase. This
gives a �eld oil recovery factor of 26% (which is an increase of 9.8% from the basecase).

Stimulating the well also increases the well's cumulative water production. The increase is
355.1%, giving a WC of 44%. Field cumulative water production increases with 8.4% from
the basecase.
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Figure 11.21: Results from the �eld from the simulation of acidizing of Well D. The GOR,
recovery factor, cumulative oil production and cumulative water production are plotted.

Table 11.8: Estimated production from Well D after well stimulation with acid squeeze.

Parameter Unit Basecase Case 6 Deviation
WOPT D Sm3 785,658.6 952,874.4 +21.1%

WWPT D Sm3 43,661.8 199,806.7 +355.1%
WGPT D Sm3 6.7*107 8.2*107 +21.1%
WWCT D fraction 0.25 0.44 +76.8%
FOPT Sm3 1,532,319 1,685,299 +9.8%

FWPT Sm3 1,878,561 2,048,753 +8.4%
FGPT Sm3 1.3*108 1.4*108 +9.9%
FOE fraction 0.24 0.26 +9.8%

FGOR Sm3/Sm3 85.5 85.7 +0.2%
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11.3.7 Productivity Indices

The productivity indices from the above cases are shown in Figure 11.22. The indices
are used to describe the potential of the di�erent IOR measures.

In Figure 11.22 it is observed that the IOR measure which obtains the highest PI is Case
3; multilateral towards east. Cases 3a, 3b, 2 and 1 have also shown to gain a better PI. It
is observed in the �gure that the PI falls quickly after the date of implementing the IOR
measures. This may be due to decreasing rates and/or decreasing BHP in the wells.

Figure 11.22: Productivity indices from the results of implementing IOR measures.

11.3.8 Results

Table 11.9 summarizes the �eld RF after implementing di�erent IOR measures. In the
table it is seen that Case 3 has the highest RF, and Case 4a has the lowest RF.

An economic evaluation is performed on the di�erent cases in Chapter 12.
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Table 11.9: Field oil recovery factor from the di�erent IOR measures.

Case Field RF Deviation From Basecase
1 0.29 +21.7%
2 0.30 +26.3%
3 0.31 +29.2%
3a 0.30 +27.8%
3b 0.298 +25.8%
4 0.259 +9.4%
4a 0.24 +1.6%
4b 0.262 +10.6%
5 0.26 +9.8%
6 0.26 +9.8%

11.4 Slugging and Riser Evaluation

The e�ect of changing the riser from a 12 in. vertical riser to a 8 in. vertical riser has
been simulated with the OLGA dynamic multiphase �ow simulator. ECLIPSE 100 can
not be used for simulating the pressure �uctuations in the riser, as the �uctuations are too
small over a too short time interval. ECLIPSE uses average values hence, ignoring pressure
�uctuations and slugging e�ects.

In OLGA turn down curves have been simulated to see the e�ect of the change of the riser
from 12. in to 8 in.

11.4.1 Simulation Model

The simulation study has been performed by using the multiphase �ow simulator OLGA
7.2.0., which is a proprietary software licensed by Schlumberger. Being a transient
simulation tool, OLGA is able to resolve the �ow changes in wells and pipelines with
time.

Model Overview

The model is build from the pipeline geometry, and includes the �ow lines from well head
to PLEM and further to the MPFM at Jotun B. The pressure loss in the PLEM unit and
the unknown pressure drop mechanisms between the wellhead and the Jotun B platform
are modelled with a choke located at the PLEM. See Figure 11.23.

The 6 km long subsea tieback from the Jette wells to the riser base at Jotun B has an ID
of 8 in. The riser up to Joutn B has a 12 in. ID and a length of 145 m. The �ow line
between PLEM and Jotun B is modelled as shown in Figure 11.24.

The model is made by Weatherford Petroleum Consultants.
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Figure 11.23: Schematics of the OLGA model. Taken from OLGA (Schlumberger 2013b).

Figure 11.24: Flow line pro�le. Taken from Krogstad & Barbier (2014).
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Simulation Input

The OLGA steady state simulation model has been used for �ow correlation, with adiabatic
temperature process; there is no temperature loss along the pipeline. The pressure has
been �xed topside Jotun B to 20 bar, and oil rate, water rate and GOR are used as input
parameters at the well head. The input parameters are taken from the basecase, 01.06.2016.
That is one year after the date of implementing IOR measures.

The turn down curve has been made by simulating additional rates between 100 Sm3/day
and 3000 Sm3/day.

11.4.2 Results

Figure 11.25 shows the turn down curves for the pipeline with a 8 in. riser and the
pipeline with a 12 in. riser. It is observed in the �gure that there is small di�erences in
the pressure drop between PLEM and Jotun B. The di�erences are largest at low oil rates,
below 1200 Sm3/day. The small pressure drop changes indicate that, by changing the 12
in. riser to a 8 in. riser, there will not be any major changes in the observed slugging.

Figure 11.25: Turn down curve for both a pipeline with 8 in. riser and 12 in. riser. There
is little change in pressure drop in the two risers.

The observations in Figure 11.25 indicates that there is a negligible e�ect of changing the
riser. Hence, the IOR measures will not be simulated with a riser.

A study conducted by Weatherford Petroleum Consultants, in March 2013, found that
high gas rates are e�ective to suppress the �ow oscillations. The theoretical optimum for
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Well D was found to be 96.000 Sm3/day. This gives an oil production of 288 Sm3/day.
Such high gas rates was also found to be counter-productive with regard to oil production
as they choke back the well due to high friction in the long �ow line.

11.4.3 Software

OLGA Dynamic Multiphase Flow Simulator

The OLGA dynamic multiphase �ow simulator (Schlumberger 2013b) models
time-dependent behaviours, or transient �ow, to maximize production potential using
OLGA steady state. Transient modeling is an essential component for feasibility studies
and �eld development design. Transient simulation with the OLGA simulator provides an
added dimension to steady-state analyses by predicting system dynamics such as
time-varying changes in �ow rates, �uid compositions, temperature, solids deposition and
operational changes. OLGA dynamic multiphase �ow simulator is a Schlumberger
software. (Schlumberger 2014g)
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12 Economic Analysis

In the following chapter an economic analysis of the implementation of well intervention
measures have been performed. The costs have been calculated with a model based on real
data taken from Weatherford Petroleum Consultants, and the revenue have been estimated
from the simulations in Chapter 11. Revenue from both oil and gas are estimated. The
NPV has been calculated on the basis of the costs and revenue, and are used to evaluate
the sustainability of the well intervention measures.

The costs of changing the riser have not been evaluated.

12.1 Time and Cost Estimation

The time and cost analysis at this stage has been approached by a break down of the major
drilling and completion operational steps for the implementation of the well intervention
measures. No learning curve is assumed in the estimates.

A probability distribution has been de�ned for each step by estimating the minimum
required time (low or technical limit), expected or most likely (base = low x risk factor),
and maximum operational time (high = base x 2). A PERT distribution has been used
with end points de�ned by the low and high time estimates. By running a Monte Carlo
simulation for all steps and distributions the �nal result will be an overall probability
distribution for the time required to drill and complete the speci�c well.

The PERT distribution is a useful tool for modeling expert data. When used in a Monte
Carlo simulation, the PERT distribution can be used to identify risks in projects and cost
models based on the likelihood of meeting targets and goals across any number of project
components. The PERT distribution can provide a close �t to the normal or log-normal
distributions. Examples of the PERT distribution are seen in Figure 12.1.

The probability distribution for each step will include the assessed risks and unforeseen
time delays due to conditions like hole instability and cleaning, directional drilling and
casing/liner running problems, well control, stuck pipe, mechanical problems, etc. Waiting
on Weather (WOW) is treated separately.

All inclusive day rates have been de�ned for drilling and completion operations. Day rates
have been de�ned as a deterministic parameters, that is not risked.
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The Authorization For Expenditure (AFE) time and cost estimate is de�ned as the 95%
con�dence limit (Nakken et al. 2010). The di�erence between AFE and P50 estimates
de�ne the contingency.

Figure 12.1: Examples of the PERT distribution. Values near the peak are more likely than
values near the edges. From Vise (2000).

12.1.1 General Basis for Time and Cost Estimation

The target at the time and cost estimation at this feasibility level is an accuracy of ±30%.
The rig rate assumptions given by Det Norske Oljeselskap are listed below (Nakken et al.
2010).

• Semi-submersible Drilling and Completion (DC) rig: 570,000 USD/day

• Light well intervention vessel: 200,000 - 250,000 USD/day

An exchange rate of 5.9 NOK/USD is used, rate per 14.05.2014 (Oslo Børs 2014).
Experience data from Jetta, Eitri and Jotun (time and all inclusive day rate costs) have
been applied with some modi�cations (Nakken et al. 2010). All inclusive day rates are
split in drilling/completion operations. Shell has used similar spread values for their
Jotun to Eitri exploration well study (Nakken et al. 2010). One may �nd spread rates at
this level for other �elds with drilling facilities at the platform. The operation days
estimated in the calculations are based on experience1.

• 5.8 MNOK / 6.4 MNOK for HWI

• 2.9 MNOK / 3.2 MNOK for LWI (assumed to be 50% of the HWI day rate2)

• 1.5 MNOK for supply vessel 3

1Personal communication with Jafar Abdollahi and Inge M. Carlsen. May 2014. Trondheim:

Weatherford Petroleum Consultants AS
2Personal communication with Erik Iversen Nakken. May 2014. Trondheim: Weatherford Petroleum

Consultants AS
3Personal communication with Erik Iversen Nakken. May 2014. Trondheim: Weatherford Petroleum

Consultants AS

140



CHAPTER 12. ECONOMIC ANALYSIS

The completion costs have been raised somewhat to account for the suggested completions;
premium sand screen completion with ICD's or cemented and perforated liner, downhole
P/T-gauges and gas lift system. Costs associated with pre-engineering, rig mobilization/de-
mobilization, Xmas tree and tubing hanger, subsea and topside facilities costs are not
included. No coring or wireline/pipe conveyed logging is considered. All data acquisition
is assumed performed by Measurement While Drilling (MWD) or Logging While Drilling
(LWD).

12.1.2 Well Intervention Cases

Risk based time and cost estimates have been made for all the well intervention cases
except Case 5 as Case 5 is considered not to be possible.

Case 1: Single-Lateral Well North

The resulting time and cost estimates for Case 1 are summarized in Table 12.1.

Table 12.1: Summary of risk based time and cost estimates for Case 1.

Case 1: Single-lateral North
Time, cost and KPI estimates Unit Option 1 Option 2

Technical Limit (P5) days 38 42
Expected (P50) days 42 46

P50 Cost Estimates MNOK 257 285
AFE (P95) days 46 51

AFE Cost Estimate MNOK 285 317
Drilling e�ciency (P50) m/day 130 130

Completion e�ciency (P50) days/compl. 15 19
Average daily cost (P50) MNOK/day 6.1 6.2
Total number of meters meters 1376 1376

Cost per meter kNOK/m 187 207

KPI is the Key Performance Indicators. Further details on the basis for the time and cost
estimation are shown in Tables 12.2 and 12.3.

Figures J.1 and J.2 in Appendix J show the probability distribution of operation days,
both completion options.
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Table 12.2: Risk based time and cost estimates for Case 1 - Option 1.

Table 12.3: Risk based time and cost estimates for Case 1 - Option 2.

Case 2: Single-Lateral Well East

The resulting time and cost estimates for Case 2 are summarized in Table 12.4.

Further details on the basis for the time and cost estimation are shown in Tables 12.5
and 12.6. Figures J.3 and J.3 show the probability distribution of operation days,
both completion options. See Appendix J.
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Table 12.4: Summary of risk based time and cost estimates for Case 2.

Case 2: Single-lateral East
Time, cost and KPI estimates Unit Option 1 Option 2

Technical Limit (P5) days 40 43
Expected (P50) days 44 48

P50 Cost Estimates MNOK 268 296
AFE (P95) days 48 53

AFE Cost Estimate MNOK 297 328
Drilling e�ciency (P50) m/day 137 137

Completion e�ciency (P50) days/compl. 15 16
Average daily cost (P50) MNOK/day 6.1 6.2
Total number of meters meters 1768 1768

Cost per meter kNOK/m 152 167

Table 12.5: Risk based time and cost estimates for Case 2 - Option 1.
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Table 12.6: Risk based time and cost estimates for Case 2 - Option 2.

Case 3: Multilateral Well East

The resulting time and cost estimates for Case 3 are summarized in Table 12.7.
Figures J.5- J.8 show the probability distribution of operation days, all completion
options. See Appendix J.

Further details on the basis for the time and cost estimation are shown in Tables 12.8-
12.11.

Table 12.7: Summary of risk based time and cost estimates for Case 3.

Case 3: Multilateral East
Time, cost and KPI estimates Unit Option 1 Option 2 Option 3 Option 4

Technical Limit (P5) days 60 68 57 61
Expected (P50) days 65 74 62 67

P50 Cost Estimates MNOK 402 457 381 409
AFE (P95) days 72 82 69 73

AFE Cost Estimate MNOK 441 4504 419 450
Drilling e�ciency (P50) m/day 134 135 134 134

Completion e�ciency (P50) days/compl. 35 38 32 33
Average daily cost (P50) MNOK/day 6.2 6.2 6.1 6.1
Total number of meters meters 1847 1847 1847 1847

Cost per meter kNOK/m 217 247 206 221
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Table 12.8: Risk based time and cost estimates for Case 3 - Option 1.

Table 12.9: Risk based time and cost estimates for Case 3 - Option 2.
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Table 12.10: Risk based time and cost estimates for Case 3 - Option 3.

Table 12.11: Risk based time and cost estimates for Case 3 - Option 4.

Case 4: Multilateral Well West

The resulting time and cost estimates for Case 4 are summarized in Table 12.12.
Figures J.9- J.12 show the probability distribution of operation days, all completion
options. See Appendix J.

Further details on the basis for the time and cost estimation are shown in Tables 12.13-
12.16.
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Table 12.12: Summary of risk based time and cost estimates for Case 4.

Case 4: Multilateral West
Time, cost and KPI estimates Unit Option 1 Option 2 Option 3 Option 4

Technical Limit (P5) days 59 68 56 60
Expected (P50) days 65 75 62 66

P50 Cost Estimates MNOK 399 460 377 405
AFE (P95) days 71 82 68 73

AFE Cost Estimate MNOK 439 507 415 446
Drilling e�ciency (P50) m/day 153 153 153 153

Completion e�ciency (P50) days/compl. 36 39 33 35
Average daily cost (P50) MNOK/day 6.1 6.1 6.1 6.1
Total number of meters meters 1470 1470 1470 1470

Cost per meter kNOK/m 271 313 256 275

Table 12.13: Risk based time and cost estimates for Case 4 - Option 1.
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Table 12.14: Risk based time and cost estimates for Case 4 - Option 2.

Table 12.15: Risk based time and cost estimates for Case 4 - Option 3.
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Table 12.16: Risk based time and cost estimates for Case 4 - Option 4.

Case 6: Acidizing

The resulting time and cost estimates for Case 6 are summarized in Table 12.17.
Figure J.13 shows the probability distribution of operation days. See Appendix J.

Table 12.17: Summary of risk based time and cost estimates for the Case 6.

Case 6: Acid stimulation
Time, cost and KPI estimates Unit Case 6

Technical Limit (P5) days 15
Expected (P50) days 17

P50 Cost Estimates MNOK 30.5
AFE (P95) days 20

AFE Cost Estimate MNOK 42
Average daily cost (P50) MNOK/day 1.8
Total number of meters meters 2977

Cost per meter kNOK/m 10

Further details on the basis for the time and cost estimation are shown in Table 12.18.
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Table 12.18: Risk based time and cost estimates for Case 6.

12.2 Net Present Value

NPV is a formula used to determine the net present value of an investment by the
discounted sum of all cash �ows received from the project. The formula for the
discounted sum of all cash �ows can be rewritten as in Equation 12.1, taken from
Finance Formulas (2014).

NPV = −Co +
T∑
i=1

Ci

(1 + r)i
(12.1)

Co is the initial investment, Ci is the cash �ow, r is the interest rate and i is the time of
the cash �ow in years.

When a company or investor takes on a project or investment, it is important to calculate
an estimate of how pro�table the project or investment will be. In the formula the initial
investment is a negative cash �ow showing that money is going out as opposed to coming
in. Considering that the money going out is subtracted from the discounted sum of cash
�ows coming in, the net present value would need to be positive in order to be considered a
valuable investment (Finance Formulas 2014). The actual outcome may be better or worse
than the estimated NPV (Jahn et al. 2008).

A simple calculation of the NPV has been performed. Taxes have not been taken into
account. The initial investment, Co, are the P50 cost estimates taken from
Subsection 12.1.2. An exchange rate of 5.9 NOK/USD is used, rate per 14.05.2014
(Oslo Børs 2014). The interest rate has been set to 8%. The rate is taken from Strøm
(2013). An oil price of 105 USD/STB and a gas price of 2.3 NOK/Sm3 are assumed to
be constant for the entire period from 2015 to the end, 2020. The prices are based on
today's price trend.

Lost revenue due to the shut in of Well D in the operating period of implementing the
IOR measures are not taken into account. It is assumed that Well D produces constant as
estimated in the basecase, hence not choking as a consequence of the extra laterals. The
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revenue is based on the increased production from the basecase. Production due to well
completion are not taken into account in the revenue-estimations.

The composition of the oil and gas are not taken into account. The results from the
simulations in ECLIPSE 100, that is cumulative oil and gas production, are used as data
in the calculations.

The cumulative NPV of the IOR cases are shown in Table 12.19.

Table 12.19: Cumulative NPV for all the cases expect Case 5.

Cumulative NPV
Case Option 1 Option 2 Option 3 Option 4
1 968 MNOK 940 MNOK N/A N/A
2 1 167 MNOK 1 139 MNOK N/A N/A
3 1 223 MNOK 1 167 MNOK 1 243 MNOK 1 215 MNOK
3a 1 126 MNOK 1 070 MNOK 1 146 MNOK 1 119 MNOK
3b 1 032 MNOK 977 MNOK 1 052 MNOK 1 025 MNOK
4 144 MNOK 83 MNOK 166 MNOK 138 MNOK
4a -291 MNOK -352 MNOK -269 MNOK -296 MNOK
4b 212 MNOK 151 MNOK 234 MNOK 206 MNOK
6 526 MNOK N/A N/A N/A

In Table 12.19 it is observed that all the cases with all completion options, except Case
4a, are found to be pro�table; the NPV is positive. Case 2 and Case 3 o�er the highest
NPV, being the most pro�table cases. Both cases are laterals towards the east of Well D.
As Case 4a has negative NPV's the case is not found to be economic viable.

12.3 Risk Analysis and Decision Making

The oil and gas business involves major investments in all stages of the �eld life cycle.
During the gaining access, exploration and appraisal stages, the expenditure does not
guarantee a return, and at the development stage major investments are made in the
anticipation of returns over a long period of time. Payback periods are typically long,
and the project is subject to large �uctuations in key variables such as oil and gas price,
and cost of services during the producing life of asset. For these reasons, it is important
that careful technical and commercial risk analysis is performed when making decisions on
investment in the industry. (Jahn et al. 2008)

In the following a sensitivity analysis has been performed on the NPV, altering the most
important parameters. Decision trees have been made as a visual and analytical tool.

151



12.3. RISK ANALYSIS AND DECISION MAKING

12.3.1 Uncertainties

• Oil and gas price

• Exchange rate

• Interest rate / discount rate

• OPEX

• Operation days

• Rig day rate

• Delay of IOR measures

• Reserves and production forecast. Cumulative oil and gas production

• In�ation

12.3.2 Sensitivity Analysis

In order to test the economic performance to variations in the basecase input data,
sensitivity analysis was performed on the NPV. This indicates how robust the project is
to variations in one or more parameters, and also highlights which of the input
parameters the projects economics is more sensitive to.

A spider plot, Figure 12.2, shows the e�ect of the individual parameters. A sensitivity
analysis was performed on the exchange rate, OPEX, the oil and gas price, the cumulative
production and the interest rate.

It is observed in Figure 12.2 that the NPV is most sensitive to the oil price and the exchange
rate.

12.3.3 Decision Making

Decision trees are often used as visual and analytical tools in decision making, as they
give an overview over the outcome of the processes. Simpli�ed decision trees have been
made for cases 1-6, outlining the NPV and oil RF. Figure 12.3 gives an overview over the
current IOR cases. The decision trees are made in Microsoft Visio.

The cases have been separated in di�erent trees, see Figure 12.4- 12.7. Figure 12.4 shows
the decision tree for Case 1 and Case 2. Figure 12.5 shows the decision tree for Case 3.
Figure 12.6 shows the decision tree for Case 4, and Figure 12.7 shows the decision trees
for Case 5 and Case 6.
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Figure 12.2: Sensitivity diagram for NPV.
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12.3. RISK ANALYSIS AND DECISION MAKING

Figure 12.3: Decision making tree for the IOR measures.
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Figure 12.4: Decision making tree, Case 1 and Case 2.
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Figure 12.5: Decision making tree, Case 3.
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Figure 12.6: Decision making tree, Case 4.
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12.4. SOFTWARE

Figure 12.7: Decision making tree, Case 5 and Case 6.

12.4 Software

@Risk

@Risk performs risk analysis using Monte Carlo simulation to show how many possible
outcomes there are in the spreadsheet model, and tells how likely they are to occur. It
mathematically and objectively computes and tracks many di�erent possible future
scenarios, then tells the probabilities and risks associated with each di�erent one. This
means you can judge which risks to take and which ones to avoid, allowing for the best
decision making under uncertainty. @Risk is a product of Palisade (Palisade 2011).

Microsoft Visio

Microsoft Visio (Microsoft 2010) is a diagramming and vector graphics application and is
part of the Microsoft O�ce suite. The product was �rst introduced in 1992, made by the
Shapeware corporation. It was acquired by Microsoft in 2000 (Wikipedia 2014).
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13 Discussion

It is essential to evaluate the productivity of the �eld, the e�ect of the well intervention
measures and estimate the NPV in order to take the decision of major investments in
regards well intervention measures. Thus it is important to use the most realistic data as
possible, obtaining a realistic estimate of the situation. Also, it is essential to be aware of
uncertainties in the procedure.

Well intervention measures, cases with in�ll drilling and acid squeeze, were implemented
in Well D. The cases were made using the Petrel software and the simulation propriety
ECLIPSE 100, both tools of Schlumberger. A coarse history matched model were used
when simulating the measures, a model in which is not considered to be representative of
the Jette �eld. Still, the history matching has been considered as successful as it does not
violate any known physical constraints.

The initialization of the simulation model was based on an initial understanding of the
Jette �eld which contradicts the later understanding. The model was initialized with one
�uid system, no faults and fractures, and an aquifer giving strong pressure support over
the entire reservoir. Also, the permeability distribution was not representative for the �eld.
Results from build-up tests, multi-rate tests and �uid sampling for PVT analysis at later
stages have shown to contradict the initial understanding, leading to uncertainties in the
understanding of the �eld. The results of the simulations will carry uncertainties, as the
�ndings at later stages have not been implemented in the history matched model.

Well D has shown to be a challenging well, with challenges during both completion and
production stages. The productivity of the well has been found to be poor, both when
calculated with data from the build-up tests or the multi-rate tests with initial reservoir
pressure. The contradicting data and sensitivity studies may indicate that Well D is placed
in an isolated area or a shaly layer giving short intervals to produce from, or that the well
is clogged. Sensitivity studies show that the PI is most sensitive to reservoir GOR, injected
gas lift rate, reservoir layer height, well deviation and horizontal permeability.

The uncertainties in both the calculations of the PI and the reservoir model will a�ect
the results from the simulations. The results from the simulations are representative for
the model used, Jette X, but not necessarily for Jette itself. Even though the results of
the simulations may not be real for the Jette �eld, the increase in oil RF has shown to
be promising. The NPV has shown that it will be a pro�table project. Even though the

159



performance of the well intervention measures can not be replicated perfectly to Jette due
to the uncertainties, it is believed that Jette will gain promising results by implementing
well intervention measures.
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14 Conclusion and Recommendations

14.1 Conclusion

This thesis shows interesting and promising results regarding increased oil recovery and
increased NPV of the implemented well intervention measures. To sum up the �ndings of
this thesis the following can be made:

• The upscaled model was found to be a poor match in regards production data, hence
being unrepresentative of the Jette �eld. After a rough history matching process of
the model, the model is closer to the reality of the Jette �eld, but is called Jette X.

• The build-up tests of Well D gave con�icting results from the initial reservoir
pressure, with a reservoir pressure of 150-160 bar. This gives a variation of PI from
4 Sm3/day/bar to 7.5 Sm3/day/bar. This may indicate that Well D are depleting
the surrounding reservoir.

• It may be indicated that there are several faults and/or fractures in the reservoir due
to the observed pressure depletion around Well D. These are not implemented in the
simulation model, leading to uncertainties during the simulations.

• As seen in the results the in�ow- and lift performance curves do not correspond with
the calculated PI's, the measured rates and BHP at P/T-gauge, given the measured
gas lift rate. Altering the gas lift rate gives a match. It is observed that the oil
production rate is highly dependent on gas lift rate.

• Sensitivity studies have shown that the PI is most sensitive to well deviation,
horizontal permeability, reservoir layer height, gas lift rate and reservoir GOR. This
show that the productivity index may change along the well length due to
anisotropy, wellbore geometry and reservoir extension.

• The change of riser from a 12 in. riser to a 8 in. riser has a negligible e�ect on the
observed slugging; the di�erences in the pressure drop are observed to be small. A
study conducted by Weatherford Petroleum Consultants found that high gas rates
are e�ective to suppress the �ow oscillations. Such high gas rates were also found to
be counter-productive with regard to oil production.

• The area east of Well D has shown to o�er the best RF. Both Case 2 and Case 3 have
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14.2. RECOMMENDATIONS AND FUTURE WORK

laterals located towards east, obtaining an increased RF of 25.8-29.2%. Case 4, with
laterals west of Well D, have shown to be the case o�ering the lowest increased RF.
Completion option 2 has, for the multilateral cases, shown to be the most expensive
option.

• Case 2 and Case 3 have been found to be the most pro�table cases when estimating
the NPV. All cases, except Case 4a, are pro�table.

14.2 Recommendations and Future Work

The recommendations and ideas for future work are summarized in the following bullet
points.

• The analysis of the build-up tests gave results which must be considered highly
uncertain for further use. To obtain more trustworthy results, a far longer build-up
test will have to be performed. This may help reach pseudo-radial �ow, and also
observe potential faults.

• It is recommended to make a new and improved geologic model after a thorough
analysis of faults and fractures in the �eld. The geologic model may serve as a base
for a new simulation model. A new simulation model may be made as a network
model representing the entire production system from reservoir to separator. This
may help minimize uncertainties as more data points are available for comparison
with model performance.

• As the �ow measured topside Jotun B is commingled, it is recommended to allocate
the production from both wells. This may give a better overview of the productivity
from each well, and can be used to better estimate the reasons of poor production.

• It is recommended to implement the well intervention measures in a new reservoir
model. This may give more certain and precise results, decreasing the uncertainties
in the production and the NPV.

• The risk of drilling laterals should be evaluated, and also di�erent completion options.
This may be performed by analysing the geology and stresses in the reservoir.

• It is recommended to perform 4D seismic to obtain more data of the �eld.
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A Unit Conversion

Table A.1: Unit conversion table.

Parameter Field Units SI Units
Length 1 ft = 0.3048 m
Diameter 1 in. = 0.0254 m
Pressure 1 psia = 6895 Pa

Permeability 1 mD = 10−9 m2

Volume - liquids 1 bbl = 0.159 m3

1



2



B Theory

Horizontal Well Technology
Productivity Index
Well Testing
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C Well Schematics

Well schematic 25/8-D-1 AH T3/T2
Completion schematic 25/8-D-1 AH T3
Completion schematic 25/8-E-1 H
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Figure C.1: Current production well 25/8-D-1 AH T3, and abandoned wells. From
Rodrigues et al. (2013a).
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APPENDIX C. WELL SCHEMATICS

Figure C.2: Completion well schematic for 25/8-D-1 AH T3. From Rodrigues et al.
(2013a).
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Figure C.3: Completion well schematic for 25/8-E-1 H. From Rodrigues et al. (2013b).
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D Dog Leg Severity

De�nite Survey Listing, 25/8-D-1 AH T3
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Table D.1: De�nite Survey Listing, 25/8-D-1 AH T3, from Det Norske Oljeselskap (2013).
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APPENDIX D. DOG LEG SEVERITY
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E Productivity Evaluation of Jette

E.1 In�ow Performance Relation

The IPR curves describe the in�ow performance from the reservoir, based on reservoir
pressure, reservoir temperature, water cut, GOR, �uid parameters and the PI. From the
in�ow performance curve the maximum �ow rate, or AOF, performance may be found,
which is obtained with maximum drawdown. Maximum drawdown for the two cases are
151 bar and 197 bar.

Figures E.1 and E.2 show the IPR curves with reservoir pressure of 197 bar. As observed
in the �gures the maximum �ow rate is 650-750 m3/day with maximum drawdown.

Figures E.3 and E.4 show the IPR curves with reservoir pressure of 151 bar. As observed
in the �gures the maximum �ow rate is 900-930 m3/day with maximum drawdown.

Figure E.1: In�ow performance curve, �rst multi-rate test. As seen in the �gure,
the initial reservoir pressure is 197 bar. The absolute open �ow rate is 729.9
m3/day.FromWellF lo(Weatherford 2012b).
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E.1. INFLOW PERFORMANCE RELATION

Figure E.2: In�ow performance curve, second multi-rate test. As seen in the �gure,
the initial reservoir pressure is 197 bar. The absolute open �ow rate is 685.3
m3/day.FromWellF lo(Weatherford 2012b).

Figure E.3: In�ow performance curve, �rst multi-rate test. As seen in the �gure,
the initial reservoir pressure is 151 bar. The absolute open �ow rate is 927.7
m3/day.FromWellF lo(Weatherford 2012b).
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APPENDIX E. PRODUCTIVITY EVALUATION OF JETTE

Figure E.4: In�ow performance curve, second multi-rate test. As seen in the �gure,
the initial reservoir pressure is 151 bar. The absolute open �ow rate is 919.2
m3/day.FromWellF lo(Weatherford 2012b).

E.2 Sensitivity Analysis

E.2.1 In�ow Relation Performance

Gas Lift Rates

A sensitivity analysis with gas lift rates were done at both tests with both reservoir
pressures. Di�erent gas lift rates were used in test 1 and test 2 as the tests are based on
di�erent input parameters.

Figures E.5 and E.6 show gas lift rate sensitivity of the tests with reservoir pressure of
197 bar, and Figures E.7 and E.8 show gas lift rate sensitivity of the tests with reservoir
pressure of 151 bar.

In �gure E.5 it is shown that a match in BHP and rates are obtained with a gas lift rate
of 150*103Sm3/day, 155.1% increase from the measured. In �gure E.6 a match obtained
with a gas lift of 16*103Sm3/day, a decrease of 59.8%. This indicates that the gas lift may
be poorly measured, and that there may be great �uctuations in gas lift rate.

The input data in the tests with 151 bar reservoir pressure is almost the same except the
reservoir pressure and the respective PI. Hence, it is obvious that the same trend of gas lift
rate will be observed. In �gure E.7 it is shown that a match in BHP and rates is obtained
with a gas lift of 175*103Sm3/day, 197.6% increase from the measured. In �gure E.6 a
match is obtained with a gas lift of 17*103Sm3/day, a decrease of 57%. The trend of gas
lift rates is the same as seen in �gures E.5 and E.6.
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E.2. SENSITIVITY ANALYSIS

Figure E.5: Sensitivity of test 1 with reservoir pressure of 197 bara. Gas lift rate sensitivity
is 175*103Sm3/day (red line) and 150*103Sm3/day (yellow line). The orange line is the
original gas lift rate. The dashed blue line is the in�ow performance curve. From WellFlo
(Weatherford 2012b).

Figure E.6: Sensitivity of test 2 with reservoir pressure of 197 bara. Gas lift rate sensitivity
is 16*103Sm3/day (red line) and 10*103Sm3/day (yellow line). The orange line is the
original gas lift rate. The dashed blue line is the in�ow performance curve. From WellFlo
(Weatherford 2012b).
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Figure E.7: Sensitivity of test 1 with reservoir pressure of 151 bara. Gas lift rate sensitivity
is 175*103Sm3/day (red line) and 150*103Sm3/day (yellow line). The orange line is the
original gas lift rate. The dashed blue line is the in�ow performance curve. From WellFlo
(Weatherford 2012b).

Figure E.8: Sensitivity of test 2 with reservoir pressure of 151 bara. Gas lift rate sensitivity
is 17*103Sm3/day (red line) and 10*103Sm3/day (yellow line). The orange line is the
original gas lift rate. The dashed blue line is the in�ow performance curve. From WellFlo
(Weatherford 2012b).
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E.2. SENSITIVITY ANALYSIS

Gas-Oil Ratio

A sensitivity analysis of GOR were done at both tests with both reservoir pressures.
Di�erent GOR's were used in test 1 and test 2 as the tests are based on di�erent input
parameters.

Figures E.9 and E.10 show GOR sensitivity of the tests with reservoir pressure of 197
bar, and Figures E.11 and E.12 show GOR sensitivity of the tests with reservoir pressure
of 151 bar.

Figure E.9: Sensitivity of test 1 with reservoir pressure of 197 bara. GOR sensitivity is 285
Sm3/Sm3 (red line and purple line) and 245 Sm3/Sm3 (yellow line and light blue line).
The orange line is the original GOR. The dark blue line is the original IPR curve. From
WellFlo (Weatherford 2012b).

In �gure E.9 it is shown that a match in BHP and rates is obtained with a GOR of 245
Sm3/Sm3, an increase of 147 % from the measured. In �gure E.10 a match is obtained
with a GOR of 20 Sm3/day, a decrease of 76.5%. This may indicate that the reservoir
pressure is lower than initially indicated, or that the measurements at the MPFM are poor.

In �gure E.11 it is shown that a match in BHP and rates is obtained with a GOR of 285
Sm3/Sm3, an increase of 187.3 % of the measured. In �gure E.12 a match is obtained
with a GOR of 20 Sm3/day, a decrease of 76.5%. The results from the sensitivity analysis
of GOR indicates the same trend for both reservoir pressures. The measurements of the
GOR at the MPFM may be poor, or it may be a combination of both higher GOR and
gas lift rates.
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APPENDIX E. PRODUCTIVITY EVALUATION OF JETTE

Figure E.10: Sensitivity of test 2 with reservoir pressure of 197 bara. GOR sensitivity is
50 Sm3/Sm3 (red line and purple line) and 20 Sm3/Sm3 (yellow line and light blue line).
The orange line is the original GOR. The dark blue line is the original IPR curve. From
WellFlo (Weatherford 2012b).

Figure E.11: Sensitivity of test 1 with reservoir pressure of 151 bara. GOR sensitivity is
285 Sm3/Sm3 (red line and purple line) and 245 Sm3/Sm3 (yellow line and light blue
line). The orange line is the original GOR. The dark blue line is the original IPR curve.
From WellFlo (Weatherford 2012b).
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E.2. SENSITIVITY ANALYSIS

Figure E.12: Sensitivity of test 2 with reservoir pressure of 151 bara. GOR sensitivity is
50 Sm3/Sm3 (red line and purple line) and 20 Sm3/Sm3 (yellow line and light blue line).
The orange line is the original GOR. The dark blue line is the original IPR curve. From
WellFlo (Weatherford 2012b).

Inner Diameter Reservoir Section

Section 5.2 describes the process of scale precipitation. As the productivity in Well D is
so poor, the estimated producing well length from the build-up test is around 50% of the
completed interval, and the well was poorly cleaned up, it may indicate a reduced inner
diameter of the reservoir section. Sensitivity analysis is performed for both multi-rate tests
with both reservoir pressures, with inner diameters of 50 mm and 400 mm.

Figures E.13 and E.14 show the sensitivity with reservoir pressure of 197 bar, and
Figures E.15 and E.16 show the sensitivity with reservoir pressure of 151 bar.

It is observed in the �gures that the BHP decreases with decreasing diameter. When
increasing the diameter the BHP does not change from the initial BHP. The decrease in
BHP may, in test 1 for both reservoir pressures, indicate scale or wax in the well. As the
decrease is minor, either/both gas lift or/and GOR is likely to contribute as well. From
test 2, it is not indicated a smaller diameter, as the measured BHP is higher than that of
the smaller diameter.

The sensitivity analysis with inner diameter is con�icting, as it may indicate two di�erent
theories. The scale may reduce the diameter, or it may block/reduce the permeability
around the well, leading to reduced PI for both cases. From the sensitivity analysis it is
challenging to conclude whether there is a presence of scale or not.
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APPENDIX E. PRODUCTIVITY EVALUATION OF JETTE

Figure E.13: Sensitivity of test 1 with reservoir pressure of 197 bara. Inner diameter
sensitivity is 400 mm (light blue line) and 50 mm (dark blue line). The original in�ow
curve of the inner diameter follows the light blue line. The dashed line is the out�ow curve
for all cases. From WellFlo (Weatherford 2012b).

Figure E.14: Sensitivity of test 2 with reservoir pressure of 197 bara. Inner diameter
sensitivity is 400 mm (light blue line) and 50 mm (dark blue line). The original in�ow
curve of the inner diameter follows the light blue line. The dashed line is the out�ow curve
for all cases. From WellFlo (Weatherford 2012b).
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Figure E.15: Sensitivity of test 1 with reservoir pressure of 151 bara. Inner diameter
sensitivity is 400 mm (light blue line) and 50 mm (dark blue line). The original in�ow
curve of the inner diameter follows the light blue line. The dashed line is the out�ow curve
for all cases. From WellFlo (Weatherford 2012b).

Figure E.16: Sensitivity of test 2 with reservoir pressure of 151 bara. Inner diameter
sensitivity is 400 mm (light blue line) and 50 mm (dark blue line). The original in�ow
curve of the inner diameter follows the light blue line. The dashed line is the out�ow curve
for all cases. From WellFlo (Weatherford 2012b).
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E.2.2 Pseudo-Steady State Model

Drainage Area

As seen in Chapter 7.5 in the pseudo-steady state model there is an uncertainty in the choice
of drainage area. The drainage area has a great impact on the respective PI. Figure E.17
shows the di�erent productivity indices with di�erent drainage areas. The PI deviates with
up to 120%.

(a) Pres = 197bar. (b) Pres = 151bar.

Figure E.17: Sensitivity analysis of drainage area.

When altering the drainage area, the shape factors are taken into account. The shape
factors, CA, change when changing the drainage area. This is observed in Table 7.9 and
7.11. Sensitivity performed at the shape factors have a deviation of up to 43%.

Formation Thickness

The formation thickness is one of the three parameters that o�ers the highest uncertainty,
and varies with up to 90%. Figure E.18 shows the di�erent productivity indices with
di�erent formation thicknesses. The thicknesses are 2 m, 5 m and 10 m. 7.7 m is the
original thickness used. It is assumed that the well is placed in the middle of the layer.

Well Deviation

Well deviation is another of the parameters that o�ers highest uncertainty, and varies with
up to 120%. Figure E.19 shows the di�erent productivity indices with di�erent deviation.
The deviations are 86◦, 87◦ and 90◦. 88◦ is the original deviation used. As seen in the
�gures, there is a great deviation in PI from 88◦ to 90◦.

A generally high DLS was pointed out in section 7.1. With the high DLS there will be
experienced changes in the productivity index along the wellbore. 88◦ is used as an average
deviation of the well.
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E.2. SENSITIVITY ANALYSIS

(a) Pres = 197bar. (b) Pres = 151bar.

Figure E.18: Sensitivity analysis of formation thickness.

(a) Pres = 197bar. (b) Pres = 151bar.

Figure E.19: Sensitivity analysis of well deviation.

Vertical Permeability

In Jette, shale barriers and distinct layering may inhibit vertical permeability. Hence, the
maximum ratio of kv/kh is one (Joshi 1991), that is 13 mD. The maximum deviation
found from the sensitivity analysis with vertical permeability is 31%. The vertical
permeabilities are 13 mD, 1 mD and 10 mD. 4 mD is the original vertical permeability
used. See Figure E.20. During the sensitivity analysis of the vertical permeability, the
horizontal permeability was kept constant.

Horizontal Permeability

Horizontal permeability is the parameter which o�ers the greatest uncertainty. In the
analysis, it is found to deviate with up to 230%. The sensitivity is done with 4 mD, 20
mD and 50 mD. The original horizontal permeability is 13 mD. See Figure E.21. During
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the sensitivity analysis of the horizontal permeability, the vertical permeability were kept
constant.

(a) Pres = 197bar. (b) Pres = 151bar.

Figure E.20: Sensitivity analysis of vertical permeability.

(a) Pres = 197bar. (b) Pres = 151bar.

Figure E.21: Sensitivity analysis of horizontal permeability.

Well Location

Due to earlier mentioned snaking properties of horizontal wells the position of the well will
change in the respective layer. It is assumed in the above calculations that the well lies in
the middle of layer Z2. The sensitivity analysis done at well location gives a deviation of
up to 40%, which is dependent upon the well length. See Figure E.22. The well locations
are 0 m, 1 m and 2.5 m. 3.85 m is the original well location, that is in the middle of the
layer thickness.

43



E.2. SENSITIVITY ANALYSIS

Skin Along Well

Changes in skin gives a deviation of PI as given in Figure E.23. As seen in the �gures,
the deviation varies with up to 45% from estimated skin, 1. The di�erent skin values are
-1, 6 and -6.

(a) Pres = 197bar. (b) Pres = 151bar.

Figure E.22: Sensitivity analysis of well location.

(a) Pres = 197bar. (b) Pres = 151bar.

Figure E.23: Sensitivity analysis of skin along the well.

44



F PVT Modeling

F.1 Procedure in PVTsim

A Black Oil PVT model based upon data from sample TS-101404 from well 25/8-17 was
made and tuned in PVTsim. From PVTsim the model was exported to the ECLIPSE
simulation software.

The �uid was remade in PVTsim, speci�ed with its �uid components, taken from the
analysis of the samples. Mol per cent, mol weight and liquid density were some of the
input parameters. The plus fraction was set at C36+. See Figure F.1.

Figure F.1: Initial composition of the �uid. From PVTSim (calsep 2013).
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F.1. PROCEDURE IN PVTSIM

To better de�ne the �uid components and the respective molar composition, the
components were lumped in �ve pseudo components, from C7+. Mol per cent, mol
weight, liquid density, critical pressure and temperature were some of the input
parameters. See Figure F.2.

Figure F.2: Lumping from new plus fraction, C7+. From PVTSim (calsep 2013).

When the composition of the �uid was de�ned, the experimental data from the Weatherford
Laboratories A/S report (Sandvik & Ravnås 2010) was added.

Input data from CME are shown in Figure F.3, input data from DLE are shown in
Figure F.4, input data from the three-stage separator test are shown in Figure F.5, and
input data from viscosity test are shown in Figure F.6. The reservoir temperature was
set to 83.6 ◦C, the sampling depth to 2094 m MD RKB, and the system type to bottom
hole.

Tuning was done using Soave-Redlich-Kwong with volume shifts (SRK Peneloux), as this
Equation of State (EOS) gave the best match. The average deviation after tuning was
maximum 2%. The results are shown in Figures F.7- F.13. The tuned PVT model was
exported to Eclipse.
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APPENDIX F. PVT MODELING

Figure F.3: Experimental input data, Constant Mass Expansion test. From PVTSim
(calsep 2013).

Figure F.4: Experimental input data, Di�erential Liberation Experiment. From PVTSim
(calsep 2013).
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F.1. PROCEDURE IN PVTSIM

Figure F.5: Experimental input data, Three-stage Separator test. From PVTSim (calsep
2013).

Figure F.6: Experimental input data, Viscosity test. From PVTSim (calsep 2013).
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Figure F.7: Results from tuning, showing total relative volume. From PVTSim (calsep
2013).

Figure F.8: Results from tuning, showing Y-factor. From PVTSim (calsep 2013).
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F.1. PROCEDURE IN PVTSIM

Figure F.9: Results from tuning, showing oil Formation Volume Factor (FVF). From
PVTSim (calsep 2013).

Figure F.10: Results from tuning, showing Rsd. From PVTSim (calsep 2013).
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Figure F.11: Results from tuning, showing Z-factor. From PVTSim (calsep 2013).

Figure F.12: Results from tuning, showing oil density. From PVTSim (calsep 2013).
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F.2. PROCEDURE IN PVTFLEX

Figure F.13: Results from tuning, showing gas viscosity. From PVTSim (calsep 2013).

F.2 Procedure in PVT�ex

A Black Oil PVT �uid model based upon data from sample TS-101404 from well 25/8-17
was made and tuned in PVT�ex.

The �uid components and molar composition are used to de�ne the composition in the
�uid model. The molecular weight was set to 625 kg/kgmol (maximum molecular weight
in PVT�ex), gravity at 0.992 and a plus fraction at C36+. See Figure F.14.

To better de�ne the �uid components and the respective molar composition, the
components were lumped in �ve pseudo components, from C10+. The following
molecular weight was 267.67 kg/kgmol (representative for the components) and a gravity
of 0.86, see Figures F.15 and F.16.

When the composition of the �uid was de�ned, the experimental data from the Weatherford
Laboratories A/S report (Sandvik & Ravnås 2010) was added.

Input data from CME are shown in Figure F.17, and input data from DLE are shown in
Figure F.18. The reservoir temperature was set to 83.6 ◦C, the sampling depth to 2094
m MD RKB, and the system type to bottom hole.

Tuning was done using Soave-Redlich-Kwong with volume shifts (SRK Peneloux), as this
EOS gave the best match. Root Mean Square (RMS) after tuning was 3.1045%, which
is within 10%, and hence considered as a satisfying match. The results are shown in
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APPENDIX F. PVT MODELING

Figures F.19- F.21. The tuned PVT model is used as input in WellFlo.

Figure F.14: Fluid composition, input to the PVT model. From PVT�ex (Weatherford
2012a).
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Figure F.15: Revised C36+, plus fraction. From PVT�ex (Weatherford 2012a).

Figure F.16: Lumping from new plus fraction, C10+. From PVT�ex (Weatherford 2012a).
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Figure F.17: Experimental input data, Constant Mass Expansion test. From PVT�ex
(Weatherford 2012a).
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F.2. PROCEDURE IN PVTFLEX

Figure F.18: Experimental input data, Di�erential Liberation Experiment. From PVT�ex
(Weatherford 2012a).

Figure F.19: Results from tuning, showing total relative volume and Y-function. From
PVT�ex (Weatherford 2012a).
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Figure F.20: Results from tuning, showing oil formation volume factor, solution GOR and
gas Z-factor. From PVT�ex (Weatherford 2012a).

Figure F.21: Results from tuning, showing oil density and gas viscosity. From PVT�ex
(Weatherford 2012a).

57



F.2. PROCEDURE IN PVTFLEX

58



G Well Lift Curves

WellFlo was used for the design of the wells, and their respective lift curves.

The two production wells were initialized with a nodal analysis, continuous gas lift and
�ow through the tubing, as seen in Figure G.1. The models were initialized as black oil
models.

Figure G.1: Initialization of the producers. From WellFlo (Weatherford 2012b).
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The OLGA Steady State model has been used as �ow correlation for the lower and upper
completions of the well. The IPR curves are based on a Vogel model with a coe�cient of
0.2.

A reservoir pressure of 196.7 bar (no depletion) is assumed for both wells, and a reference
depth of 166 m TVD RKB. See Figure G.2. The �uid parameters are shown in
Figure G.3; The parameters are taken from the latest PVT model, described in
Appendix F.

Figure G.2: Reference depths of the producers. From WellFlo (Weatherford 2012b).

Figure G.3: Fluid parameters of the producers. From WellFlo (Weatherford 2012b).
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The input data used in the two well models are taken from well tests in October. The lift
curves were exported as ECLIPSE input �les.

G.1 Well D

The wellbore is initialized with deviation and equipment, see Figures G.4, G.5 and G.6.

The input data for reservoir and surface characteristics are given in Tables G.1 and G.2.
The well is initialized as shown in Figure G.7.

Figure G.4: Wellbore equipment for tubing, Well D. From WellFlo (Weatherford 2012b).

Figure G.5: Wellbore equipment for casing, Well D. From WellFlo (Weatherford 2012b).
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G.1. WELL D

Figure G.6: Wellbore deviation, Well D. From WellFlo (Weatherford 2012b).

Table G.1: Input data used in the model for Well D in WellFlo.

WC GOR PIliquid GOR & GL Flow rate
Fraction [Sm3/Sm3] [Sm3/d/bar] [Sm3/Sm3] [m3/d]
0.17 99.2 5.2 238.9 507.3

Table G.2: Gas lift input data used in the model for Well D in WellFlo.

Operating pressure Gas gravity Gas injection rate
[bara] [sp grav] [Sm3/d]
59.4 0.84 58,758.5
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Figure G.7: Initialization of Well D. From WellFlo (Weatherford 2012b).

G.2 Well E

The wellbore is initialized with deviation and equipment, see Figures G.8, G.9 and
G.10.

The input data for reservoir and surface characteristics are given in Tables G.3 and G.4.
The well is initialized as shown in Figure G.11.

63



G.2. WELL E

Figure G.8: Wellbore equipment for tubing, Well E. From WellFlo (Weatherford 2012b).

Figure G.9: Wellbore equipment for casing, Well E. From WellFlo (Weatherford 2012b).

Table G.3: Input data used in the model for Well E in WellFlo.

WC GOR PIliquid GOR & GL Flow rate
Fraction [Sm3/Sm3] [Sm3/d/bar] [Sm3/Sm3] [m3/d]
0.59 86.1 26.17 238 1,355

Table G.4: Gas lift input data used in the model for Well E in WellFlo.

Operating pressure Gas gravity Gas injection rate
[bara] [sp grav] [Sm3/d]
92 0.84 84,293
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Figure G.10: Wellbore deviation, Well E. From WellFlo (Weatherford 2012b).
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G.2. WELL E

Figure G.11: Initialization of Well E. From WellFlo (Weatherford 2012b).
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H Well Path Design in Petrel

New wells may be designed in both ECLIPSE 100 and Petrel. The main di�erence between
these two methods are the output of the "connection factor". The connection factor implies
the location of the wellbore within a grid block. In ECLIPSE, if the connection factor is
not defaulted or set to zero, the well will be located in the middle of the grid block, as
the well is de�ned to penetrate certain grid blocks. This may be adjusted with the use of
WPIMULT, which scale the resulting connection factors. In Petrel, the connection factors
will be calculated automatically when drawing the wellbore. Hence, the location of the
well within the grid block is taken into account. This gives a smoother wellbore location.

The wells designed as part of the well intervention measures are designed in Petrel. The
procedure is described below.

H.1 Procedure

The wells which were designed as part of well intervention measures were all side-tracks of
the already existing Well D. The new wells are connected to Well D in the 9 5/8 in casing.

In Petrel, the side-tracks from an already existing well were created by implementing a
well intersection in the area of the position of the new well. See Figure H.1.

The well intersection has to cross the well in which the side-track is to be connected to,
that is Well D. The well intersection can give a better image of the reservoir properties in
the chosen area, and help in placing the well path. By implementing an intersection �lter
wanted properties may be targeted when de�ning the well path. As seen in Figure H.2
the intersection is �ltered with water saturation, hence only showing the water saturation
along the intersection.

The water saturation was chosen as �lter in order to avoid water production and/or delay
early water break through. From Figure H.2 it is observed that the well should be placed
in the top layer of the reservoir to avoid water.

The option of designing a new well is activated by the "Well path design" function in the
"Well engineering" menu in the process pane. See framed area in Figure H.3.

When the "Well path design" is activated a new well can be designed. When activating
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the "Well path design" targeted points for the new well may be chosen. The points are
chosen with the framed function seen in Figure H.4. With the use of the target point
a well path is automatically designed. Petrel designs the best well path according to the
points. In order to obtain a smooth well path it is best to choose few points, giving fewer
restrictions to Petrel.

Figure H.1: A well intersection from the original Well D, de�ning the well path of the new
well. From Petrel (Schlumberger 2013c).

The well may be tied in to the main well by targeting the main well. The proposed well is
shown in Figure H.5.

As seen in Figure H.5 the proposed well is not connected to Well D. Settings for the well
may be changed in "Well settings". Main well, kick-o� point in main well and DLS may
be adjusted in "Well settings". See Figure H.6.

The DLS may be checked at the info-pane of the well. An optimal DLS is below 3◦/30 m.
After the well path and its qualities have been controlled and veri�ed the well path may
be exported and further used for simulation.

In the "Process pane" a development strategy is de�ned. See Figure H.7. In the new
strategy the main well, in this case Well D, has to be de�ned in the "Well folder". As
the side-track is connected to Well D, the side-track does not have to be de�ned in the
development strategy.

With the use of the new development strategy a simulation case may be de�ned. The
permeability and porosity are de�ned in the simulations case, see Figure H.8. The grid,
now with permeability and porosity de�ned, are exported. The new completion data for
the wells may be found below SCHEDULE, at COMPDAT. See Figure H.9. The new
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completion data may be added to the already existing simulation �le in order to simulate
the new side-track.

Figure H.2: Cross section of the area of the new well path. The cross section shows the
water saturation in the area. From Petrel (Schlumberger 2013c).

Figure H.3: Activating the "Well path design" in order to design the side-track. From
Petrel (Schlumberger 2013c).
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Figure H.4: A well path is designed with the use of target points. The target points are
made with the use of the framed function. From Petrel (Schlumberger 2013c).

Figure H.5: The proposed well designed from the targeted points. From Petrel
(Schlumberger 2013c).
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Figure H.6: In "Well settings" the main well may be de�ned along with the kick-o� point
from the main well. The DLS may be requested in order to get a smoother well and hence,
production. From Petrel (Schlumberger 2013c).

H.2 Software

Petrel

Petrel is a Schlumberger owned Windows PC software application intended to aggregate
oil reservoir data from multiple sources. The Petrel EP software platform provides a
complete solution from exploration to production, integrating geology, geophysics,
geological modeling, drilling, geomechanics, reservoir simulation, and more (Schlumberger
2014i). This shared earth approach enables companies to standardize work�ows from
exploration to production, and make more informed decisions with a clear understanding
of both opportunities and risks. Petrel is consistent with Schlumberger's reservoir
simulation program ECLIPSE.
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H.2. SOFTWARE

Figure H.7: De�ning a new development strategy based on Well D and its new side-track.
From Petrel (Schlumberger 2013c).
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Figure H.8: De�ning a new simulation case based on Well D and its new side-track. From
Petrel (Schlumberger 2013c).

73



H.2. SOFTWARE

Figure H.9: The new completion data for Well D is found in the COMPDAT �le below
SCHEDULE. From Petrel (Schlumberger 2013c).
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I Well Completions

Single-Lateral Well Completion - Option 1
Single-Lateral Well Completion - Option 2
Multilateral Well Completion - Option 1
Multilateral Well Completion - Option 2
Multilateral Well Completion - Option 3
Multilateral Well Completion - Option 4
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Packer @ 
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Swell Packers

Slotted 
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Screens

Swell Packers

Slotted 
Liners / Sand 

Screens

Single-Lateral well - Completion option 1:
The well is an oil producer completed as a 
multilateral well with two legs. The lower leg 
is the original well. The upper lateral is 
completed as the original well; openhole 
completion with sand screens and swell 
packers. 

Figure I.1: Single-Lateral Well, Completion option 1, from Microsoft Visio (Microsoft
2010).
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Tubing Hanger 
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Production Packer 
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Liner Hanger 
Packer @ 
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Swell Packers

Slotted Liners / 
Sand Screens

Cemented and Perforated Liner

Single-Lateral well - Completion option 2:
The well is an oil producer completed as a 
multilateral well with two legs. The lower 
leg is the original well; openhole completion 
with sand screens and swell packers. The 
upper lateral is completed with a cemented 
and perforated liner.

Figure I.2: Single-Lateral Well, Completion option 2, from Microsoft Visio (Microsoft
2010).
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Multilateral well - Completion option 1:
The well is an oil producer completed 
as a multilateral well. The to new 
laterals have openhole completion with 
sand screens and swell packers, as the 
original well. The lower leg is the 
original well.

Figure I.3: Multilateral Well, Completion option 1, from Microsoft Visio (Microsoft 2010).
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Multilateral well - Completion option 2:
The well is an oil producer completed as a 
multilateral well. The to new laterals are 
completed with a cemented and perforated 
liner. The lower leg is the original well; 
openhole completion with sand screens 
and swell packers.

Figure I.4: Multilateral Well, Completion option 2, from Microsoft Visio (Microsoft 2010).
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Multilateral well - Completion option 3:
The well is an oil producer completed as a 
multilateral well. The two deepest wells are 
openhole completed with sand screens and 
swell packers. The lower leg is the original 
well. The shallowest lateral has a barefoot 
completion. Sand screens and packers are 
installed by the kick-off point in Well D

Figure I.5: Multilateral Well, Completion option 3, from Microsoft Visio (Microsoft 2010).
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Multilateral well - Completion option 4:
The well is an oil producer completed as a 
multilateral well. The lower leg is the 
original well. The deepest new lateral is 
completed with a cemented and 
perforated liner and the shallowest lateral 
has a barefoot completion. Sand screens 
and packers are installed by the kick-off 
point in Well D.

Figure I.6: Multilateral Well, Completion option 4, from Microsoft Visio (Microsoft 2010).
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J Probability Distribution Operation

Days

Figure J.1: Probability distribution operation days. Case 1 with completion option 1.
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Figure J.2: Probability distribution operation days. Case 1 with completion option 2.

Figure J.3: Probability distribution operation days. Case 2 with completion option 1.
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Figure J.4: Probability distribution operation days. Case 2 with completion option 2.

Figure J.5: Probability distribution operation days. Case 3 with completion option 1.
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Figure J.6: Probability distribution operation days. Case 3 with completion option 2.

Figure J.7: Probability distribution operation days. Case 3 with completion option 3.
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Figure J.8: Probability distribution operation days. Case 3 with completion option 4.

Figure J.9: Probability distribution operation days. Case 4 with completion option 1.
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Figure J.10: Probability distribution operation days. Case 4 with completion option 2.

Figure J.11: Probability distribution operation days. Case 4 with completion option 3.
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Figure J.12: Probability distribution operation days. Case 4 with completion option 4.

Figure J.13: Probability distribution operation days. Case 6.
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